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Operational Measurement Experiences in 
North Sea Applications 

 
E P Spearman, CNR International (U.K.) Ltd 

 
  
1 INTRODUCTION 
 
CNR International (U.K.) Ltd (CNRI) currently operates in six North Sea Asset locations 
(Tiffany, Murchison and Ninian North, South and Central platforms together with the Petrojarl 
Banff FPSO).  All these assets have been operating for a significant number of years, ranging 
from the Ninian platforms, which commenced production in 1978, to the Banff FPSO, being 
the most recent having started production in 1996. 
 
Providing accurate flow measurement on such mature North Sea assets therefore provides 
operators, CNRI being no exception, with a continuing number of challenges to solve with the 
back-drop of declining production, difficult flow regimes, aging facilities, and equipment 
designed at a different time for a different production scenario.  In addition, the improving 
knowledge base within the offshore measurement community can have certain knock-on 
effects that bring their own issues to solve. 
 
This paper describes some key offshore measurement issues experienced by CNRI in recent 
years and the steps taken to meet these challenges.  The areas covered in this paper will be: 
 
a) Use of orifice plates with drain holes: 
 

i)  Results of testing 2”nb orifice plates with drain holes; current perception being that 
drain holes cannot be used in pipe sizes smaller than 4”nb (100mm). 
 
ii)  Experience of installing an 18”nb (438mm) orifice plate with a drain hole in the field. 

 
b) Further experiences with small bore (4”nb) ultrasonic flowmeters, building on the 

paper by Coull, Spearman and Laidlaw presented at the North Sea Flow 
Measurement Workshop (NSFMW) in 2008 [1]: 

 
i)  Test results showing the effect of a chord failure. 
 
ii)  Test results showing the effect of liquid contamination. 
 

c) Results of calibrating two densitometers at high pressure and temperature with the 
new UK offshore DECC preferred verification methodology utilising NEL’s dedicated 
primary density standard system. 

 
 
2 ORIFICE PLATES WITH DRAIN HOLES 
 

Whilst the performance of orifice plates in single phase 
applications is well understood over a wide range of 
Reynolds numbers and flow parameters [2] & [3], the 
performance of plates with modifications for specific 
applications is less so.  Of specific interest to CNRI is the 
use of orifice plates with drain holes in produced natural 
gas applications where there is a possibility of liquid 
presence within the gas itself; mainly on separator gas off-
takes where either there is risk of some liquid carry-over 
from slugging production or where the off-take gas has 
cooled sufficiently to cause heavier gaseous hydrocarbons 
to drop out in liquid form.  

Figure 1:-  Orifice Plate 
with Drain Hole Indicated 
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In these applications, experience has shown that over time the liquid can build-up sufficiently 
in front of a standard orifice plate flowmeter to cause it to over-measure significantly, with 
additional problems of plate contamination and, in some extreme circumstances, even the 
impulse lines to fill with liquid.  Despite the CNRI requirement for overall mass and/or standard 
volume measurement uncertainty in these particular applications to be a reasonably relaxed 
±5%, measured flowrates of 2 or 3 times the correct value have been caused by this issue 
and hence it has become a key concern. 
 
The international document covering this application is ISO/TR 15377:2007 [4] but it is 
becoming increasingly apparent that this document has its limitations.  An important 
contribution was made to the understanding of this area of flow measurement by Reader-
Harris et al at the NSFMW in 2008 [5].  That paper accurately summarised much of the 
industry by stating: 
 
“While drain hole plates are a cost-effective way of measuring gas with a low liquid content, 
they are not as accurate as the standard design.  As the extent of this inaccuracy is not well 
documented and as industry is sceptical of the existing formula (in ISO/TR 15377:2007), drain 
hole plates are not as widely used as they might be: new data are therefore needed to give 
confidence in their use.” 
 
The work by Reader-Harris et al demonstrated a range of new test data in 4” and 8”nb pipe 
diameter (D) sizes, with various β sizes and drain hole diameter (dh) to orifice diameter (d) 
ratios, and concluded that: 
 
• Increasing the drain hole diameter in relation to the orifice diameter (dh/d) increased the 

discharge coefficient of the orifice plate. 
 
• Increasing β for the same value of dh/d generally increased the discharge coefficient of 

the orifice plate. 
 
• The discharge coefficient is also sensitive to the positioning of the tappings with respect 

to the drain hole. 
 
• The effects of Reynolds number and plate thickness were found to be relatively minor. 
 
It was demonstrated that increases in discharge coefficient of over 3%, compared to the 
standard case without a drain hole, were readily achievable and some combinations even 
achieved an increase of over 5%. 
 
In the light of this information, the author reviewed CNRI’s application of drain holes in orifice 
plates on the basis that in a worst case scenario, the shift in discharge coefficient witnessed 
could be the actual error in measurement in the field and therefore significant errors could be 
occurring causing the CNRI measurement requirement of ±5% to be exceeded.  This could 
come about from the ‘correction’ in ISO/TR 15377:2007 being incorrect or even if it is valid not 
having actually been applied.  This is because some of the plates concerned were installed 
many years ago and it is unclear whether a correction was applied at the time or not. 
 
Fortunately this review identified that the combinations of β and dh/d were such that the 
largest shifts in discharge coefficient expected, compared to the non-drain hole case, would 
be circa 1% maximum, which is sufficiently low (assuming a worst case scenario of discharge 
coefficient shift = error in the field) to allow the overall target of ±5% uncertainty budget to be 
met.  However, the review did identify a case where a plate had been inserted on Ninian 
Central which was non-standard even for ISO/TR 15377:2007.  An installation of only 2”nb 
(50mm nb) was utilising an orifice plate with β = 0.5 and a drain hole of 1.01mm. 
 
ISO/TR 15377:2007 Section 5.1.2 a) states: 
 
“D should be larger than 100mm” 
 
and therefore this installation was outside the bounds of the ISO technical report. 
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2.1 Testing of D = 2”nb Orifice Plates with Drain H oles 
 
CNRI therefore commissioned NEL to perform some new tests on orifice plates with drain 
holes, in the same manner that NEL’s tests had been performed previously, but with the pipe 
and plate dimensions of the installation on Ninian Central.  As the previous NEL test results 
had shown that Reynolds number effects were small in magnitude, water was used to simplify 
the testing process.  A schematic of the test system is shown below. 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

Figure 2:-  Schematic Diagram of Gravimetric Test Circuit 
 
 
The tests involved two sizes of β and the details were as follows: 
 
• D = 52.5mm (nominally 2”) 

 
• d = 25.66mm (β = 0.49) with dh = 1.01mm and 2.66mm (dh/d = 0.039 and 0.104) 

 
• d = 31.5mm (β = 0.60) with dh = 1.01mm and 3.15mm (dh/d = 0.032 and 0.100) 
 
• The orifice plate thickness for the tests was 3mm therefore E/D =0.0571 
 
Tests with no drain hole were also performed to provide a baseline for comparison. 
 
The tappings were ‘Flange’ type in all cases.  The β = 0.49 set were at 90o to the drain hole 
while the β = 0.6 set were at 180o.  The β = 0.49 tests closely resembled the installation on 
Ninian Central while the β = 0.6 tests were an extra collaboration with NEL to provide 
additional information which may be used in future to determine a calculated discharge 
coefficient equation similar to that in ISO 5167-2:2003 for standard orifice plates. 
 
The tests were performed at nominal volumetric flow rates of: 
 
• 1 to 6.5 litres/sec for the β = 0.49 plates  

 
• 2 to 10 litres/sec for the β = 0.60 plates 
 
The discharge coefficient (Cd) for the various tests was derived using the standard orifice 
plate flowrate equation and configured accordingly for non-compressible flow, therefore: 
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The water density and differential pressure outputs across the orifice plates were recorded 
and compared with the values of mass derived in a period of time from the reference 
gravimetric system.  The nominal pressure and temperature for the tests were 1.5 barg and 
20oC respectively. 
 
Figures 3 and 4 below show the results for the two sizes of β. 
 

Figure 3:-  Effect of drain hole size on discharge coefficient for a 2"nb orifice plate with β = 0.49
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Figure 4:-  Effect of drain hole size on discharge coefficient for a 2"nb orifice plate with β = 0.6
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There are some clear similarities between the two sets of data namely: 
 
• The graphs show very repeatable data for each set of Throat Reynolds Numbers 

indicating, at least in this application, that the orifice plates are behaving in a repeatable 
and stable manner.  NEL reported an instance of instability in their tests with β = 0.4 and 
dh/d =0.2 but this instability is clearly not occurring on this occasion. 

 
• Both sets of data show very similar trending of the baseline and drain hole data, with very 

consistent increases in Cd for each drain hole compared with the baseline. 
 
• The smaller drain hole data for both sizes of β produce very similar shifts in Cd of circa 

0.002, which is approximately 0.3%. 
 
• The larger drain hole data show a more tangible difference between the two β sizes; β = 

0.49, with dh/d = 0.104, produced an increase of approximately 1.5% throughout the test 
range while the β = 0.6 plate with dh/d = 0.100 produced an increase exceeding 2%. 

 
A summary of some of the data reported by NEL at the NSFMW in 2008 is shown below: 
 

Table 1 – Summary of NEL data reported at the NSFMW in 2008 
 

D (mm) E/D β dh/d Tapping pair A Tapping pair B
102 0.03 0.4 0.07 0.751 0.913
102 0.03 0.4 0.1 1.249 1.612
102 0.03 0.6 0.07 0.84 1.528
102 0.03 0.6 0.1 1.456 2.578
102 0.03 0.6 0.167 3.487 5.163
102 0.05 0.6 0.07 0.892 1.583
102 0.05 0.6 0.1 1.575 2.778
102 0.05 0.6 0.167 3.662 5.429
102 0.03 0.75 0.07 1.59 2.33
102 0.03 0.75 0.1 2.266 3.508
203 0.03 0.42 0.1 1.512 1.258
203 0.03 0.6 0.1 2.234 1.306

TUVNEL DATA - NSFMW 2008 % increase in Cd

 
 
In this instance the two sets of tappings were different: 
 
• Tapping pair A were flange tappings at 115o to the drain hole. 
 
• Tapping pair B were corner tappings at 155o to the drain hole. 
 
Table 1 clearly shows that the results of these new CNRI tests are broadly in keeping with 
those obtained by NEL.  For example, D = 102mm, E/D = 0.03, β = 0.4, dh/d = 0.1, with 
Flange tappings at 115o to the drain hole produced an increase in Cd of 1.249%, while D = 
203mm and β = 0.42 produced an increase in Cd of 1.512% with the same tappings.  Both 
were of similar magnitude to the 1.5% obtained in these new CNRI tests with β = 0.49. 
 
ISO/TR 15377:2007 Section 5.1.2 e) states a ‘correction’ to apply to the plate bore diameter to 
allow for the additional orifice area caused by the inclusion of the drain hole: 
 
 



















+=
2

d

dh
55.01ddc  (2) 

 
 
In the field, this correction is applied routinely but just how effective is it? 
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The effectiveness of this correction can be investigated with the results of these tests by 
comparing the following: 
 
i) Re-calculating the discharge coefficients derived in the tests by using Equation (1) 

and the corrected orifice plate diameters from Equation (2). 
 
ii) Calculating predicted discharge coefficients from ISO 5167-2:2003 [3] Section 5.3.2.1, 

also using Equation (2). 
 
Figure 5 shows the comparative data for β = 0.49 with respect to Pipe Reynolds Number. 
 

Figure 5:-  Effect of correction from ISO/TR 15377: 2007 for β = 0.49
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Overall there is a good agreement between the 4 sets of data with discrepancies, between the 
corrected Cd test data and the calculated Cd data, ranging from 0.1% at Pipe Reynolds 
Numbers of approximately 95000 to 0.3% at 25000.  The calculated values are consistently 
greater than the test derived data.  Interestingly the dh = 2.66mm data shows better 
agreement that the smaller dh = 1.01mm data.  For the application on Ninian Central aiming 
for ±5% as an overall uncertainty target, this is a welcome result as it demonstrates that, with 
the application of the corrected bore diameter, the additional uncertainty in the discharge 
coefficient from the ‘correction’ of Equation (2) is just a few tenths of a percent.  However for 
systems where the highest accuracy is required (typically ±1%), the additional discrepancy 
between actual and calculated discharge coefficients is significant and could cause a system 
to exceed its uncertainty target.  With the 4 sets of data showing distinct and predictable 
trends, there is an opportunity with further work to derive an equation similar to that in ISO 
5167-2:2003 to improve the uncertainty with a calculated discharge coefficient for an orifice 
plate with a drain hole. 
 
Therefore to conclude this part of the discussion, since the results quoted in this paper were 
obtained in a 2”nb (52.5mm) pipe diameter, showing stable and repeatable data broadly in 
keeping with the NEL test results obtained in larger pipes, the statement in ISO/TR 
15377:2007 regarding orifice plates with drain holes: 
 
“D should be larger than 100mm” 
 
is incorrect and, at least under the conditions of these new tests, it is valid to apply drain holes 
to orifice plates of D < 100mm.  It has also been shown that the ‘correction’ in ISO/TR 
15377:2007 is a good first order improvement to the discharge coefficient calculation for a 
plate with a drain hole but there are limitations for high accuracy applications. 
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2.2 Experience of Installing an 18”nb Orifice Plate  with a Drain Hole in the Field 
 
The one issue to take account of in the field is how small a drain hole can be before it 
becomes ineffective through blockage.  To some extent this is discovered through practice but 
in this section an application of a relatively small drain hole in an 18”nb pipe diameter meter 
run is discussed. 
 
On Ninian South Platform (NSP), one of our gas meters (Tag no. 41-FE-8006) started to 
behave unexpectedly from March 2011.  The orifice plate meter is of 18”nb (438mm) and had 
at that time an orifice diameter of d = 208.75 and β = 0.477.   As well as the gas generally 
increasing, the day to day totals were fluctuating markedly.  This can be seen in Figure 6 prior 
to the NSP planned shutdown in 2011. 
 

Figure 6:-  Improvement in gas measurement from dra in hole installation on NSP 
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The oil associated with this gas (measured using a high accuracy turbine meter / prover 
system) from our Ninian and Columba fields declined steadily over this period as a successful 
new well brought on-line at the end of Dec 2010 (SP87) declined from significant early 
production to a more constant flow.  Therefore we would expect a similar trend to the gas 
measurement over the same amount of time.  Instead the gas flow rates achieved were twice 
and in some extreme examples three times, the flow rate expected. 
 
The platform was asked to investigate and drain down the impulse line system to ascertain if 
liquids were present and this was indeed confirmed.  Each time the impulse line system was 
drained down, the flowrate decreased and became more stable but it wasn’t long before the 
rates increased again and became more erratic.  The source of the liquids in this case was 
most likely to be fall-out of heavy gaseous components which leave the upstream production 
separators at approximately 90oC but cool to around 75oC at the meter causing them to 
coalesce and form liquid traces.  These can build up over time in front of the orifice plate dam 
and even find their way into the impulse lines.  Figure 7 demonstrates a worst case scenario 
from another metering point on the Ninian Central Platform. 
 
To overcome this issue, a new orifice plate with a drain hole was installed during the 2011 
planned shutdown.  The drain hole applied was 3.2mm in diameter.  The opportunity was also 
taken to reduce the main orifice diameter and optimise it for the expected flowrates.  The new 
orifice plate bore diameter was 138.1mm resulting in a new β = 0.315.  The value of dh/d was 
0.023. 
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Figure 7:-  The challenges of liquid build-up in gas metering streams – worst case scenario! 
 
 
The impact of the new plate was dramatic as shown in Figure 6.  Straight away the gas 
measurement was stable and tracked the oil production trend very closely.  Oil spikes when 
the SP56 well was brought on-line after pressure build-up coincide with sudden increases in 
measured gas as expected.  In fact the only periods when the gas doesn’t follow the oil trend 
so well is when gas is flared from a point upstream of the meter, which can happen for 
example if the compression system is off-line. 
 
So to conclude this section, applying a drain hole to an orifice plate, even of relatively small 
size at 3.2mm and dh/d = 0.023, can be very effective at removing the impact of liquid 
presence within a metered gas stream and provides for a far more accurate measurement. 
 
 
3 FURTHER EXPERIENCES SMALL BORE (4”NB) ULTRASONIC FLOWMETERS 
 
At the North Sea Flow Measurement Workshop in 2008, Craig Coull presented a paper 
regarding experiences with small bore ultrasonic flowmeters on the Petrojarl Banff FPSO 
operated by our colleagues at Teekay Petrojarl [1].  This section builds on that paper and 
provides details of some further experiences that have been encountered since.  The gas 
ultrasonic measurement system on the Petrojarl Banff FPSO is shown in Figure 8. 
 

 
 
 

Figure 8:-  Banff FPSO export / injection metering schematic diagram 
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The system was commissioned in 2004, replacing the previous orifice plate based system, to 
account for the additional gas quantities from the introduction of the Kyle field to the FPSO.  
The system features two Instromet 4”nb Q-Sonic 3S flowmeters installed in parallel; one 
essentially dedicated to ‘gas injection’ (which comprises Banff field re-injection gas and the 
total gas lift quantity) while the other meter is for gas export measurement to the BP operated 
CATS pipeline.  There has also been cross-over pipework installed to allow the meters to be 
routed ‘in series’ to allow a periodic ‘series line check’ to validate that both meters are 
operating effectively and within tolerance. 
 
The normal mode of operation is to re-inject all surplus gas into the Banff field to aid oil 
recovery but since October 2009, gas has been exported on a small number of occasions for 
just a few days to the CATS pipeline.  So in fact the export flowmeter is not on-line anywhere 
near the amount of time that the injection meter is on-line.  Apart from the rare gas export 
events, the export meter is on-line once a week for a few hours to perform the series line 
checks. 
 
As reported in 2008, the meters have been very reliable in the field and while some standard 
calibration parameters were very difficult to achieve, because they are small bore meters with 
increased relative uncertainties on dimensional measurements (the original standard peak-to-
peak maximum tolerance of 0.7% from AGA9 [6] was difficult to achieve in all cases and the 
most linear meter serial number (S/N) 2901 had uncorrected errors from initial calibrations 
exceeding 1%), they have continued to provide good service.  In fact any major issues that 
have been experienced previously with the meters have tended to occur during transit to and 
from onshore flow calibrations, and were not due to any shortcomings with the meters.  Since 
2008, further experience has been gained with the use of these meters and this is reported in 
the following sections. 
 
 
3.1 The Effect of a Chord Failure 
 
On 2nd February 2010, S/N 2902 suffered the failure of two chord paths during the weekly 
series line check.  The meter was returned to Elster-Instromet for repair and was returned to 
the FPSO following re-calibration.  On 5th March 2011, the same meter commenced a further 
single chord failure (chord 1) which started in a minor way but became terminal by 11th March 
2011.  In fact, this was the third time this particular meter had failed since March 2009.  On 
investigation, it was difficult to understand why S/N 2902 was failing so often because neither 
S/N 2901 or 2903 had failed at all during this period and they had experienced more 
operational usage; in other words they had been installed for longer periods.  After the first two 
failures S/N 2902 received new transducers (original Type P13 DX replacements) but had only 
been installed a few months before the meter had failed again.  With the new transducers 
being installed and the rest of the meter being similar to the other reliable meters it was 
difficult to understand why S/N 2902 failed so often and the other meters didn’t. 
 
One point was apparent however and that was that in all three cases the meter was installed 
in the export meter slot.  Apart from the weekly series line checks the meter hadn’t seen much 
duty at all as very little export had taken place.  It was therefore deduced that the process itself 
couldn’t have been the cause of this issue because no failures had occurred to the meters 
installed in the injection meter slot, which has been in operation throughout the whole period. 
 
In trying to identify the source of these failures, the only logical cause that could be envisaged 
was pressurisation and depressurisation of the export line at a more rapid rate than the 
transducers could cope with.  Possibly some liquid contamination may have added to the 
sensitivity of the transducers to rapid pressure changes (see section 3.2).  With the export 
meter being on and off-line more than the injection meter this idea does have some merit. 
 
To address the issue two changes were made to the measurement process.  Firstly, the 
operating procedures were reviewed and enhanced to ensure that the meter stream is 
pressurised and de-pressurised at the rate stated within BS 7965 [7], that is 5 bar/min.  
Secondly, S/N 2902 was upgraded to incorporate the new type UT TI 162 DX transducers 
(designed to be more robust in the field) and subsequently re-calibrated at the GL Noble-
Denton facilities in County Durham, England.  However, to obtain some indication of the 
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magnitude of error from the previous meter failure chord 1, which is a swirl measuring path, 
was deliberately failed in a controlled manner and another calibration performed.  The 
magnitude of any shift in meter response would enable a correction to be accurately applied to 
the hydrocarbon accounts for this issue.  Since the first paper in 2008, CNRI & Teekay had 
decided to re-calibrate the Banff FPSO flowmeters at the GL Noble-Denton facility, instead of 
the original PIGSAR facility, purely because the transportation requirements are greatly 
reduced thus minimizing the risk of damage in transit to the flowmeters.  This reduction in 
transit time has paid dividends with no further damage occurring to date. 
 
Figure 9 shows the ultrasonic flowmeter calibration line in the foreground at GL Noble-Denton 
with a CNRI Coriolis flowmeter used for fuel gas measurement installed in the background. 
 

 

 
 

Figure 9:-  Banff FPSO Export / Injection Meter Calibration Set-Up 
 

 

Figure 10:-  As found calibration of S/N 2902 with new type UT TI 162 DX transducers 
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The standard flow calibration of the meter with the new transducers was very impressive.  
Figure 10 shows that a classic ultrasonic meter calibration response curve was achieved but 
what was striking for this meter was that 100% ‘performance’ was achieved throughout the 
complete flow range.  This has never been witnessed before on any of the flowmeter 
calibrations under-lining the improved ability of the new transducers.  Figure 10 also shows 
excellent repeatability at each flow point. 
 

Figure 11:- Re-calibration of S/N 2902 with control led failure of chord 1

-10

-5

0

5

10

15

20

25

30

35

0 100 200 300 400 500 600 700

Flow rate (Am3/hr)

E
rr

or
 (

%
)

Controlled chord 1 failure - individual points

Controlled chord 1 failure - average data

 
 
However, Figure 11 shows the results of a controlled failure of chord 1, which are quite 
surprising.  While the top half of the flow range is still relatively linear and displays reasonable 
repeatability, with a consistent offset of approximately -4%, the results at the lower flowrates 
show a high degree of unpredictability.   
 
 

Figure 12:-  As found calibration of S/N 2903 with original type P13 DX transducers  

-2

-1.5

-1

-0.5

0

0.5

1

1.5

0 100 200 300 400 500 600 700

Flow rate (Am3/hr)

E
rr

or
 (

%
)

As found flow calibration - individual points

As found flow calibration - Average data

Controled Chord 1 Failure - Individual Data

Controlled Chord 1 Failure - Average Data

 
 



30th International North Sea Flow Measurement Workshop 
23 – 26 October 2012 

 

12 

Since the results at the lower flowrates were so variable it was decided to perform a controlled 
failure of chord 1 during the next scheduled flow calibration as the other meters still had the 
original Type P13 DX transducers which S/N 2902 had when it last failed in the field.  Figure 
12 shows the results from the subsequent calibration of S/N 2903.  It shows that for S/N 2903 
with the original transducers the offset caused by the failure of chord 1 is relatively consistent 
across the full flow range at approximately -1.5%. 
 
This type of ultrasonic meter is designed to automatically turn off a ‘good’ swirl path if the 
other swirl path fails.  So in this case when chord 1 is ‘failed’, chord 3 automatically turns off 
(both being swirl type paths) resulting in a single bounce-path meter with only chord 2 
functioning.  Figure 12 shows that in good flow conditions S/N 2903 with the older type 
transducers will still operate in a predictable manner across the full flow range with a relatively 
constant negative offset.  However S/N 2902 with the new transducers, and with the 
associated software changes, is clearly not as effective at measuring at the lower flow rates in 
the event of a swirl path failure. 
 
The conclusion from these tests is that following a chord 1 failure, the original Type P13 DX 
transducers provided a more consistent performance at the lower flowrates which, at least in 
the short term, could allow continued operation and a relatively accurate correction to be 
calculated and applied to the hydrocarbon accounts.  In contrast, once the flow for S/N 2902 
with the new type UT TI 162 DX transducers is below approximately 120Am3/hr, the meter is 
not usable following a chord 1 failure owing to the huge variation in measurement.  In practice, 
this would require a change of operation on the FPSO to ensure that the meter wasn’t 
operating in this flow range as there is no possibility that a correction could be calculated with 
any degree of certainty.  This change of operation could be performed by swapping from 
export to injection mode (or vice versa), going to an in-series operation or, if possible, 
increasing the flow rate for a short term period until one of the other options is implemented.  
Ultimately the meter would require to be removed and sent for repair and re-calibration. 
 
However, it is important to re-iterate that the new UT TI 162 DX transducers were selected for 
their robustness in the field – and the meter has subsequently operated without any of the 
issues plaguing it previously with the older transducers.  It is also important to note that the 
original Type P13 DX transducers for S/N 2903 did not produce the same ‘100% performance’ 
as the as-found S/N 2902 calibration and could only manage typically 96% at 450Am3/hr and 
84% at 650Am3/hr.  This indicates that S/N 2902 is likely to be usable at higher flowrates 
should that be required in the future. 
 
So to conclude, by upgrading the transducers for S/N 2902 to a more effective and robust type 
of transducer, an unexpected response of the meter has been identified through these tests 
following a controlled failure of chord 1.  However, the expected improvement in transducer 
reliability plus the proven improvement in performance far out-weighs this feature and the 
understanding of the operation of these meters on the Banff FPSO, with swirl-path failure on 
both types of transducer, has been greatly enhanced. 
 
3.2 The Effect of Liquid Contamination 
 
On 27th January 2011, one of the ultrasonic flowmeters (S/N 2901) was calibrated at the GL 
Noble-Denton facility.  Figure 13 shows the results from that calibration compared with the 
previous calibration performed in 2009. 
 
The response of the meter had shifted significantly by approximately +0.8% across most of 
the flowrange.  This gave cause for concern as the checks in place offshore hadn’t identified 
this shift, which is of a magnitude that would have been expected to be identified by the series 
line checks and the diagnostics checks regularly performed on the Banff FPSO. 
 
Since the shift was so significant, the meter was re-calibrated 2 months later in the same line. 
This re-calibration provided the same results and confirmed that the shift was reproducible.  
On further investigation of the inside of the meter, a possible cause of this shift was identified 
as liquid contamination.  However, this was not immediately obvious.  Figure 14 demonstrates 
that an oily substance was discovered in the pressure transmitter manifold located on the side 
of the meter.  However, Figure 15 shows that the meter and adjacent spools were relatively 
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clean with no significant build-up of debris and no obvious indication of any contamination at 
all.  In fact, the only indication that there might have been some contamination within the 
meter stream was a slightly ‘sticky’ feel to the internal pipe walls. 
 

Figure 13:-  Calibration of Banff flowmeter S/N 290 1
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Figure 14:-  Oil residue in pressure   Figure 15:-  Meter spool relatively clean 

transmitter manifold 
 
This contamination had not been witnessed before on any of the Banff FPSO meters and 
posed the following questions: 
 
• What had caused the liquid to appear in these locations and  

 
• Had something been missed in the checks offshore that could have identified this effect 

much earlier. 
 
In terms of the liquid, it was confirmed from sample analysis that it was of a produced 
hydrocarbon liquid nature rather than, for example, a lubricating type oil or similarly refined 
product.  However whatever had caused this issue, it did not appear to be an ongoing problem 
offshore; much rather it appeared to be caused by an isolated event, for example an 
unplanned system trip or an un-optimised process occurring at start-up.  Subsequent to this 
S/N 2901 calibration, S/N 2903 did show similar oily content in the pressure transmitter 
manifold during the tests referred to in Section 3.1.  However, the ‘as found’ calibration was in 
keeping with historical trends.  Figure 16 shows the results of the series line checks during the 
period of installation of S/N 2901 prior to the onshore calibration at GL Noble-Denton. 
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Figure 16:-  Series line check results for S/N 2901  during period of installation
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Overall the series line checks in this period are well within expectations.  The tolerance for the 
checks is ±0.75% as the checks give an overall evaluation of most of the uncertainty sources 
in the field.  The meters have separate pressure and temperature measurement inputs, flow 
computers, and actually have quite different upstream pipe work configurations, so the checks 
are a very good indication of performance in the field.  The only common source of 
measurement uncertainty in the field is the chromatograph composition, plus the onshore flow 
laboratory calibration uncertainty also has to be accounted for.  However, some ‘common 
mode errors’ potentially affecting both meters at the same time, for example contamination, 
could theoretically be ‘missed’ by this series line check. 
 
When S/N 2901 was installed in March 2009, after the failure of S/N 2902 in the export slot 
(see Section 3.1) an improvement was witnessed.  Initially the overall difference in checks 
between S/N’s 2901 and 2903 was very small.  This indicates that S/N 2902 may have had an 
additional issue prior to its failure but the series line checks were still within field tolerance. 
 
In fact it isn’t obvious at all where an ‘event’ could have happened that caused the shift in the 
response of S/N 2901.  There was a period of reduced production in July 2009 so was there 
some liquid entrainment when the additional wells came back on-line?  Subsequent series line 
checks were very consistent and produced very good agreement up until S/N 2903 was 
removed in December 2009 so it doesn’t appear likely.  There was a step change following the 
subsequent installation of S/N 2902 but the errors before and after are still well within 
tolerance.  When S/N 2902 failed again soon after there was virtually no change following the 
introduction of the newly calibrated S/N 2903 meter.  The only other likely point at which the 
series line checks may have indicated a contamination ‘event’ is after the shutdown in 
September 2010.  There was an initial shift in the mass error (%) consistent with the shift by 
S/N 2901 in Figure 13.  However, just prior to the removal of S/N 2901 the mass error (%) 
value was almost back to where it was before the shutdown.  This may indicate an issue 
immediately following a shutdown which had worked itself out soon after. 
 
So to conclude, the series line checks even with the benefit of hindsight knowledge do not 
clearly identify the point at which the S/N 2901 meter shifted in its response by +0.8%.  In fact, 
if anything the checks imply that the meter was working well within its expected performance 
envelope during the entire period of installation. 
 
So what about meter diagnostics? 
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The meter diagnostics for the three Banff FPSO meters are taken and recorded periodically 
as part of the maintenance regime – So do any of these meter diagnostics identify a potential 
shift in the response of S/N 2901?  The Banff FPSO doesn’t have permanent on-line 
diagnostic monitoring.  Rather the diagnostics are captured on a routine basis every 2 weeks 
typically.  Figures 17 - 22 comprise the diagnostic checks performed over this period on S/N 
2901.  Once again, far from identifying a change in performance, the diagnostic checks imply 
that the meter was operating very consistently and at a very high level throughout the 
installation period.  All the data are well within tolerance and the only significant step changes, 
small as they are, can be seen in swirl angle and path velocity ratio where the meter had been 
removed from the export meter slot and re-installed in the injection meter slot.  Generally all 
meters are initially installed in the export meter slot for CATS requirements and following a 
period of 6 to 12 months they are removed and re-installed into the injection meter slot.  The 
different orientation of upstream pipe work accounts for the slight change in swirl angle and 
velocity ratio seen in these figures. 

 

Figure 17:-  VOS footprints
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Figure 18:-  VOS footprint shift from calibration
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Figure 19:-  Path velocity ratio
(Only use for flowing checks)
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Figure 20:-  Signal to noise ratio
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Therefore, the meter diagnostic checks for S/N 2901 during the period of installation do not 
identify a point at which the meter could have shifted in its response.  On the contrary, the 
checks once again imply that the meter was working well within its expected performance 
envelope during the installation period. 
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Figure 21:-  Performance
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Figure 22:-  Swirl angle
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So is there any information available that would indicate a potential shift in meter response? 
 
Following the calibration in 2011, our colleagues from Elster-Instromet analysed the log file 
data and noted that while the various meter diagnostics were broadly similar in both this 
calibration in 2011, and the previous one in 2009, there was a slight increase in the relative 
velocities defined as the chord velocity divided by the average pipe velocity from the reference 
meter.  The Elster-Instromet data has been reproduced in Figure 23. 
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Figure 23:-  Comparison of chord velocity ratios 20 11 vs 2009
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This data indicates that the chord to reference gas velocity ratios are slightly higher in the 
2011 calibration compared with the 2009 calibration at the same volumetric flowrate.  This 
may indicate contamination as the source of the meter response shift but this could only be 
true if the meter diameter has reduced, which is theoretically possible if there is a coating of 
contamination on the internal wall of the meter as shown in Figure 24: 
 

 
 
 
 
 
 
 
 

 
 

Figure 24:-  Build-up of contamination within pipe spool 
 
If a coating of contamination is present, the theoretical effect is to make the flowmeter over-
measure.  This is because the ultrasonic flowmeter continues to measure the velocity 
accurately (being primarily a flow velocity measuring device) but uses the same fixed 
diameter, and therefore area, to calculate the volumetric flowrate.  The general equation is: 
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Vπ Q
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vol                                                      (2) 

 
Assuming the axial mean velocity is determined accurately, an error of approximately +0.8% in 
Qvol is equal to an error of only 0.4% in the diameter.  The meter in question has a diameter of 
only 87.1mm therefore indicating a potential error in diameter of approximately 0.348mm.  
Assuming an equal layer of contamination within the meter spool, this equates to a 
contamination thickness (X) of only 0.174mm.  So with liquid contamination witnessed to be 
present, and with this theoretical sensitivity to changes in meter diameter, a shift in meter 
response of 0.8% is quite possible.  However, this effect has not been witnessed in other 
calibrations, even those where liquid presence was also identified, leaving some uncertainty. 

Internal meter spool 
with contamination 
thickness of Xmm 

D 
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In 2011, the United Kingdom’s Department of Energy and Climate Change Measurement 
Group (DECC, formerly DTI) organised a seminar at the Aberdeen Exhibition and Conference 
Centre (AECC) focussing on Condition Based Monitoring (CBM) for ultrasonic flowmeters [8].  
During this seminar a presentation was made regarding the success that Shell had 
experienced using meter diagnostic information to verify the performance of 20” nb meters, 
building on the work reported by Peterson et al at the NSFMW in 2008 [9].  There has been a 
lot of discussion regarding the effectiveness of CBM and its application in recent years, 
especially with the potential for reducing or even eliminating the need for meter calibrations at 
flow laboratories.  Indeed the work published by Shell to date shows that some movement 
towards this goal is possible. 
 
However, this experience with S/N 2901 has identified a significant shift of circa +0.8%, likely 
to have been caused by liquid contamination, that the offshore series line checks and meter 
diagnostic checks failed to identify.  Even with the advantage of hindsight it is not clear when 
S/N 2901 shifted in its response.  Comparison of calibration diagnostics in the controlled flow 
laboratories hinted at a change in chord velocity ratios but this would have been difficult to 
identify in the field.  The clear difference between this application and Shell’s is in meter size.  
While a small build-up of contamination on a meter spool of fractions of a mm can 
theoretically affect the performance of a 4”nb (87.1mm) diameter ultrasonic flowmeter 
significantly, this build-up depth would be insignificant in a meter of 20”nb diameter.  So while 
series line and diagnostic checks in the field continue to be vital as part of the meter 
verification philosophy on the Banff FPSO, this experience demonstrates that periodic onshore 
flow calibration at an accredited laboratory remains ultimately important in the meter validation 
life cycle for these small bore flowmeters. 
 
 
4 CALIBRATION OF TWO DENSITOMETERS WITH THE NEW UK OFFSHORE 

DECC PREFERRED VERIFICATION METHODOLOGY 
 
In 2004, DECC issued a note relating to a small but systematic ‘offset error’ when a Solartron 
Type densitometer was operated at a temperature other than that at the calibration reference 
temperature (typically 20oC) [10].  The inference was that the further away from the calibration 
reference temperature the device was operated at, the more this error was likely to be.  This 
issue was a major concern as this type of densitometer has become the device of choice 
within the offshore oil industry as they are generally good and reliable devices. 
 
To investigate this effect, and other potential effects like elevated pressure, a Joint Industry 
Project (JIP) was established by NEL in conjunction with DECC, Solartron and almost all of 
the UK oil operators.  The background and subsequent findings of this JIP are discussed in 
more depth at the Poster Session by Norman Glenn at this NSFMW [11].  The JIP involved 
developing the NEL primary density standard to be able to perform densitometer calibrations 
at elevated temperatures and pressures, and with different liquids representing various 
densities and viscosities, to provide an actual reference density at operating conditions as 
opposed to the standard calibration of these units performed at a reference temperature of 
20oC and 1 bar absolute.  This new methodology allows for a significant reduction in the 
uncertainty of the derived calibration constants from the following typical equations: 
 
 2

210raw TK  TK  Kρ ++=                                             (3) 

 
 20)-(tK  20)) -(tK   1( ρρ 1918rawtemp ++=                    (4) 
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CNRI have commenced performing routine calibrations in 
keeping with the new methodology, and the final section of 
this paper focuses on the results from calibrating two 
Solartron Type 7835 units in the NEL primary density 
standard in April/May 2012.  The two units are of particular 
interest as their normal operational installation was the 
Murchison platform operating at typically 70barg and 65oC, 
a far distance from the standard calibration reference 
conditions of 1 bar absolute and 20oC.  The tests were 
performed by installing each unit in the primary calibration 
system and performing an ‘as found’ calibration utilising 
the densitometer constants from the previous standard 
calibration certificates.  A new set of densitometer 
constants were then produced optimised around the unit’s 
performance at its operating conditions.  Figure 25 shows 
one of the units installed in the primary density facility. 

 
 
 
 

The tests were performed using different liquids with varying densities and viscosities to 
ensure that there are no significant systematic biases with respect to density or viscosity.  The 
3 liquids with nominal viscosities and densities at 60oC and 71 bara are: 
 
• Iso-Octane   0.356cP and 667kg/m3 
• Toluene   0.404cP and 835kg/m3 
• Di(2-ethylhexyl) sebacate 7.27cP and 890kg/m3 
 
Figure 26 shows the results for densitometer S/N 350943.  Tests were performed at nominally 
61, 71 and 81 bar absolute, with temperatures of 60 and 70oC, utilising the 3 fluids.  The test 
uncertainty in the determined density was ±0.05%.  The obvious message from the ‘as found’ 
calibration is how appropriate the previous calibration constants were in hindsight.  The 
spread of data is circa 0.1% at each of the test pressures, and the errors are reasonably well 
spread about zero apart from at 71 bara where the densitometer mostly under-measured.   
 

Fig 26:-  Densitometer calibration for S/N 350943
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With all the errors within -0.08%, this was a very welcome result.  Considering the concerns 
over the potential errors at this high pressure and temperature application, the results 

 Figure 25:-  The NEL Primary Density Calibration 
System with S/N 352825 installed 
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obtained were well within the duty/standby tolerance for the two densitometer system in the 
field of 1.5kg/m3 (approximately 0.19%).  The advantage of optimising the constants for the 
working range is clear with the improvements in repeatability and measurement uncertainty. 
 
Contrast this result with Figure 27, which shows the results for the unit S/N 352825.  This time 
the results obtained are more consistent compared to S/N 350943 with a total spread of 
approximately 0.03%.  The optimised data do not improve significantly on this initial result.  
However, this unit produces clear ‘as found’ under-measurement across the pressure range 
between -0.07% (achieved at 81 bara) and the worst result of -0.15% achieved at 71 bara.  
This is a significant quantity and justified the calibration (and will pay for them) on its own.  
However, this result was still not as large as pre-test concerns. 
 

Figure 27:-  Calibration of densitometer S/N 352825
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Incidentally, the air check results from the two units were compared with those obtained at the 
previous standard calibrations.  It is interesting to note that both units produced periodic times 
within a nano-second of their previous value. 
 
So to conclude this section, the results of these two densitometer calibrations at relatively high 
operating pressure and temperature have demonstrated that significantly improved 
measurement uncertainty can be achieved at operating conditions by utilising the new 
methodology, which has been implemented by NEL in their primary density calibration system.  
However, in this particular high pressure/temperature application the ‘as found’ results were 
not as large as were originally feared prior to the tests taking place and S/N 350943 showed 
very little systematic bias compared with the uncertainty allowance in the field.  The result for 
S/N 352825 showed a small but significant systematic under-measurement of density and 
demonstrates the importance of calibrating densitometers with the new methodology.  The 
tests also demonstrated that identical models of densitometer can produce different 
performance characteristics at the same operating temperature and pressure. 
 
 
5 CONCLUSIONS 
 
This paper has demonstrated some of the recent in-field measurement experiences that have 
occurred on CNRI North Sea mature assets, and the methodologies that have been used in 
over-coming or compensating for them.  This paper has demonstrated the following: 
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i) Orifice plates with drain holes are an effective way of measuring gas with small 
amounts of liquid present.  This has been demonstrated with the case study of an 18”nb meter 
on Ninian South platform.  In addition, it has been demonstrated that the statement in ISO/TR 
15377:2007 regarding drain holes only being valid in pipe sizes greater than D = 100mm 
(4”nb)  is too restrictive.  Test results showing 2”nb orifice plate meters performing effectively 
have been demonstrated. 
 
ii) Test results have been shown to demonstrate the different responses of the Banff 
FPSO 4”nb ultrasonic flowmeter transducer types in the event of a chord 1 (swirl path) failure. 
 
iii) Test results have been shown to demonstrate the apparent impact of a liquid 
contamination event on the response of the Banff FPSO 4”nb ultrasonic flowmeters.  While 
this effect was identified during routine re-calibration at a flow laboratory, series line checks 
and diagnostic checks performed offshore did not appear to indicate any change in meter 
response.  This under-lines the importance of the three elements of verification, including flow 
laboratory re-calibration for these flowmeters. 
 
iv) Test results of calibrating two Solartron model 7835 densitometers in the new primary 
density facility at NEL have been demonstrated.  While pre-test concerns regarding the 
potential of large errors did not materialise, when comparing ‘as found’ results with the primary 
reference, the results did indicate that significant improvements in both repeatability and 
uncertainty can be achieved with the improved verification methodology. 
 
The results described in this paper have been useful in improving and optimising the 
measurement effectiveness of a number of flowmeter systems within CNRI. 
 
 
6 NOTATION 
 
The notation used in this paper is as follows: 
 
D Internal pipe diameter* 
d Orifice plate bore diameter* 
dh Drain hole diameter (mm) 
dc Corrected plate bore diameter (mm) 

E Orifice plate thickness (mm) 
β Orifice bore to pipe diameter ratio 
Qm Mass flowrate (kg/sec) 
Qvol Actual volumetric flowrate (Am3/hr) 
∆P Differential Pressure (Pascals) 
t Temperature (oC) 
P Pressure (bara) 
T Periodic time (µsecs) 
ρ Line density (kg/m3) 

V Mean axial pipe velocity (m/sec) 
X Contamination thickness (mm) 
 
K0, K1, K2, K18, K19, K20, K20A, K20B, K21, K21A, 
K21B Standard densitometer constants 
 
ρraw Uncorrected density reading 
(kg/m3) 
ρtemp Density reading corrected for 
temperature (kg/m3) 
ρpress Density reading corrected for 
pressure (kg/m3) 
 

 
*Note that pipe and bore diameters in this paper are provided in inches and mm throughout 
the document.  In Equation (1), d is required to be applied in metres. 
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Update of Norwegian Regulations for Fiscal Measurement 
 

Steinar Fosse, Measurement Advisor, Norwegian Petroleum Directorate 
 

 
  
1 INTRODUCTION 
 
The Norwegian Petroleum Directorate, celebrated its 40 years anniversary this year. The work 
to develop a Measurement regulation started some years after the start up. A number of drafts 
were in use during the late 70ties and until the first official Regulations were put in force from 
2. April 1984. 
 
Thereafter the Norwegian Fiscal Measurement Regulations have been updated several times. 
We have the legal possibility to do updates every year, but every three years have been a 
more realistic target. 
  
Normally the updates are fairly small, but sometimes also larger modifications take place. The 
2001, update was a major one and also the update this year (2012) is fairly extensive.  
 
 
2 THE 2012 REGULATORY UPDATE 
 
The proposed changes were approved for by the Ministry and then sent for comments to the 
industry during 2011. A lot of constructive comments were received and we tried to implement 
as best we could. The Regulations were then sent for a final approval by the Petroleum 
Ministry. 
 
The document was finally approved 8th March 2012, and the entry into force date was set to 1st 
July 2012.   
 
 
3 AREAS WERE CHANGES HAVE BEEN IMPLEMENTED 
 
 
The Regulations and the document for the comments to the various sections are attached  
after this point. The new text is marked with yellow colour. The English text document can be 
found on the web page: NPD.no 
The Norwegian text document can be found on the web page: Lovdata.no 
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PREFACE 
 
The purpose of these regulations is to ensure that accurate measurements form the basis of 
the calculation of taxes, royalties and fees etc. to the Norwegian state, including the CO2 
tax, and the income of the licensees. The regulations contain supplementary provisions to 
the requirements of the Petroleum Act and the CO2 Tax Act relating to measurement of 
petroleum and stipulate framework requirements concerning the organisation, planning 
and implementation of the activity as referred to in the Petroleum Act and the CO2 Tax 
Act. Put into force 30 October 2006, the requirements for measuring systems for liquids 
other than water are changed to be in conformance with the Directive 2004/22/EU, 
Measuring Instruments Directive (MID) and are harmonized with the Regulation of 21 
December 2007 no. 1738, “Requirements for measuring systems for liquids other than 
water” adopted by Department for Industry and Trade (NHD) and Norwegian Metrology 
Service cf. remarks to Section 13a. Practically this applies to measuring systems for 
Liquid Petroleum and NGL. 
 
The measurement regulations define functional and specific requirements to the design 
and operation of the metering equipment, elaborates on the responsibility of the individual 
participant to comply with requirements laid down in or pursuant to applicable law and 
shall contribute to ensuring that the metering equipment and method at all times comply 
with the requirements of these regulations relating to accumulated measuring uncertainty. 
The regulations stipulate requirements with regard to how the quantities of fuel and flare 
gas are to be reported and documented. Furthermore the regulations provide for suitable 
supervision of the activities. These regulations replace the previous Regulations for fiscal 
measurement of oil and gas etc. and the previous Regulations relating to measurement of 
fuel and flare gas for calculation of CO2 tax in the petroleum activities. Particular points 
relating to CO2 tax measurement are dealt with in comments re. Section 14. If provisions 
contained in these regulations apply to either fuel gas or flare gas this will appear from the 
text. 
 
The comments to Section 1 of these Regulations describe the process concerning 
equipment and methods for measuring NOx emissions. 
 
The regulations provide for a practice whereby not all documentation needs to be 
submitted to the Norwegian Petroleum Directorate, but may instead be available from the 
operator and be submitted to the Norwegian Petroleum Directorate on request. 
Furthermore provision is made for transfer of information electronically. 
 
Comments have been prepared to the individual provisions of these regulations. The 
comments provide explanation and guidance in relation to the provisions of the 
regulations. Examples are given to show how the requirements of regulations can be 
complied with, or reference is made to recognised standards, including industry standards, 
as one way in which the requirements of the authorities may be complied with. Standards 
which are not mentioned in the Regulations including comments may be applied following 
consultation with the Norwegian Petroleum Directorate. Trading in petroleum takes place 
across national borders with international actors. Technical standards should therefore be 
internationally accepted. Reference is further made to comments re. Section 4. Guidelines 
to Plan for development and operation of a petroleum deposit, PDO, and Plan for 
installation and operation of facilities for transport and utilisation of petroleum, PIO, of 18 
May 2000 contain details on the information which should be contained in a PDO/PIO 
with regard to fiscal measurement systems. 
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REGULATIONS RELATING TO MEASUREMENT OF PETROLEUM FOR FISCAL 
PURPOSES AND FOR CALCULATION OF CO2 TAX 

(THE MEASUREMENT REGULATIONS) 
 

 
 

Regulations relating to measurement of petroleum for fiscal purposes and for 
calculation of CO2 tax, issued by the Norwegian Petroleum Directorate 1 November 
2001 pursuant to Section 86 of Regulations to Act relating to petroleum activities issued 
by Royal Decree 27 June 1997 No. 653,  cf.  Act of 29 November 1996 No. 72 relating to 
petroleum activities, Section 4-10 and Section 5 of Act of 21 December 1990 No.72  
relating to tax on discharge of CO2 in connection with petroleum activities on the 
continental shelf, cf. Decision on delegation issued by the Ministry of Petroleum and 
Energy 28 June 1985 and 27 December 1990. Regulations of 11 December 2001 nr. 1451 
on Excise Duties (NOx duties) section 3-19-7. EEA Agreement, Annex II, Chapter IX, 
paragraph 27b (Directive 2004/22/EF). Last amended  8 March 2012. 
 
 

CHAPTER 1  
INTRODUCTORY PROVISIONS 

 
Section 1  

Scope 
These regulations are applicable to the petroleum activities in areas comprised by Section  
1-4 of the Act of 29 November 1996 No. 72 relating to petroleum activities and Section 2 
of the Act of 21 December 1990 No. 72 relating to tax on discharge of CO2 in connection 
with petroleum activities on the continental shelf, specifically: 

 a) in planning, design, construction and operation of metering systems for measuring 
produced, transported and sold quantities of oil and gas (fiscal measurement 
systems) 

 b) in planning, design, construction and operation of metering systems and metering 
equipment for determination and reporting of quantities used for fuel and flare gas 
in petroleum activities. 

 
For flow meters for liquids other than water the Regulation of 26 April 2006 no. 466 
concerning requirements (for liquids other than water) issued by Department of Industry 
and Trade (NHD) and Norwegian Metrology Service, with the clarifications pursuant to 
this regulation, is prevailing. 

 
Section 2  

Definitions 
For the purpose of these regulations, the following definitions shall apply: 
 
Accreditation: 
An official recognition to the effect that an organisation is operating in accordance with a 
documented quality assurance system and that it has demonstrated is competency to carry 
out specified tasks. 
 
Allocation: 
Apportionment of petroleum between various owner groups and owner companies. 
 
Recognised standard: 
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Standards, guidelines and similar which within a technical sphere are internationally and/or 
nationally recognised. Acts or regulations which are not directly applicable but which 
regulate corresponding or neighbouring areas may equally be recognized standard.  
 
Fuel: 
Natural gas, oil, condensate or diesel used for operation of combustion machinery such as 
turbines and similar.  
 
Place of operation: 
Facility or terminal where the metering system is in service. 
 
Place of manufacture: 
Place where fabrication, assembly and testing of one or more of the metering system’s main 
components takes place. 
 
Computer part: 
That part of the metering system which consists of computers and receives metering signals 
from A/D converters or from digital instrument loops. 
 
Flare gas: 
Natural gas burnt off or vented to the atmosphere. 
 
Fiscal metering: 
Metering carried out in connection with purchase and sale and the calculation of taxes and 
royalties. 
 
Sensing element: 
A device that responds to the condition which is to be measured, so that the device produces 
a signal proportional to this condition. 

 
Flow meter for liquids other than water: 
An instrument for continuous measurement, registration and display of the amount of liquid 
which flows in a liquid filled pipe under defined conditions. 
 
Instrument: 
An assembly consisting of a transducer and one or more sensing elements. The signal from an 
instrument represents a physical condition.  
A technical device used to measure a physical parameter. 
 
Instrument part: 
Part of the metering system from and including the instrument to the digital input of the 
computer part. 
 
Calibration: 
Establishment of relationship between measured value and reference value with known 
uncertainty. The English term “proving” is often used for calibrating meters against a known 
volume.   
 
Calibration factor, K-factor:   
Relationship between the measured value coming from a meter and the measured value from 
a reference measurement system. (Normally a designated value that signifies pulses per 
volume unit). 
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Calibration factor (meter factor) for flow meter: 
Non designated value which states the relationship between the flowmeter’s registration and 
the flow volume. 
   
Calibration mode: 
Selectable condition of the computer part to carry out verification whilst the associated meter 
tubes are closed. 
 
Control: 
Monitoring, supervision, inspection and similar of conditions, processes, products etc. to 
ensure that they comply with specifications. 
 
Linearity: 
1)  Deviation between a calibration curve for a device and a straight line. 
2)  Correlation between variables where a change in one causes a precise and proportional 
change for the other. 
 
Liquefied Natural Gas (LNG): 
Natural gas mainly consisting of methane (CH4) refrigerated to liquefied form at about minus 
160 degrees C, with density at atmospheric pressure of around 430 – 460 kg/m3. Standard 
density is typically in the area 0,67 – 0,74 kg/Sm3. 
 
Mechanical part: 
All mechanical equipment included in an oil or gas metering system. 
 
Meter tube: 
Straight pipe section where a flow meter is installed. 
 
Instrument loop: 
Assembly of all equipment and computer links etc. from sensor input to the visual 
representation in the computer part.  
 
Metering station: 
Assembly of metering equipment dedicated to the determination of measured quantities. 
 
Measurement uncertainty: 
An expression of the result of a measured value which characterises the range within which 
true value is expected to lie. 
 
Metering system: 
Consists of a mechanical part, an instrument part and a computer part, as well as appurtenant 
documentation and procedures. 
 
Resolution: 
Indicates the least variation in signal level which produces a noticeable change in the 
displayed value. 
 
Petroleum products: 
Marketable products fractionated from crude oil or natural gas. Examples are: Ethane, 
propane, petrol, paraffin. 
 
Prover:  
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Device for calibration of dynamic flow meter, based on displacement of a body through a 
calibrated tube. 

 
Conformity marking 
A marking of a flow meter with a "CE" mark, additional metrological marking and 
identification number for the relevant notified body as described in the Regulation for flow 
meters (for liquids other than water). 

 
Conformity declaration 
A declaration that a product fulfill the technical requirements which are issued for flow 
meters in the the Regulation for flow meters (for liquids other than water).   
 
Flow meter (Gas): 
Equipment located in or clamped to a pipe with associated signal transformer providing a 
primary signal proportional to the amount of flow through the pipe. 

 
Transducer: 
Technical device which changes the nature of the measured signal. Used in these regulations 
solely in respect of ultrasonic meters. 
 

 
Section 3  

Responsibility according to these regulations 
The licensee and other parties participating in petroleum activities comprised by these 
regulations are responsible according to the regulations and individual administrative 
decisions issued by virtue of the regulations. 
  
In addition the licensee has a duty to see to it that anyone carrying out work for him, either 
personally, by employees, contractors or sub-contractors, complies with these regulations 
and individual administrative decisions issued by virtue of the regulations. 
 

 
Section 4  

Requirements to the petroleum activities in general 
Activities as mentioned in Section 1 of the present regulations shall be carried out in 
accordance with requirements stipulated by or pursuant to these regulations, and in 
accordance with recognised standards for such activities. 

 
When technology or methods not described in recognised standards are used, criteria for 
development, testing and operation are required to be produced. 
 

 
CHAPTER II  

REQUIREMENTS RELATING TO MANAGEMENT CONTROL SYSTEM ETC. 
 

Section 5  
Management control system 

The licensee and others participating in the petroleum activities shall establish, follow up and 
assure the development of a management control system which shall include organisation, 
processes, procedures and resources necessary to ensure compliance with the requirements of 
the present regulations. 
A management control system for metering shall be prepared and maintained in a systematic 
and controlled manner. Update and revision shall be announced within the organisation itself, 
to the Norwegian Petroleum Directorate and other parties concerned. The management 
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control system shall ensure that relevant experience and information is conveyed from one 
shift of personnel to the next and from the construction phase to the operational phase. 
 
Executive responsibility for, and supervision of, the management control system shall be 
placed with the unit responsible for the other management control systems of the enterprise.  
 
A quality assurance manual for the operation of metering systems shall be prepared. 

 
Section 6  

Organisation and competence 
The functional scope and areas of responsibility of personnel who carry out supervision of or 
tasks in connection with the metering system shall be documented in the organisation chart of 
the licensee. The duties, responsibilities and authority of the personnel shall be described.  
 
The licensee shall nominate the person responsible for the metering system. The nominated 
person shall be responsible to see that procedures relating to operation, maintenance, 
calibration and control are followed.  
 
All personnel carrying out tasks related to the metering systems shall possess documented 
qualifications within the relevant technical sphere. A system shall be established to show that 
updating and skills/competence advancement is ensured. 
 

 
Section 7  

Verification 
When planning, designing, purchasing, building and operating fiscal measurement systems as 
mentioned in these regulations, the licensee shall be able to verify that the provisions of the 
regulations or individual administrative decisions have been complied with. Independent 
verification of critical parameters may be required. 
 
The licensee shall see to verification of fiscal figures and calibration reports for equipment 
comprised by these regulations.  
 

CHAPTER III   
GENERAL REQUIREMENTS RELATING TO MEASURING AND THE 

MEASUREMENT SYSTEM 
 

Section 8  
Allowable measurement uncertainty 

 
 

Measurement system  
 

l 
Uncertainty limit at 95percent (%), 
confidence level 
(expanded uncertainty with coverage factor 
k=2) 

Oil metering for sale and allocation 
purposes   

0,30 % of standard volume 

Gas metering for sale and allocation 
purposes   

1,0 %  of mass 

Fuel gas metering 1,5 %  of standard volume 
Flare gas metering 5,0 %  of standard volume 
Sales measurement of LNG 0,50 % of measured energy contents per ship 

load 
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The measurement system shall be designed so that systematic measurement errors are 
avoided or compensated for.  

 
It shall be possible to document the total uncertainty of the measurement system. An 
uncertainty analysis shall be prepared for the measurement system within a 95 percent 
confidence level. In the present regulations a confidence interval equal to ± 2 σ, i.e. coverage 
factor k=2, is used. This gives a confidence level slightly higher than 95 percent. 
 
LNG shall be measured and analyzed at the place of loading. The operator is responsible for, 
and shall be able to document, that the measurement system is in accordance with recognized 
norms. 
 
LNG volumes may be determined in connection with loading by use of traceable measured 
vessel tanks and calibrated level gauges. 
 
In respect of the measurement system’s individual components the following maximum limits 
apply: 
 

Component  Circuit 
uncertainty limits 

Uncertainty limits 
component/  
Linearity band 

Repeatability 
limits (band) 

Meter prover oil NA 0,04 % for all 4 
volumes 

0,02 % for all 4 
volumes 

Turbine meter oil 
 

1 pulse of 100000, 
0,001 %, during 
pulse transmission 
of the 
measurement 
signal.   

0,25 % in working 
range (10:1)  
Band: 
0,50 % (10:1) and 
0,30 % (5:1) 

0,027 %, 
uncertainty, cf. 
Table B1, API 
MPMS Ch. 5.8. 

Ultrasonic flow 
meter oil 

1 pulse of 100000, 
0,001 %, at pulse 
transmission of 
signal 

0,20 % in working 
range (10:1) 
Band: 
0,30 % (10:1) 

0,027 %, 
uncertainty, cf. 
Table B1, API 
MPMS Ch. 5.8. 

Coriolis meter oil 1 pulse of 100000, 
0,001 %, during 
pulse transmission 
of the 
measurement 
signal 

0,20 %, in the 
working range. 
Band:  
0,30 % (10:1) 

0,027 %, 
uncertainty, cf. 
Table B1, API 
MPMS Ch. 5.8. 

Turbine meter gas 
(sales – allocation) 

1 pulse of 100000, 
0,001%, during 
pulse transmission 
of the 
measurement 
signal 

0,70 % in working 
range (10:1) 
Band: 
1,0 % (10:1) 

0,28 % in working 
range (10:1) 
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Component  Circuit 
uncertainty limits 

Uncertainty limits 
component/  
Linearity band 

Repeatability 
limits (band) 

Ultrasonic flow 
meter gas (sales – 
allocation) 

1 pulse of 100000, 
0,001 %, at pulse 
transmission of 
signal 

0,70 % in the 
working range 
(20:1) after 
performing zero 
point correction 
and entering K- 
factor. Deviation 
from reference, 
see NORSOK I-
104. 

0,40 % in working 
range (20:1) after 
zero point control 
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Component  Circuit 
uncertainty limits 

Uncertainty limits 
component/  
Linearity band 

Repeatability 
limits (band) 

Coriolis gas meters 
(allocation) 

1 pulse of 100000, 
0,001%, at pulse 
transmission of 
signal 

0,70% in the 
working range 
20:1 

0,40% for gas 
velocities 
exceeding the 
minimum 
specified velocity 

Pressure measuring 
oil,gas 

0,30% of 
measured value in 
working range 

0,10% of 
measured value in 
working range 

NA 

Pressure measuring 
fuel gas, flare gas 

0,50% of 
measured value in 
working range 

0,20% of 
measured value in 
working range 

NA 

Temperature 
measuring oil and 
gas 

0,30˚C 0,20˚C NA 

Temperature 
measuring fuel and 
flare gas 

0,50˚C 0,30˚C NA 

Density measuring 
oil 

0,50 kg/m3 0,30 kg/m3 NA 

Density measuring 
gas 

0,30% of 
measured value 

0,20% of 
measured value 

NA 

Differential 
pressure measuring 

0,30% of 
measured value in 
working range 

0,10% of 
measured value in 
working range 

NA 

Water in oil 
measuring 

 0,05% volume % 
absolute for 0 to 
1,0 volume % 
water content, ± 
5% of measured 
value over 1,0 
volume % water 
content 

0,50% of 
measured value at 
water content 
above 0,01%  

Density 
measurement LNG 

NA 0,30% of 
measured value 

NA 

Volume 
measurement LNG 

NA 0,30% of 
measured value 

NA 

Online GC NA 0,30% of calorific 
value 

0-25 mol%: 0,02 
%, 25-100 mol%: 
0,05% 

Calorific value gas NA 0,30% of calorific 
value 

NA 

Uncertainty 
computer part for 
oil and gas 

NA 0,001 % NA 

Uncertainty 
computer part for 
fuel and flare gas 

NA 0,1 % NA 

With regard to fuel 
gas: cf. comment 
re. Section 14. 
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The linearity band can be used as a test criterion when accepting meters and is stated in the 
component uncertainty column where this is relevant. 

 
The repeatability requirement for fluid meters is now an uncertainty requirement of 0,027 %, 
cf. Table B1, in API MPMS Ch. 5.8. 

 
Section 8a 

Allowable measurement uncertainty for measuring systems for liquids other than water 
For measuring systems for liquids other than water, cf. this Regulation section 13 a, the 
minimum requirements for uncertainty limits as included into the Regulation of 21 
December 2007 no. 1738, section 29, cf. this Regulation section 3. The equivalent 
requirements apply to modules of a measuring system if pursuant to requirements stated in 
the Regulation concerning requirements for measuring systems for (liquids other than 
water). 

 
Section 9  

Units of measurement 
The measuring system shall give readings in SI units. Reporting of fiscal figures to the 
Norwegian Petroleum Directorate shall be in SI units. 
 
Reporting of fuel and flare gas to the Norwegian Petroleum Directorate shall be in 
standard cubic meters in respect of natural gas and litres in respect of diesel or other 
hydrocarbons in liquid phase. 
 
Determination of the critical parameters of the measuring system by measurements shall 
be in SI units. 
 

 
Section 10  

Reference conditions 
Standard reference conditions for pressure and temperature shall in measuring oil and gas be 
101.325 kPa and 15 °C. In the measuring of petroleum products other reference pressure may 
be used. 
 

 
Section 11  

Determination of energy content etc. 
Gas composition from continuous flow proportional gas chromatography or from 
automatic flow proportional sampling shall be used for determination of energy content. 
 
With regard to sales gas metering stations two independent systems shall be installed. 
 
When oil or gas is analysed to determine physical and/or chemical properties and the 
analysis results are used for sale or allocation purposes, this shall be carried out by a 
competent laboratory. 
 

 
Section 12  

Bypassing the metering system 
Bypassing of the metering system is not permitted. 
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CHAPTER IV  
REQUIREMENTS TO DESIGN OF THE METERING SYSTEM 

 
Section 13  

Requirements to the metering system in general 
The measuring system shall be planned according to the requirements in this regulation 
and according to recognised standards for such measuring systems. Additional 
requirements following from Section 13a apply for flowmeters for liquids (other than 
water). 

 
The metering system shall be capable of metering the full range of planned hydrocarbon 
flows without any component involved operating outside its working range. 
 
The measurement system shall, to the extent possible, be equipped with duplicated 
instrument functions for signals from primary meters and instrumentation for facilitating 
condition based monitoring and reducing the need for preventive maintenance. Signals 
from parallel metering runs can be used in connection with condition monitoring. 

Wireless communication between different parts of the fiscal measurement system can be 
used if it is demonstrated that the solutions are equal to or better than the traditional solutions 
using a communication cable, with regard to integrity.  
 
On sales metering stations the number of parallel meter runs shall be such that the maximum 
flow of hydrocarbons can be measured with one meter run out of service, whilst the rest of 
the meter runs operate within their specified operating range. 
 
The metering system shall be suitable for the relevant type of measuring, the given fluid 
properties and the hydrocarbon volumes to be measured. 
 
If necessary, flow straighteners shall be installed. 
 
In areas where inspection and calibration takes place there shall be adequate protection 
against the outside climate and vibration. 
 
The metering tube and associated equipment shall be insulated upstream and downstream for 
a distance sufficient to prevent temperature changes affecting the instruments that provide 
input signals for the fiscal calculations. 
 
Shutoff valves shall be of the block and bleed type.  All valves of significance to the integrity 
of the metering station shall be accessible for inspection to secure against leakage. 
 
All parts of the metering system shall be easily accessible for maintenance, inspection and 
calibration. 

 

Multiphase measurement 

Multiphase measurement may be used if traditional single phase measurement of 
hydrocarbons is not possible for financial reasons. The multiphase meter can then be used as 
a fiscal meter. 
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The following elements shall be satisfactorily documented to allow use of a concept based on 
multiphase measurement, cf. Chapter VII and Section 18: 

• The operator shall present a concept to the Norwegian Petroleum Directorate for 
comments and formal processing well before submitting the Plan for Development 
and Operation (PDO). An estimate of the expected measurement uncertainty shall be 
presented, combined with financial figures for the risk of loss between production 
licenses (cf. NORSOK I-105), Annex C). 

• The main principles of the operations and maintenance philosophy shall be 
described. 

•  Possibility to calibrate meters against test separator or other reference. 
• Redundancy in sensors and robustness in the design of the measurement concept. 
• Relevant PVT (equation of state) model and representative sampling opportunity to 

be able to perform a sound PVT calculation. 
• Design of inlet pipes to ensure similar conditions if multiple meters are used in 

parallel. 
• Flexibility in the system for handling varying GVF (gas volume fraction). 
• The planned method for condition monitoring and/or planned calibration interval 

shall be described. 
• The planned method and interval for sampling and updating PVT data shall be 

described.  

When the multiphase meters are part of the fiscal measurement system, they shall be treated 
as other fiscal measurement equipment and the administrative requirements which apply 
pursuant to these Regulations shall therefore be fulfilled.  
 

 
Section 13a 

Measurement systems for liquids other than water  
Measurement systems for liquids other than water which are purchased for use in the 
petroleum industry, or which are put into use after 30 October 2006 within the scope of this 
regulation, shall be approved by a notified body according to the procedures for conformity 
declaration, cf. the Regulation for measuring systems for liquids other than water, section 4 
and regulation 20 December 2007 no. 1723 “Regulation for measurement units and 
measurement, chapter 4. Moreover, the same regulation section 8-1 applies. The transitional 
provisions for measurement equipment covered by the directive 2004/22/EF, apply. 
  
The measuring systems for liquids other than water shall have conformity declaration and 
conformity marking, which include supplementary metrology marking. This also applies if 
the measuring system is designed and produced solely for own purposes. The equivalent 
requirements apply to modules of a measuring system if pursuant to requirements stated in 
the Regulation for measuring systems for liquids other than water. 
  
When in use the measuring systems for liquids other than water shall as a minimum fulfil the 
requirements of this regulation section 8 a. 

 
 

Section 14  
The mechanical part of the metering system 

The mechanical part of the metering system shall be designed so that representative 
measurements are achieved as input signals for the fiscal calculations (cf. Section 8).  
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Provision shall be made for necessary redundancy and the possibility of verification of the 
gas and liquid metering devices. 
 
When turbine meters are used for liquid metering, a permanent prover shall be available for 
calibration of the metering devices. 
 
It shall be possible to calibrate the prover at the place of operation.    
 
If other types of flow meters are used for liquid metering, permanent equipment for 
calibration of the metering device shall be available.  
It shall be documented that surrounding equipment will not affect the measured signals. 
 

 
Section 15  

The instrument part of the metering system 
Pressure, temperature density and composition analysis shall be measured in such way that 
representative measurements are achieved as input signals for the fiscal calculations (cf. 
Section 8).  
 

 
Section 16  

The computer part of the metering system 
The computer part of the metering system shall be designed in such way that the fiscal 
calculations may be carried out within the stipulated uncertainty range (cf. Section 8).  
 
The computer part of the metering system shall be equipped with various security functions 
to ensure that the fiscal values cannot be changed as a result of incidents of a technical nature 
or as a result of a manual fault. 
 
With regard to reports the computer part shall be capable of documenting the various 
fiscal parameters and the fiscal volumes calculated.  
 
The computer part shall have uninterruptible power supply. It shall be ensured that faults are 
detected as an alarm and that a back-up system is activated.  A power failure shall not be able 
to cause measured fiscal data to be deleted from the storing unit of the computer. 
 

 
Section 17  

Requirements relating to sampling 
Sampling shall be carried out in a manner which ensures that representative amounts are 
sampled. 
 
Sampling shall be automatic and flow proportional. In addition it shall be possible to carry 
out manual sampling. 
 
With regard to oil and condensate the necessary mixing equipment shall be installed 
upstream of the sampling probe. 
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CHAPTER V  
REQUIREMENTS RELATING TO CALIBRATION AND VERIFICATION ETC. 

PRIOR TO STARTUP OF THE METERING SYSTEM 
 

Section 18  
Application for consent 

The licensee shall obtain consent from the Norwegian Petroleum Directorate prior to startup 
of the metering system. 
 
Consent for carrying out major rebuilding or change in the purpose for use for the metering 
system shall also be obtained. 
 
If the basis for consents granted in accordance with the first paragraph of this section is 
significantly changed, the Norwegian Petroleum Directorate may require the licensee to 
obtain a new consent before the activities are continued. 
 
Prior to startup of the metering system, procedures shall be prepared for operation, 
maintenance, calibration and verification.  The procedures shall ensure that the metering 
system is maintained to the standard to which it is designed. 
 
Procedures for calibrations and verifications to be carried out in order to prepare the 
metering station for startup, shall be forwarded to the Norwegian Petroleum Directorate 
enclosed with the application. 
 

 
Section 19  
General 

Calibrations and verifications as described in this Chapter shall be carried out prior to 
startup of the metering system at the place of operation.    
 
The Norwegian Petroleum Directorate shall have the opportunity of being present when 
the activities are carried out. 
 

 
Section 20  

Calibration of mechanical part 
The prover volume shall be calibrated: 
a) before the metering system is delivered from the place of manufacture 
b) prior to startup at the place of operation. 
 
The mechanical parts critical to measurement uncertainty shall be measured or subjected 
to flow calibration in order to document calibration curve. 
 
The fully assembled fluid metering system shall be flow tested at the place of manufacture 
and a functional test shall be performed on flowmeters. 
 
Statistical methods to provide documentation for repeatability requirements may be used. 
 

 
Section 21  

Calibration of instrument part 
The instrument loops shall be calibrated and the calibration results shall be accessible. 
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The instrument loops shall be calibrated at a number of values necessary to detect any non 
linearity errors within its working range. Calibration of the instrument loops shall be 
carried out using the display reading of the visual signal from the computer part. 
 

 
Section 22  

Verification of computer part 
Verification of the computer part shall be carried out for each metering tube to confirm that 
all functions are operational. 
 
Each independent program routine shall be verified to show that calculations are carried out 
with requirements equal to or better than those mentioned in Section 8 of the present 
regulations. Integration shall be verified with at least three values in the flow range. 
 
The calculations for calibrations as mentioned in Section 20 of these regulations shall be 
verified. This includes K-factor in respect of the individual calibration and the average value 
within the predetermined range of variation. 
 
 

 
CHAPTER VI  

REQUIREMENTS RELATING TO OPERATION OF THE METERING SYSTEM 
 

Section 23  
Maintenance 

The metering system shall be maintained to the standard according to which it is designed. 
 
The equipment which is an integral part of the metering system, and which is of 
significant importance to the measuring uncertainty, shall be calibrated using traceable 
equipment before start of operation, and subsequently be maintained to that standard. 
 
Control to ensure that equipment mentioned in the first paragraph of this section is within 
given limit values shall be carried out regularly by qualified personnel. If during 
calibration equipment is shown to be outside the given limit values, correction shall be 
carried out by qualified personnel or by calibration and associated correction in a 
competent laboratory. Traceable calibration of test instruments shall be carried out 
regularly by competent laboratories. 
 

 
Section 24  

Operating requirements for the prover 
The meter prover volume shall be calibrated annually 
Calibration shall also be carried out if the volume may have changed as a result of 
equipment failure. 
 

 
Section 25  

Operating requirements for flow meters 
Turbine meters for oil shall be calibrated against the permanent meter prover with a 
repeatability such that 5 consecutive single calibrations in sequence fall within a range of 
0,05 % of the average calibration factor. 
 
The calibration factor for the flow meters shall be within the control limits according to 
recognised standard. Flow meters installed after workover, modification or replacement shall 
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immediately be calibrated to verify that they meet the requirements to linearity and 
repeatability. 
 
After startup of the metering system, calibration of flow meters shall be carried out in order 
to verify requirements to repeatability and linearity. It shall furthermore be verified to what 
extent the calibration factor is affected by flow volume, temperature, pressure and crude 
composition when these vary within their normal operating range. 
 
The calibration of flow meters shall satisfy the following requirements: 
a)  If there is a correlation between calibration factor and flow rate, temperature, 

pressure, density, viscosity or composition, calibration factor limits shall be 
established.  
A new calibration shall be carried out if the limits are exceeded. 

b)  The time interval between calibration of the flow meters shall not exceed four days. 
Calibration factor for flow meters in use shall be established for each tanker loading. 

 
Statistical methods may be used to document requirements to repeatability. 
 
The orifice plates shall be inspected with regard to edge sharpness, surface roughness and 
flatness. An inspection shall be carried out at startup and then once a month during the first 
six months. Subsequently the intervals may be extended, however if at a later time damage or 
wear-and-tear is detected, the interval between inspections of the orifice plates shall be 
reduced. The orifice plate shall also be inspected after incidents which may have affected the 
fiscal measuring quality. The orifice plates shall be certified prior to installation in meter 
tubes and subsequently if visible damage is detected. 
 
In the case of ultrasonic flow measurement of gas the condition parameters shall be verified. 
 
During orifice plate gas measuring or ultrasonic gas measuring the meter tubes shall be 
checked if there is indication of change in internal surface. 
 
 

Section 26  
Operating requirements for instrument part 

All sensors shall be monitored continually and/or shall be regularly calibrated in accordance 
with the requirements of Section 8. Calibration shall comprise several values in the sensor’s 
operating range. If the outlet signals from the sensors deviate from the preset limits, 
necessary maintenance and subsequent new calibration shall be undertaken. 

 
The calibration methods shall be such that systematic measurement errors are avoided or 
compensated for. 
 
Gas densitometers shall be verified against calculated density or other relevant method. 
 
Online gas chromatographs shall be validated against a traceable reference gas with a 
stipulated frequency. Pursuant to the uncertainty statement in Section 8, validation criteria 
shall be stipulated. If a gas chromatograph is outside the stated criteria during validation, 
calibration shall be performed and new factors established. A new validation shall be 
performed following such a correction to confirm that the gas chromatograph is now within 
the given test criteria. 

Variations in gas composition shall be monitored and, in the event of variation exceeding ± 5 
%, a reference gas with a different calorific value and a new linearity test should be 
considered. 
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Section 27  
Operating requirements for computer part 

Critical data shall be filed regularly.  Procedures shall be established for handling of fault 
messages from the computer part or faults otherwise discovered. 
 
In the case of software changes and replacement of computer parts an independent 
verification shall be carried out of the calculation requirements of the computer part, cf. 
Section 22 of the present regulations. 

 
 

CHAPTER VII  
REQUIREMENTS RELATING TO DOCUMENTATION 

 
Section 28  

Documentation prior to start-up of the metering system 
After the Plan for development and operation of petroleum deposits (PDO) and Plan for 
installation and operation of facilities for transport and utilisation of petroleum (PIO) have 
been approved and prior to start-up of the metering system, the operator shall have the 
following documents available,  
a) technical description of the metering system; 
b) an overview showing the location of the metering system in the process and 

transportation system; 
c) drawings and description of equipment included in the metering system; 
d) list of documentation for the metering system; 
e) progress plan for the project up to the time of application for consent to use; 
f) description of the operator‘s and the supplier’s management control system for follow-up 

of the metering system; 
g) uncertainty analysis. 
 
The Norwegian Petroleum Directorate shall on request receive documentation as mentioned 
in the first paragraph of this Section. 
 

 
Section 29  

Documentation relating to the metering system in operation 
An archive shall be established and maintained which shall contain documentation in respect 
of the metering system. It shall be possible to document that the quality of measurements are 
as described in the present regulations and that there is accordance between reported and 
measured quantities. 
 
Fixed parameters shall be easy to verify. 
 
Correction shall be made for documented measurement errors. Correction shall be carried out 
if the deviation is larger than 0,02 % of the total volume. If measurement errors have a lower 
percentage value, correction shall nevertheless be carried out when the total value of the error 
is considered to be significant. 
 
If there is doubt as to the time at which a measurement error arose, correction shall apply for 
half of the maximum possible time span since it could have occurred. 
 
Reporting of CO2 tax metering for payment of the CO2 tax shall take place every six months 
as stated in Section 4 of the CO2 Tax Act and in accordance with the form issued by the 
Norwegian Petroleum Directorate. 
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In the event that measured figures are not available for technical reasons, it shall be possible 
to document the reported figures in a manner which is acceptable from a calculation point of 
view. 
 
Quantities of diesel delivered to the facility during the tax period in question shall be 
reported as taxable basis for calculation of CO2 tax. Deduction in respect of diesel which has 
not been used as fuel shall be documented and reported to the Norwegian Petroleum 
Directorate as mentioned in the fourth paragraph of this Section. 
 
All measured data comprised by these regulations shall be reported in the PetroBank system. 
 

 
Section 30  

Information 
When the PDO has been approved, the licensee shall inform the Norwegian Petroleum 
Directorate about all significant changes that affect the quality of fiscal measurements or 
figures reported from them  
 
The Norwegian Petroleum Directorate shall be informed about 

a) annual plan for activities within the technical field in question; 
b) procedure for ownership allocation of petroleum between licensees in production 

licenses. 
c) measurement errors; 
d) when fiscal measurement data have been corrected based upon calculations; 
e) change in calibration interval; 
f) change in calculation software; 
g) changes affecting the basis of the consent; 
h) cargo claims procedures applicable for sale of hydrocarbons in liquid phase. 

 
 

Section 31  
Calibration documents 

Description of procedure during calibration and inspection, as well as an overview of results 
where measurement deviation before and after calibration is shown, shall be documented. 
The documentation shall be available for verification at the place of operation. 
 

 
 

CHAPTER VIII  
GENERAL PROVISIONS 

 
Section 32  

Supervisory authorities - authority to make individual administrative decisions etc 
The Norwegian Petroleum Directorate shall supervise compliance with provisions laid down 
in or decisions made pursuant to the present regulations. The Norwegian Petroleum 
Directorate may make such individual administrative decisions as are necessary to implement 
provisions contained in the present regulations. 
 

 
Section 33  
Exemption 

The Norwegian Petroleum Directorate may in particular cases grant exemption from 
provisions contained in the present regulations. 
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Section 34  
Penal provision 

Violation of these regulations or of decisions made pursuant to these regulations shall be 
punishable as stated in the Petroleum Act Section 10-17 and the CO2 Tax Act Section 7, cf. 
the Criminal Code Chapter 3a. 

 
Section 35 

Entry into force and transitional provisions. 
1. These regulations enter into force 1 January 2002. 
 
2 As from the same date, the following amendments shall be made: 
 
 a) Regulation for fiscal measurement of oil and gas etc. issued by the Norwegian  
  Petroleum Directorate 3 July 1991, No. 532, shall be repealed. 
 b) Regulations relating to measurement of fuel and flare gas for calculation of CO2 tax 

in the petroleum activities, issued by the Norwegian Petroleum Directorate 12 August 
1993, No. 806, shall be repealed. 

 
3 Decisions made pursuant to the regulations mentioned in this section item 2 shall remain 

in force until such time as they may be repealed or altered by the Norwegian Petroleum 
Directorate. 

 
4 a) The general requirements of these regulations and requirements relating to testing 

and operation of measuring equipment (Chapters I, II, III, V, VI, VII and VIII) are 
applicable to all metering systems. 

b) Requirements to design (Chapter IV) apply only to metering systems where the 
design was commenced after 1 January 2002. The Norwegian Petroleum Directorate 
may by individual administrative decisions directed at the individual operator make 
requirements to design fully or partly applicable to measuring equipment or metering 
systems designed prior to the time mentioned in the preceding sentence, cf. Section 
32 of the present regulations.   
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APPENDIX 2:  FORM 2, CO2-TAX, TAX ASSESSMENT PER PRODUCT 
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CHAPTER 1  
INTRODUCTORY PROVISIONS 

 
Re. Section 1  

Scope 
According to Section 1-4 of the Petroleum Act the regulations apply also to onshore facilities 
if petroleum is transported to the facility by pipeline from the continental shelf and the 
metering for practical reasons is carried out onshore in Norway. The Norwegian Petroleum 
Directorate will in such cases coordinate the supervisory activities with the Office of Weights 
and Measures (Justervesenet - JV) as referred to in Agreement on co-operation between the 
two agencies. At terminals abroad where Norwegian petroleum is landed by pipeline the 
Norwegian Petroleum Directorate carries out supervision of the metering in co-operation 
with the relevant authorities of the state in question, cf. Section 1-4 first paragraph second 
sentence of the Petroleum Act. 

 
CO2 tax metering 
The CO2 tax is calculated per field/facility. In accordance with the Act relating to CO2 Tax 
Section 5, decisions relating to the basis and extent of the tax are made by the Ministry of 
Finance. 

 
These regulations are applicable to the measurement of natural gas used for the operation of 
combustion machinery and to the measurement of natural gas burned off or vented to the 
atmosphere. Discharge of pure CO2 should be taxable according to the same tax rate as 
natural gas used for combustion. These regulations are not applicable to other fuel than 
natural gas with regard to requirements applicable to metering system. 
 
The regulations are also applicable to diesel oil used for operation of combustion machinery. 
Diesel is taxed for mobile facilities which undertake service functions for facilities and are 
associated with facilities which produce oil or gas. The diesel quantities should be 
documented and reported as mentioned in Section 29 of these regulations.  Diesel constitutes 
a relatively limited part of the fuel consumption in the petroleum activities. The Norwegian 
Petroleum Directorate has consequently considered it to be inappropriate to impose a detailed 
procedure in these regulations with regard to determination of the volume of diesel oil. 

 
When putting new fields on stream, the CO2 tax starts to run from the time when petroleum 
from the first producing well enters into the process system of the facility. From this point 
on, all burning of natural gas or diesel on the facility in question will be taxable. Wells which 
are classified as exploration wells will also be exempted from the CO2 fee when they are 
drilled from facilities which pay the CO2 fee. 
 
Drilling of exploration wells from mobile facilities should not be taxable. A mobile facility 
with a direct connection to a production facility should be subject to CO2 tax. 
 
When petroleum production ceases in connection with shutdown of a field, i.e. when the 
recovery of petroleum from the deposit ceases and the installation is without hydrocarbons, 
no further CO2 tax should be payable. In the case of facilities without own production of 
petroleum no CO2 tax should be payable after the principal function of the facility has 
ceased. By facilities without own production is meant for example pumping/compressor 
platforms. 
 
Deduction may on application be made for water vapour or nitrogen accompanying volumes 
of gas for flaring for process related reasons. 
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NOx tax measurement 
The Norwegian Petroleum Directorate is the competent authority for permanent facilities on 
the continental shelf and can, among other things, approve a source-specific emission factor 
following an application from the party liable for tax, including the measurement or 
calculation method used to determine the size of NOx emissions, cf. Section 3-19-7 of the 
Regulations dated 11 December 2001 no. 1451 relating to Excise duties. 

 
The Directorate of Customs and Excise (TAD), represented by the Customs Regions, 
manages the collection and legal aspects of the tax. The Norwegian Petroleum Directorate’s 
(NPD) responsibility covers the technical responsibility for fixed facilities on the continental 
shelf. 

 
The technical follow-up of NOx emissions from mobile drilling rigs and other maritime 
activities is the responsibility of the Norwegian Maritime Directorate. 

 
The tax will be calculated pursuant to requirements stipulated in Section 3-19-6 of the 
Regulations relating to excise duties. 

 
If the tax is calculated according to a source-specific emission factor, documentation should 
be available from the operator which states the factors and method for such stipulation. This 
documentation should be presented to the Norwegian Petroleum Directorate. If no objections 
have been received from the NPD within four weeks after the documentation has been 
received, the new factors can be utilised. 

 
TAD should be informed in writing when the new factors are utilised. Copies of this 
correspondence should be submitted to the NPD and Customs Region. 

 
The same principle applies for introduction of Predictive Emission Monitoring Systems 
(PEMS). The operator should inform the NPD that PEMS has been introduced and that it is 
desirable to use the system for NOx tax reporting starting on a specified date. Technical 
explanations of PEMS should be enclosed. If no objections have been received within four 
weeks, this will have been accepted as a basis for NOx tax reporting. TAD, NPD and the 
Customs Region should be informed correspondingly as for the source-specific emission 
factor that a new calculation method is in effect. 

 
With regard to flare gas, a factor of 1,4 g/Sm3 of gas combusted is currently used as the 
emission factor. 
Consideration to establish a better background experience to stipulate this factor is in 
progress. 
 
The standard values listed in Section 3-19-9 of the Regulations relating to excise duties may 
be used for the different gas turbines and diesel motors in use. 

 
The operator should, at all times and for each individual facility, have an updated list of 
equipment subject to NOx tax, as well as the factors or measurement methods in use to 
determine the emissions.             

 
Re. Section 2  
Definitions 

Definitions according to superior legislation are not repeated in these regulations. 
 

Re. Section 3 
Responsibility according to these regulations 

It is emphasised that the first paragraph of this section entails a material duty to comply 
with the provisions of these regulations and with individual decisions issued pursuant to 



30th International North Sea Flow Measurement Workshop 
23 – 26 October 2012 

 

31 

the regulations. The duty to do this through implementation of necessary systematic 
measures follows from Section 5 of these regulations. 

 
The operator of the individual facility will be directly responsible in relation to the duties 
placed with the licensees jointly pursuant to the Petroleum Act and the Act relating to CO2 
Tax, such as the design, purchase and operation of metering systems with associated 
reporting and payment of tax. The provisions of these regulations are consequently addressed 
to the operator on behalf of the licensees. 

 
Re. Section 4  

Requirements to the petroleum activities in general 
In comments to the individual sections the use of a number of industry standards or other 
normative documents is recommended, in some cases with additional reference as stated in 
the comments, as a way to comply with the requirements of the regulations. Through this 
reference the recommended solution becomes a recognised standard. In areas where no 
industry standards are available, these regulations in some cases contain, in the comments 
to the provision in question, a description of solutions that represent ways in which to 
comply with the requirements of the regulations. Such recommendations will have the 
same status as reference to industry standards as mentioned. According to Section 4 the 
licensee may as a rule assume that the recommended solution will satisfy the regulation 
requirement in question. 

 
The regulations and the comments are meant to be seen as a whole in order to achieve the 
best possible understanding of the level aspired for through these regulations. Standards 
recommended in the comments will be central in the interpretation of the individual 
regulation requirements. 
 
Total measuring uncertainty as mentioned in Section 8 of these regulations will be 
decisive in selecting the measuring methods to be used. 

 
The use of recognised standards as mentioned in the first paragraph is optional inasmuch 
as other technical solutions, methods or procedures may be selected. 
 
The basis for using alternative methods may be: 

a) documentation demonstrating that measuring uncertainty and operational 
reliability is equal to              
    or better than conventional equipment, 
b) in metering for allocation purposes, when there is a cost disproportion between a 

conventional 
    system compared to a simplified system (cf. NORSOK I-105, Annex C).  

 
Clarification with regard to the measurement concept should emerge from the process in 
connection with approval of Plan for development and operation of a petroleum deposit 
(PDO) or Plan for installation and operation of facilities for transport and utilisation of 
petroleum (PIO) or an application for exemption from such plan. 
 
Approval of PDO or PIO entails authorisation of the measurement concept with associated 
uncertainty level. A possible exemption, cf. Section 33, should only be applicable to 
deviations from regulation requirements which are not identified in the PDO or PIO. 
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CHAPTER II  
REQUIREMENTS RELATING TO MANAGEMENT CONTROL SYSTEM ETC. 

This chapter contains requirements to management control systems within the scope of 
application of both the Petroleum Act and the Act relating to CO2 Tax. It has been deemed 
appropriate that common provisions are applicable to both these areas. 

 
Reference is further made to Section 10-6 of the Petroleum Act and Sections 56, 57 and 58 
of the Petroleum Regulations. 

 
Re. Section 5  

Management control system 
A management control system for measuring should contain: 
a) uncertainty limits accumulated and by component; 
b)  the chain of responsibility for the follow-up of measuring equipment quality; 
c)  apportionment of responsibility between different sections of the organisation and 

interfaces between them. 
 
For verification of documentation: 
a)  persons who receive the documentation and in what order; 
b)  what is done with the documentation; 
c)  how information from the documentation is handled; 
d)  after processing, how and where the documentation is filed; 
e)  what action is taken if the evaluation of data requires follow-up. 
 
For verification of equipment: 
a)  a description of purpose, guidelines for implementation and definition of the section  
 responsible;  
b)  a description of equipment verified and specification of equipment to be used in  the 

process; 
c) a description of the necessary preparations; 
d)  a systematic description of how the verifications are carried out; 
e)  a description of how the derived results are handled to ensure quality; 
f)  a reference to the log book for the metering systems; 
g)  an example showing how results, remarks and deviation limits should be registered. 
 
For use of equipment: 
a)  a description of the equipment in service during normal operation; 
b)  a procedure on how to handle situations where any of the in-service equipment fails 

during normal operation; 
c)   a summary of important information and how relevant experience and information is  
 conveyed from one shift of personnel to the next; 
d)  a list of alarms and a procedure on how they are handled. 
 
The management control system may comprise other elements than those mentioned in 
this list. 
 

Re. Section 6  
Organisation and competence 

The licensee should see to it that the person responsible as mentioned in this section 
second paragraph exercises a particular professional responsibility to see that the metering 
system at all times complies with the provisions in force. Furthermore the licensee should 
see to it that the person responsible for the metering system is kept informed about 
metering systems under planning, manufacture and completion. 
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The licensee should ensure that: 
a) a job description exists for each position, which includes qualifications requirements; 
b) procedures are established and maintained to identify training needs; 
c) all personnel are properly trained to perform their dedicated tasks; 
d) a summary of qualifications, training and experience is established and maintained in 

respect of all personnel with tasks comprised by the present regulations.  
 

Re. Section 7  
Verification 

The intention with verification is to confirm, by checking and acquiring evidence for, 
compliance with specified requirements. By independent verification as mentioned in the 
second sentence of this section is meant that the operator may be required to use a third party 
for the execution of this function. 
 

 
CHAPTER III  

GENERAL REQUIREMENTS RELATING TO MEASURING AND THE 
MEASUREMENT SYSTEM 

 
Re. Section 8 

Allowable measuring uncertainty 
The basic principles for uncertainty analysis are stated in the ISO “Guide to the 
Expression of Uncertainty in Measurement” (the Guide). 
 
Manual for uncertainty calculation, CMR/NFOGM/OD, comprises both oil and gas 
measurement. 
 
± has been removed from the tables, as it is sufficient to state a numerical value when a 95 
% confidence level is used.  

When reference (master) meters are used to calibrate operational meters, the meters should 
have a significantly better (30 %) linearity and repeatability than what are specified as 
maximum limits in Table 2. 

 
A total uncertainty better than the stipulated measurement uncertainty for fuel gas blend 
measurement stations (1,5 %) requires that the density is determined, so that the total 
uncertainty is within the stipulated limit. 

 
In relation to a number of parameters, measuring uncertainty is defined in relation to 
measured value.  The operating range for sensing elements should be adapted to the 
normal range of measurement. When a metering tube is started up or shut down, there will 
be short periods where one is outside the operating range and uncertainty limits. 
 
In some special cases the working range for pressure sensing elements is such that the 
requirements given for pressure measurement oil, gas; pressure measurement fuel, flare 
gas and differential pressure measurement cannot be fulfilled. After informing the 
Norwegian Petroleum Directorate, as given in section 30, the given equipment can be used 
for the purpose. 

 
When prover calibration is carried out with low-density fluids, as condensate and LPG, the 
repeatability will be slightly higher because of CTL temperature sensitivity.   
 
Requirements for ultrasonic fuel gas meter should be as given in NORSOK I-104, article 
6.2.2.4. 
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With regard to sampling and analysis of LNG reference is made to LNG Custody Transfer 
Handbook (CTH), NORSOK I-104 and ISO 13398 Refrigerated light hydrocarbon fluids – 
Liquefied natural gas – Procedure for custody transfer on board ship. 

 
Re. Section 8 a 

Allowable measurement uncertainty for measuring systems for liquids other than water 
No comments 
 

Re. Section 9  
Units of measurement 

Recognised standard is ISO 1000 or NS 1024. With regard to pressure, the unit ‘bar’ may 
be used. 

Re. Section 10  
Reference conditions 

The reference conditions mentioned in this section are from NS 4900, ISO 5024 or 
NORSOK I-104 and I-105. When petroleum products are sold, the mass (vacuum weight) 
should in accordance with SI units be used as fiscal quantity. 

 
Re. Section 11  

Determination of energy content etc. 
Recognised standard for determination of energy content will be ISO 6976 or equivalent. 
Reference temperature for energy calculation should be 25 o C/ 15 o C (o C reference 
temperature of combustion/ o C volume). When continuous gas chromatography is used, 
recognised standard will be NORSOK I-104. 

 
Re. Section 12  

Bypassing the metering system 
When oil is loaded into tankers a recirculation line for the oil metering station may be 
allowed. 
 
When loading petroleum products in small batches, there will be a need to install a by-pass 
loop for recirculation at the metering station. A prerequisite is that a system for valve 
integrity is used. 
 
Any bypass tube should be closed using blind flense or shutoff valve with double block 
and bleed system, so that oil can not pass without being measured. 

 
 

CHAPTER IV  
REQUIREMENTS TO DESIGN OF THE METERING SYSTEM 

 
Re. Section 13  

Requirements to the metering system in general 
Meters without a separate calibration unit (in-line prover) should be tested with liquid or gas 
using test conditions that are as close to the operational conditions as possible. 

When the Regulations mention duplicated instrument functions, this does not mean that the 
primary meter should be duplicated. The duplication/monitoring can i.e. for Coriolis and 
ultrasonic meters be achieved using different signal types.    
 
In gas metering the maximum flow velocity during ultrasonic metering should not exceed 80 
percent of the maximum flow rate specified by the supplier. 
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One metering tube where maintenance is provided for will fulfil the regulation requirement to 
a fuel gas metering station. 
 
With regard to maintenance of a fuel gas metering station with only one metering tube, 
there should be a bypass. 
 
If flow straighteners are used, they should be of a recognised make. 
 
Recognised standards for shut-off valves are NORSOK I-104, I-105 and NORSOK P-001. 

 
Vents with double tightening and intermediate expanding chamber can be used. 
 
The block-and-bleed valves should have an equalising line to allow pressure to be 
equalised before they are opened. 
 
The need for electronic equipment being approved as given in OIML R 117 Measuring 
systems for liquids other than water, Annex A should be considered.  

 
Re. Section 13a  

 Flowmeters (for liquids other than water) 
The NPD metering regulation is the amendment of  22 August 2006 no. 1014, changed as 
a consequence of Norway’s implementation of the Directive 2004/22/EU, Measuring 
Instrument Directive (MID), cf. the EEA treaty, annex II chap. IX, concerning measuring 
instruments no. 27.  For measurement in the petroleum sector, included onshore terminals, 
this requirement only comprises measuring systems for liquids other than water. The 
requirements for these measuring systems are changed according to the MID and are 
harmonized with the Regulation of 21 December 2007 no. 1738, “Requirements for 
measuring systems for liquids other than water” adopted by Department for Industry and 
Trade (NHD) and Norwegian Metrology Service. The regulation mentioned above section 
4, determines which requirements measuring systems should fulfil to be made available on 
the market and to be used in connection with economical transactions. The procedure for 
conformity evaluation is in section 4-11 of this regulation. The modules to which the 
procedures refer to is described in attachment 1 to the above mentioned regulation. The 
requirements in the annex are regarded as minimum requirements, such that the measuring 
equipment should at least fulfil these minimum requirements. The Licensee, as user, and 
the manufacturers are thereby free to introduce more stringent requirements. 
  
The changes are not valid for existing flow meters used in the petroleum industry. This 
exemption applies to both technical requirements and requirements for use. 
  
The Directive is primarily directed to the manufacturer of measuring instruments, but is 
also applicable for others selling measuring instruments. Measuring instruments covered 
by MID should fulfil technical requirements stated the directive before they are made 
available on the market. The pre market survey includes conformity assessment done by a 
notified body and a conformity marking to prove that the requirements of the Directive are 
fulfilled. It follows of the instrument specific annexes to MID which modules a specific 
measuring instrument (system) should be approved in accordance to, cf. MI-005 and 
section 4 in Regulation for measuring systems for liquids other than water. According to 
the directive a manufacturer which produce an instrument for own use, is considered a 
manufacturer of a measuring instrument regulated by MID. 
  
For existing measuring systems which have been in use or made available on the market 
before the entry into force date (30 October 2006), the requirements of the NPD metering 
regulation apply as in the past (MID does not apply). Same apply to measuring 
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equipment sold in the EEA before the time of implementation, and thereafter resold for 
use. Transitional provisions are prevailing for measuring systems which are type approved 
before the time of implementation, cf. section 8-1 in the regulation for measurement units 
and measurement. 
  
The changes will not apply where the Regulations relating to measurement of petroleum 
for fiscal purposes come into force as a consequence of a treaty with a foreign state, cf. the 
Petroleum Act section 1-4 first paragraph.  
 
Implementation of the MID Directive for liquid measurement stations will, in practice, 
entail that the operator orders a liquid measurement system from a supplier/manufacturer. 
Before ordering, and following a dialogue with the Norwegian Petroleum Directorate, the 
operator should clarify whether issuance of an MID certificate will be relevant for the 
liquid measurement station in question. If a MID certificate is to be issued, it will be the 
supplier’s responsibility to use an approved notified body (TKO) in Norway or abroad to 
issue a MID certificate. 

Liquid measurement stations for crude oil/product ships or pipeline systems are covered by 
MID.    

 
Re. Section 14  

The mechanical part of the metering system 
Design of the metering system for hydrocarbons in liquid phase 
Recognised standard is NORSOK I-105 and American Petroleum Institute (API), Manual 
of Petroleum Measurement (MPMS) ch.4 and ch.5. 

 
When an ultrasonic meter is used in allocation metering for liquid, a concept with 
reference meter and portable prover should be used. 
 
Prover oil 
Recognised standards for prover design are NORSOK I-105 and API, MPMS ch.4. 

 
Determination of prover volume based on pulse interpolation may be according to ISO7278. 
 
It is not recommended to reduce the prover volume down towards the design criterion, as this 
may lead to repeatability problems. 
 
Compact prover may be used. 
 
Compact prover 
Equipment and manning should be available so that it is possible if required to establish a 
new volume within four days. 
 
With regard to design and calibration the following should be complied with: 
a) water calibration; 
b) list of critical parts, which should be available for necessary maintenance; 
c) compact provers should be equipped with leak detection facilities in the total calibrated 
area; 
d) filters should be installed upstream; 
e) compact provers should be installed vertically; 
f) compact provers should be installed upstream of the flow meter so that the downstream 

volume is used. 
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Flow meters liquid 
At the ultrasonic liquid gauge the upstream length should be 10D including the flow 
straightener. 
 
Design of the metering system for hydrocarbons in gas phase 
Recognised standards are NORSOK I-104, ISO 5167-1, AGA Report no. 9 and ISO 9951. 
 
Flow profile gas 
When orifice plate is used, the Reynolds number should not exceed the highest number for 
which there exists basic calibration data (3,3107). 
 
Differential pressure should not exceed 500 mBar. 
 
Design of the metering system for fuel gas 
 
Recognised standards are NORSOK I-104, ISO 5167-1, AGA Report no. 9 and ISO 9951. 

 
Measurement methods for fuel gas may be: 
 
a) orifice plate with pressure and temperature compensation; 
b) turbine meter with associated pressure and temperature compensation; (not insertion 

turbine) 
c) ultrasonic meter with minimum two output beams and associated pressure and 

temperature compensation. 
 
The diameter ratio β may vary between the outer limits referred to by ISO 5167. The 
differential pressure should not exceed 1 Bar. 
 
Density measurement may be omitted and be calculated according to AGA report no.8. 
 
Design of the metering system for flare gas 
 
Recognised standard is NORSOK I-104. 

 
Alternative methods 
When metering oil and gas for allocation purposes test separator measurement in 
combination with multiphase meters, which are calibrated against the test separator, may 
be used. Test separator measurement should in such cases be improved in relation to 
conventional systems. 
 

Re. Section 15  
The instrument part of the metering system 

Recognised standards are NORSOK I-104 and I-105. 
 

The signals from the sensors and transducers should be transmitted so that measurement 
uncertainty is minimised. Transmission should pass through as few signal converters as 
possible. Signal cables and other parts of the instrument loops should be designed and 
installed so that they will not be affected by electromagnetic interference. 
 
When density meters are used at the outlet of the metering station, they should be installed at 
least 8 D after upstream disturbance. 
 
When oil is loaded into tankers, the density may be determined by analysing the contents of a 
sample container. 
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When petroleum products are measured, density may be calculated by using a recognised 
standard. 
 
In measuring petroleum products, there may be a need to consider simplifications in the 
instrumentation. 
 
When gas metering takes place, density may be determined by continuous gas 
chromatography, if such determination can be done within the uncertainty requirements 
applicable to density measurement. If only one gas chromatograph is used, a comparison 
function against for example one densitometer should be carried out. This will provide 
independent control of the density value and that density is still measured when GC is out of 
operation. 
 
Measured density should be monitored. 
 

Re. Section 16  
The computer part of the metering system 

Recognised standards are NORSOK I-104 and I-105. 
 
The computer part of the metering system should not have any functions other than those 
associated with the metering system. Where a number of digital computers are used, the 
locations where the different calculations are performed should be defined. To avoid sources 
of error, the part of the computer performing the fiscal calculations should be connected to 
the other computer equipment in such a way that errors are avoided. 
 
With regard to pulse transmission from flow meters it should be possible to read the signal as 
a number of pulses. 
 
Quantities registered during calibration should be registered separately, irrespective of 
measured quantities. 
 
Figures for accumulated fiscal quantities, which are comprised by the present regulations, 
should for each meter run and the total metering system be stored in electronic storage units.  
The storage units should be secured in such a way that they cannot be zeroed or altered 
unless a security system is followed. 
 
In ultrasonic measuring the computer part should contain control functions for continuous 
monitoring of the quality of the measurements. It should be possible to verify time 
measurement. 
 
With regard to CO2 tax measurements the alarm function may be carried out by transferring a 
general alarm to a manned control room. 
 
With regard to fuel gas metering using flow meter, a simpler signal transmission than ISO 
6551 Class A may be considered. 
 

Re. Section 17  
Requirements relating to sampling 

Recognised standards are NORSOK I-104 and I-105, ISO 3171 (oil) and ISO 10715 (gas), 
NFOGM-manual for water in oil measurements (2001). 
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In respect of oil and gas sampling it should be ensured that equipment in direct contact with 
hydrocarbons is not corroded by the substance from which it is sampling. Operating 
instructions should be mounted in the sampling cabinets. 
 
The liquid samples from the sampling system should be analysed at a laboratory according to 
ISO 103337, Crude petroleum - Determination of water - Coulometric Karl Fischer titration 
method. Certified syringes of digital model should be used.   
 
Homogenisation of samples to be analysed should if necessary be documented. 
 
The sampling cabinet for oil and condensate should in the case of pipeline transportation 
have a daily and a monthly sample container. When loading into a tanker one sample 
container will be sufficient. The equipment should be designed so that the samples can be 
transported to a laboratory for analysis. The filling of sample containers should be monitored 
and the number of samples should be not less than 10.000 during the sampling period. 
 
Water in oil may be determined fiscally at allocation metering stations by using continuous 
metering. 
 
When the water content is in excess of 5 volume percent, water in oil should be determined 
by direct measuring using a water-in-oil meter. 
 
The sampling cabinet for gas should have instrument pipes and hoses of such a material that 
gas molecule diffusion cannot take place. 
 
It should be possible to evacuate air out of the system before placing new sampling cylinders 
in service. 
 
Installation of automatic sampling equipment will not be required in respect of CO2 tax 
metering. 
 
 

CHAPTER V  
REQUIREMENTS RELATING TO CALIBRATION AND VERIFICATION ETC. 

PRIOR TO START-UP OF THE METERING SYSTEM 
 

Re. Section 18  
Application for consent 

Application for consent should be submitted no later than 20 working days prior to planned 
start-up of the activity that the application for consent refers to. 

 
It is important that it during the project phase is established a good communication between 
the operator and the NPD. This is to ensure a common understanding of the requirements 
between the authority and the licensee.  
 
How incidents connected with the fiscal measurement system are to be registered, and how 
follow-up is to be carried out, should be described. 
 
The application for consent should furthermore contain allocation procedures and cargo 
claims procedures, if any. 
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The application for consent should also contain a system for calculation of the mass balance 
for the flow of hydrocarbons through the processing plant, so that flare gas quantities can be 
calculated when necessary. 
 

Re. Section 19  
General 

When equipment is taken into use, the calibration data furnished by the supplier may be 
used, if they are having adequate traceability and quality. If such is not the case, the 
equipment should be recalibrated by a competent laboratory. By competent laboratory is 
meant a laboratory which has been accredited as mentioned in recognised standard EN 
45000/ISO 17025, or in some other way has documented competence and ensures 
traceability to international or national standards. 
 
Based on the work progress plan of the operator, the Norwegian Petroleum Directorate 
will decide which activities it will want to be witnessed. 
 
A test procedure which clearly states the requirements should be prepared in advance for 
all tests of critical equipment components. The test procedure should contain references to 
relevant regulations and standards.     
 

Re. Section 20  
Calibration of mechanical part 

 
The checks referred to will for example be measuring of critical mechanical parameters by 
means of traceable equipment. 
 
With regard to requirements to calibration of flow meters and provers, reference is made 
to Section 8 of these regulations. 

 
Volumetric measure used for calibration of prover should be certified annually. The 
volumetric measure volume should be certified by gravimetric method with reference to 
national standard with uncertainty better than ± 0,01 %. 
 
With regard to small one-way provers it should be verified that the 4 volumes are mutually 
consistent. The spread should not exceed 0,02 % for K-factors or flow rates. 
 
There should be a clear distinction between the four volumes. 

 
Following volume calibration or rebuilding activities it should be verified for all in-line 
provers that the four volumes are consistent. This is done by establishing a K factor for a 
meter, then changing the volume and then repeating the calibration sequence. 

 
Recommended calibration methods for provers: 

a) “Master prover/master meter” method. 
Before and after or simultaneously with this calibration the “master meter” should be 
checked against the “master prover”, with the same requirements to repeatability as 
mentioned in Section 8. The calibration requirement is met if the “master meter” 
calibration factors before and after the calibration of the prover deviate from each 
other by less than 0,02 %. 

b) “Master tank/master meter” method. 
The same calibration requirements as in item a) are applicable. 

c) “Water draw” method. 
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Three consecutive individual calibrations should be carried out, and one of these 
should have a flow rate which is different from the two others. The repeatability 
requirements are the same as for the methods mentioned in items a) and b). 
Determination with volumetric reference will be acceptable in the case of factory 
testing (FAT) if determination with gravimetric reference is carried out before start-
up at the place of operation. 
 

During calibration as per item a) and b) five consecutive individual calibrations should be 
carried out at each measurement location. 
 
The linearity and repeatability of the flow meter should be tested in the highest and lowest 
part of the operating range, and at three points naturally distributed between the minimum 
and the maximum values. 
 

Re. Section 21  
Calibration of instrument part 

Measurement results should be from calibration equipment equivalent to that which will be 
used for calibration of the transmitters at the place of operation. Transmitter may be omitted 
and replaced by a signal generator.  The effect of the barriers on measurement signals should 
be determined. 
 
Verification of the system for pulse transmission from the turbine meters should be carried 
out. Recognised standard is ISO 6551.  The reading of the pulses should be undertaken on the 
computer part and also on external counters. 100 000 pulses should be simulated and in the 
event of deviation of two pulses the simulated pulse number should be doubled. 
 
When new metering systems are started up, instruments may be kept in storage for a period 
of time exceeding the recommended time for calibration. In such cases calibration should be 
carried out by a competent laboratory before the instruments are taken into use. 
 
During calibration of turbine meters with a low K factor and/or during use of a compact in-
line prover, it may be appropriate for each calibration to consist of multiple repetitions, so as 
to increase the calibration volume and the number of pulses from the turbine meter. 

 

Re. Section 22  
Verification of computer part 

Alarm handling and reporting should be verified with manually entered measurements for 
each metering tube and for the entire metering system. The system should be verified for 

voltage failure and data link transmission failure. 

 
Verification of pulse alarm for the turbine meters should be carried out and alarm should be 
activated if deviation occurs between the two pulse trains. 
 
Verification of the performance of the electronic equipment should be carried out and should 
be in accordance with the climatic and mechanical environment that the equipment will be 
subjected to. 
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CHAPTER VI  
REQUIREMENTS RELATING TO OPERATION OF THE METERING SYSTEM 

 
Re. Section 23  
Maintenance 

When using maintenance systems based on integrated operations, then it should be ensured 
that the supervision of the fiscal parameters and scheduled maintenance should be performed 
in a systematic and controlled manner. 
 
To ensure continuous quality in the measurements, it should at all times be relevant technical 
support personnel available for interpretation, analysis and eventual correction of error 
modes. 
 
When two instruments do the same measurement with the same quality, then one of the 
instruments should be identified as in use and the other should then have a monitoring/back 
up function. 
A change between the two instruments should just take place when the instrument in service 
fails. 

 
Re. Section 24  

Operating requirements for the prover 
Calibration of provers is dealt with in the comments re. Section 20. If the meter prover 
volume deviates by more than ± 0,04 % compared with the volume at the last calibration, a 
troubleshooting procedure should be carried out in order to discover the reason for the 
deviation. 
 
A lower calibration frequency can be used for in-line provers, based on a technical 
assessment of the stability of previous calibrations (better than ± 0,02 % of the average 
volume for three consecutive), considered in a cost-benefit perspective. 
 
On the basis of the assessment in the paragraph above, the existing in-line prover calibration 
interval may be increased to double the existing interval. A new assessment can be made 
when experience has been gathered from this calibration frequency. 
 
If an assessment of the calibration results from multiple in-line provers indicates systematic 
deviations, the Norwegian Petroleum Directorate should be consulted concerning the issue of 
whether to implement the calibration result. 
 
For measurement systems used with low density fluids, as condensate and LPG, the limiting 
values given in this remark can be increased, ref. re. Section 8. 

 
Re. Section 25  

Operating requirements for flow meters 
Recognised standard for monitoring of turbine meter K-factors is API MPMS ch.13. 
 
With regard to flare gas meters the zero point check should be carried out regularly with an 
external unit. Depending on the meter manufacturer, it may be relevant to perform other 
checks to verify the meter’s quality. 
 
Condition Based Monitoring (CBM)” should be used for multi-beam ultrasonic meters. 
Examples of parameters that may be included in a condition based monitoring system: 

- First condition check (foot print), registered at the flow laboratory 
- Signal-to-noise ratio (SNR) 
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- Signal quality (Gain and Burst) 
- Flow profile monitoring (flatness, symmetry, turbulence and swirl) 
- Velocity of sound (VOS)   
- Various forms of density comparison 
- Velocity of each individual sound path 

The monitoring systems will vary somewhat between the different suppliers.       
 
Deviation limits for the various parameters should be determined before start-up or as soon as 
possible thereafter. 
 
Recalibration should be carried out if the meter has a poor maintenance history. 
 
When petroleum products are loaded into tankers in small batches it may be expedient to 
utilise K-factor established during recirculation. 
 
With regard to requirements to repeatability and linearity for calibration of flow meters, 
reference is made to Section 8 of these regulations. 

 
Inspection and cleaning of the meter tube should if necessary be carried out when the meter 
tube sections are disassembled. 
 
The operating requirements for the turbine meter deviate from the design criteria given in 
Section 8 and are specified in Section 25. 
 

Re. Section 26  
Operating requirements for instrument part 

When monitoring functions are in operation, condition based maintenance may be used to 
extend calibration intervals. 
 
Instruments used for calibration should be kept separated from other instruments. 
 
The interval between calibrations may be increased if stability of the measuring equipment is 
documented. 
 
In the case of condition based maintenance a number of transmitters for each metering station 
parameter should be calibrated at least once annually in order to ensure traceability. A 
comparison of these with corresponding metering station transmitters should be carried out in 
order to ensure traceability. 
 
During preparation of control limits for the individual components of online gas 
chromatographs (benchmark tests), the start point should be the GC uncertainty requirement 
and divide by the square root of the number of components. Deviations for the individual 
component and for combined values should always be checked against normalized values to 
limit the effect of weather conditions on the figures. Deviations for each individual 
component should not entail a deviation exceeding 0,1 % of the calorific value or standard 
density. 

 
With  regard to facilities operated with regular calibration and correction, the transition to the 
benchmark principle for GC should be carried out as soon as practically feasible, for example 
in connection with equipment upgrades.    

 
Recognised standard for uncertainty of traceable reference gases is given in NORSOK I-104. 
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Re. Section 27  
Operating requirements for computer part 

Alarms from the metering system should after start up be reviewed in a systematic way, 
to reduce numbers and establish an effective interface against other control room 
equipment. 
 
Calculation requirements should be verified by using an independent system (PC). 
 

 
CHAPTER VII  

REQUIREMENTS RELATING TO DOCUMENTATION 
 

Re. Section 28  
Documentation prior to start-up of the metering system 

No comments. 
 

Re. Section 29  
Documentation relating to the metering system in operation 

The first and second paragraphs of this section apply to all measuring referred to in 
these regulations. Documentation as mentioned in the first paragraph of this section will 
include specifications, calculations and drawings relating to the metering system, as well 
as operating procedures and other relevant documentation. 
 
The general rule referred to in the Petroleum Act Section 10-4 with regard to material 
and information entails that documentation relating to fiscal metering as referred to in 
these regulations should be available in Norway irrespective of where the operational 
organisation is located. This does not entail any prohibition against storing 
documentation abroad, as long as it can be made available to the Norwegian Petroleum 
Directorate within a reasonable length of time. In some cases, e.g. during supervision of 
metering stations located abroad, the most practical solution will be that the 
documentation is made available to the Norwegian Petroleum Directorate on location. 
Operational organisations located outside Norway should have the documentation 
available at the place of operation and available to the Norwegian Petroleum Directorate 
on request. 
 
If any of the equipment components drift inside their variation range and this is detected 
by routine calibration, this will not constitute basis for correction. 
 
A correction should, however, not be implemented if the cost of the correction work is 
higher than the value of the wrongly measured quantity that should be corrected for. 
 
Standard forms for reporting of CO2 tax are included as Appendix 1 and 2 to these 
regulations. 
 
The operator may, if practical, report diesel consumption to the NPD according to the 
same principle as for reporting to Klif for the Climate Quota Regulations. 

 
Re. Section 30  
Information 

The cargo claims procedures should be drawn up in such a way that when oil is sold in tanker 
loads from an offshore loading buoy, the correction limit should be the one which is 
internationally accepted for trade in oil, 0,5 %. A correction should only be implementable 
when both the ship’s figures in port and the terminal’s figures deviate from the figures of the 
metering station by 0,5 % or more.  Furthermore, failure in connection with the official 
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measuring equipment should be demonstrated before corrections may be carried out. On the 
Norwegian part of the continental shelf, 0,3 % has often been used for crude oil cargoes from 
the petroleum activities. 
 

Re. Section 31  
Calibration documents 

No comments. 
 

 
CHAPTER VIII  

GENERAL PROVISIONS 
 

Re. Section 32  
Supervisory authorities - authority to make individual administrative decisions etc. 

The Ministry of Petroleum and Energy is the appeal body in relation to decisions made 
by the Norwegian Petroleum Directorate pursuant to these regulations. 
 
With regard to the basis for and extent of the CO2 tax, the Ministry of Finance is the 
appeal body. 
 
Any appeal against a decision should be forwarded through the Norwegian Petroleum 
Directorate, cf. Chapter VI of the Public Administration Act. 
 

Re. Section 33  
Exemption 

Exemption constitutes a decision by the authorities, normally as a result of an 
application, to accept a deviation from a regulation requirement. Deviation in this 
connection denotes a discrepancy between selected solutions and regulation 
requirements. 
 
Application for exemption should be filed if one intends to apply a solution different 
from the one referred to by a specific regulation requirement, or a solution which does 
not meet the level required by the regulations. 
 
Applications for exemption, if any, should as a rule contain: 
a) a list of the provisions from which exemption is sought; 
b) an account of the particular reasons for why an exemption is necessary or 

reasonable; 
c) an account of the internal procedure of the enterprise in dealing with the exemption 

issue; 
d) an account of the deviation and its planned duration; 
e) an account of measures, if any, to compensate for the deviation, in full or in part; 
f) an account of measures, if any, to correct for the deviation, if the deviation is of a 

temporary nature. 
 

Re. Section 34  
Penal provision 

No comments. 
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Re. Section 35  
Entry into force and transitional provisions 

In a material sense these regulations mainly constitute a continuation of previous 
legislation. The regulations do not represent any increased stringency which necessitates 
exemptions from entry into force or transitional arrangements. 
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DECC MEASUREMENT GUIDELINES – ISSUE 8 (2012) 
 

Douglas Griffin, U. K. Department of Energy & Clima te Change 
 
 
1 INTRODUCTION 
 
The DECC Measurement Guidelines have been updated and substantially re-written.  Issue 8 
was published in July 2012, superseding the previous (2003) issue. 
 
These Guidelines provide Operators with details of DECC’s expectations in the variety of 
scenarios under which fiscal measurement of hydrocarbons may take place in the upstream 
sector of the UK oil and gas industry. 
 
This paper highlights some of the principal points of interest in the new document.  The full 
document is available at the DECC website; at the time of writing the relevant URL is: 
http://og.decc.gov.uk/assets/og/ep/fields/4824-measurement-guidelines-v8.pdf . 
 
2 REGULATORY ORGANISATION 
 
The Department of Energy & Climate Change (DECC) was formed in October 2008, with the 
merger of the Energy Group from BERR (formerly DTI) and the Climate Change Group from 
DEFRA. 
 
Responsibility for the regulation of non-safety-related aspects of the UK upstream oil and gas 
industry lies with DECC’s Energy Development Unit (EDU), with offices in Aberdeen and 
London.  Within EDU there are two branches: 
 
• Licensing, Exploration and Development (LED); 
• Offshore Environment & Decommissioning (OED). 
 
Details of the responsibilities of each branch can be found on the DECC website. 
 
2.1 Regulation of Fiscal and Environmental Measurem ent 
 
Responsibility for the regulation of fiscal oil and gas measurement lies with the Petroleum 
Measurement and Allocation Team, which is part of LED. 
 
The regulation of offshore environmental measurement (such as produced water metering or 
fuel and flare measurements required by the EU Emissions Trading Scheme (EU-ETS) is the 
responsibility of OED. 
 
Onshore environmental measurements are regulated by the Environment Agency (in England 
and Wales) and the Scottish Environment Agency (in Scotland). 
 
2.2 Petroleum Production Regulations 
 
Operators of fields in the UK and on the UK Continental Shelf (UKCS) are granted a 
Petroleum Production License.  This contains the ‘Measurement Model Clause’, which states 
that 
 

“The licensee shall measure or weigh by a method or methods customarily used in 
good oilfield practice and from time to time approved by the Minister all petroleum won 
and saved from the licensed area.” 

 
DECC’s expectations with regard to what constitutes ‘good oilfield practice’ are set out in the 
document ‘Guidance Notes for Petroleum Measurement – for Systems Operating Under the 
Petroleum Production Regulations’, more commonly referred to as the ‘DECC Measurement 
Guidelines’. 
 

fltough
Stamp
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The Guidelines have been fully revised and were published in draft form during the first half of 
2012.  Following a 3-month consultation period, Issue 8 of the Guidelines officially came into 
force on 1st July 2012. 
 
3 MEASUREMENT APPROVAL PROCESS (Chapter 2) 
 
The approval process for new fiscal measurement systems, or for changes to existing ones, is 
managed via a procedure known as ‘Petroleum Operations Notice No. 6’, or ‘PON 6’.  The 
purpose of this procedure is to arrive at an agreed method of measurement for the given field 
in advance of its design and construction.  The level of information required by DECC varies 
depending on the size of the field(s) concerned, but the procedure to be followed is the same 
in all cases. 
 
Chapter 2 of the Guidelines goes into the PON 6 procedure in some detail.  The document 
stresses the point that the method of measurement for a particular field is of fundamental 
importance to the field development strategy, and should be agreed at as early a stage as 
possible. 
 
At this stage the discussions are fairly high-level in nature.  A variety of measurement 
approaches are possible, which form the following hierarchy (in descending order of 
measurement uncertainty): 
 
• Continuous, single-phase measurement of each phase, post separation, in dedicated 

meter runs designed to minimise measurement uncertainty. 
• Continuous, nominally single-phase measurement of each phase on the oil, gas and water 

off-takes of a dedicated separator. 
• Continuous multiphase measurement via a dedicated multiphase flow meter, installed 

either topsides or subsea. 
• Intermittent, nominally single-phase measurement of each phase on the oil, gas and water 

off-takes of a test separator, with interpolation of the flow rates of each phase during the 
periods between these ‘well tests’. 

 
These approaches translate approximately into the classes of measurement defined in 
Chapter 3 of the Guidelines. 
 
DECC shall always seek to achieve the optimal measurement solution in terms of balancing 
OpEx and CapEx costs against the increased financial exposure resulting from increased 
measurement uncertainty. 
 
In many cases the likely measurement solution is clear from the outset, but where the decision 
is marginal DECC may require the Operator to carry out a cost-benefit analysis in order to 
identify the optimal approach. 
 
Once the optimal approach has been identified and agreed, the detailed design of the 
measurement system may proceed. 
 
Once the system is operational, the agreed method of measurement may not be changed 
without the prior written consent of DECC; in such cases a new PON 6 process is likely to be 
required. 
 
4 GENERAL DESIGN CONSIDERATIONS (Chapter 3) 
 
This chapter sets out some of the considerations that typically form part of the PON 6 
discussions. 
 
Essentially, at the design stage the question reduces to whether or not the field economics will 
support separation and dedicated processing of the fluids prior to their measurement and 
export.  Once the likely fluid characteristics are clear (e.g. ‘single phase’, ‘wet gas’), it will be 
clear which of the measurement approaches are realistically achievable. 
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The following table, which defines the possible measurement classes, is reproduced from p. 
20 of the Guidelines. 
 
Table 1 – Measurement Approaches 
 
Class of 
Measurement 

Characteristics Typical Applications 

Single-Phase Continuous measurement. 
Single-phase (i.e. post 
separation) in dedicated meter 
runs designed to minimise 
measurement uncertainty. 

This is the only class of 
measurement with clearly-
defined uncertainty limits; by 
consensus these are ±0.25% 
(dry mass) for liquid and ±1.0% 
(mass) for gas. 

Export system from production 
platform.  

Gas import system. 

Production 
Separator 
Measurement 

Continuous measurement. 

Nominally single-phase 
measurements on the gas, oil 
and water off-takes of a 
production separator.  However, 
more than one phase may be 
present during periods of 
process instability.  

The separator may be operated 
in 2-phase mode, with water 
content of the oil off-take 
determined via sampling or via 
on-line water-cut meter.  This 
will generally result in a higher 
measurement uncertainty than 
3-phase operation. 

Marginal field developed across 
pre-existing production platform. 

Multiphase 
and Wet Gas 
Measurement 

Continuous measurement.  

Two or three phases measured 
simultaneously in a single meter.  

Note: ‘Wet gas’ applications may 
be considered as a subset of 
multiphase measurement.  

The meter may be located 
topsides or subsea.  The 
measurement uncertainty will be 
similar in either case, but 
maintenance activities will be 
considerably more expensive in 
the latter. 

Marginal field developed across 
pre-existing production platform, 
where economic or space 
constraints do not permit the use of 
a dedicated separator. 

New minimal facilities installation. 

Flow Sampling Intermittent measurement.  

Periodic, nominally single-phase 
measurements on the gas, oil 
and water off-takes of a test 
separator.  However, more than 

Marginal field developed across 
pre-existing production platform, 
where economic or space 
constraints do not permit the use of 
a dedicated separator.  



30th International North Sea Flow Measurement Workshop 
23 – 26 October 2012 

 

4 

one phase may be present 
during periods of process 
instability.  

The intermittent nature of the 
measurement results in a higher 
measurement uncertainty than 
would be obtained with a 
dedicated production separator.  

Operation of the test separator 
in 2-phase mode will increase 
the measurement uncertainty 
further. 

Note the similarity to the multiphase 
scenario.  All other factors being 
equal, DECC will normally prefer 
the multiphase option since the 
additional uncertainties around well-
testing (arising from the intermittent 
nature of the measurements) are 
thereby avoided. 

Inferential 
Measurement 

Indirect measurement.  

Includes ‘By Difference’ 
measurement.  

Various techniques possible – 
uncertainty will depend on the 
application-specific factors. 

Where none of the above options 
represent the optimal measurement 
solution. 

 
The document stresses the need to take account of life-of-field exposure when considering 
aspects of metering system design. 
 
5 GENERAL OPERATIONAL CONSIDERATIONS (Chapter 4) 
 
In recent years there have been significant improvements in the stability of secondary 
instrumentation, and in the ability to interpret the information provided by primary and 
secondary instrumentation – so-called ‘diagnostic’ information.  As such, DECC considers that 
the time has come to completely re-examine the standard approach to maintenance strategy, 
which still tends to be ‘time-based’.  This is reflected in the a new section of the Guidelines 
(4.1), in which alternative methods are proposed – ‘risk-based’ and ‘time-based’. 
 
Essentially, risk-based maintenance requires the Operator to present, for a given element of 
the measurement station, an assessment of the likely ‘worst-case’ error that could reasonably 
be expected to occur over a proposed period of time.  The financial exposure during this 
period may be calculated (based on the impact of such an error on the overall flow 
measurement) and compared with the cost of removal and recalibration.  Provided the 
exposure is low compared with the calibration cost, DECC is likely to agree to the proposed 
interval between calibrations.  Worked examples of such calculations are presented in 
Appendix 4.1 of the Guidelines. 
 
Condition-based strategies propose to continually monitor key components of the 
measurement station, removing and recalibrating devices only when these show signs of 
having drifted from their calibrated conditions.  Condition-based strategies are still relatively 
little used.  One reason for this is that it is not always possible to relate drift in diagnostic 
parameters to actual measurement error; as such the decision as to whether or not 
intervention is required is not always clear cut.  However, there is great potential for this 
technique to be usefully combined with a ‘risk-based’ method; the use of ‘diagnostic’ 
information may allow the Operator to reasonably reduce the estimate of the ‘worst-case’ 
error, so that the interval between calibrations may be extended. 
 
As well as maintenance strategies, this section of the document contains expanded guidance 
on DECC’s expectations with regarding record-keeping, and on DECC’s approach to 
managing short- and medium-term deviations from the agreed method of measurement via a 
system of dispensations. 
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6 SINGLE PHASE LIQUID HYDROCARBON MEASUREMENT (Chap ter 5) 
 
The document has been updated to reflect significant changes in DECC’s approach in a 
number of key areas. 
 
6.1 Prover Calibration 
 
Following the presentation of new information on prover calibration uncertainty at the 2009 
NSFMW [1], DECC has formally revised the year-to-year repeatability requirements for prover 
calibration.  (Sections 5.6.3 and 5.6.4 of the Guidelines refer.) 
 
The expected year-to-year repeatability is now ±0.2% for calibrations using water, and ±0.4% 
where the calibration medium is crude oil or diesel. 
 
6.2 Densitometer Calibration 
 
In the light of the recommendations of a JIP on traceable density measurement (the results of 
which have been presented at successive NSFMW events, e.g. [2]), DECC has updated its 
guidance on densitometer calibration.  (Sections 5.10.3 and 5.10.4 of the Guidelines refer.) 
 
The new densitometer procedures require the calibration to take place at simultaneously 
elevated conditions of pressure and temperature on three calibration fluids which have been 
fully characterised on NEL’s standard densitometer as part of the JIP.  The calibration costs 
are increased compared to the previous method, but remain small when compared with typical 
financial exposure. 
 
Work is in progress to confirm whether, as seem likely, calibration on two fluids gives an 
acceptable level of measurement uncertainty.  DECC’s guidance in this area will be reviewed 
correspondingly. 
 
6.3 Sampling and Analysis 
 
There is expanded guidance on DECC’s expectations with respect to sampling and analysis 
and sampler performance (Sections 5.11.1 to 5.11.7 of the Guidelines refer). 
 
7 SINGLE-PHASE GASEOUS HYDROCARBON MEASUREMENT (Cha pter 6) 
 
The document has been updated to reflect significant changes in DECC’s approach in a 
number of key areas. 
 
7.1 Differential Pressure Diagnostics 
 
For differential pressure devices the document encourages the use of diagnostic 
measurements (demonstrated at successive NSFMW events, e.g. [3]) to extend the interval 
between successive inspections of the primary element (Section 6.7.7 of the Guidelines 
refers). 
 
7.2 Condition-Based Maintenance of Gas USFMs 
 
Detailed guidance is now presented in the area of condition-based maintenance (CBM) 
strategies for gas ultrasonic flow meters.  This guidance is based on a consultation carried out 
by DECC during the first half of 2011, culminating in a manufacturers’ session held in 
Aberdeen in June 2011.  Sections 6.8.12 through 6.8.19 of the Guidelines refer. 
 
As stated above, there is considerable potential to used condition-based maintenance to 
extend the interval between successive recalibrations as part of an overall ‘risk-based’ 
maintenance strategy.  To date, DECC has only received one proposal for a genuine CBM 
strategy, in which the meters are potentially left in service indefinitely.  The methodology by 
which acceptance was gained has been detailed in a previous NSFMW paper [4]. 
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7.3 Pressure and Temperature Compensation for Gas U SMs 
 
A clear statement is made to the effect that calculations used to correct USFM calibration from 
‘reference’ to ‘in-service’ conditions of pressure and temperature must be traceable and 
auditable. 
 
Reference is made to an important paper from the 2008 NSFMW [6]. 
 
8 MULTIPHASE MEASUREMENT (Chapter 8) 
 
The following table, which lists the typical applications in which multiphase flowmeters 
(MPFMs) are used in fiscal measurement applications, is reproduced from p. 62 of the 
Guidelines: 
 
Table 2 – Multiphase Applications 
 
Application MPFM Verification Method Comments 
MPFM topsides on ‘host’ 
facility, measuring all 
wells from a single 
‘satellite’ field. 

Comparison of MPFM with test 
separator.  
Relatively straightforward in view 
of proximity of MPFM to test 
separator. 

Allocation to satellite field 
relatively straightforward.  
PVT data required 
periodically; frequency 
higher where individual 
well characteristics 
believed to be significantly 
different. 

MPFM subsea, 
measuring all wells from 
a single satellite field. 

Comparison of MPFM with test 
separator. Relatively complex 
comparison in view of 
significantly different process 
conditions at MPFM/Test 
Separator, and in view of 
distance between these. 
Procedures must take account 
of possibility of slugging in flow 
line, etc. 

Allocation to satellite field 
relatively straightforward.  
PVT data required 
periodically; frequency 
higher where individual 
well characteristics 
believed to be significantly 
different.  However, in 
practice it may be difficult 
or impossible to update 
initial PVT data. 

MPFM subsea, 
measuring all wells from 
more than one satellite 
field. 

Comparison of MPFM with test 
separator.  
Relatively complex comparison 
in view of significantly different 
process conditions at 
MPFM/Test Separator, and in 
view of distance between these.  
Procedures must take account 
of possibility of slugging in flow 
line, etc. 

Highly complex allocation 
issues. 
At least one MPFM 
manufacturer offers the 
possibility of a ‘switching’ 
facility whereby individual 
wells or groups of wells 
may be flowed separately 
through the MPFM.  In 
this case, field allocation 
may be carried out as in 
#2 above.  
PVT data required 
periodically; frequency 
likely to be higher than in 
#2 above, since fluid 
characteristics likely to 
show greater variability.  
However, in practice it 
may again be difficult or 
impossible to update initial 
PVT data 
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New expanded guidance is presented on: 
 
• meter selection; 
• meter calibration/verification (requirements for static and dynamic testing, both onshore 

and offshore) 
 
This section of the guidelines refers heavily to previous NSFMW papers (e.g. [6]). 
 
It is recognised that sampling of multiphase fluids is a particularly important area, since 
representative compositional data is likely to be required both for the successful operation of 
the MPFM and also to correct the phase flowrates to standard conditions for verification or 
allocation purposes.  The current lack of Standards in this area is acknowledged. 
 
A summary of DECC’s requirements with respect to the use of MPFMs in fiscal applications is 
presented in section 8.10. 
 
10 WET GAS FLOW MEASUREMENT (Chapter 9) 
 
The guidelines have been updated to reflect recent advances in wet gas flow measurement.  
Reference is made to a recent NSFMW paper [7] regarding the use of orifice plate meters in 
wet gas applications (section 9.5 of the Guidelines refers). 
 
The use of a new correlation (presented at the 2009 NSFMW [8]) is now recommended for 
use with Venturi meters.  This correlation covers a wider range of meter parameters and wet 
gas conditions than any of its predecessors.  However, to date DECC has not received any 
proposals to use this correlation.  One possible reason is that the correlation may not yet have 
been implemented in commercially-available flow computers. 
 
A summary of DECC’s requirements with respect to the use of MPFMs in fiscal applications is 
presented in section 9.10 of the Guidelines. 
 
11 SEPARATOR & TEST SEPARATOR MEASUREMENT (Chapters  7 & 10) 
 
Two separate chapters of the Guidelines deal with separator measurement.  The technologies 
which may be employed and the associated measurement challenges are similar in each case 
, although the challenges are likely to be more extreme in the case of a test separator 
application. 
 
Dedicated separators are commonly used in fiscal applications (see Table 1 above).  The 
main difficulties here are associated with ensuring that gas breakout and/or liquid carry-over 
do not occur, that is to say that process design plays a critical role.  Where process separators 
are ‘promoted’ to fiscal duty following the development of a new field across pre-existing 
infrastructure, the scope to follow best design practice may be limited within the financial 
constraints of the project. 
 
Test separators may be used either directly in ‘flow sampling’ applications (as defined in Table 
1) or in the verification of MPFMs or wet gas meters in fiscal service. 
 
12 FUTURE ISSUE OF GUIDELINES 
 
The next issue of the DECC Guidelines is planned for July 2013; annual releases are planned 
thereafter.  The document is normally published in draft form during a three-month period 
during which feedback is actively invited. 
 
DECC is very happy to receive feedback on the existing document at any time and considers 
the co-operation of Industry to be critically important in keeping the Guidelines up-to-date and 
relevant to current practice. 
 
Comments should be addressed to the author at douglas.griffin@decc.gsi.gov.uk.   
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Assessment of Particle Erosion in Coriolis Meters  
 

Mark J. Bell, Emerson Process Management 
Mark MacLeod, NEL 

 
  
 
1 INTRODUCTION 
 
This paper describes a project in which Computational Fluid Dynamics (CFD) and Finite Element 
Analysis (FEA) were used to assess the effect of particulate erosion in two of Emerson’s Micro 
Motion Coriolis flow meters, a 3 inch dual “u” shaped meter (CMF300), and a 3 inch dual slightly 
curved tube meter (F300). 
 
These flow meters have been used in a wide range of applications, in some instances to measure 
particle-laden fluids.  Occasionally flow meters are returned due to particulate erosion damage, 
although this is a rare occurrence.  The aim of this work was to develop a better understanding of 
particle erosion in Coriolis meters over a wide range of operational conditions. 
 
The erosion analysis was carried out using CFD (Computational Fluid Dynamics). The pattern and 
magnitude of erosion was investigated.  The erosion results were then coupled to a FEA solver to 
investigate the structural and flow measurement impact of erosion on the Coriolis meters. 
 
 
2 LITERATURE SUMMARY 
 
Erosion is an important factor determining the lifespan of any component when the fluid flowing 
through the component contains solid particles.  Particulate erosion is the process of metal 
removal by solid particle impact.  This is a complex process with many different factors involved.  
Parameters that influence erosion rates range from the properties of the fluid (flow rate, velocity, 
and viscosity), the properties of the sand, the properties of the target material, and the geometry 
of the component or pipe work in question.  The result of this complexity is that small variations in 
certain parameters can cause significant differences in erosion rates and erosion locations.  
McLaury et al. [1] looks at some of these parameters and how they affect erosion rates. 
 
Pipe bends are an essential part of any piping system and are prone to significant erosion 
damage.  Toda et al. [2] observed that when particles encounter a bend, the particles do not 
follow the fluid streamlines but are forced along the outer wall of the bend.  Particle size and fluid 
properties can affect the flow patterns of particles.  Okita [3] investigated the effect of viscosity 
and sand size on erosion measurement and prediction.  This work showed lower viscosities 
produce greater erosion rates and also showed that viscosity has little effect on particles greater 
than 150 microns diameter.   
 
Another factor that influences erosion in bends is the upstream flow profile.  The upstream flow 
profile can be affected by upstream bends or other fixtures.  The effect of combining elbows will 
affect the erosion pattern and magnitude.  Schallert et al. [4] shows that combining elbows in 
series can change the expected erosion locations and rates.  Erosion is generally higher in 
fixtures downstream of other fixtures.  Barton et al. [5] noted how the presence of upstream flow 
meters increased the erosion rate of a downstream bend. 
 
Smaller particles are generally perceived as being less erosive although this is still a subject of 
research.  Small particles have less momentum; they are more easily deflected by fluid drag 
forces and hence tend to impact walls at lower angles and velocities.  However, they can also be 
more easily entrained behind backward-facing steps and hence scouring effects may be more 
common for smaller particles.  Misra and Finnie [6] showed that particles smaller than 100 
microns are less damaging (Figure 1).  This effect occurs for a range of metals in both erosion 
and abrasions tests and appears to be associated with the “micro-machining” process of material 
removal rather than particle and fluid dynamic effects. 
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Figure 1   The effect of particle size on the erosi on rate of 11% Cr steel [6] 
 
A number of guidance documents are available to manage sand erosion problems.  DNV 
RPO501[7] is one of the most comprehensive available guidelines for the assessment of erosive 
wear in piping systems associated with sand production in the oil and gas industry.  These 
guidelines include calculations that can give numerical predictions for erosion in standard pipe 
fixtures such as straight pipes, elbows, welded joints, reducers and blind tees. 
 
 
3 SIMULATION METHOD AND PARAMETERS 
 
The CFD simulations of the F300 and CMF300 meters consisted of some water-sand flow cases 
and some gas-sand flow cases.  Certain properties were varied to investigate their effects on 
erosion.  The flow through the flow meters was modelled using Fluent 13 CFD software [8],  
Figure 2.  The CMF300 has a tube diameter of 44.7 mm while the F300 has a tube diameter of 
40.2 mm. The beta ratio for the CMF300 is 0.81 to a DN80 pipe and the F300 is 0.73 to the same 
DN80 pipe.  This difference in diameters provides meters that have similar pressure drop at the 
same flow rate.  
 
 
When a particle impacted onto a wall the damage this caused was calculated using the following 
equation [9]:  
 
 

)(... αFUKmCE n
PPunit &

& =   (1)   

 
In which: 
 

E  is the erosion rate (mm/kg of sand passing through the pipe work) 
Cunit  is a factor to convert the erosion rate to mm/kg 
mp  is the mass flow rate of sand impacting the region in question (kg/s) 
UP  is the particle impact velocity (m/s) 
α  is the impact angle 
F(α)  is a function that accounts for the variation of erosion caused by differing impact 

angles. 
 
In this study values of K, n and the F(α) were chosen to represent generic “steel grade materials” 
based on values given in DNV RP0501 [7].  
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Figure 2   CMF300 meter on the left and F300 meter on the right  
 
 
The modelled cases were split into four batches of runs.  Each batch of runs was used to assess 
the sensitivity of erosion to one selected variable parameter as noted in Table 1.  These 
parameters included; fluid velocity, particle diameter, fluid viscosity and upstream installation 
effects.  
 

Table 1 – Analyses Batches (variable parameter in b old) 
 

Batch Fluid  inlet velocity* Density Viscosity Particle Diameter 
Upstream Bend 

    m/s kg/m3 cp μm 

1 
Water 2 - 10 1000 1 150 No 

Gas 10 - 50 20 0.018 150 No 

2 Water 10 1000 1 50 - 300 No 

3 Water 10 1000 1 - 1000 150 No 

4 Water 10 1000 1 150 Yes 

 
*Inlet velocity defined by velocity at the inlet of the flow meter not the velocity in the tubes.  

 
 
For each case the erosion was also calculated using the semi-empirical equation developed by 
DNV [7]. 
  

���	 = �×�(
)×sin
×���
��×����� × � × �� × �����  (2) 

 
���  = Erosion rate (mm/kg) 
�  = Material Constant 
�( )  = Function characterizing ductility of material 
   = Impact angle of particles hitting wall 
!"  = Particle impact velocity (m/s) 
# = Velocity exponent 
$�  = Density of target material (kg/m3) 
%"�"&  = Cross-sectional area of pipe (m2) 
�  = Correction function for the particle diameter 
��  = Model/geometry factor 
�����  = Unit conversion to mm/kg 
 
 
This equation is for erosion in a 90° 1.5D bend.  This is used to estimate the erosion in the bends 
of the CMF300 and F300 meters.  It is a simplified approach that doesn’t take into account the 
presence of upstream bends.  



30th International North Sea Flow Measurement Workshop 
23 – 26 October 2012 

4 
 

4 RESULTS 
 
4.1 Batch 1 Erosion Results (Baseline - 150 µm Particles) 
 
The following plots show the erosion contours for selected cases in terms of millimetres of erosion 
per kilogram of particles passing though the meter (mm/kg).  The flow direction is indicated by 
arrows. 
 

 
Figure 3   Erosion contour plot for water flow - Ca se 1-5 (mm/kg)  

 

 
 

Figure 4   Erosion contour plot for water flow - Ca se 1-10 (mm/kg) 
 
Figure 3 is an erosion contour plot for the CMF300 meter, case 1-5.  The erosion peaks at 4e-5 
mm/kg and is located in bend E3.  The fluid velocity in the tubes is higher than the fluid velocity at 
the inlet due to the differences in cross-sectional area thus resulting in higher erosion rates 
around bend E2 and E3.  The sand particles tend to follow the outside of the bend due to their 
momentum hence the erosion scars on the outer surface of the bends.  It is also noted that when 
there are multiple bends in a geometry, the downstream bend, generally speaking, will experience 
higher erosion rates. Rings of slightly increased erosion are found on the flow tubes near the 
splitter, where cross-sectional area is slightly reduced due to weld penetration.  These locations 
are where the flow tubes are welded to the manifold during manufacturing. 
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The erosion in the F300 meter, case 1-10, peaks at 9.2e-5 mm/kg (Figure 4).  The maximum 
erosion location is found on the outside of bend F2 slightly downstream of the bend.  This is again 
consistent with the particles impacting the outer wall of the bend as they are forced to the outside 
because of their momentum.  Note that in comparing the two figures, the F300 erosion rate is 
more than two times the CMF300 rate; a result that was not expected.  This difference is due to 
the increase in flow velocity in the flow tubes and the fact that more particles strike the tube wall at 
45 degrees. 
 

 
 

 
Figure 5   Erosion contour plot for gas flow - Case  1-11 (mm/kg) 

 

 
 Figure 6   Erosion contour plot for gas flow - Cas e 1-14 (mm/kg)  
 
The erosion in the CMF300 gas flow case, Figure 5, peaks at 1e-4 mm/kg and is located in bend 
E4.  The erosion in the gas flow cases manifests itself in small erosion hot spots rather than the 
larger erosion scars as seen in water flow.  Gas flows tend to produce more concentrated streams 
of particles that produce erosion hot spots.  
 
A peak erosion rate of 3.06e-4 mm/kg is predicted for the F300 meter, located in bends F1, F2 
and also the outlet manifold (Figure 6).  However, it is noted that the erosion in the outlet manifold 
is due to a step in the geometry at the location of the tube to manifold welds.  It is likely that the 
step will erode into a smoother face and the local erosion rate will reduce over time. 
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The remaining erosion results for batch 1 are plotted in Figures 7 and 8 which show the 
relationship between erosion and fluid velocity. 
 
 

 
 

Figure 7   CMF300 Erosion rate variation with inlet  velocity in water flow 
 
 

 
Figure 8   F300 Erosion rate variation with inlet v elocity in water flow 

 
 
The graphs show expected trends with erosion increasing substantially as velocity is increased.  
Erosion is roughly proportional to the mean flow velocity to the power of 2.6.  The DNV RPO501 
equation results show a good agreement with the CFD results given that erosion predictions are 
usually only accurate to within an order of magnitude. 
 
In Figure 7 the DNV RPO501 results are lower than the CFD predicted results for bend E3.  This 
may be because the DNV RPO501 calculation does not take into account the upstream bend 
which causes increased erosion. 
 
In Figure 8 the DNV RPO501 results are higher than the CFD results.  This is due to the geometry 
of the bends.  The DNV RPO501 calculation assumes a 90° bend but the bends in the F300 
meter are less than 90° thus resulting in lower erosion rates. 
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Figure 9   CMF300 Erosion rate variation with inlet  velocity in gas flow 
 
 
 
 

 
 

Figure 10   F300 Erosion rate variation with inlet velocity in gas flow 
 
Figure 9 and Figure 10 show that the general erosion trends in gas flow are, for the most part, 
similar to water flow cases.  The exception is the high erosion values in bend E4, Figure 9, where 
the erosion is significantly higher than elsewhere in the meter.  The multiple upstream bends 
result in an accelerated erosion rate in bend E4.  The DNV RPO501 equation, which does not 
take into account upstream bends, underestimates the erosion in bend E4 by a factor of 10.  DNV 
RPO501 bend E2 & E3 values are closer estimates of the CFD bend E4 values.  Therefore, DNV 
RPO501 bend E2 and E3 values should be used as estimates for all bends. 
 
In the F300 meter, Figure 10, the DNV RPO501 equation tends to over-predict the CFD results as 
was evident in the water flow case. 
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4.2 Batch 2 Erosion Results (Particle Size Effects)  
 
Figures 11 and 12 show the erosion rates varying with particle size in water flow. 
 

 
 

Figure 11   CMF300 Erosion rate variation with part icle diameter 
 
 

 
Figure 12   F300 Erosion rate variation with partic le diameter 

 
The particle size is having very little effect on the predicted erosion rate in most of the bends.  
Note that the size effect shown in Figure 1 is not represented in the CFD model, although this 
would only affect the 50 micron cases. 
 
Bends E1 and E2, Figure 11, show a steady increase in erosion as particle size increases but the 
other bends in both geometries show little variation.  
 
The DNV RPO501 calculation shows a linear relationship between erosion and particle size.  It 
consistently predicts higher erosion rates than the CFD does for particle sizes greater than about 
175 microns. 
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4.3 Batch 3 Erosions Results (Viscosity Effects) 
 
The following contour plots and graphs show the relationship between erosion and viscosity in 
liquid flow.  Note these are on a log scale for ease of comparison. 
 

 
 

Figure 13   Log scale erosion contour plot - Case 1 -5, left, and 3-3, right (mm/kg) 
 

 
Figure 14   Log scale erosion contour plot - Case 1 -10, left, and 3-6, right (mm/kg) 

 
 
The contour plots above, Figure 13 and Figure 14, give a comparison between the two extreme 
ends of the modelled viscosity range.  The 1000cp cases predict significantly smaller peak 
erosion rates than the 1cp cases - around one order of magnitude less.  In general the erosion in 
the high viscosity cases is more evenly spread throughout the meter.  The location of the peak 
erosion does not vary much with viscosity. 
 
When viscosities are higher the viscous forces in the fluid are higher causing the particles tracks 
to be dominated by the fluid streamlines.  This results in fewer particles impacting the walls and 
thus a lower predicted erosion rate. 
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Figure 15   CMF300 Erosion rate varying with viscos ity at inlet velocity = 10m/s 

 
 
 

 
Figure 16   F300 Erosion rate varying with viscosit y at inlet velocity = 10m/s 

 
 
There is a general downwards trend in erosion as viscosity increases.  The precise nature of the 
trends varies from graph to graph.  The 100cp data points seem to deviate from the general 
trends in both graphs.  Figure 17 shows Figure 15 re-plotted in terms of Reynolds number.  It can 
be seen that the 100 cP data points correspond to the laminar-turbulent transitional flow regime.  
The peculiar 100 cP data points may be because the CFD model is less accurate in transitional 
flow. 
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Figure 17   CMF300 erosion rate varying with Reynol ds number at inlet velocity = 10m/s 

 
 
The DNV RPO501 results, in Figure 15 and 16 show a linear reduction in erosion rate as viscosity 
increases.  In each case the DNV RPO501 results give a reasonably good comparison with the 
CFD results.  
 
4.4 Batch 4 Erosion Results (Effect of an Upstream Bend)  
 
 
Figures 18 and 19 show the effect of placing a bend upstream of each Coriolis meter. 
 
 

 
Figure 18   CMF300 erosion contour plot with upstre am bend (mm/kg) 

 
The presence of an upstream bend results in about four times more erosion than in the original 
model.  This high erosion is only in one tube of the Coriolis meter.  As was previously noted when 
particles approach a bend they are forced to the outside of the bend because of their momentum.  
If the inlet manifold is immediately downstream of a bend then the majority of particles will be 
forced down the outer tube resulting in high erosion in that tube.  The presence of an upstream 
bend also induces more swirl into the flow which again can act to increase erosion in any 
downstream fixtures. 
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Figure 19   F300 erosion contour plot with upstream bend (mm/kg )
 
Figure 19 shows how the erosion pattern of the F300 meter changes with the inclusion of an 
upstream bend.  The bend again 
scar downstream of bend F2.  
concentrated in one of the tubes.
 
 
5 CFD EROSION PATTERN VALIDATION
 
Emerson provided failure reports of 
particulate erosion.  These failure reports indicate the l
thinning plots for the bends in the tubes of the meter.
 
In general the CFD-predicted erosion patterns in the 
reports.  However, the majority of 
splits into the two tubes.  This may be d
turbulent recirculation of particl
represented in the CFD models
pipe bore in liquid flow is rarely captured using CFD.
 
The one failure report provided for 
The location of the failure is highlighted by a 
this meter is similar to the CMF300
occur in bend E3 which corresponds 
 

Figure 20  Liquid flow 
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F300 erosion contour plot with upstream bend (mm/kg )

shows how the erosion pattern of the F300 meter changes with the inclusion of an 
again induces added swirl into the flow resulting in a 
.  It follows a similar trend to the CMF300 meter in that the erosion is 

ncentrated in one of the tubes. 

EROSION PATTERN VALIDATION  

Emerson provided failure reports of Coriolis meters which are believed to have failed due to 
These failure reports indicate the location of failure and also provide wall 

thinning plots for the bends in the tubes of the meter.  

predicted erosion patterns in the tube bends matched those seen in the fail
However, the majority of actual failures occurred at the inlet manifold just as the flow 

This may be due to small weld beads or steps in the geometry causing 
turbulent recirculation of particles.  These geometrical features may not have been accurately 
represented in the CFD models.  Also, the recirculating scour erosion that occurs 
pipe bore in liquid flow is rarely captured using CFD. 

The one failure report provided for liquid flow agrees reasonably well with the CFD predictions
The location of the failure is highlighted by a white arrow marked on the pipe

CMF300 meter.  Figure 5 shows that the CFD is predicting failure to 
which corresponds to the location with the minimum wall remaining in 

 
 

flow erosion report (% shows amount of wall remaining
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F300 erosion contour plot with upstream bend (mm/kg ) 

shows how the erosion pattern of the F300 meter changes with the inclusion of an 
induces added swirl into the flow resulting in a swirling erosion 

meter in that the erosion is 

to have failed due to 
ocation of failure and also provide wall 

those seen in the failure 
at the inlet manifold just as the flow 

steps in the geometry causing 
These geometrical features may not have been accurately 

Also, the recirculating scour erosion that occurs behind steps in 

flow agrees reasonably well with the CFD predictions.  
arrow marked on the pipe.  The geometry of 

shows that the CFD is predicting failure to 
to the location with the minimum wall remaining in Figure 20.  

remaining ) 



30th International North Sea Flow Measurement Workshop

6 CORIOLIS BASICS AND EFFECTS FROM EROSION
 
A Coriolis meter is a flow measurement 
of the fluid on the vibrating element is used to measure mass flow and density of the fluid directly
In addition, these two primary variables are used to calculate volume flow
properties of steel change with temperature, a resistive temperature device (RTD) is used to 
measure and compensate for changes in temperature
provided; mass flow, volume flow, density, and temperature.  Corio
commercially for 35 years and continue to gain industry acceptance for liquid measurement, gas 
measurement, and also in erosive ser
 
A schematic of a dual tube Corioli
meter at the inlet, flow is split between the dual tubes at the manifold splitter, flow continues 
through the flow tubes until it reaches the outlet splitter, and the flow is recombined back int
pipeline.  Additional transducers are placed on the flow t
is commonly done at the geometric center of the flow tubes
transducers (pickoff coils) located on the flow tube that ar
vibration as well as the phase delay; these two measured variables are directly related to the fluid 
density and the fluid mass flow respectively
for structural changes with temperature.
 

 

 
 
Vibration in a Coriolis meter is induced by a magnet and coil transducer where the force is 
proportional to current, coil wire length, and the transverse magnetic field
driven at its natural frequency and a control scheme is used to limit amplitude such that the stress 
level in the flow tube(s) is well below the endurance limit, thus ensuring infinite life
Coriolis meter measuring densi
measurement can be made with or without flow.
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CORIOLIS BASICS AND EFFECTS FROM EROSION  

A Coriolis meter is a flow measurement device that imparts vibration on the fluid and the response 
of the fluid on the vibrating element is used to measure mass flow and density of the fluid directly
In addition, these two primary variables are used to calculate volume flow.  
properties of steel change with temperature, a resistive temperature device (RTD) is used to 
measure and compensate for changes in temperature.  From a single device, four variables are 
provided; mass flow, volume flow, density, and temperature.  Coriolis meters have been available 
commercially for 35 years and continue to gain industry acceptance for liquid measurement, gas 
measurement, and also in erosive service (produced liquids, cement, mud, lime slurries, etc). 

A schematic of a dual tube Coriolis meter is shown below.  In this arrangement, flow enters the 
meter at the inlet, flow is split between the dual tubes at the manifold splitter, flow continues 
through the flow tubes until it reaches the outlet splitter, and the flow is recombined back int

Additional transducers are placed on the flow tubes to induce vibration (drive coil
is commonly done at the geometric center of the flow tubes.  There are also two sensing 

located on the flow tube that are used to measure the frequency of 
vibration as well as the phase delay; these two measured variables are directly related to the fluid 
density and the fluid mass flow respectively.   A RTD is also placed on the meter to compensate 

ith temperature. 

Figure 21  Coriolis Schematic 

Vibration in a Coriolis meter is induced by a magnet and coil transducer where the force is 
proportional to current, coil wire length, and the transverse magnetic field.  The 
driven at its natural frequency and a control scheme is used to limit amplitude such that the stress 
level in the flow tube(s) is well below the endurance limit, thus ensuring infinite life
Coriolis meter measuring density is shown below and it is important to note that this density 
measurement can be made with or without flow. 
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device that imparts vibration on the fluid and the response 
of the fluid on the vibrating element is used to measure mass flow and density of the fluid directly.  

.  Since the vibration 
properties of steel change with temperature, a resistive temperature device (RTD) is used to 

From a single device, four variables are 
lis meters have been available 

commercially for 35 years and continue to gain industry acceptance for liquid measurement, gas 
, mud, lime slurries, etc).  

In this arrangement, flow enters the 
meter at the inlet, flow is split between the dual tubes at the manifold splitter, flow continues 
through the flow tubes until it reaches the outlet splitter, and the flow is recombined back into the 

ubes to induce vibration (drive coil) which 
There are also two sensing 

e used to measure the frequency of 
vibration as well as the phase delay; these two measured variables are directly related to the fluid 

RTD is also placed on the meter to compensate 

 

Vibration in a Coriolis meter is induced by a magnet and coil transducer where the force is 
The vibrating system is 

driven at its natural frequency and a control scheme is used to limit amplitude such that the stress 
level in the flow tube(s) is well below the endurance limit, thus ensuring infinite life.  A model for a 

ty is shown below and it is important to note that this density 
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When the system is vibrated on resonance, the governing equation for the 
(f) is: 
 

  ' = (�
)

 
In this equation, the following variables are defined:
 
 K = Stiffness of the flow tube(s)
 M = Total Mass = Mass Tube + Mass Fluid = M
 Mass Fluid = Volume * Density Fluid * = V * 
 
When the fluid density is zero the frequency reaches a maximum
increases, the frequency decreases
the fluid in the flow tubes.  The stiffness and geometry of the flow tubes change with temperature 
and are compensated using internal RTD.  It is also important to note that without flow, the two 
sensing transducers at the inlet and outlet are in phase and at the resonant 
 
When erosion occurs, multiple variables in the above equation are altered
tube erodes, the stiffness of the flow tube decreases producing a lower frequency reading at 
constant density.  The mass of the flow tube also d
constant density, e.g. frequency increases at constant density as M
internal volume of the flow tube increases and more fluid participates in the vibration changing the 
sensitivity of the frequency-to
affected, the measured density could be high, low, or accurate depending on the situation
measurement of the tube stiffness is also useful and will be discussed in an u
 
Mass flow is made using the vibrating tube device where Coriolis forces are exploited to make a 
mass flow measurement.  
superimposed on the base vibration when flow is present
vibration pattern where the inlet and outlet sensors are no longer in phase and the delay produced 
is directly proportional to mass flow
without flow.  
 

International North Sea Flow Measurement Workshop
23 – 26 October 2012 

14 
 

Figure 22  Coriolis Density Model 

ibrated on resonance, the governing equation for the frequency of vibration 

(�
) = ( �

*+,*- = ( �
*+,.∗�-   

In this equation, the following variables are defined: 

K = Stiffness of the flow tube(s) 
M = Total Mass = Mass Tube + Mass Fluid = MT + MF 
Mass Fluid = Volume * Density Fluid * = V * ρF 

When the fluid density is zero the frequency reaches a maximum.  As the density of the fluid 
increases, the frequency decreases.  This relationship is used to calculate the actual density of 

The stiffness and geometry of the flow tubes change with temperature 
and are compensated using internal RTD.  It is also important to note that without flow, the two 
sensing transducers at the inlet and outlet are in phase and at the resonant frequency.

When erosion occurs, multiple variables in the above equation are altered.  As the wall of the flow 
tube erodes, the stiffness of the flow tube decreases producing a lower frequency reading at 

The mass of the flow tube also decreases creating an opposing effect at 
constant density, e.g. frequency increases at constant density as MT decreases.  Finally, the 
internal volume of the flow tube increases and more fluid participates in the vibration changing the 

to-density relationship.  Since multiple variables in the equation are 
affected, the measured density could be high, low, or accurate depending on the situation
measurement of the tube stiffness is also useful and will be discussed in an upcoming section.

Mass flow is made using the vibrating tube device where Coriolis forces are exploited to make a 
.  These Coriolis forces produce twisting motion of the flow tube 

superimposed on the base vibration when flow is present.  This superposition produces a 
vibration pattern where the inlet and outlet sensors are no longer in phase and the delay produced 
is directly proportional to mass flow.  The figure below shows the vibration pattern with and 
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frequency of vibration 

  (3) 

As the density of the fluid 
This relationship is used to calculate the actual density of 

The stiffness and geometry of the flow tubes change with temperature 
and are compensated using internal RTD.  It is also important to note that without flow, the two 

frequency. 

As the wall of the flow 
tube erodes, the stiffness of the flow tube decreases producing a lower frequency reading at 

ecreases creating an opposing effect at 
decreases.  Finally, the 

internal volume of the flow tube increases and more fluid participates in the vibration changing the 
Since multiple variables in the equation are 

affected, the measured density could be high, low, or accurate depending on the situation.  Direct 
pcoming section. 

Mass flow is made using the vibrating tube device where Coriolis forces are exploited to make a 
These Coriolis forces produce twisting motion of the flow tube 

This superposition produces a 
vibration pattern where the inlet and outlet sensors are no longer in phase and the delay produced 

The figure below shows the vibration pattern with and 
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Figure 

When the fluid mass flow is zero the phase delay also goes to zero
increases, the phase delay increases
of the fluid in the flow tubes.  The RTD is again used to compensate for changes in stiffness and 
geometry.  The stiffness of the flow tubes and the mass flow rate in the flow tubes are important 
parameters in determining mass flow.
 
When erosion occurs, the stiffness of the flow tubes is reduced, thus affecting the mass flow 
measurement.  The internal volume of the flow tube increases and more fluid participates in the 
vibration changing the sensitivity of the phase to 
non-uniform and different between the inlet and outlet, the geometrical changes can also create 
phase that is not related to mass flow
mass flow could be high, low, or accurate depending
 
Although the effects from erosion on the Coriolis meter are interesting and import
measurement, the actual pressure rating and ability to contain the process fluid is of upmost 
importance.  Coriolis meters are designed per inter
they are designed and fabricated
adherence to code using approved metals, approved welding practices, minimum wall thickness, 
along with many other requirements
thicknesses diminish, the ability to hold pressure declines.  As wall thickness declines, the 
stiffness of the flow tube also declines if erosion occurs where strain is present in the flow tu
Thus, the ability to predict erosion, properly size meters in potentially abrasive service, provide 
input on preventative maintenance, recalibration intervals, 
 
 
7 FININTE ELEMENT ANALYSIS AND RESULTS
 
Vibration analysis is critical for Coriolis meter design and operation
used to model a Coriolis meter to account for complexities in geometry and to include the fluid in 
the analysis; both flowing and non
elements are simple geometric structures where the 
be combined together to form complicated structures
outputs on these complicated 
into the structural model to solve for frequency and phase which are connected back to the fluid 
density and fluid mass flow.  The basic matrix equation that is solved by the program is as f
where the matrix dimensions can be on the order of 10

 0)� 1 )23456 7 1
 
 
 
 
 

International North Sea Flow Measurement Workshop
23 – 26 October 2012 

15 
 

 
Figure 23  Coriolis Mass Flow Description 

 
When the fluid mass flow is zero the phase delay also goes to zero.  As the mass flow of the fluid 
increases, the phase delay increases.  This relationship is used to calculate the actual mass flow 
of the fluid in the flow tubes.  The RTD is again used to compensate for changes in stiffness and 
geometry.  The stiffness of the flow tubes and the mass flow rate in the flow tubes are important 
parameters in determining mass flow. 

he stiffness of the flow tubes is reduced, thus affecting the mass flow 
measurement.  The internal volume of the flow tube increases and more fluid participates in the 

ing the sensitivity of the phase to mass flow relationship.  Since e
uniform and different between the inlet and outlet, the geometrical changes can also create 

phase that is not related to mass flow.  Again, since multiple variables are affected, the measured 
mass flow could be high, low, or accurate depending on the situation.  

Although the effects from erosion on the Coriolis meter are interesting and import
measurement, the actual pressure rating and ability to contain the process fluid is of upmost 

Coriolis meters are designed per internationally recognized pressure standards when 
they are designed and fabricated.  A common design requirement is 100 bar rating which requires 
adherence to code using approved metals, approved welding practices, minimum wall thickness, 

requirements.  When erosion occurs in a Coriolis meter and wall 
thicknesses diminish, the ability to hold pressure declines.  As wall thickness declines, the 
stiffness of the flow tube also declines if erosion occurs where strain is present in the flow tu
Thus, the ability to predict erosion, properly size meters in potentially abrasive service, provide 
input on preventative maintenance, recalibration intervals, and replacement plans is crucial.

FININTE ELEMENT ANALYSIS AND RESULTS  

ysis is critical for Coriolis meter design and operation.  Structural finite elements are 
used to model a Coriolis meter to account for complexities in geometry and to include the fluid in 
the analysis; both flowing and non-flowing conditions can be analyzed.  In the simplest form, finite 
elements are simple geometric structures where the inputs and outputs are understood and can 
be combined together to form complicated structures. Matrix manipulation is us

complicated structures.  In addition, fluid elements can be defined and added 
into the structural model to solve for frequency and phase which are connected back to the fluid 

The basic matrix equation that is solved by the program is as f
where the matrix dimensions can be on the order of 106 or larger: 

 

34 6 7 1 0�� 1 �2345� 7 1 0�23457 = 	 8'2999: 1 '�999:;  
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As the mass flow of the fluid 
This relationship is used to calculate the actual mass flow 

of the fluid in the flow tubes.  The RTD is again used to compensate for changes in stiffness and 
geometry.  The stiffness of the flow tubes and the mass flow rate in the flow tubes are important 

he stiffness of the flow tubes is reduced, thus affecting the mass flow 
measurement.  The internal volume of the flow tube increases and more fluid participates in the 

Since erosion can be 
uniform and different between the inlet and outlet, the geometrical changes can also create 

Again, since multiple variables are affected, the measured 

Although the effects from erosion on the Coriolis meter are interesting and important for 
measurement, the actual pressure rating and ability to contain the process fluid is of upmost 

nationally recognized pressure standards when 
A common design requirement is 100 bar rating which requires 

adherence to code using approved metals, approved welding practices, minimum wall thickness, 
When erosion occurs in a Coriolis meter and wall 

thicknesses diminish, the ability to hold pressure declines.  As wall thickness declines, the 
stiffness of the flow tube also declines if erosion occurs where strain is present in the flow tubes.  
Thus, the ability to predict erosion, properly size meters in potentially abrasive service, provide 

replacement plans is crucial. 

Structural finite elements are 
used to model a Coriolis meter to account for complexities in geometry and to include the fluid in 

.  In the simplest form, finite 
and outputs are understood and can 

used to solve for the 
.  In addition, fluid elements can be defined and added 

into the structural model to solve for frequency and phase which are connected back to the fluid 
The basic matrix equation that is solved by the program is as follows 

  (4) 
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Where:  
 MF = Mass Matrix of the Fluid

MT = Mass Matrix of the Tube
CF = Damping Matrix of the Fluid
CT = Damping Matrix of the
KT = Stiffness Matrix of the Tube
fT = Force vector on the tube

 fF = Force vector on the tube from the Fluid
 5 = position vector where each entry is defined by the node and position direction
 5�  = velocity vector  
 56  = acceleration vector 
 
To perform the analysis on the CMF300 and F300 meters, detailed 
imported from solid models.  
elements with particular emphasis on the wetted path so that the metal could b
defined erosion pattern.  Baseline conditions were solved for each meter and the results, which 
include density and mass flow calibration constants, were verified against current production 
meters.  
 
Based on the erosion patterns from 
element model.  The individual specific elements were reduced in thickness by moving the fluid 
facing surface away from the fluid, thu
thousands of elements.  Furthermore, the distance of the move was parameterized such that total 
erosion could be carried out in steps
present is shown below. 
 

Figure 24

For each of these models, a common 
10 m/s flow velocity in the 80mm (3 inch) pipeline
and 75% of wall was removed at the
to a maximum of 75% wall removal.  T
tube velocity (smaller flow tube
impingement angle.  The change in calculated pressure rating based on international standards of 
the flow tube (listed component) is shown 
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= Mass Matrix of the Fluid 
= Mass Matrix of the Tube 
= Damping Matrix of the Fluid 
= Damping Matrix of the Tube 
= Stiffness Matrix of the Tube 

= Force vector on the tube 
= Force vector on the tube from the Fluid 
= position vector where each entry is defined by the node and position direction

= acceleration vector  

To perform the analysis on the CMF300 and F300 meters, detailed tube 
.  These geometries were then discretized using appropriate finite 

elements with particular emphasis on the wetted path so that the metal could b
Baseline conditions were solved for each meter and the results, which 

include density and mass flow calibration constants, were verified against current production 

Based on the erosion patterns from sand in water, the erosion pattern was input to the finite 
he individual specific elements were reduced in thickness by moving the fluid 

surface away from the fluid, thus creating a thinner flow tube.  This was done across 
Furthermore, the distance of the move was parameterized such that total 

erosion could be carried out in steps.  A picture of each tube model with the erosion

 
24  Erosion Patterns Modelled on CMF300 and F300  

 
 

For each of these models, a common pipeline flow rate was used to define the erosion pattern
mm (3 inch) pipeline.  For the CMF300, 4.5e-5 mm/(kg sand)

l was removed at the maximum. For the F300, 1.2e-4 mm/(kg 
to a maximum of 75% wall removal.  The increased erosion in the F300 is due to the 

ube and 23% higher velocity) and due to geometry based o
The change in calculated pressure rating based on international standards of 

the flow tube (listed component) is shown in Figure 25 based on percentage tube wall erosion.
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= position vector where each entry is defined by the node and position direction 

tube geometries were 
tized using appropriate finite 

elements with particular emphasis on the wetted path so that the metal could be eroded with the 
Baseline conditions were solved for each meter and the results, which 

include density and mass flow calibration constants, were verified against current production 

the erosion pattern was input to the finite 
he individual specific elements were reduced in thickness by moving the fluid 

This was done across 
Furthermore, the distance of the move was parameterized such that total 

model with the erosion pattern 

 

 

flow rate was used to define the erosion pattern at 
5 mm/(kg sand) is used 

 sand) is used again 
he increased erosion in the F300 is due to the increased 

and due to geometry based on the 45o 
The change in calculated pressure rating based on international standards of 

based on percentage tube wall erosion. 
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Figure 25  Pressure Rating Change versus Tube Wall Er osion 
 

 
Assuming a sand rate of 5,000 kg/year (570 grams sand / hour) at a flow velocity of 10 m/s in the 
supply pipeline, percentage tube wall erosion can be converted into time units.  The graph of 
pressure rating versus time is shown in Figure 26. 
 
 

 
 

Figure 26  3” (DN75) Flow Tube Pressure Rating versu s Time 
 

Keeping constant flow rate in the supply pipeline, the F300 erodes at approximately a five times 
higher rate.  This fact emphasizes the need to properly size and select flow meters in erosive 
service to provide the lowest flow velocity in the measurement tubes as well as providing the 
lowest Reynolds’s number in the flow tubes.  This result is also counter intuitive, as one might 
expect the lower profile meter to have superior erosion resistance. 
 
Mass Flow Errors can be predicted using the erosion pattern versus time based on Finite Element 
Modelling.  Figure 28 shows the Mass Flow Error versus time. 
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Figure 27  3” (DN75) Mass Flow Error versus Time 
 

 
Figure 27 shows that both meters mass error versus time are similar, although the F300 is 
eroding at a much higher rate.  This graph also shows that errors in mass flow, with the supplied 
erosion pattern for sand in water, are much lower than might be expected.  Bear in mind that each 
graph ends with 75% of the tube wall eroded; corresponding to a 4x drop in pressure rating, and 
the mass flow errors are 4% and 12% for the F300 and CMF300 respectively. 
 
Figure 28 shows the change in density error versus time for the sand in water erosion pattern with 
a baseline fluid density with SG = 1.  Both sensors show small changes in density error which 
makes density field checks less useful as an indication of erosion.  This is especially true using 
the F300 slightly curved tube geometry.  

 

 
 

Figure 28  3” (DN75) Density Error versus Time 
 
 
The volume flow errors are calculated at an SG of 1 and are the division of the mass flow and 
density errors. This data is shown in Figure 29. 
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Figure 29  3” (DN75) Volume Flow Error versus Time 
 
For the water in sand erosion pattern at 10 m/s inlet velocity after a two year time period, the 
results in each variable are summarized in Table 5. This table shows the importance of lower 
velocity, i.e. larger tube diameter, above all other parameters. 

 
TABLE 5 - COMPARISON OF EROSION RESULTS WATER IN SA ND EROSION  

AT 2 YEARS AT 10 M/S SUPPLY VELOCITY 
 

 
CMF300 F300 

Erosion Rate 
(mm/kg) 

4.5e-5 1.2e-4 

Sand Rate 
(kg/year) 

5,000 5,000 

Tube Diameter  
(mm) 

44.7 40.2 

Flow Tube Velocity 
(m/s) 

15.2 18.8 

Erosion at 2 Years 
(% of Wall) 15% 59% 

Pressure Rating at 2 
Years (bar) 

96 40 

Mass Flow Error at 2 
Years (%) 

2.0% 2.4% 

Density Error at 2 Years 
(% at 1000 kg/m3) 

-1.7% -0.1% 

Max Volume Error 
(% at 1000 kg/m3) 

3.7% 2.5% 
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8 CONCLUSION 
 
Computational Fluid Dynamics (CFD) simulation was used to assess particulate erosion in two of 
Emerson’s Micro Motion Coriolis flow meters, namely the F300 and CMF300 meters with two 
distinct geometries. 
 
In water flow, CFD predicted failure to occur in the bends of the Coriolis meter tubes.  In gas flow, 
failure was predicted to occur at the bend immediately upstream of the outlet manifold. 
 
Certain fluid variables were investigated to see how they affected the erosion rate in the meters.  
These included fluid velocity, particle diameter, fluid viscosity, and installation effects.  Erosion 
rates increased as fluid velocity increased and as viscosity decreased.  The predicted erosion rate 
was not affected by variations in particle size although in practice particles smaller than 100 
microns are likely to be less erosive. 
 
The DNV RPO501 equation was in good agreement with the CFD results in most of the modelled 
cases.  An equation given in DNV RPO501 can be used as a good estimate of erosion in the 
bends of the Coriolis meter which can be used to estimate erosion rates and pressure ratings 
versus time. 
 
The effect on mass flow accuracy, density accuracy, and volume flow accuracy can be modelled 
using finite element methods and the DNV estimation can be used to better quantify the effects of 
erosion on Coriolis meters.  The most important parameter is erosion rate which is higher for the 
F300, the dual slightly curved meter, because of geometry and the fact that the tube diameter is 
smaller thus the tube velocity is higher.  
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Practical Considerations for Liquid Tank Calibratio n by 
Metering/Incremental Method 

 
Mohammed Al-Torairi, Saudi Aramco 

 
 
  
1 INTRODUCTION 
 
Tank gauging is widely used in custody transfer applications. When applied, the liquid 
measured is a function of tank volume. Most tanks used in custody transfer applications are 
calibrated by calculating the tank’s volume based on the physical measurement of the empty 
tank’s dimensions. In hydrocarbon measurement and for large tanks, this method might be an 
optimum choice for operational reasons. The computed volume in this case may include 
multiple areas of potential error that could be eliminated by applying metering/incremental 
method. This includes: tank bottom movement, tank wall deflection, correction for deadweight, 
and compensation for roof weight. 
 
In general there are associated losses/ errors with tank gauging. These losses can be in any 
area: 
• The tank 
• The calibration method 
• The standard used to calibrate or strap the tank 
• Computation of calibration table  
• The gauging method  
• System uncertainties       
 

 
 

Fig. 1 – Sources of errors in Tank Gauging  
 
Some of these sources or errors are system based or cannot be eliminated. But some are 
subject to improvement at the cost of other factors. The owner of the custody transfer tanks 
may decide considering all above. This paper focuses on potential error improvements when 
calibrating upright tanks — used in custody transfer — using a metering/volumetric 
incremental method based on author’s experience with calibrating three 600,000 BBL crude oil 
floating roof tanks used in custody transfer application. The author was to ensure the 
calibration is conducted properly with acceptable control limits. The metering/incremental 

fltough
Stamp
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method is associated with high cost and many extensive logistics compared to the 
conventional method. A thorough evaluation process may be necessary to reach optimum 
selection.       
 
 
2 INCREMENTAL METHOD USING VOLUMETRIC METERS  
 
Per ISO4269, this method was applied to calibrate 600,000 BBL crude oil tanks used in 
custody transfer application. Calibration takes place by addition of multiple liquid batches as a 
volume transfer-medium. These liquid batches with proper control are measured accurately by 
a meter. The meter is calibrated by a prover prior to the process and is verified during 
batching. See calibration chain in figure 2. The system components per author experience are 
listed below. These maybe different depending on set-up configuration: 
 
• The metering skid 
• Sampling system 
• Proving system (prover) 
• Master meter 
• Master prover 
• Tank to be calibrated 
• Associated instruments 
• Control system 
• Flow computer     
  

 
 
 
 
 

Fig. 2 – Calibration chain  
 
Before commencing calibration, the system is checked for leakage downstream of the meter 
and all thermometers are calibrated in accordance with ISO 4268. Excessive variations in the 
temperature of the calibration liquid are avoided by selecting of fluid with temperature close to 
the expected prevailing ambient conditions throughout the calibration duration. Large 
fluctuations make it difficult to determine an accurate mean temperature and this in turn 
causes the following: 
 

a. Uncertainties in applying the volume correction factors to the liquid. 
b. Uncertainties in applying the correction factor for the expansion / contraction of the 

measuring equipment. 
c. Uncertainties in applying the correction factor for the expansion / contraction of the 

tank being calibrated. 
 
 
The exact height of the upper reference point above the dip-point is determined at the time of 
calibration and is recorded at the head of the table. The overall dipping height is marked on 
the top of the stilling well at or near to the dip hatch. The dip tape is used to measure the 
overall dipping height. The correction for thermal effect on tank shell is calculated in 
accordance with the equation given in ISO 4269 A.6. The check of the stability on the 
reference height is verified by the calibrator at every calibration. 
 
In this method, the calibration liquid is transferred into the tank at the flow rate for which the 
meter has been calibrated and at such a rate as to minimize disturbance of the liquid surface 
in the tank. The calibration liquid is added in incremental volumes sufficient to produce a 
significant change in the liquid level with reference to the section of the tank being calibrated, 
and having due regard to the uncertainty of liquid level gauging. After the addition of each 
increment the liquid surface is allowed to settle and the liquid depth measured at the dip-point 
by use of a dip-tape and dip-weight. Liquid depth measurements is made and recorded to the 
nearest millimetre, the depth measurement is taken and is repeated the two measurements 



30th International North Sea Flow Measurement Workshop 
23 – 26 October 2012 

 

3 

shall agree to within 1mm, if the readings differ from each other by more than 1mm, then the 
depth measurements is repeated until two consecutive readings are within that tolerance limit.   
 
The batch number, level and area covered are shown in table 1 below:  
 
 
 

Batch 

# 

Level mm Remarks 

1 0 start-up of the clean out door + roof legs + rain 

water drain 

2 100 the datum 

3 200  

4 300 start-up of the mixers & man holes 

5 460 total height of the bottom crown up + water drain 

pipe 

6 620 completion of clean out door 

7 750 completion of mixers & man holes 

8 1400 start-up of pantograph 

9 1600 completion of the pantograph + completion of 

roof legs + near touching the roof + rain water 

drain 

10 2000 roof float 

11 2880 20% of course 2 

12 4320 80%of course 2 

13 5280 20% of course 3 

14 6720 80% of course 3 

15 7680 20% of course 4 

16 9120 80% of course 4 

17 10080 20% of course 5 

18 11520 80% of course 5 

19 12480 20% of course 6 

20 13920 80% of course 6 

21 14880 20% of course 7 

22 16000 Max operating level 

 
 
After each increase in depth has been measured and recorded, the temperature of the liquid 
at the meter, using the thermowell and in the tank is taken to the neatest 0.25°C or better. The 
calibrator takes one temperature at every point (3 in total, 2 on the roof 1 at the dip pipe) per 
meter height. The temperature readings taken by at the meters thermowell are at 15 to 20 
minutes intervals – Calibrator cross checks with the installed Temperature Transmitters. 
  
The ambient air temperature is measured to the nearest 0.25°c or better, at intervals 
throughout the calibration period. The recorded temperatures are taken at intervals of time 
which will accurately reflect the ambient air temperature throughout the calibration process. 
The pressure on the liquid at the meter is measured and recorded at intervals throughout the 
calibration period at times which accurately reflect the pressures exerted on the liquid 
throughout the calibration process. 
 
2.1 Measurement Controls 
 
The meter is calibrated for the type of liquid, viscosity temperature and range of flow rates 
over which it is used for at 8 flow rates from 2’800 to 11’050 bph (445 to 1’750 m3/hr). The 

Table 1 batch number and level  
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meter was run within the linear range at 6’900 bph (1’100 m3/hr). The repeatability of the 
meter is such that the results of five consecutive proving runs is within a range of +/-0.025% of 
the average after correcting for temperature pressure and viscosity. 
 
The meter factor for the meter in use is the average of the factors calculated at the 
commencement and completion of the calibration. The meter factor at the commencement 
and completion of the calibration will not differ by more than 0.05% (see figure 3). 
 

 
Fig. 3 meter factor control chart 

 
2.2 Correction Factors  
 
The pressure on the liquid is measured and recorded at intervals throughout the calibration 
period. A correction for the compressibility of the liquid is calculated using the tables contained 
in ISO 9770:1989. 
 
Corrections for the hydrostatic effect of the liquid (liquid head correction) due to changes in 
dimension of the tank are automatically included in the final tank capacity tables, but only for 
liquids having similar densities to that of the calibration liquid used. if the liquid which the tank 
is to hold in operation differs significantly in density from that of the calibration liquid, 
correction for the effects of liquid head is required. Liquid head correction is calculated in 
accordance with ISO 7507-1. 
 
A correction is made for any change in the temperature of the calibration liquid between the 
time that it is measured in the meter and the time that it is measured in the tank being 
calibrated. The volume delivered is corrected for temperature changes in the calibration liquid 
by using the volume correction factor (VCF) table for petroleum products in ISO 91-1: 1992. 
 
The corrections are made in the following order: 
• Correction of the observed calibration liquid temperature to reference temperature. 
• Correction of the capacity of the tank shell for thermal effects. 
• Correction of the liquid level measurement dip-tape for thermal effects. 

 
A correction for the difference in temperature between the shell of the tank at the time of 
calibration and the standard reference temperature, 15°C, is made according to the method 
given in ISO 4269 annex A. the tank shell temperature is determined by one of the methods 
given in annex A of either ISO 7507-1:1993 or ISO7507-6:1997. 
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All readings of instruments are recorded as observed, without correction for errors which is 
shown separately. Recorded figures are checked for consistency before proceeding to the 
next entry. In all cases of doubt, the readings are verified. Temperature is recorded to at least 
the nearest 0.250C.  
 
Factors obtained from tables are used without rounding. Other correction factors which require 
be calculated is correct to 5 significant figures. All calculations are carried out to be correct to 
at least 5 significant figures. 
 
Depth measurements which is recorded to the nearest 1 mm, and is shown corrected to the 
nearest 1mm. The final tables are calculated by interpolation from the corrected cumulative 
volumes. Final volumes in tank capacity tables obtained by interpolation is rounded off to the 
nearest whole litres and shown against the required tabular interval of dip. 
 
 
2.3 Sampling 
 
Dynamic sampling system was installed to collect representative samples of fluid used. Before 
this system was used it was certified by water injection test. Water injection meter is installed 
and proven in accordance with API MPMS Chapters 4, and 5. The sampler is certified per API 
MPMS ch8.2 Appendix for the collection of S&W or free water samples.  
 
Total system test is carried out. This test method is a volume balance test where tests are 
conducted for known amounts of water. It is designed to test the total system including the 
laboratory handling and mixing of sample. The test involves the sampler under test only. 
The most common and worst case conditions to test the sampling system is the minimum flow 
rate of one single stream of 1’000 m3/hr (6’300 BPH). 
 
The test is designed for 1% increment in water content. For a total 2000 m3 represented in the 
test sample, 20 m3 of injected water is required. The duration of the test sample was 
approximately 2 hours. Same duration was seen for every base-line sample. At the rate of 1 
m3/sample, the minimum collected sample volume is 3 litres, which was adequate for the site 
sample receiver (9 litres can) and the lab mixing equipment. 
    

 
 Fig. 4 Sample containers and batch 
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The following samples are collected: 
 
• First 6 batches (around 3500 m3) together in one sample in 9 litres sample receiver. At 1 

m3/sample grab, expected 3500 samples, equivalent to 5.25 Litters. 
• Batches 7&8 (around 5000 m3) together in one sample in 9 litres sample receiver. At 1 

m3/sample grab, expected 5000 samples, equivalent to 7.5 Litters. 
• Batched 9&10 (around 3600 m3) together in one sample in 9 litres sample receiver. At 1 

m3/sample grab, expected 3600 samples, equivalent to 5.5 Litters. 
• Every batch from 11 to 22 in the cylindrical part. Each is sampled separately (approx 

6’000 and 8’000 m3) in 18 litres sample receiver. At 1 m3/sample grab, expected 6’000 
and 8’000 samples, equivalent to 9 and 12 Litters. See figure 4. 
 

 
3 Data collection and processing   
 
In each batching cycle when the fluid is metered and then pushed to the tank to be calibrated, 
data is collected from several points. Dynamic measurement data are collected at metering 
skid and sent to flow computer for net volume calculations. Dynamic measurement data 
includes pressure, temperature, meter output pulses and quality measurement of sampled 
fluid. The net standard volume calculation is computed using following calculations: 
 
Indicated Volume (IV) = Meter output pulses X nominal K-factor    (1) 
 
Net Standard Volume = (IV) X MF X CTL X CPL    (2) 
 
Where: 
- MF is meter factor  
- CTL is temperature correction factor for liquid 
- CPL is pressure correction factor for liquid 
    
The static measurement data are collected for fluid level, tank reference height verified and 
temperature. As overall, each batch will then have observed volume, flow weighted average 
temperature, and flow weighted average pressure, meter factor, fluid quality and 
corresponding fluid level in tank. See table 2 below.  
 
 
 

Batch 

No 

Nominal 

Flow 

Rate, 

m3
/h Level mm 

Batch 

Observed 

Volume, m3
 

FWAT 

Deg.C 

FWAP 

Bar 

Meter 

Factor 

API @ 

60 

Deg.F 

1 650 0 119.8 31.63 5.18 0.998959 33.77 

2 1000 100 358.2 30.92 4.67 0.999377 33.77 

3 1000 200 516.8 30.54 4.64 0.999377 33.77 

4 1000 300 899.5 29.98 4.61 0.999377 33.77 

5 1000 460 908.2 29.71 4.62 0.999347 33.77 

6 1000 620 3022.9 29.44 4.60 0.999361 33.77 

7 1375 750 2432.8 29.36 3.58 0.999635 33.26 

8 1375 1400 5552.9 29.28 3.56 0.999676 33.26 

9 1375 1600 3274.6 29.25 3.49 0.999636 33.27 

10 1375 2000 8807.5 29.30 3.43 0.999540 33.28 

11 1375 2880 5932.0 29.39 3.42 0.999663 33.15 

12 1375 4320 8845.1 29.19 3.38 0.999689 33.23 

13 1375 5280 5900.8 29.17 3.33 0.999659 33.15 

14 1375 6720 8896.5 29.35 3.25 0.999685 33.28 

Table 2 data collection    



30th International North Sea Flow Measurement Workshop 
23 – 26 October 2012 

 

7 

15 1375 7680 5949.7 29.23 3.23 0.999209 33.15 

16 1375 9120 8849.3 29.10 3.11 0.999658 33.26 

17 1375 10080 5938.5 29.27 3.11 0.999643 33.19 

18 1375 11520 8847.3 29.33 3.05 0.999669 33.25 

19 1375 12480 6010.2 29.22 3.03 0.999700 33.21 

20 1375 13920 8555.6 29.22 2.98 0.999670 33.26 

21 1375 14880 6280.5 29.33 2.91 0.999678 33.19 

22 1375 16000 4946.9 29.45 2.87 0.999631 33.09 

 
 
As each batch is terminated, the calculation for that batch is verified per equation 1 and 2 
above. While batch is running, proving is conducted to ensure that each meter factor is valid. 
Example of proving run is shown in figure 5.  
 

    
 
 
The development of the capacity tables is per ISO 7507-2 and ISO 7507-5 where the 
calculated space inside the tank is replaced by batched volume. Each batch volume is then 
corrected to in tank temperature and summed to obtain the volume of product in the tank at 
tank temperature. The weight of the floating roof is calculated based upon the batch volume 
during which the roof was floated, the difference in volume for the same level difference in the 
dry calibration table, and the density of product at tank temperature in the tank. As floating 
roof is lifted and must be taken out of the liquid calibration to allow for a separate correction 
page for the 2 critical zones, the batch volume, in which the roof is lifted, is corrected for the 
calculated roof weight divided by the density of product. Correction for the effect of fluid head 
due to changes in tank demotions is already included in tank capacity table. This applies only 
for liquids having similar densities to that used in calibration     
 
 
Now the fluid drops out of the equation and the volume height temperature combination can 
be corrected using shell steel expansion to the reference temperature of the table. The density 
of the product in the tank must then be offset against the reference density for the table in 
order to calculate the difference for expansion under liquid head, to be applied for each of the 
stop points. 
 
This delivers a skeleton table which must then be interpolated to obtain the final table. 
Interpolation methods used for the liquid calibration in two zones: 
• For the bottom part where of volume change vs. vertical distance is sharp, Quadratic 

spline interpolation is applied by calibrator. 
• For part when bottom is covered and where of volume change vs. vertical distance is 

less, linear interpolation is used. 
 
The Quadratic mathematical interpellation in first part accounts for shaper and irregular 
changes in displaced volume versus height. This is due to the fact the lower part of the tank 
has more deadwoods and is more likely to be affected by an initial flexing in bottom plates. As 
the level of liquid increased beyond 2 meters say, the changes in tanks physical shape which 

Fig. 5 Proving runs   

Forward Reverse R/Trip Press.(Bar)

11690.48 86.6 3.4 8.912 86.3 86.4 3.4 2.9

11676.46 23366.94 86.6 3.4 8.916 86.2 86.5 3.4 2.9

11688.45 86.5 3.4 8.906 86.2 86.4 3.4 2.9

11680.17 23368.62 86.4 3.4 8.917 86.2 86.3 3.4 2.9

11692.01 86.4 3.4 8.916 86.2 86.3 3.4 2.9

11679.79 23371.80 86.5 3.4 8.910 86.2 86.4 3.4 2.9

11693.68 86.5 3.4 8.916 86.2 86.3 3.4 2.9

11685.65 23379.33 86.5 3.4 8.914 86.2 86.4 3.4 2.9

11688.10 86.5 3.4 8.916 86.2 86.3 3.4 2.9

11671.43 23359.53 86.5 3.4 8.920 86.3 86.4 3.4 2.9

Pulses

Temp.(F) Press. In (Bar)Run Time (s)

METER

4

5

1

2

3

PROVER

Temp. In (F) Temp. Out (F) Press.Out (Bar)

RUN 

No
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contributes to directly to displaced volume enclosed within are better predictable with linear 
interpolation. This is evident in the resulting calibration table seen in table 3 and 4. 
 
 
  
      

 
Based on thank height some corrections were made to account to roof weight effect as 
follows: 
 
Zone 1: For height where the roof is resting on its support and liquid is not touching any part of 
the roof, no correction has to be made to values obtained from tank capacity tables. 
 
Zone 2 (critical zone): At heights where roof is resting on its support but partially immersed in 
liquid, the values obtained from tank capacity tables are not accurate for volume. Opening and 
closing reading shall not start or end in this zone.  
 
Zone 3: For heights where the roof is fully floating, the values obtained from tank capacity 
tables are corrected if the density of the measured fluid is deferring than used in calibration. 
The correction table is provided in table 5.  
 
 
 
 
 
 
 
 
 
 

Table 3 Tank Calibration table    
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Table 4 Tank Calibration table     

Table 5 Density correction table     
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4 Analysis 
 
The calibration on subject tank above was conducted using crude oil. Another typical 
calibration was conducted using EODR method. It is interesting to compare some parameters 
for tank capacity tables resulting from each method.   
  
Figure 6 shows the volume difference between values obtained from liquid calibration tables 
and values obtained from dry calibration for tank T1. These differences were computed at 
even heights starting at 1000mm through 16000 mm with 1000 mm increments. The 
variations in volume at these stops are large. For instance at 6000, 7000 and 1400 mm the 
difference seen is more than 17,000 m3. It is apparent that these differences are function of 
the heights or level of liquid. This means if these selected points to compare were different 
then we could see another trend. More interestingly, the summation of these differences will 
result in relatively small value close to 100 m3. It was suggested by the calibrator that for dry 
calibration, the litres per mm value only changes at the change of rings. For liquid calibration, 
it will change every stop height. With a change of 1mm in liquid level at the start and end of 
each stop, and a stop for just every 1 meter interval, the variation of incremental differences 
will be influenced easily by 0.2%.He suggested to compare for differences against total 
quantity in tank to indicate total difference between tables, after subtracting bottom quantity.  
 

  
 
 
 
While these conclusions stand for tank T1, other tanks did not show the same results. For 
tank T3, the differences seen were in one direction and the summation of all differences were 
more than 0.10% of the total volume of the tank, see Figure 7. Unlike tank T3, tank T1 was 
recently tested, inspected and maintained. This could explain for the change in Litre/ MM 
values. But that could not provide explanation for the overall difference in tank volume. That 
can be further investigated by simulating the stress deformation on tank dimensions which is 
beyond the scope of this paper but can be addressed in future.  
 
Analysing the source of errors of these tanks based on earlier studies by C. Stewart Ash and 
Frank J. Berto we could produce table 6. Note that if the datum plat was securely fixed and did 
not experience any physical movement due to tank wall stress, then the tank capacity tables 
are the source of the highest error in that table. That can be realized knowing that estimating 
the enclosed volume based physical measurement while the tank is empty does the  
 

Fig. 6 Volume differential of wet and dry calibrati on for Tank T1  
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Fig. 7 Volume differential of wet and dry calibrati on for Tank T3  

 
 
calibration process. Hence that when the calibration is 
conducted using a metering/volumetric incremental method 
then some factors in this table add in while others drop out due 
to the nature of process. For example the bottom movement 
and datum plat movement are less likely to affect the 
calibration as their movement effect factors-in during filling. In 
another word, for none-permanent structural changes that 
results from fluid load on tanks sides and bottom, 
metering/volumetric incremental method should account for 
these changes as they happen during filling/ calibration. Note 
that bottom flexing for bottom shell is normal provided that 
flexing will always result in volume changes that are below 
datum plate. The weight of the fluid or liquid head against the 
tank wall causes the wall to bow see figure 9. “Large tanks 
tend to have rounded corners to transition from vertical side 
walls to bottom profiles to help withstand hydraulic 
hydrostatically induced pressure of contained liquid” according 
to a major tank gauging instruments vendor.  
 
    
 
Source of error In inches In barrels  In % 
Tank Table Errors  ±0.6 in  ±900bbl  ±0.15% 
Bottom Movement  +0.25 in  + 360 bbl  +0.06% 
Shell Diameter Thermal Expansion  +0.25 in  + 360 bbl  +0.06% 
Datum Plate Upward Movement  +1.5 in  +2100 bbl  +0.35% 
Error in Temperature Reading  ±0.5 in  ±720bbl  ±0.12% 
Tape Calibration  ±0.12 in  ± 180 bbl ±0.03% 
Tape Thermal Expansion  ±0.15 in  ± 240 bbl  ±0.04% 
Human Errors - Level Reading  ±0.12 in  ± 180 bbl  ±0.03% 

 
 
 

Fig. 9 Tank 
deformation  

Table 8 Estimated errors in tank measurement for a 600,000 tank 
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Looking at temperature readings from manual gauging measurement for the tank (figure 7) 
where t1 through t19 are at each level where the batch number indicates, some remarks can 
be made. Temperature has the largest impact on tank bottom measurement due to difference 
between tank temperature, ambient temperature and fluid temperature. While effect of 
thermal expansion or contraction is corrected-for in measurement calculation, the induced 
error remains a factor. In addition, average temperature readings for fluids at higher level have 
better confident level from statistical prospective. This is evident in figure 8 where maximum 
and minimum temperatures for batch 21 are just 0.2 oF apart. Another factor to consider is 
incoming fluid batch temperature. Batches with varying temperature are more likely to 
introduce more uncertainty on tank shell expansion and fluid density calculation      . This will 
be addressed in conclusion for better control of calibration process. 

 
               
 
 

Batch 

No

Avg. 

Temp.

ATG. 

Temp.

Abt. 

Temp.

1 88.3 88.3 --------- 81.9

2 87.8 87.8 --------- 82.7

3 87.6 87.6 --------- 79.5

4 86.8 86.8 80.80 81.0

5 86.4 86.4 80.30 81.0

6 86.0 85.9 86.0 77.50 77.4

7 85.3 85.3 85.3 74.32 73.9

8 84.6 84.6 84.9 84.7 69.60 68.9

9 84.6 84.6 84.6 84.6 69.06 67.0

10 86.3 85.8 85.6 85.4 85.3 85.7 81.90 78.2

11 84.6 84.7 84.8 84.9 84.9 84.9 84.8 82.26 76.8

12 84.4 84.4 84.4 84.5 84.5 84.5 84.5 84.5 79.93 66.4

13 84.6 84.6 84.7 84.7 84.7 84.8 84.8 84.7 84.7 84.98 76.0

14 84.6 84.6 84.7 84.8 84.8 84.9 84.9 84.9 84.9 84.9 84.8 84.32 86.9

15 84.6 84.6 84.6 84.6 84.6 84.7 84.7 84.7 84.7 84.7 84.8 84.7 83.11 76.2

16 84.5 84.5 84.5 84.5 84.5 84.5 84.5 84.5 84.5 84.5 84.5 84.3 84.5 83.47 71.1

17 84.7 84.7 84.7 84.7 84.8 84.8 84.8 84.8 84.8 84.8 84.8 84.8 84.8 84.8 84.45 84.5

18 84.7 84.7 84.7 84.8 84.8 84.9 84.9 84.9 84.9 84.9 84.9 84.9 84.9 84.9 84.9 84.8 84.17 88.3

19 84.6 84.6 84.7 84.7 84.7 84.8 84.8 84.8 84.8 84.8 84.8 84.8 84.8 84.8 84.9 84.7 84.8 84.00 82.0

20 84.6 84.9 84.9 84.9 84.8 84.9 84.9 84.9 84.9 84.8 84.9 84.9 84.9 84.9 84.9 84.9 84.9 84.9 84.04 83.5

21 84.9 84.9 84.9 84.9 85.0 85.0 85.0 85.0 85.0 85.1 85.1 85.1 85.1 85.1 85.1 85.1 85.1 85.1 85.0 84.11 88.8

22 85.0 85.0 85.0 85.1 85.1 85.1 85.1 85.1 85.1 85.1 85.1 85.2 85.2 85.3 85.4 85.6 85.7 86.0 86.1 85.3 84.25 92.0

Temperatures (Deg.F)

Fig. 8 Temperature reading on tank vs. batch #   

Fig. 8 Temperature trend on tank vs. batch #   
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5 Conclusion 
 
Applying metering/volumetric incremental method when calibrating upright cylindrical tanks 
used in custody transfer applications has some merits over other methods. Some of these 
merits were discussed in section 4 above. These merits are not absolute and can vary from 
one site to another. In order to get the best out of this method the following is suggested to 
apply good control of the process: 
 
• Writing a detailed procedure that lists down all items, reference standards, agreements 

and deviations. This must be carefully reviewed by all parties involved before the 
calibration starts. It is costly stop the process if a flaw or mistake is discovered after 
calibration commences. 

• Selecting an experience Third Party Calibrator. This will contribute to the accreditation of 
the calibration process and ensure adherence to respective codes and standards 
followed. 

• Certify each component of the chain. The sampling system, the master meter, the master 
prover, the working prover, the working meter(s), the temperature and pressure sensing 
elements, the electronic loops and the gauging tape(s) must be all certified. 

• Quality control of fluid used in calibration. It is essential that the fluid density used is 
selected as close as possible to the fluid to be gauged later. If not or if water is used then 
proper correction shall be applied for liquid head. Fluids used must be well mixed where 
its properties at both sampling points dynamic and static are not different.     

• Temperature control of fluid used in calibration. Where possible, allow enough time for 
fluid’s temperature to stabilize. Uniform and steady temperature throughout all batches 
leads to better results.  

• Decrease the batch size and increase batch numbers. This will allow better interpolation 
especially for the lower part of the tank where more the litres per mm are more critical.                   

 
When deciding on metering/volumetric incremental for tank calibration method applied 
Comprehensive consideration to the following must take place: 
 
• The Tank experience factor history: if tank is known to have erroneous loading or 

discharge history even when calibrated using typical methods 
• Tank size and usage: although this method is not targeting super-size tanks, the capacity 

of the tank must be taken into consideration as the cost of the calibration might offset any 
savings resulting from calibration 

• Ability to apply good control to the process: this method involves transferring traceability. 
Good control will ensure the validity of each standard. 

• Comparing wet and dry calibration data: it is a good practice to check the tank capacity 
tables when applying liquid calibration against old one using typical method. This will 
confirm the need to recalibrate using same method.  
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A Study on the Impact of Instrument Measurement 
Uncertainty, Degradation, Availability and Reservoi r and Fluid 

Properties Uncertainty on Calculated Rates of Virtu al 
Metering Systems 

 
Dr. Robbie M. Lansangan, BP Upstream Global Project s 

 
  
ABSTRACT 
 
A virtual metering system is a tool that is used to infer the oil, water and gas production rates.  
The tool can be utilized for both production and injection wells in the upstream oil & gas 
space.  A virtual meter provides an estimate of a well’s production by utilizing a set of input 
measurement data and parameters that describe the system. 
 
There are various classes of virtual meters which include model-driven, data-driven and 
transient multiphase flow simulation based systems.  Regardless of class, these various 
systems require input data from instruments such as pressure and/or temperature sensors 
located throughout the production facility.  Depending on the model, some will need additional 
input parameters such as reservoir properties, wellbore design, and fluid properties. 
 
This paper explores how virtual metering systems respond to the measurement and 
parameter input uncertainty, measurement degradation and instrument availability.  The first 
part of the study looks into the impact of instruments degradation and drift over time.  The 
instruments that have the largest impact to the estimated rates are highlighted.  The sensitivity 
to the parameter input uncertainty is also investigated.  Second, the study inquires how the 
various input measurements uncertainties propagate through the models and into the 
estimated rates.  Finally, the sensitivity of the inferred rate quality to data availability as 
affected by instrument failures is ascertained from the data. 
 
The results presented contain some interesting findings in what may perhaps be the first of 
such inquiry posed on virtual metering systems.  The study has revealed adaptive aspect of 
virtual metering systems that are able to detect certain input anomalies and respond with 
alternative solutions.  The various systems studied offer a suite of models and some include 
an uncertainty-based model discrimination feature to arrive at a composite rate weighted by 
individual model uncertainties.  Other systems provide estimate of other key input parameters 
such as water cut and reservoir pressure as well as pressure and temperature at different 
locations depending on the calculation methodology used.  Finally, the study has shown that 
certain instruments are vital to virtual meters’ functionality and thus, provides for a defensible 
argument for instrument redundancy in certain parts of the production facility.  The latter can 
be a useful insight when negotiating instrument redundancy and accuracy philosophies, 
particularly with the wells and subsea communities. 

fltough
Stamp
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1 INTRODUCTION 
 
A virtual metering system is a tool that is capable of estimating oil, water and gas production 
from a well by utilizing measurement data from sensors located in the field and on the 
production facility.  The system also requires input parameters such as reservoir and fluid 
properties and field description including wellbore design and thermal properties.  A virtual 
metering system typically consists of a suite of models most common of which are well inflow, 
hydraulic-thermal and choke flow calculations.  A system description is common to all the 
models but each model requires a different set of measurement and parameter inputs to 
estimate the well production rate.  In some cases inference of other operating and 
performance parameters such as water cut and reservoir pressure is also made. 
 
A virtual metering system, when properly calibrated and appropriate models applied for the 
given field conditions, can provide engineers with near real-time visibility of field-wide 
production rates.  The information is useful for production allocation and optimization, 
subsurface and base management, and field surveillance and monitoring. 
 
A virtual metering system can be used as a standalone method or in conjunction with physical 
meters.  In subsea developments, for instance, subsea multiphase flow meters may be 
deployed in a manifold where wells are tested sequentially via a common test header.  In 
some cases, the development may justify individual meters deployed on each well, providing 
dedicated and continuous measurement.  In these examples, a virtual metering system can 
be deployed as second layer of measurement.  The virtual meter, calibrated independent of 
the multiphase meters, can provide assurance of measurement integrity by comparing two 
independent production rates for trending and corroboration.  In the event of meter failure, the 
virtual meter can provide backup measurement until the failed meter is replaced.  This 
“layered measurement” philosophy has been deployed in a number of fields and continue to 
gain traction as a way to improve production measurement integrity and reliability, particularly 
in deepwater developments. 
 
The increasing use of virtual meters, notwithstanding, there appears to be a general “black 
box” perception of their performance capabilities, features beyond rate estimation and 
requirements for sustainability.  Perhaps even less understood is their sensitivity to 
measurement and parameter input uncertainties.  There is also the question of a model 
hierarchy - what particular model to use for a given set of field properties and conditions.  The 
hydraulic models also use multiphase flow or tubing correlation of which several correlations 
are included in virtual metering packages - which correlation applies when? 
 
This paper presents a sensitivity study of three virtual metering systems.  Two of the systems 
are based on well inflow, hydraulic-thermal and choke flow models and one based on transient 
and multiphase flow simulators.  For a given set of perturbed input data, the resulting 
calculated production rate of each virtual metering system was compared against a baseline 
data to arrive at the sensitivities.   
 
The aim of the study is to determine how the different systems respond to the sensor 
measurement uncertainties, degradation over time and availability due to failures.  The 
sensitivity of the calculated rates on the parameter inputs of reservoir and fluid conditions 
uncertainty are also gleaned in the study from the initial systems calibration.    
 
The study was conducted as part of a major project work scope with the objective of 
identifying and selecting the “best” virtual metering system.  In the course of the work, the task 
of selecting winners and losers took a back seat to gaining a deeper understanding of the 
fundamentals and unlocking some of the features and capabilities available in virtual metering 
packages.  These include uncertainty-based model discrimination and smart features that 
detect anomalies and provides alternative solutions.  It is noted that the deep inner workings 
of the discriminatory and adaptive features are treated as proprietary by the vendors.  It is not 
the intent of the study to delve into them as these are not available to the end user anyway.   
 
The identities of the various systems and the development project are withheld to allow the 
reader to focus on the technical discourse - to encourage the users of virtual metering 
systems to ask similar questions posed in the study.  The gain of a deeper understanding of 
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the various systems and their sensitivities for a given application should inform the selection 
process.  Last, the insights gained on instruments uncertainty and availability can result in a 
powerful conversation when negotiating instrument quality and redundancy in wells and the 
subsea facility. 
 
 
2 VIRTUAL METERING SYSTEMS USED IN THE STUDY 
 
Following is a brief description of the virtual metering systems that were used in the study.  
Two systems, referred to as A & B, are based on well inflow, hydraulic-thermal and choke flow 
models while the third system, C, uses a dynamic process simulator coupled with a transient 
multiphase flow simulator.  Systems A & B are limited to individual well descriptions. Both 
utilize pseudo steady-state models which may not be applicable during transient conditions.  
Studies performed on A & B are limited to one well with typical wellbore design and 
instrumentation.  System C, on the other hand, is a comprehensive wells and facility hydraulic 
network model.  A dynamic process simulation model including 5 production wells, manifolds, 
flowlines, risers and topsides production and test separators was developed for this study. 
 
The rate estimation models used by System A are choke flow, hydraulic-thermal and 
numerical models.  The choke flow model uses the measured pressure drop across the 
production choke to estimate bulk rate.  Additional input of reservoir fluid properties allows for 
the determination of changes in phase. 
 
The hydraulic methods provided in system A comprise of various models based on reservoir 
inflow and tubing hydraulic models.  Some utilize the classic vertical lift performance and 
reservoir inflow performance intersection (VLP/IPR) while others are based solely on tubing 
hydraulic models.  The system combines the available measurements with inflow and tubing 
calculations of pressure and temperature in multiple combinations to estimate rate.  System A 
offers 13 different tubing and inflow models plus the choke flow and numerical equations. 
 
The numerical models in System A are user-defined equations that describe the measured 
wellhead or downhole pressure data.  Apart from the rates and phase, System A provides 
additional output of “unused” parameters that were not required for a particular model.  These 
could include combinations of wellhead pressure and temperature, downhole pressure, 
reservoir pressure, well productivity index (PI), water cut and gas-oil ratio. 
 
System A reports the best-estimate rate from a user-defined model selection hierarchy.  A 
“best rate” is selected from the models from which a convergent solution is obtained starting 
at the top of the hierarchy. 
 
The second model used in the study, System B, is very similar to System A in terms of the 
hydraulic-thermal and chokes flow modes but differs in a number of key features.  System B 
includes 4 types of rate estimation methods.  These are inflow performance, wellbore flow, 
choke flow and well jumper flow models. 
 
There are 9 distinct models provided each requiring various measurement and parameter 
input data.  For each model, an associated uncertainty is estimated by perturbing the input 
measurements.  The rate estimates from each model are then combined statistically using a 
proprietary algorithm that uses the associated uncertainties as the weighting factor to arrive at 
the best rate estimate.  The overall uncertainty is also calculated and reported along with the 
reported best rate. 
 
Both systems have the capability to detect anomalous measurement input but differ in the 
action taken when such an event is detected.  System A disables the model/s where the 
anomalous input/s is/are required and the rate is determined from the remaining models in the 
hierarchy for which valid inputs are available.  System B, on the other hand, reverts to an 
alternative solution for which valid input measurements are available.  For example, if the 
input pressure measurements are all deemed invalid, then the system reverts to a 
temperature solution to estimate the well rate.  System B does not output or calculate 
“unused” parameters.  It is noted that the logic for valid measurement discrimination is often 
complex and can be system specific, a subject that is not covered in this paper. 
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Finally, the third System C used in the study is based on a dynamic process simulator, linked 
to transient multiphase flow simulator.  A simulation model of the production facility from the 
wells to the topside separators was constructed.  Two identical copies of the facilities model 
were used in the study.  One represents the plant which generates the measurements.  The 
other represents the virtual metering system which receives the plant measurements as input. 
 
Any changes in the plant model state are conveyed to the virtual metering system via valve 
positions, pressures, temperatures and topsides total flow measurement changes.  
Independent wellbore and valve sub-models are included in the virtual metering model in 
order to calibrate the total flow rate and water cut for each well based on pressure and 
temperature input from the plant. 
 
 
3 DESIGN BASIS FOR THE STUDY 
 
The following section provides information on the well design and thermal properties, fluids 
thermodynamic properties, and certain modelling assumptions used in the study.  This section 
is provided to highlight the input data needed in the construction of a typical virtual flow 
metering system. 
 
 
3.1 Wellbore Completion Design 
 

The well that was used in the study is a 
subsea completion in 5,700 feet of water.  
The well is vertical up to 18,000 feet true 
vertical depth (TVD) at which point it deviates 
at a maximum of 30 degrees to a TVD of ca 
31,500 feet and an equivalent measured 
depth of 33,500 feet.  The tubing ID is 3.96 
inches (4.5” OD) with an approximate 
roughness of 0.0006.  The downhole 
pressure gauge was assumed to be located 
at 31,500 TVD.  The well was modelled 
without a surface-controlled subsea safety 
valve (SCSSV).  The wellbore casing design 
is shown below in Figure 1. 
 
 
 
 
 
 
 
 
 
 

 
 

 
3.2 Wellbore Heat Transfer and Geothermal Propertie s 
 
For the hydraulic-thermal based models A & B, the study was limited to steady state 
conditions.  The wellbore heat transfer was sufficiently modelled by imposing a heat transfer 
coefficient (U value) distribution on the tubing (inner) wall.  The U value distribution and the 
geothermal gradient for the wellbore used in the study are shown in Figure 2 and Table 1, 
respectively. 
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Table 1 - Geothermal Gradient Data 
 

Measured Depth (ft) Temperature (ºF) 
5,700 39.5 
10,500 105 
24,500 145 
33,520 250 

 
 
3.3 Reservoir Fluid Composition and Properties 
 
The reservoir fluid composition is given in Table 2.  It is useful to note that the baseline 
production rate data used in the study is derived from a forecast model and not from 
actual field production data.  The equation of state (EOS) used for the fluid phase 
behaviour description in the forecast model was the Peng-Robinson (1978) with the 
temperature-dependent Peneloux volume translation [PR 78 Peneloux (T)]. 
 
 

Table 2 - Reservoir Fluid Composition 
 

Component Mol % Mol wt Crit T (°F) Crit P 
(psia) 

N2 0.554 28.01 -232.4 493 

CO2 0.232 44.01 87.9 1071.6 

C1 16.629 16.04 -116.63 667.8 

C2 5.521 30.07 90.09 707.8 

C3 7.059 44.1 206.01 616.3 

iC4 1.025 58.12 274.98 529.1 

nC4 3.624 58.12 305.65 550.7 

iC5 1.619 72.15 369.1 490.4 

nC5 2.781 72.15 385.7 488.6 

C6 5.151 86.2 465.08 469.86 

C7-10 15.55 113.95 582.45 389.52 

C11-13 8.312 159.91 702.54 310.1 

C14-19 10.634 224.06 834.87 259.93 

C20-26 6.596 313.11 1019.76 211.45 

C27+ 14.713 680 1221.475 129.99 

Fig. 2 - U Value Distribution Along Wellbore 
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The modelling of the fluid phase behaviour with an EOS can be another source of uncertainty 
in virtual metering systems.  The following illustrates this effect.  System B used the Peng-
Robinson Peneloux [PR Peneloux] (without the temperature dependency on the volume 
translation) for the phase behaviour model.  The EOS models were both tuned to the same 
set of experimental PVT data.  A comparison of the predicted fluid properties using the two 
EOS is given in Tables 3 and 4.  The phase envelope predictions are shown in Figure 3. 
 
 

Table 3 - Fluid Properties at Reservoir Condition ( 24,330 psia and 226 °F) 

Property PR78 with 
Peneloux (T) 

PR (Peneloux) Unit 

Density 887.42 891.81 kg/m3 

Oil Formation Volume Factor 1.061 1.054 bbl/stb 

Viscosity 11.1 7.2 cP 

GOR (single stage) 217 207.3 scf/stb 

 
 

Table 4 - Fluid Properties at Saturation Condition 

Property PR78 with 
Peneloux (T) 

PR (Peneloux) Unit 

Saturation Pressure 1074 1054 psia at 226 °F 

Density 791.3 797.6 kg/m3 

Oil Formation Volume Factor 1.192 1.179 bbl/ stb 

Viscosity 2.3 1.61 cP 

 
 
The difference in the thermodynamic and fluid properties predictions from the two EOS would 
result in variation in the estimated rates for the same set of measurement input.   The 
percentage deviation of the estimated rate between the two EOS descriptions, for the same 
virtual metering system with identical set of input data would be around 2-5%. 
 
 

 
 

Fig. 3 - Phase Envelope Predictions for PR (Peneloux) and PR 78 Peneloux (T) EOS 
 
 
Some of the EOS predicted properties are adjusted to obtain a match between the virtual 
meter and baseline rates during the initial calibration.  In the case of system B, the liquid 
densities were tuned to match the baseline flow rates. 
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System A utilized a simple black oil model for the phase behavior description of the same 
fluid.  The Petrovsky PVT correlation was used to estimate the bubble point, solution GOR 
and formation volume factor. 
 
 
4 SENSITIVITY ANALYSIS METHODOLOGY 
 
4.1 Baseline Production Profile (Study Cases) 
 
Three production scenarios, representing the field production spectrum from early (high rate), 
mid to late life (low rate) were used as the baseline against which the sensitivity of the various 
virtual meters were tested.  Table 5 provides details of the operating conditions for the three 
scenarios used in by Systems A and B. 
 

Table 5 - Design data for three production scenario s 

Scenario 
Liquid 
Rate 

(stb/d) 

Watercut 
(%) 

Reservoir 
Pressure 

(psia) 

WHP 
(psia) 

WHT 
(ºF) 

DHP 
(psia) 

DHT 
(ºF) 

Case 1 
Year 0 

14600 13 24200 2810 200.3 14174 285 

Case 2 
Year 4.28 

7000 17 23200 2923.6 157.2 13268 285 

Case 3 
Year 20 500 66 16400 3023.1 84.6 14827 245 

 
 
4.2 Selection of Applicable Methods and Initial Cal ibration  
 
The reservoir and fluid properties for this particular field development produce flowing 
wellhead pressures that are about an order of magnitude less than the reservoir pressure.  
Notice also from Tables 4 and 5 that the saturation pressure at reservoir temperature is well 
below the flowing wellhead pressures over life of field.  These conditions would result in no 
gas breakout in the subsea facility.  For these types of wells, the production plan is to produce 
with the production choke valves fully open.  This production scenario precludes the use of the 
choke flow models in systems A & B due to the very low pressure drops that would be 
generated across the choke.  Thus, only the hydraulic-thermal models were applicable for 
these systems. 
 
For system A, three hydraulic well models were developed representing each production 
scenario.  The parameters within the models were then adjusted to get a match with the 
tubing flow correlations and the baseline conditions.  For the tubing correlation, the 
parameters for the hydrostatic and friction effects were matched to each of the production 
scenario yielding three sets of values, shown in Table 6 below. 
 

Table 6 - Tubing Correlation Match Parameters 1 and  2 
 

Design Case 
Tubing Correlation Match Parameters 

Parameter 1 (Hydrostatic) Parameter 2 (Friction) 

 Case 1- Year 0 1.00599 1.04150 

Case 2 - Year 4.28 0.99627 0.95422 

Case 3 - Year 20 0.99679 1.00000 
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The water salinity in the early life case was set to the field produced water salinity from 
downhole fluid samples.  When this salinity value was used in the mid to late life cases, the 
frictional coefficient in the match parameters for the chosen tubing correlation was outside the 
expected range.  The water salinity was adjusted in these two cases to obtain a frictional 
match coefficient in the expected range. 
 
There were a total of seven hydraulic modes of calculation utilized in System A that are 
applicable to the three baseline cases.  These modes are summarized in Table 7 below.  The 
letters M, K and E in the table represent the measurement input, parameter input and 
additional estimated parameters output apart from the production rate (which can either be 
measurement or parameter). 
 
 

Table 7 - System A Calculation Modes  
 

Description  
Measurements Parameters 

System A 
Modes 

WHP WHT DHP DHT Res P WC GOR Method 

Method 1 M E E M K K K 

Tubing and 
inflow (VLP/IPR) 

intersection 
calculation 

Method 2 E E M M K K K 

Method 3 M E M M K E K 

Method 4 M M E M K E K 

Method 5 M E M M E K K 

Tubing gradient 
(VLP only) 
calculation 

Method 6 M M E M E K K 

Method 7 M M M M E E K 

 
 
For example, the first calculation mode requires the well head pressure and bottomhole 
temperature for the measurement inputs plus the reservoir pressure, produced water cut and 
fluid gas-oil ratio for the parameters.  The calculation mode then yields the estimated 
production rate and phase composition, along with the downhole pressure and wellhead 
temperature. 
 
The estimated values of WHT and DHP output by this method are recorded for every 
calculation cycle.  These values are then trended against the corresponding measurements.  
System B includes a trending feature that is configured for each well to make these 
comparisons against a user-defined deviation tolerance.  In the event an estimated parameter 
exceeds the tolerance, then an alert is issued and a course of action is then taken as 
appropriate.  For example, one or more of the following actions may be taken:  

• Parameters inputs (GOR, watercut, reservoir pressure) are updated; 

• The well model is reviewed; 

• The method being used to estimate the production rate is reviewed; 

• The well is prioritised for a well test and any changes discovered applied in the model 
and System B configuration. 
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However, even if the discrepancy exceeds the tolerance, if System B uses a different method 
then the rate estimates may still be good.  For instance the if the discrepancy is caused by a 
change in reservoir pressure then the method that only involves tubing pressure drop will still 
be good (provided that the tubing pressure drop was calibrated to good data). 
 
For system B, there were three hydraulic-thermal methods that were used to arrive at the 
composite best rate.  These methods involve the combination of 2 measurement inputs of 
pressure and temperature from the reservoir, bottomhole and wellhead locations. Table 8 
below shows the methods used in system B.  For each method, both pressure and 
temperature input are required regardless of location. 
 

Table 8 - Calculation Modes for System B 
 

Method 
Reservoir 

P & T 
Bottomhole 

P & T 

P & T 
before 
choke 

1 x  x 

2  x x 

3 x x  

 
The liquid density in system B was increased by around 2% to account for the differences in 
the EOS phase behaviour predictions.  Calibration of system B to the design cases were 
carried out and the resulting best estimated rates compared to the baseline data are shown in 
Table 9. 
 
Table 9 - Comparison of System B Predicted and Base line Rates Post Initial Calibration  
 

Case 
Oil Rate 
(stbpd) 

Water Rate 
(stbpd) 

Design System B % Error Design System B % Error 

1 12648 12726 0.6 1952 1960 0.4 

2 5830 5777 -0.9 1170 1159 -0.9 

3 168 207 23.2 332 405 22.0 

 
 
Note that residual errors for the oil and water rates in the early (Case 1) to mid-life (Case 2) 
are within ±1.0% absolute error.  For late life (Case 3), errors increase to as high as 20% due 
to the very low flow rates.   
 
The initial calibration of the virtual metering system would absorb the baseline uncertainties 
from the input measurements and parameters required by the methods used.  The study 
assumed that the conditions that generated the baseline data are known.  Thus, the initial 
uncertainties from the input measurements and parameters are absorbed by the adjustable 
parameters in the models.   
 
It is important, however, to be aware that the value of all operating condition parameters from 
instrumented processes on wells cannot always be determined.  Even if valid estimates of 
certain parameters are available, there may still be a range of different combination of rates, 
phase composition and inflow parameter values that match the measured set of conditions.  
This raises the issue of uniqueness of solution.   
 
The tubing pressure drop variation on a typical oil production well as a function of flow rate is 
shown in Figure 4. 
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Fig. 4 - Pressure Drop versus Flow Rate for a Typical Oil Well 
 
Note at the lower flow rates, two possible flow rates would generate the same differential 
pressure across the well.  This is due to balance between the competing hydrostatic and 
frictional forces.  This dual root problem is addressed in system B by using additional 
measured data.  For the same well in Figure 4 above, the temperature drop across the well is 
a monotonic decreasing function of flow rate, shown in Figure 5.  The measured temperature 
drop used in conjunction with the pressure drop ensures the correct rate solution is obtained. 
 
 

 
 

Fig. 5 - Temperature Drop versus Flow Rate for a Typical Oil Well 
 

 
4.3 Test Matrix 
 
The hydraulic-thermal models will be sensitive to the following measurements and 
parameters: 
 
Measurement: 

• Produced fluid pressure at the wellhead - WHP 
• Produced fluid temperature at the wellhead - WHT 
• Produced fluid pressure at the downhole gauge location - DHP (also called BHP) 
• Produced fluid temperature at the downhole gauge location - DHT (also called BHT) 
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Parameters: 
• Average reservoir pressure - Pres 
• Inflow productivity index - PI 
• Liquid phase watercut - WC 

 
For each of the production scenarios, a number of cases were run to assess the impact of 
instrument uncertainty, degradation, and availability and the impact of the field input 
parameters to the calculated rates.  In the case of uncertainty and degradation, the 
sensitivities were calculated by introducing an error to each of the measurements or 
parameters on an individual basis and then comparing the results with the base case. 
 
System A reports the sensitivities on the basis of the oil rate while System B reports in terms 
of total mass rate deviation.  Deviations are computed as a percentage of the difference 
between the calculated and base case rate divided by the base case rate, regardless of basis. 
 
With different bases of reporting deviations for systems A and B, the absolute value of the 
deviations are not directly comparable but the resulting sensitivities would hold.  The test 
matrix is summarized in Table 10. 
 
 

Table 10 - Sensitivity Analysis Test Matrix 
 

Instrument Instrument 
Availability 

Instrument 
Uncertainty 

Instrument 
Degradation 

Field Input 
Parameters 

Bottom Hole 
Pressure 

1 and 2 
Transmitter 

Cases 

1and 2 
Transmitter 

Cases – base 
uncertainty of 
1% and 25% 

1 and 2 
Transmitter 

Cases – 
measured 

value varied in 
5% increment 
up to +/- 10% 

N/A 

Bottom Hole 
Temperature 
Pressure 
Upstream of 
Choke 
Temperature 
Upstream of 
Choke 
Reservoir 
Pressure 

N/A 
Vary in 5% 
increment up 
to 10% 

PI 

Water Cut 

 
 
4.4 System C Description  
 
The virtual metering system C is fundamentally different from the other two used in this study 
that it warrants a separate treatment.  System C uses a dynamic process simulator linked to a 
transient multiphase flow simulator.  It utilizes pressure and temperature measurement, and 
valve positions from the field to estimate the production rates from all the wells in the hydraulic 
network. 
 
4.4.1 Model Implementation 
 
For system C, two copies of the same model are used in this study.  One model represents 
the plant which generates the input and where all the tuners are off.  The other is called virtual 
metering model, which receives the plant data.  Data transfer between the models, located in 
different servers, is done by using Object Linking and Embedding for Process Control (OPC).  
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Independent wellbore and choke valve sub-models are part of the virtual metering model in 
order to calibrate total flow rate and water cut for each well based only on pressure and 
temperature measurements coming from the plant model.  The simplified model schematic of 
the production facility used in the study is shown below. 
 

 
 

Fig. 6 - System C Wells and Flowlines Schematic 
 
The scope of this study includes the following:  
   
Subsea: 

- 5 production wells 

- Flowlines 

- Risers 

-  
Topsides: 

- Test separator inlet heater 

- Cross exchanger 

- Test separator 

- Production separator 
 
 
The table below lists the boundary conditions of the model which serve either as an inlet or an 
outlet boundary.  In this study, the productivity index was chosen for calibration while the 
reservoir pressure was held constant to match the wellbore pressure measurements.  This is 
based on the premise that during operations, the field reservoir engineer could better estimate 
of the reservoir pressure. 
 
Note also from Table 11 the relative production rates of each of the 5 wells at different 
production scenarios.  At the peak high stage, wells 3 and 5 have the lowest production rate.  
This will play a role in the sensitivity results presented in section 5. 
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Table 11 - System C Subsea Boundary Conditions 

 
  Year 

0 (Base) Peak (High) 
Late life 

Low High 

Well 1 

Presv (psia) 24200 23200 16500 21100 

WC (%) 15 15 35 50 

PI (Stb/d/psi) 1.43 0.73 0.2 0.58 

QLiq (stbpd) 14600 7000 500 3900 

Well 2 

Presv (psia) - 23200 16400 21100 

WC (%) - 30 60 60 

PI (Stb/d/psi) - 0.57 0.3 0.45 

QLiq (stbpd) - 5400 500 2900 

Well 3 

Presv (psia) 24100 22500 16100 20000 

WC (%) 15 15 35 25 

PI (Stb/d/psi) 1.41 0.49 0.24 0.3 

QLiq (stbpd) 13900 4300 500 1800 

Well 4 

Presv (psia) - 22500 19300 20000 

WC (%) - 15 50 50 

PI (Stb/d/psi) - 0.7 0.1 0.65 

QLiq (stbpd) - 6800 500 3700 

Well 5 

Presv (psia)  22300 15300 20900 

WC (%) - 15 25 40 

PI (Stb/d/psi) - 0.55 0.3 0.42 

QLiq (stbpd) - 5000 500 2900 

 
 

Table 12 - System C Topsides Boundary Conditions 
 

 Prod’n separator Test separator 

Operating pressure (psig) 350 350 

Water pressure downstream separator (psia) 200 200 

Oil pressure downstream separator (psia) 200 200 

 
 
4.4.2 Scenario Matrix 
 
The sensitivity of system C to the well measurements and production parameter inputs for the 
entire network model would involve tremendous number of cases to run as to be practicable.  
There are 9 instruments per well and 3 production parameters used in the study for system C. 
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Measurements per well: 
 
Pressure upstream of the Production Wing Valve (PWV):  UPWVP1 
Temperature upstream of PWV:     UPWVT1 
Pressure upstream of PCV     UPCVP1 
Temperature upstream of PCV     UPCVT1 
Pressure downstream of the PCV:     DPCVP1 
Temperature downstream of PCV:     DPCVT1 
Downhole pressure      DHP1 
Downhole temperature transmitter    DHT1 
Choke position 
 
Production parameters: 
 
Productivity index      PI 
Reservoir temperature      T_resv 
Water cut       WC 
 
A preliminary sensitivity study was conducted for 1 well to determine the critical 
measurements that will be tested in order to reduce the number of cases to be run.  This 
exercise reduced the measurement input to 4.  These transmitters are located upstream and 
downstream of the production control valve (PCV), upstream of the production wing valve and 
the downhole pressure gauge.  The three production parameters were retained in the study.  
The reduction of measurement input from nine to four elements would still involve a large 
number of cases if each measurement and parameter input were perturbed one at a time per 
well per production scenario.  A further step was taken to reduce the number of runs and still 
produce meaningful result. 
 
The result from the single well sensitivity study was also used to inform the final selection of 
cases to be run.  The resulting scenario matrix is shown in Table 13.  Each tick mark is a run 
case, where 0 is for Year 0, PH is for Peak high, and LLH is for the Late life high scenarios.  
The assumptions used in landing the matrix are given below: 
 

• At year 0, only wells 1 and 3 are producing. 

• Do not perform the same test for identical transmitters in two different wells going to the 
same manifold. In this case, wells 1 and 3 go to same manifold and so do wells 4 and 5 
(See Figure 6 for a schematic representation of wells and flowlines alignment) 

• Do not repeat the same tests from the preliminary study. 

• Pressure transmitters (21 cases): Since well 1 was already tested in the preliminary 
study for year 0, no cases for wells 1 and 3 at this life stage are considered. For the 
same offset, different stages are considered. All possible combinations are considered 
for well 2 for the last two life stages, but UPWVP1 is not considered since it has more or 
less the same errors as for UPCVP1 

• Temperature transmitters: Since no considerable errors were found in the preliminary 
study, no temperature transmitters are considered here. 

• Productivity index, water cut, reservoir temperature, and choke blockage (12 cases): 
For each parameter, 3 cases are proposed (one at each manifold). Higher offsets are 
reserved for the LLH stage. 

• A scenario matrix with a total of 30 cases is summarised in Table 13 where only one 
single measurement or parameter is perturbed in each case (multiple combinations are 
not considered in this matrix). 
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Table 13 - System C Scenario Matrix 

2 5 5 10 10 20 2 5

DPCVP1 PH

UPCVP1 LLH

UPWVP1 PH

DHP1 LLH

PI 0

WC

Choke bias

DPCVP1 PH

UPCVP1 LLH

UPWVP1

DHP1 PH

PI LLH

WC PH

Choke bias PH

DPCVP1 LLH

UPCVP1 PH

UPWVP1 LLH

DHP1 LLH

PI

WC 0

Choke bias 0

DPCVP1 PH

UPCVP1 LLH

UPWVP1 PH

DHP1 PH LLH

PI PH

WC

Choke bias LLH

DPCVP1 LLH

UPCVP1 PH

UPWVP1 LLH

DHP1 LLH PH

PI

WC LLH

Choke bias

Well 1

Well 2

Well 3

Well 4

Well 5

Trans. offsets (%) PI offset (%) WC offset (%) Choke bias (%)

 
 
 
 
5 SENSITIVITY ANALYSIS RESULTS 
 
This section presents the sensitivity results for cases 1 and 2 production scenarios at ±5-10% 
perturbations (see Table 5). 
 
Tornado plots are used to summarize the sensitivity calculations.  The tornado plots for the 
three calculation modes in the System A hierarchy are presented below.  These are Method 1, 
Method 2 and Method 5 in Table 7 above.  System B reports only one best rate estimate as a 
result of the uncertainty based statistical discrimination technique employed. 
 
 
5.1 Instrument Degradation Uncertainty Results for Systems A & B  
 
All the measurement and parameter input values were kept fixed while the value of the 
measurement or parameter being investigated is perturbed from its base value.  The 
calculated rate is then compared to the base rate from which the absolute deviation was 
determined as follows: 
 

%100% ×−=
ratecaseBase

ratecaseBaseratePerturbed
Deviation  
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5.1.1 Case 1 - Year 0 (High production rate case) 
 
The sensitivities computed for the Case 1 production scenario correspond to the highest 
production rates at start-up.  The results for Systems A and B are presented below. 
 
5.1.1.1 Sensitivities to ±5% measurement and parameter uncertainty 
 
For system A, the sensitivities to a ±5% adjustment to a measurement or parameter input 
depends on the particular mode of calculation used.  Recall that for System A, seven methods 
are used and the study shows that Method 1 provides the least sensitivity for Case 1 at this 
level of perturbation. 
 
System A sensitivity response for Method 1 is shown below.  Method 1 is a tubing and inflow 
intersection method without any adjustments made.  As can be expected, this method is most 
sensitive to the error in reservoir pressure, followed by the well productivity index, wellhead 
pressure, watercut and downhole temperature.  Method 1 yields about a ±10% oil rate change 
with ±5% error in reservoir pressure. 
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Fig. 7 - System A, Method 1, ±5% sensitivities for Case 1 (Year 0) 
 
Note that for Method 1, the downhole pressure and wellhead temperature are not used and 
thus show 0% sensitivity on the tornado plot.  This will be the case for any of the unused 
measurement or parameter input for a particular mode in System A. 
 
The corresponding sensitivity responses for Methods 2 and 5 are shown in Figures 8 and 9.  
Method 2 is also based on tubing and inflow intersection calculation but where the wellhead 
pressure is adjusted to match the downhole pressure.  The method is also very sensitive to 
reservoir pressure error.  
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Fig. 8 - System A, Method 2, ±5% sensitivities for Case 1 (Year 0) 
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Method 5 was selected to represent a calculation based on tubing gradient only.  The method 
adjusts the rate to match the downhole pressure.   Method 5 might be a useful alternative if an 
accurate reservoir pressure is not available, but requires an accurate downhole pressure 
input. 
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Fig. 9 - System A, Method 5, ±5% sensitivities for Case 1 (Year 0) 
 
 
Figure 10 shows the sensitivity response of system B to ±5% injected error.  Recall that for 
System B, three calculation modes were available.  The rates estimate from each method is 
combined statistically to yield the reported rate value.  The sensitivities shown in Figure 10 are 
the combined reported total mass rate error for each parameter or measurement perturbation. 
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Fig. 10 - System B, ±5% sensitivities for Case 1 (Year 0) 
 
Notice that at the ±5% perturbation level, the resulting error response of each of the 
measurement and parameter input is symmetrical and the system shows the highest 
sensitivity to reservoir pressure error.  At this level of perturbation, the results are aligned with 
expectation based on the physics of the flow, e.g., a change in reservoir pressure produces a 
corresponding change in rate in the same direction.   
 
 
5.1.1.2 Sensitivities to ±10% measurement and parameter uncertainty 
 
The sensitivities of system A to ±10% injected errors, for the same methods 1, 2 and 5 are 
shown in Figure 11-13 below. 
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Fig. 11 - System A, Method 1, ±10% sensitivities for Case 1 (Year 0) 
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Fig. 12 - System A, Method 2, ±10% sensitivities for Case 1 (Year 0) 
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Fig. 13 - System A, Method 5, ±10% sensitivities for Case 1 (Year 0) 
 
 

Methods 1 and 2 in System A show the highest sensitivity to reservoir pressure.  Where these 
values are not known accurately and the downhole pressure gauge is working properly, then 
Method 5 based on tubing pressure drop would provide the best rate estimate.   
 
It should be pointed out that some of the injected errors can be large enough that it is not 
physically possible for some combinations of measurement and parameter values to be 
achieved in practice.  In these instances, system A, from physics standpoint is rightly not able 
to report results.  These events are indicated by a label of No Solution  in the plots as it first 
appears in Figure 13.  In this case, the perturbed downhole pressure of 10% below the base 
value could not be supported by the hydrostatic column pressure in the well. 

No Solution  

No Solution  
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Figure 14 below shows the response of system B to a ±10% perturbation error.  The first 
observation is that the rate is most sensitive to the reservoir pressure uncertainty.  Second, 
the rate response to the downhole pressure is now asymmetrical and in the same direction of 
change.  To understand the underlying cause, a deeper analysis of the System B response to 
bottomhole pressure changes is warranted. 
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Fig.14 - System B, ±10% sensitivities for Case 1 (Year 0) 
 
 
For system B, an increase in the bottomhole pressure causes the wellbore flow model to 
increase its predicted rate.  Since the well differential pressure (bottomhole minus well head 
pressure) has increased, applying the statistical perturbation method results in a smaller 
method prediction uncertainty.  For the PI method, increase in the bottomhole pressure results 
in a decreased predicted rate.  The resulting lower differential pressure across the sandface 
causes the statistical perturbation to ascribe a larger uncertainty for the PI method as 
bottomhole pressure is increased.  The resulting best rate reported by System B is increased 
from the baseline case as the statistical mixing rule gives a higher weight to the wellbore flow 
model.  This outcome is identical for the +5 and +10% bottomhole pressure injected errors. 
 
When the bottomhole pressure is decreased by 10%, the wellbore flow model does not 
behave as expected.  The system finds that the frictional differential pressure (dP) in the well 
is very small and the resulting flow rate leads to a very low arrival temperature compared to 
reading.  The system then “concludes” that either the bottomhole or wellhead pressures are 
invalid.  The resulting lack of confidence in the wellbore pressure readings causes the 
system’s smart features to kick-in and seeks an alternative solution.  The hydraulic-thermal 
model is solved by adjusting the rate that produces a consistent arrival temperature which 
yields a higher predicted rate.  The PI model also predicts a higher rate with the lower 
bottomhole pressure.  The overall system predicted rate therefore is higher than the baseline 
rate when the pressure is decreased by 10%.  The smart system feature, thus, yields a rate 
sensitivity response that is in the same direction of change for a plus or minus change in  
bottomhole pressure from baseline value. 
 
 
5.1.2 Case 2 - Year 4.28 
 
The liquid rate for case 2 production scenario has been reduced to about half the level 
compared to case 1.  The sensitivity results for system A shows that Method 1 is the least 
sensitive calculation, achieving better than ±11% for 5% uncertainty in measured and 
condition parameters. 
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5.1.2.1 Sensitivities to ±5% measurement and parameter uncertainty 
 
Figure 15-17 present the results for Methods 1, 2 and 5 in system A with a ±5% perturbation.  
Note that the order of sensitivities for each method above is largely identical in cases 1 and 2. 
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Fig. 15 - System A, Method 1, ±5% sensitivities for Case 2 (Year 4.48) 
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Fig. 16 - System A, Method 2, ±5% sensitivities for Case 2 (Year 4.48) 
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Fig. 17 - System A, Method 5, ±5% sensitivities for Case 2 (Year 4.48) 
 

The sensitivities for system B at ±5% perturbation error for the case 2 production scenario is 
shown in Figure 18.  Note that at the lower liquid rate, the bottomhole pressure asymmetry 
occurs at the lower perturbation. 
 

No Solution  
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Fig. 18 - System B, ±5% sensitivities for Case 2 (Year 4.48) 
 

Note also that the rate response to bottomhole temperature uncertainty is now asymmetrically 
pronounced.  Increasing the inlet fluid temperature makes the fluid lighter resulting in a lower 
static head in the well.  Hence method 6 in system predicts a higher flow rate needed to match 
a larger inferred frictional pressure drop.  Similarly, lowering the inlet fluid temperature causes 
the predicted flow rate to decrease.  However, the physics of the problem causes the effect to 
be asymmetric. 
 
 
5.1.2.2 Sensitivities to ±10% measurement and parameter uncertainty 
 
The sensitivities for system A using Methods 1, 2, and 5 at ±10% error are shown in Figures 
19-21.   
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Fig. 19 - System A, Method 1, ±10% sensitivities for Case 2 (Year 4.48) 
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Fig. 20 - System A, Method 2, ±10% sensitivities for Case 2 (Year 4.48) 
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Fig. 21 - System A, Method 5, ±10% sensitivities for Case 2 (Year 4.48) 
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Fig. 22 - System B, ±10% sensitivities for Case 2 (Year 4.48) 
 

 
Figure 22 shows the effect of the pressure before the choke (PBC - wellhead pressure) is 
highly asymmetric.  At +10% PBC value from base case, the system finds that the frictional dP 
in the well is very small and the resulting low flow rate leads to a arrival temperature error that 
is unacceptable.  Hence the system switches to a temperature solver for method 6 which 
yields a high flow rate estimate.  As discussed previously, the effect of invoking a temperature 
solver approach is to produce an asymmetric rate response in the same direction of change 
for a given parameter perturbation. 
 
 
5.2 Instrument Uncertainty Sensitivity Results 
 
A virtual metering system, once properly described by the boundary conditions, needs to be 
calibrated against a reference well rate for which the corresponding measurement responses 
are known.  In this part of the study, the sensitivity of the estimated rate uncertainty, post initial 
calibration, to the various instrument uncertainties is investigated.   Another way to view the 
inquiry is how does the input measurement uncertainties propagate through the virtual 
metering system, measured by the resulting estimated rate uncertainty. 
 
For example, if all the input pressure and temperature sensors have a base uncertainty of 
±0.1%, then the estimated rate will have an overall uncertainty.  This uncertainty will depend 
on the virtual metering system.  The procedure used in this part of the study is to keep all 
measurements and user-input parameters fixed.  Then, uncertainty of the instruments is 
increased one at a time, by an increment of 1% and 10%.  The sensitivity of the predicted rate 
uncertainty to the perturbations of measurement input uncertainty is then ascertained.  The 
results for System B are shown below. 

 

No Solution  

No Solution  
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Fig. 23 - Impact of Instrument Uncertainty for Case 1 (Year 0) 
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Fig. 24 - Impact of Instrument Uncertainty for Case 2 (Year 4.48) 
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Fig. 25 - Impact of Instrument Uncertainty for Case 3 (Year 20) 
 
Figures 23 to 25 show the impact of the manufacturer supplied instrument uncertainty on 
System B flow rate prediction uncertainty.   
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As the supplied uncertainty of a particular instrument is increased, the system is “smart” 
enough to start discounting the predictions of the methods that are affected by the instrument 
in question by increasing the uncertainty of those methods.   
 
The results show that the predicted rate uncertainty for System B is most sensitive to the 
bottomhole pressure uncertainty for all the production cases in this study. 
 
 
5.4 System C Sensitivity Study Results  
 
5.4.1 Single Well Results 
 
For this preliminary study, an offset of +2% for the transmitter readings in the plant model was 
introduced and analyzed how the error affects the parameters manipulated in the virtual 
metering model, and how it propagates topsides.  Only the transmitters in well 1 were 
perturbed, and whenever redundant transmitters were available, all of them were given the 
same constant offset. 
 
The sensitivities of the well rate, water cut, well PI , reservoir temperature and topside total 
rate to the input measurement perturbations, for the single well preliminary study, are shown 
in Figures 26-30. 
 

 
 

Fig. 26 - Well Rate Sensitivity   Fig. 27 - Water Cut Sensitivity 
 

 

 
 
Fig. 28 - Well PI Sensitivity     Fig. 29 - Reservoir Temperature Sensitivity 
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Fig. 30 - Total Topsides Flow Rate Sensitivity 
 
 
As expected from the calibration scheme, the wellhead pressure measurements have the 
most influence in the prediction of the estimated outputs.  This is because they are directly 
used to calibrate the choke opening, as well as the PI.  In this case, the offset of temperature 
measurements do not have a significant effect.  The pressure offsets have greater effect on 
the reservoir temperature than the temperature measurements themselves. 
 
 
5.4.2 Instruments sensitivity analysis (Smart agents turned off) 
 
The term “Smart agents” refers to the ability of the virtual metering model to detect possible 
faulty instruments and drop them from the calculation schemes.  If the smart agent is active, 
the transmitters with the highest differences between measured and calculated values (of all 
the transmitters participating in the same tuning loop) are disabled if the differences are 
greater than a specified threshold.  In this study, only one transmitter with the highest 
difference is disabled if the difference is greater than 1% after statistical analysis. 
 
The nomenclature used in the tornado plots is as follows, XX_YY_ZZ, where XX represents 
the well where the transmitter is located, YY is the transmitter’s name, and ZZ is the 
transmitter offset (given as percent of the current value).  The sensitivity results for the Peak 
High case, for each well are presented below. 
 
Figures 31-35 depicts the sensitivity of the rate response for each of the 5 wells in the 
network, to the input measurement perturbations.  There were 10 cases run in the Peak High 
production scenario, as defined in Table 13.  The topsides total rate sensitivity is shown in 
Figure 36. 
 

 

 
 

Fig. 31 - Well 1 Flow Rate Error   Fig. 32 - Well 2 Flow Rate Error 
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Fig. 33 - Well 3 Flow Rate Error   Fig. 34 - Well 4 Flow Rate Error 
 
 

 
 

Fig. 35 - Well 5 Flow Rate Error 
 
 
Note that for wells 1, 2 and 4, the rate responses were most sensitive to pressure gauge 
located downstream of the choke within the well itself.  For wells 3 and 5, the sensitivities are 
on pressure gauges located on different wells.  For well 3, the rate was most sensitive to 
downhole pressure gauge located on well 5.  For well 5, the pressure input downstream of the 
choke on well 2 yielded the highest change in rate for that well. 
 
The above well level measurement input sensitivities have to be viewed from a hydraulic 
network perspective.  Note from Table 11 the relative rates of each well at the peak high 
scenario.  Wells 3 and 5 are the lowest producers during this stage.  Second, the same wells 
are located farthest from the floating facility.  These two factors offer insights into the why 
wells 3 and 5 were most sensitive to external stimuli. 
 
 
5.4.2 Instrument sensitivity analysis (Smart agents turned on) 
 
The worst five cases from the previous section were selected to be used here.  In this part of 
the study, the smart agents are active in the virtual flow metering system in order to identify 
and drop faulty measurements.   
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Fig. 36 - Total Topsides Flow Rate Error 

 

1. Peak High: A 2% offset in the UPWVP1 transmitter located on well 1 

2.  Peak High: A 2% offset in the UPCVP1 transmitter located on well 3 

3.  Peak High: A 5% offset in the DHP1 transmitter located on well 5  

4.  Late Life High: A 5% offset in the DHP1 transmitter located on well 3 

5.  Late Life High: A 2% offset in the UPWVP1 transmitter located on well 5 
 
In all the cases, the smart agents drop the faulty measurements after 20 minutes of being 
detected.  After 4 days, the total flow rate, PI and water cut errors with respect to the plant 
model values are presented in the table below. The results when the smart agents are active 
give very low errors compared to the cases where the smart agents were off. 
 
 

Table 14 - Impact of Smart Agents on Estimated Rate  Error (after 4 days) 
 
 Total Flow rate PI Water cut 

Smart 
agents 

OFF 
(%) 

ON 
(%) 

OFF 
(%) 

ON 
(%) 

OFF 
(%) 

ON 
(%) 

Case 1 5.624 -0.042 5.894 -0.045 0.779 0.125 

Case 2 -6.841 0.156 -6.960 -0.002 9.435 0.027 

Case 3 -6.224 0.05 -6.117 0.042 -100.000 -0.186 

Case 4 -92.652 2.222 -92.615 2.215 -95.201 -0.191 

Case 5 -58.112 0.892 -58.185 0.908 7.287 -0.122 
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6 CONCLUSIONS AND RECOMMENDATIONS  
 
A sensitivity study was conducted in order to gain insight and understanding on how virtual 
metering systems respond to measurement and parameter input uncertainty, measurement 
degradation and instrument availability.  Three different virtual metering systems were used in 
the study.  The first two, labelled A and B, are based in steady-state, hydraulic-thermal 
models.  Both systems also included choke flow models.  The third system, labelled C, is a full 
field virtual metering model based on a dynamic process simulator and linked to a transient 
multiphase flow simulation model. 
 
The study was conducted as part of a major project work scope.  The design premise for the 
study was based on the project parameters and was used as a common basis for all the three 
virtual meters.  The succeeding comments, conclusions and recommendations are intended 
to raise the awareness of potential and current users of virtual metering systems, and to take 
into consideration the analytical process used when developing a holistic life cycle approach 
from selection to operation.  At the risk of being repetitive, it is not the intent to differentiate 
amongst the systems used in this study. 
 
In the course of the study, the following observations on the features of each virtual metering 
system, whilst secondary to the main objective, is worth outlining.  Each system had a 
different approach or impact to the following: 
 

• Methodology and modes of calculation for the same type of a well model 
 

• Detection and treatment of anomalous measurement input 
 

• Recovery from faulty or unavailable measurement input 
 

• Calculation of and reporting the best estimated rate 
 

• Use of automation versus operator judgement 
 

• Organizational capability requirement for sustainability 
 
In terms of sensitivities to the various measurement and parameter inputs, the study has 
shown that general conclusions can be made.  While these conclusions are specific to the 
scope of the study, they are most likely applicable to other virtual metering systems in various 
field development scenarios.   
 

• For virtual metering systems that utilize well inflow relationship (PI model) and 
hydraulic-thermal model, inaccuracies in the estimation of the reservoir pressure and 
the well PI have the greatest impact on flow rate prediction error. 
 

• For the systems used in this study, errors in the wellhead and bottomhole pressures 
measurements have a large impact on flow rate prediction.  The errors can be caused 
by instrument degradation or in some instances, due to issues in communication and 
transmission of information 
 

• The temperature input, regardless of location has the least impact on flow rate 
estimation 
 

• The rate estimation sensitivities for all input parameters increase as the production 
rate decreases.  This effect, along with the instrument degradation over time could 
pose severe challenges to virtual metering in low production fields or late in field life. 

 
In terms of input measurement uncertainty, the bottomhole pressure uncertainty gave the 
highest sensitivity to the predicted rate uncertainty, at least for System B. 
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In terms of availability, 
 

• The wellhead pressure gauges are the most important for the virtual metering 
systems.  There may be some distinction between the relative sensitivity to the 
pressure upstream or downstream of the production choke valve but it is methodology 
and rate dependent. 
 

• The bottomhole pressure and temperature gauges are also important 
 
Care must be taken to understand the impact of fluid properties and phase behaviour data 
uncertainty to the virtual metering system during calibration.  The residual uncertainty in the 
estimated rates due to uncertainties in thermodynamic (PVT) and fluid properties, apart from 
the measurement and parameter input uncertainty may be difficult, if not impossible to 
quantify separately.  Slow changes in fluid and PVT properties over time could still yield 
reasonable rate estimates but where the adjusted parameters now take on larger uncertainties 
compared to equivalent measured values.   
 
Fluid samples may need to be obtained post first oil in order to update the fluid and PVT 
properties in the virtual metering systems to minimize their impact on estimated rates 
uncertainties. 
 
Finally, certain smart features including fault detection, error recovery using alternative 
solutions and statistical based model discrimination are just a few examples of capabilities 
available in virtual metering systems.  These features could bound the resulting uncertainty in 
the event of input device fault or failure and automate the model selection hierarchy to arrive 
at an estimated rate. 
 
The following recommendations are made based on the findings in this study: 
 

• Consider installing redundant pressure transmitters upstream of the subsea 
production choke. These redundant pressure transmitters should be completely 
independent, each with a separate connection to the well head. 
 

• The downhole pressure and temperature gauges are also central to the various 
systems and so redundancy in these sensors should also be considered. 
 

• Test the virtual metering system and the methods or modes hierarchy, particularly 
during the first year for production allocation and reconciliation and make any 
adjustments if required and continually calibrate this with production data. 

 
• Determine a schedule for pressure transient analysis in order to ensure that the 

reservoir pressure value is updated.  Consider a provision to automatically harvest 
downhole pressure data during unscheduled shut-downs as potential input data to   
routine pressure build-up analysis. 
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Allocation Uncertainty: Tips, Tricks and Pitfalls 
 

Phil Stockton, Accord Energy Solutions Ltd 
Allan Wilson, Accord Energy Solutions Ltd 

 
 
  
1 INTRODUCTION 
 
Measurement uncertainties and their estimation have been the subject of much discussion 
and analysis. However allocation uncertainties have not been so well explored – specifically 
the way in which the uncertainties in measurements propagate through the allocation 
process. 
 
The uncertainty of allocated quantities can be considered as a Field or partner’s exposure to 
random gains (and losses) in the allocation results and should be understood in order to 
reach a fair and equitable allocation. 
 
This paper describes methods of analytically calculating allocation uncertainties. It also 
highlights potential pitfalls and how to avoid them in typical calculations: for example, the 
uncertainty of a component mass flow, calculated as the product of total flow and mass 
component fraction, is not as straightforward as might at first be expected. This and other 
examples, which are presented as a series of case histories, are borne out of the authors’ 
experiences in analysing uncertainties in a wide variety of systems. 
 
Many of the pitfalls were revealed by comparing the results from the analytical approach with 
those generated using a stochastic Monte Carlo approach. The paper describes how a 
combination of the two approaches is perhaps the most effective in calculating allocation 
uncertainties1. It goes on to describe how the analytical approach provides a deeper 
understanding of the uncertainties when comparing different allocation schemes. This is 
developed to generate a more general uncertainty map or landscape on which Pro Rata, By 
Difference and Uncertainty Based Allocation methods are compared.  
 
In Section 2, the basic analytical and Monte Carlo methods to calculate and combine 
uncertainties are described and some useful results presented.  
 
In Section 3, several applications of the equations are applied to real world examples in the 
form of case studies. These highlight potential pitfalls and the requirement for a clear 
understanding of concepts such as: 
 

• independence of variables 
• covariance 
• difference between relative and absolute uncertainty. 

 
These examples also serve to illustrate the benefits of the authors’ preferred approach of 
attacking the calculations using both analytical and Monte Carlo techniques.  
 
Section 4, commences with a discussion which compares the Monte Carlo and analytical 
approaches. It goes on to present equations for the uncertainties associated with three 
methods of allocation: By Difference, Pro Rata (or proportional) and Uncertainty Based 
Allocation (UBA). These equations are presented in concise and useful forms. The power of 
the analytical method is then exploited to explore the landscape of the uncertainty for the 
three aforementioned methods of allocation to afford a deeper understanding of their 
comparative uncertainties. The results of the analysis are presented in simplified equations 
that trace the boundaries where one type of allocation has an equal uncertainty to another 

                                                           
1  It is acknowledged that there are other methods of calculating and combining uncertainties, for 

example quadrature. However, this paper is borne out of the authors’ particular experiences and it is 
the combined use of analytical and Monte Carlo approaches that they have found to be beneficial. 

fltough
Stamp
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and allows the ready determination of which is the better method of allocation from an 
uncertainty viewpoint. Many of the results are also illustrated graphically. 
 
Section 5 provides a series of guidelines, borne out of the authors’ experience, for the 
calculation of allocation uncertainty. 
 
Equations are presented throughout the main body of text, generally without derivation. This 
is to aid readability of the paper: where considered appropriate the derivations are presented 
in the Appendix in Section 8.  
 
2 CALCULATION OF UNCERTANTIES 
 
2.1 Guides and Standards 
 
In 1993, the Guide to the Expression of Uncertainty in Measurement [1], or GUM as it is 
commonly referred to, was published by the International Organization for Standardization 
(ISO) in association with six other international organizations2. The foreword to the GUM 
states that “In 1978, recognizing the lack of international consensus on the expression of 
uncertainty in measurement, the world’s highest authority in metrology, the Comite 
International des Poids et Mesures (CIPM), requested the Bureau International des Poids et 
Mesures (BIPM), to address the problem in conjunction with the national standards 
laboratories and to make a recommendation.” This resulted in the publication of the ISO 
Guide, which has been accepted as the de facto international standard for the expression of 
uncertainty in measurement. 
 
The approach in the GUM is based on the Taylor Series Method (TSM) to model the 
propagation of uncertainties, and the use of the term “analytical” with reference to uncertainty 
calculations denotes this TSM method. This is to distinguish that propagation approach from 
the Monte Carlo Method (MCM), which is described in a Supplement to the GUM [2]. 
 
This perhaps rather laboured introduction is presented to show that the calculation of the 
propagation of uncertainties has been considered by several august organisations and the 
methods developed rigorously. The methods presented in the GUM are utilised extensively, 
not only in the metering industry, e.g. ISO 5168 [3], but throughout the world of science and 
engineering. For example, Monte Carlo methods are routinely used in the analysis of data 
generated by particle accelerators such as CERN’s Large Hadron Collider which recently 
discovered a Higg’s-like particle. 
 
The purpose of this preamble is to illustrate that there are recognised, correct mathematical 
methods that can be used for the propagation of uncertainties. An exhaustive discussion of 
the various methods is presented in [4]. 
 
2.2 Analytical Uncertainties 
 
The TSM is described in the GUM. The basic equation for the uncertainty in a result y, which 
is a function of a number (N) of input variables (xi), is given by: 
 

 
2

1

2









∂
∂×= ∑

= i

N

i
i x

y
UxUy  (1) 

 
  

                                                           
2  Bureau International des Poids et Mesures (BIPM), International Electrotechnical Commission 

(IEC), International Federation of Clinical Chemistry (IFCC), International Union of Pure and 
Applied Chemistry (IUPAC), ), International Union of Pure and Applied Physics (IUPAP), 
International Organization of Legal Metrology (OIML). 
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In fact this is the simplest form of the equation presented in the GUM. There are potentially 
additional terms which account for: 
 

• higher order partial derivatives which are required if the equation is highly non-linear 
– these higher order terms can usually be ignored  

• covariance terms to account for the case when the input quantities xi are correlated – 
these, as will be seen, cannot always be ignored. 

  
The equation above is in terms of absolute uncertainties Uy and Uxi; the relative uncertainty 
of y is calculated by dividing Uy by y to obtain εy. Often the relative uncertainty in an input 
variable xi will be given and the absolute uncertainty is obtained by multiplying εxi by x to 
obtain Uxi. 
 
When talking of measurements, generally these are assumed to be normally distributed, with 
95% of measurements lying within ±2 standard deviations of the average value as illustrated 
in Figure 1: 
 

 
Figure 1 – Normal Distribution Probability Distribution, Standard Deviation and Uncertainty 

 
The partial derivative term in Equation (1) is also referred to as the sensitivity coefficient. The 
sensitivity coefficient describes the impact that the individual input variable xi has on the result 
y. 
 
A useful result can be obtained for equations that involve only multiples and quotients of 
variables. In this instance the relative uncertainty of the result (y) is the root sum square of the 
input variables’ (xi) relative uncertainties. So for example, if: 
 

21 xxy *=  (2) 
 

then the relative uncertainty in y is simply given by: 
 

 2
2

2
1 xxy ε+ε=ε  (3) 

 

-4 -3 -2 -1 0 1 2 3 4

Standard Deviations

~95% Probability 
result will lie within 2 
standard deviations, ~ 
equivalent to quoted 
uncertainty

~2.5% Probability 
result will lie lower than 
minus 2 standard 
deviations
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This specific form of the equation is derived from Equation (1) (see Section 8.1 of Appendix) 
and in fact works for any equations of the form: 
 

...***
cba xxxky 321=  (4) 

 
for which the relative uncertainty in y is calculated from: 
 

...*** +ε+ε+ε=ε 2
3

22
2

22
1

2 xcxbxay  (5) 

 
Here the powers a, b, c, etc can be negative representing variables in the denominator. So for 
example the molar density of a perfect gas is given by: 
 

RT
P=ρ  (6) 

 
And its relative uncertainty is calculated from: 

 

( ) 2222 11 TP ε−+ε=ερ **  (7) 

 
(This assumes the uncertainty in the gas constant R is negligible). 
 
Or for the volume of a cylinder: 
 

L
D

V ×π=
4

2

 (8) 

 
2222 12 LDV ε×+ε×=ε  (9) 

 
It should be noted that the constant, π, does not figure in the relative uncertainty equation and 
that the sensitivity coefficient for the diameter D, is 4 times that of the length L, because D is 
squared in the volume equation. 
 
Though this specific form of the uncertainty equations is useful it can ONLY be used for 
equations of the form presented in Equation (4) and should NOT be used for other equation 
forms: for example the equation for allocating By Difference is represented by: 
 

21 xxy −=  (10) 
 

The relative uncertainty in y, in this case is: 
 

 
y

xx xx
y

2
2

222
1

22 2111 ε−+ε
=ε

**)(**)(
 (11) 

 
The analytical uncertainties for By Difference and various other allocation methods are 
presented in Section 4. 
 
2.3 Monte Carlo Uncertainties 
 
The Monte Carlo Method is a powerful tool for performing uncertainty analysis. The basic 
methodology is described below, but detailed descriptions can be found in [2] and [4]. Using 
the volume of the cylinder equation as an example: 
 

• The true values of D and L are assumed. 
• The estimates of the random uncertainty for D and L are obtained. 
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• Appropriate probability distribution functions are assumed to describe the variation of 
the random uncertainties – usually these will be Gaussian (normal). 

• A random number generator is used to produce a value of the random error 
independently for each input variable which is consistent with the random uncertainty 
and probability distribution functions. 

• These random errors are applied to the true values to obtain “measured values” for D 
and L. 

• Using the “measured” D and L, the volume V is calculated. 
 
This process corresponds to running the simulation once. The process is repeated M (where 
M may be 1,000 or 100,000 or …, etc. depending on the problem) times to obtain a 
distribution of the output result V. The standard deviation and hence uncertainty can then be 
obtained for V from the distribution of the simulation results generated. The results of a typical 
Monte Carlo simulation are presented in Figure 2. 
 

 
Figure 2 – Monte Carlo Simulation Results with Normal Distribution Overlaid 

 
3 CASE STUDIES 
 
3.1 Introduction 
 
The following sections describe a series of case studies associated with the calculation of 
uncertainties in allocation systems. These are based on real world problems but the systems 
and data have been anonymised – though the data presented are representative of the real 
systems. 
 
These case studies are intended to describe the correct application of the propagation of error 
equations and highlight areas where pitfalls can be encountered. These studies also illustrate 
the power of the complementary use of analytical (TSM) and Monte Carlo (MCM) methods to 
cross check against each other. 
 
3.2 Offshore Gas Condensate System 
 
This example involves a mass allocation to Field Alpha based on wet gas flow measurements 
and Field Bravo is allocated By Difference. 
 
The basic process is illustrated in Figure 3: 
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Figure 3 – Offshore Gas Condensate Process Schematic 
 
Field Alpha’s allocated export gas (Gα) is calculated as the product of its measured inlet flow 
(Mα) multiplied by a process factor (Sα) to account for liquid drop out in the topsides process: 

 
αα=α SMG *  (12) 

 
Since Alpha’s allocated gas is just the product of two terms, Equation (3) can be used to 
calculate its relative uncertainty as the square root of the sum of the squares of the relative 
uncertainties in Alpha’s metered inlet and process factor: 
 

22
ααα ε+ε=ε SMG  (13) 

 
Field Bravo’s gas (Gβ) is allocated By Difference between the measured total export gas 
(MG) and Alpha’s allocated gas (Gα): 
 

α−=β GMGG  (14) 
 

Bravo’s allocated gas is just the difference between two terms and Equation (11) can be used 
to calculate its relative uncertainty: 
 

( )
β

εα−+ε
=ε α

β G

GMG GMG
G

222222 11 ****
 (15) 

 
The condensate was allocated to Alpha as metered inlet minus its allocated gas mass. 
 

α−α=α GMC  (16) 
 

And Bravo’s condensate as the difference between the total measured condensate and that 
allocated to Alpha: 

 
α−=β CMCC  (17) 
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At first sight it may appear to be appropriate to calculate the uncertainty in Alpha’s allocated 
condensate using Equation (11), with sensitivity coefficients of 1 and -1 respectively for Mα 
and Gα: 
  

( ) ( ) ( )
α

−αε+αε
=ε αα

α C

GM GM
C

2222 11 ****
 (18) 

 
Bravo’s condensate uncertainty is calculated in analogous fashion from: 
 

( ) ( ) ( )
β

−αε+ε
=ε α

β C

CMC CMC
C

2222 11 ****
 (19) 

 
Table 1 presents the results of the above analytical uncertainty calculations based on 
representative measured flows, process factors and their associated uncertainties: 
 

Table 1 – Offshore Gas Condensate Allocation System Analytical Uncertainties 
 
 

 
 
The condensate allocation uncertainties appear high. The calculations were checked using 
the same input data in a Monte Carlo simulation and the results are presented in Table 2: 
 

Table 2 – Offshore Gas Condensate Allocation System Monte Carlo Uncertainties 
 
 

 
 
There is good agreement with the analytical gas allocation uncertainties but the Monte Carlo 
analysis predicts the condensate uncertainties are roughly half the values determined above 
in the analytical treatment. In fact the calculation of the analytical uncertainty for the Alpha 
condensate is incorrect and this highlights a pitfall that must be avoided when calculating 
uncertainties. 
 
As discussed above (in Section 2.2), using Equation (1) to combine the uncertainties in the 
various quantities requires that each input variable in the equation is independent. If they 
aren’t then the covariance terms need to be accounted for. The equation for Alpha’s allocated 
condensate is just the difference between its metered inlet (Mα) and its allocated gas (Gα) – 
BUT these two terms are not independent since the allocated gas was calculated based on 
the metered inlet in Equation (16). In order to calculate Alpha’s condensate uncertainty 

Alpha Bravo Gas Export Condy Export

Inlet Flow M tonnes/d 1,000

Process Factor S 0.9

Export Flow M tonnes/d 2,000 500

Allocated Gas G tonnes/d 900 1,100

Allocated Condy C tonnes/d 100 400

Flow Uncert ε Rel % 5.0% 1.0% 1.0%

Process Factor Uncert εS Rel % 5.0%

Allocated Gas Uncert εG Rel % 7.1% 6.1%

Allocated Condy Uncert εC Rel % 80.9% 20.3%

Alpha Bravo

Allocated Gas Uncert εG Rel % 7.0% 6.0%

Allocated Condy Uncert εC Rel % 45.1% 11.4%
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correctly the equation must be expressed in terms of input variables that are independent of 
one another: 
 

( )α−α=αα−α=α SMSMMC 1*  (20) 
 
Now calculating the sensitivity coefficients for Cα in terms of Mα and Sα: 
 

( )α
α

−=
∂

α∂
S

M
C

1  (21) 

 

α
α

=
∂

α∂
M

S
C

 (22) 

 
Now Alpha’s allocated condensate relative uncertainty is given correctly by: 
 

( ) ( ) ( )
α

αααααα
α

ε+−ε
=ε

C

MSSM SM
C

2222 1 ****
 (23) 

 
Bravo’s allocated condensate uncertainty can still be calculated according to Equation (19) as 
the total measured condensate (MC) and Alpha’s allocated condensate (Cα) are independent 
of each other, though the uncertainty εCα requires updating in accordance with (Equation 23). 
The revised condensate uncertainties are presented in Table 3: 
 

Table 3 – Offshore Gas Condensate Allocation System Correct Analytical Uncertainties 
 

 
 
The corrected analytical and Monte Carlo uncertainties are now in excellent agreement. 
 
PITFALL:  Failure to recognise terms in an allocation equation that are dependent on one 

another particularly when utilising the results of one allocation step in a 
subsequent step. 

 
TIP:  When calculating the uncertainty, ensure that allocation equations are re-

expressed in terms of independent terms, preferably inputs to the allocation 
system. 

 
3.3 Mass Component Flows 
 
Consider a stream for which mass flow and composition are measured. Table 4 presents 
figures for a representative gas stream containing 10 components for illustrative purposes. 
Also shown is the relative uncertainty in the gas mass fractions and total flow. 
  

Alpha Bravo

Allocated Gas Uncert εG Rel % 7.1% 6.1%

Allocated Condy Uncert εC Rel % 45.3% 11.4%
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Table 4 – Gas Stream Flow and Composition 

 

 
 
 

To obtain the mass flow of any component, the flow and component mass fraction are simply 
multiplied together: 
 

CTC XMM *=  (24) 
 
At first sight it might be expected that the uncertainty in MC can be obtained using the 
equation for combining the uncertainties in products (as given by equation (3)). The results 
obtained in this way are presented in Table 5, along with the equivalent uncertainties 
determined by Monte Carlo simulation: 
 

Table 5 – Gas Stream Flow and Composition 
 

 
 
The analytically determined relative uncertainty for all the component mass flows is the same 
because the same uncertainty was assumed for all components in this example. The Monte 
Carlo approach produces quite different uncertainties for the mass component flows, 
generally being slightly higher for the majority but significantly lower for the main component, 
methane (C1). 
 

Symbol Units Value Rel Uncert

Flow M tonnes/d 1,000 1.0%

Composition

N2 XN2 mass % 1.0% 5.0%

CO2 XCO2 mass % 3.0% 5.0%

C1 XC1 mass % 73.0% 5.0%

C2 XC2 mass % 12.0% 5.0%

C3 XC3 mass % 7.0% 5.0%

iC4 XiC4 mass % 2.0% 5.0%

nC4 XnC4 mass % 1.0% 5.0%

iC5 XiC5 mass % 0.5% 5.0%

nC5 XnC5 mass % 0.4% 5.0%

C6+ XC6+ mass % 0.1% 5.0%

Symbol Units Value

Component Mass Analytical Monte Carlo

N2 MN2 tonnes/d 10 5.1% 6.3%

CO2 MCO2 tonnes/d 30 5.1% 6.2%

C1 MC1 tonnes/d 730 5.1% 1.8%

C2 MC2 tonnes/d 120 5.1% 5.8%

C3 MC3 tonnes/d 70 5.1% 6.0%

iC4 MiC4 tonnes/d 20 5.1% 6.3%

nC4 MnC4 tonnes/d 10 5.1% 6.3%

iC5 MiC5 tonnes/d 5 5.1% 6.3%

nC5 MnC5 tonnes/d 4 5.1% 6.2%

C6+ MC6+ tonnes/d 1 5.1% 6.3%

Rel Uncert
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Once again why does the Monte Carlo simulation generate a different uncertainty, for this 
seemingly simple, almost trivial, calculation? The answer is revealed when the mechanics of 
performing the Monte Carlo simulation are examined in more detail. Table 6 shows the 
calculation steps associated with a single iteration of the Monte Carlo simulation: 
 

Table 6 – Gas Stream Flow and Composition 
 

 
 
 
The True Value column shows the original composition and flow. The Measured Value 
column shows the result of the random deviation applied to the original figures – in effect a 
single measurement - significantly the composition now does not perfectly sum to 100%. This 
is the key step, the composition is normalised to obtain the final values. The component mass 
flow is determined using the re-normalised component mass fractions. What this 
renormalisation step reveals is that a slight increase (or decrease) in one component has to 
be balanced by corresponding decreases (or increases) in other components so that the 
composition sums to 100%. The measured component mass fractions are not independent of 
each other but exhibit covariance and this must be accounted for in the analytical uncertainty 
calculations. 
 
As mentioned in Section 2.2, Equation (1), and hence (3), should be modified to include extra 
terms to account for covariance. The GUM [1] presents the modified equation as: 
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UxUy ****** ,  (25) 

 
 
The additional covariance terms account for the inter-dependence of the input variables xi and 
xj, and these terms comprise: 
 

• the product of the uncertainties 
• the product of the sensitivity coefficients 
• the correlation coefficient ri,j which reflects the degree to which the values of xi and xj 

correlate with each other. A value of one indicates complete correlation; zero reflects 
no correlation, i.e independence; a value of less than one indicates that one variable 
decreases as the other increases. 

 

Mass Cpt

Units True Value Measured Value Normalised Result

Flow M tonnes/d 1,000 991 Mi

N2 XN2 mass % 1.0% 0.96% 0.94% 9.332

CO2 XCO2 mass % 3.0% 3.03% 2.99% 29.603

C1 XC1 mass % 73.0% 74.10% 72.98% 723.022

C2 XC2 mass % 12.0% 11.98% 11.80% 116.874

C3 XC3 mass % 7.0% 7.43% 7.31% 72.462

iC4 XiC4 mass % 2.0% 2.07% 2.04% 20.246

nC4 XnC4 mass % 1.0% 0.95% 0.94% 9.287

iC5 XiC5 mass % 0.5% 0.52% 0.51% 5.076

nC5 XnC5 mass % 0.4% 0.40% 0.40% 3.934

C6+ XC6+ mass % 0.1% 0.09% 0.09% 0.922

Total 100.00% 101.54% 100.00%

Covariance 
terms 
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The result of the product of the covariance terms can be negative as well as positive, 
meaning that it can reduce the uncertainty in y as well as increase it as was observed with 
the Monte Carlo uncertainties. 
 
An obstacle arises here in that, for all but the simplest cases, it is difficult to obtain the 
correlation coefficient ri,j. 
 
However, in this example the uncertainty can be calculated by re-expressing Equation (24) 
slightly differently in a form that naturally accounts for the inter-dependence of the 
component mass fractions, for example for component N2 (nitrogen): 

 



















×=
∑
C

C

N
TN

X

X
MM 2

2  (26) 

 
Though the denominator summation term is equal to one its inclusion in calculating the 
uncertainty means that uncertainties and sensitivity coefficients for all components are now 
included in the uncertainty of the mass component flow. So for example the uncertainty of 
component N2 is given by: 

 

( ) ( ) ( )( )

2

2
222

2

2
2

2
2 1

2
N

NTNN
NC

NCCNTMT

M M

XMXMXXM

N

−ε+ε+ε

=ε
∑
≠

*******

 (27) 

 
 
 The results, which now agree with the Monte Carlo figures, are presented in Table 7: 
 

Table 7 – Mass Component Flow Corrected Uncertainties 
 

 
 
 
PITFALL:  Failure to recognise terms in an allocation equation that are dependent on one 

another. This dependence may not be explicit in the allocation equations 
themselves, for example the requirement for a composition to sum to 100%. 

 
TIP:  Ensure that implicit constraints in the allocation system equations are accounted 

for when calculating uncertainty. For example the constraint that requires a 
composition to sum to 100% resulting in covariance between the component mass 
(or molar) fractions. 

 
  

Symbol Units Value

Component Mass Analytical Monte Carlo

N2 MN2 tonnes/d 10 6.27% 6.26%

CO2 MCO2 tonnes/d 30 6.19% 6.18%

C1 MC1 tonnes/d 730 1.83% 1.85%

C2 MC2 tonnes/d 120 5.82% 5.81%

C3 MC3 tonnes/d 70 6.03% 6.05%

iC4 MiC4 tonnes/d 20 6.23% 6.33%

nC4 MnC4 tonnes/d 10 6.27% 6.32%

iC5 MiC5 tonnes/d 5 6.29% 6.25%

nC5 MnC5 tonnes/d 4 6.30% 6.21%

C6+ MC6+ tonnes/d 1 6.31% 6.32%

Rel Uncert
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TRICK:  When calculating partial derivatives for sensitivity coefficients, re-express mass (or 
molar) fractions as the component fraction divided by the sum of the component 
fractions. This will mean that all components will feature in the uncertainty 
calculation for each individual component and will account for their covariances. 

 
3.4 Multiphase Flow Meter Oil and Water Flows 
 
The type of Multiphase flow meter (MPFM) that is being discussed in this section is the type 
that infers the ratio of oil and water (and gas) by firing electromagnetic beams across the flow. 
 
Manufacturer’s of such MPFMs generally present the uncertainty of the liquid phases in terms 
of an overall liquid flow relative uncertainty and an absolute water liquid ratio uncertainty. 
Some representative values are presented in Table 8: 
 

Table 8 – Illustrative MPFM Uncertainties 
 

Liquid flow Relative uncertainty 5% 
WLR Absolute uncertainty 3% 
 
 
These are typical but deliberately not any particular manufacturer’s data. The important points 
to note are that: 
 

• the uncertainty in the individual oil and water liquid phases are not quoted 
• the liquid flow uncertainty is a relative value 
• the WLR uncertainty is an absolute value. 

 
The oil and water flows are calculated respectively from: 
 

( )WLRMM LiqOil −= 1*  (28) 

And, 
WLRMM LiqWat *=  (29) 

 
The relative uncertainty in the oil flow is given by: 

 

( )( ) ( )
( )WLR

eWLR WLRLiq
MOil −

+−ε
=ε

1

1 22
*

 (30) 

 
The relative uncertainty of the oil is not a function of the total liquid flow but dependent on the 
WLR. Note also the use of the relative liquid flow uncertainty and absolute WLR uncertainty 
in the above equation.  
 
What is also apparent on inspection of the above equation is that the relative uncertainty in 
the oil becomes very large as the WLR approaches 1. At first sight this may appear alarming 
but evaluation of the analogous absolute uncertainty as given by: 

 

( )( ) ( )221 WLRLiqLiqM eWLRMe
Oil

+−ε= *  (31) 

 
reveals that the absolute uncertainty tends to some finite value. 
 
Based upon a total liquid flow of 1,000 Sm3/d and using the uncertainties in Table 7, the 
relative and absolute uncertainties of the oil flow are plotted as functions of WLR from 0 to 1 
in Figure 4: 
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Figure 4 – Uncertainty in MPFM Oil Flow as a Function of WLR 
 
The relative uncertainty rises asymptotically as the WLR approaches one. However, due to 
the falling oil flow the absolute uncertainty in fact falls. The relative uncertainty rises because 
the absolute uncertainty value represents a larger fraction of the oil flow.  
 
In fact the exposure, as represented by the uncertainty, in the oil flow actually falls as the 
WLR rises. This illustrates the requirement to consider both relative and calculated 
uncertainties in allocated or measured quantities. 
 
Similar trends are observed with the water uncertainty at low WLRs; the relative uncertainty is 
given by: 
 

( ) ( )
WLR

eWLR WLRLiq
MWat

22 +ε
=ε

*
 (32) 

 
Note that the though the water flow is the product of MLiq and WLR, Equation (5) is not 
applicable here, as the uncertainty in the WLR, eWLR, is an absolute value. 
 
The absolute uncertainty is given by: 
 

( ) ( )22
WLRLiqLiqM eWLRMe

Wat
+×ε=  (33) 

 
 
The analogous relative and absolute uncertainties of the water flow are plotted in Figure 5: 
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Figure 5 – Uncertainty in MPFM Water Flow as a Function of WLR 
 
 
The high water relative uncertainty observed at low WLR occurs when oil dominates the liquid 
phase. 
 
This case study illustrates methods of combining absolute and relative uncertainties and the 
requirement to consider both relative and absolute uncertainties in the calculated quantities to 
understand the significance of the exposure in the calculated result. 
 
PITFALL:  Assuming that a constant relative uncertainty applies for the individual oil and 

water phase flow rates for an MPFM across the range of water cut. 
 
TIP:  Ensure that the individual oil and water flow uncertainties are calculated based on 

the liquid flow and WLR uncertainties - the uncertainties will vary with water cut. 
 
PITFALL:  Assuming that a high relative uncertainty in oil or water phase flow rates is 

necessarily a problem. 
 
TIP:  Determine both absolute and relative uncertainties for the oil and water flow rates 

as a high relative uncertainty in flow may be a small absolute quantity. 
 
 
4 ALLOCATION APPROACH ANALYSES 
 
4.1 Analytical versus Monte Carlo? 
 
At this point the question arises, why should the analytical uncertainty be calculated at all 
when the Monte Carlo approach seems to provide the correct answer whilst naturally 
accounting for covariances, etc?  
 
Each Monte Carlo simulation provides a only snap shot of the uncertainty for one particular 
set of data, i.e. one set of flows, uncertainties, etc. With each simulation run consisting of 
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many thousands (or even millions) of iterations, the time taken to build up a picture over a 
range of flows in an allocation system may be significant3. 
 
The analytical approach provides equations that describe the uncertainty over a range of 
flows almost effortlessly. This also allows various methods of allocation to be compared and 
gain a deeper understanding of the relative merits of each approach over the full range of 
flows.4 
 
In the authors’ experience the combined use of both approaches has proved to be 
advantageous in calculating and assessing the uncertainties associated with allocation 
methodologies. 
 
In the following sections three main methods of allocation are compared from an uncertainty 
viewpoint. The simple example allocation system presented in Section 4.2 is used throughout 
the comparison exercise. 
 
4.2 Pro Rata or Proportional Allocation 
 
Consider a system where two fields are produced through a process and their commingled 
export production is measured. This is allocated to the fields in proportion to their individual 
measured or estimated production at the export point. The system is presented schematically 
in Figure 6: 
 

 
 

Figure 6 – Simple Process Schematic 
 
The quantities allocated to A and B could be oil, gas, water, etc. The estimated production at 
the export point PA and PB may be equal to direct measurements of A and B as given by MA 
and MB, or based on MA and MB and some factor to account for processing. MA and/or MB 
maybe continuous measurements or based on well tests. 
 
However PA and PB are determined it is assumed that they provide an estimate of the flow 
from each Field at the measurement point and that their uncertainties are available or have 
been calculated appropriately. In the ensuing discussion, the uncertainty in these quantities 
will be referred to as their measurement uncertainties. Also the uncertainty in the commingled 
export flow measurement, M, is known. 
 
Allocated quantities employing the proportional method are given by: 
 










+
∗=

BA

A
A PP

P
MA

 (34) 
and, 

                                                           
3  For example to build the three dimensional surface plots presented in Figure 17 and Figure 18, each 

consisting of approaching 1000 data points, would take over 7 hours to generate on the authors’ 
spreadsheet used to perform the Monte Carlo simulations – each simulation consisting of 10,000 
iterations. 

4  In complex systems, the equations may be such that Monte Carlo simulation is the only practicable 
approach for calculating uncertainties. 

Process

MAField A

Field B

M Commingled Export

MB

PA

PB
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+
∗=

BA

B
B PP

P
MA

 (35)
  

The relative uncertainties in the allocated quantities, AA and AB, have been calculated using 
analytical approach and are given by5: 
 

( ) ( )2222 1 BPAPMAA x ,,, ε+ε−+ε=ε  (36) 

 

( )2222
BPAPMBA x ,,, ε+ε+ε=ε  (37) 

 
The relative uncertainties are functions of the relative uncertainties in the input quantities and 
x, which is the fraction Field A comprises of the total flow: 
 

 










+
=

BA

A

PP
P

x  (38) 

 










+
=−

BA

B

PP
P

x)(1  (39) 

 
Assuming some values of the uncertainties for illustrative purposes: 
 

• Commingled measurement, εM = 1% 
• Field A measurement, εP,A = 5% 
• Field B measurement, εP,B = 10% 

 
Substituting these values into Equations (36) and (37), Field A and B’s allocation uncertainty 
can be plotted as a function of x as shown in Figure 7: 
 

 
 

Figure 7 – Pro Rata Allocation Relative Uncertainty 

                                                           
5  The derivation is presented in Section 8.2 of the Appendix. 
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The Fields’ allocation uncertainties are mirror images of one another as x increases from zero 
to one. The relative allocation uncertainty for Field A decreases as it occupies a larger share 
of the flow (increasing x) to a minimum value of 1% - this is determined by the export 
measurement uncertainty.  
 
An important point to note is that though Field A has a better quality meter than Field B its 
allocation uncertainty is exactly the same as Field B’s when they occupy the same fraction of 
the total flow. Reducing the uncertainty of any of the meters benefits the system as a whole 
but not any field specifically. Also the equations indicate that improving the uncertainty in the 
measurement with the largest uncertainty provides the largest benefit for the system as a 
whole. 
 
The analogous plot for the absolute uncertainty is presented in Figure 8, based on a nominal 
combined flow of 1,000 – appropriate units are arbitrary and could be tonnes/d, kg/h, etc. 
 
 

 
 

Figure 8 – Pro Rata Allocation Absolute Uncertainty 
 
This shows that as x falls, the absolute uncertainty for Field A falls despite its relative 
uncertainty rising. 
 
In order to provide more of an overview of the uncertainty a three dimensional plot of Field A’s 
relative allocation uncertainty is presented in Figure 9: 
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Figure 9 – Pro Rata Relative Allocation Uncertainty – Field A 
 
The orange surface is Field A’s relative allocation uncertainty plotted against the vertical axis 
(AA Uncertainty (%)). The fraction Field A comprises (X) is plotted on the horizontal axis right 
to left, and the uncertainty in Field A’s production, εP,A, (from 0% to 20%) is plotted on the 
horizontal axis left to right. 
 
Also shown by the black dots is the locus of Field A’s allocation uncertainty when its 
measurement uncertainty is 5% corresponding with the plot in Figure 7. 
 
 
4.3 By Difference Method 
 
When employing the By Difference approach, the allocated quantities are given by: 
 

AA PA =  (40)
  

 
for Field A and for Field B by difference, 
 

AB PMA −=  (41)

  
(The system in this example is Field B allocated By Difference. Equally Field A could be 
allocated By Difference, but the analysis is basically the same). 
 
The associated relative uncertainties are given by, for A: 
 

APAA ,, ε=ε  (42) 

 
And, similarly for AB: 
 

( )x

x APM
BA −

ε+ε
=ε

1

222
,

,  (43) 
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Using the uncertainties presented in Section 4.2 the relative allocation and absolute 
uncertainties for both fields are presented in Figure 10 and Figure 11 respectively: 

 
 

 
 

Figure 10 – By Difference Allocation Relative Uncertainty 
 
 
 

 
 

Figure 11 – By Difference Allocation Absolute Uncertainty 
 
Perhaps the most salient feature of the above figures is the rise in Field B’s allocation 
uncertainty as its flow relative to Field A declines. This occurs with its absolute uncertainty, 
which when combined with its reducing flow, results in an asymptotic rise in its relative 
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uncertainty. This illustrates the classic problem of allocating the minor producing field By 
Difference. 
 
Conversely, also apparent when Field B is a high proportion of the flow, is that the allocation 
uncertainty for both Field A and B is lower than the Pro Rata approach. Using the analytical 
uncertainty equations the point at which this cross over occurs can be calculated. For Field A, 
this is given by: 
 

1

1
2

22

+








ε
ε










ε
ε−









ε
ε

−=Ψ

B

A

B

M

B

A

A  (44) 

 
If x is less than ψA then By Difference allocation provides a lower uncertainty, if greater, then 
Pro Rata is better for Field A. 
 
Interestingly the cross over point for Field B ψB is not the same and in fact requires the 
solution of the following cubic equation: 
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This equation can be solved iteratively using direct substitution: assume an initial value for 
ψ’B, say 0.5 and recalculate ψB from: 
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 (46) 

 
Then update ψ’B to be equal to ψB as calculated by Equation (46) and iterate until 
convergence is achieved. 
 
ψA and ψB are functions only of the uncertainties of the Export and Field A and B 
measurements. Using the uncertainties in the example above for the Export and Field B 
measurements, the operating regimes where Pro Rata and By Difference are preferred in 
terms of lowest uncertainty can be plotted as a function of Field A measurement uncertainty 
εP,A as shown in Figure 12. 
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Figure 12 – Pro Rata versus By Difference Uncertainty Map 
 
There is a small zone between the ψA and ψB lines where Pro Rata produces a lower 
uncertainty for Field B and By Difference is preferred for A. The size of this zone increases as 
the product meter uncertainty increases and disappears altogether when the product 
measurement uncertainty is zero. 
 
4.4 Uncertainty Based Allocation Method 
 
Uncertainty Based Allocation (UBA) utilises the uncertainties in the measurements in the 
allocation equations. The method calculates the imbalance (Δ) which is the difference 
between the export and sum of the Field measurements: 
 

BA PPM −−=∆  (47) 
 
and allocates this between the fields in proportion to the square of the absolute uncertainties 
in their measurements, for example for Field A:  
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ee
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 (48) 

 
This is then added to their measurement PA.  
 
By defining θ as:  
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ε−+ε
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+
=θ  (49) 

 
The allocated quantities employing the UBA method are given by: 
 

∆θ+= *AA PA  (50) 
 

( ) ∆θ−+= *1BB PA  (51) 
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The derivation of the Uncertainty Based Allocation approach has been discussed elsewhere 
[5], [6], [7] and is based on recognised mathematical techniques. The precise methodology 
discussed here is that developed in [7]. 
 
The method was developed to overcome the shortcomings in the Pro Rata and By Difference 
methods. Greater significance is placed on measurements from fields with better metering 
(lower uncertainty); accordingly their allocated quantities are closer to their measurements 
than less accurately metered fields. This mitigates the impact of any poorer quality 
measurements associated with the other field(s) in the system as observed in the Pro Rata 
approach. By incorporating all measurements it also avoids the high allocation uncertainties 
encountered with the By Difference method when the By Difference field is the minor 
producer in the system.  
 
The relative uncertainty in Field A’s allocation is given by: 
 

( ) ( )
x

xx BPAPM
AA

22222222 11 ,,

,

ε−θ+εθ−+εθ
=ε  (52) 

 
And similarly for Field B: 
    
 

( ) ( ) ( )
( )x

xx BPAPM
BA −

ε−θ+ε+εθ−
=ε

1

11 2222222
,,

,  (53) 

 
 
Using the uncertainties presented in Section 4.2 the relative allocation and absolute 
uncertainties for both fields are presented in Figure 10 and Figure 11 respectively: 

 
 

 
 

Figure 13 – UBA Relative Uncertainty 
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Figure 14 – UBA Absolute Uncertainty 
 
Comparison with the analogous figures for the Pro Rata and By Difference uncertainty plots 
illustrate that the UBA method generally produces lower allocation uncertainties for both 
Fields across the full range of relative flows. 
 
However, at first sight this might not appear a fair comparison as it appears that the 
uncertainty in the uncertainties themselves (εA, εB and εM) in the UBA equation has not been 
accounted for. However, perhaps surprisingly, the sensitivity coefficients for these terms are 
almost zero and the allocation uncertainties are basically unaffected by the uncertainty in the 
uncertainties. This is demonstrated mathematically in Section 8.4 of the Appendix and has 
also been proven using Monte Carlo simulation. 
 
Using the data in the above example, the allocation uncertainties for all three methods of 
allocation are compared in Figure 15 for Field A and Figure 16 for Field B: 
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Figure 15 – Comparison of Relative Allocation Uncertainties for Field A 
 

 

 
 
 

Figure 16 – Comparison of Relative Allocation Uncertainties for Field B 
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As can be observed the Uncertainty Based allocation produces allocation uncertainties that 
are for practical purposes better than or equal to those for either of the other methods for both 
fields. 
 
In order to provide more of an overview of the uncertainty a three dimensional plot of Field A’s 
relative allocation uncertainty for all three methods is presented in Figure 17: 
 
 

 
 

Figure 17 – Comparison of Relative Uncertainties for Field A – 3D Surface Plot 
 
The height of the surfaces represents Field A’s relative allocation uncertainty plotted against 
the vertical axis (AA Uncertainty (%)). The fraction Field A comprises (X) is plotted on the 
horizontal axis right to left, and the uncertainty in Field A’s measurement, εP,A, (from 0% to 
20%) is plotted on the horizontal axis left to right. 
 
Similarly for Field B: 
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Figure 18 – Comparison of Relative Uncertainties for Field A – 3D Surface Plot 
 
 
 
5 CONCLUSIONS 
 
The following conclusions are expressed as a series of guidelines for the calculation of 
allocation uncertainties. These are not intended to be definitive but are borne out of the 
authors’ experience in calculating allocation uncertainties for a range of systems and 
applications. 
 

• Use analytical (TSM) and Monte Carlo (MCM) methods to cross check against each 
other when calculating allocation uncertainties. 

 
• Identify any terms in an allocation equation which are dependent on one another 

particularly when utilising the results of one allocation step in a subsequent step. 
 

• When calculating the uncertainty, ensure that allocation equations are re-expressed 
in terms of independent terms, preferably inputs to the allocation system. 

 
• Dependencies may not be explicit in the allocation equations themselves, for example 

the requirement for a composition to sum to 100% means that component mass (and 
molar) fractions are covariant, and this must be account for when calculating 
uncertainties. 
 

• The covariance in mass (or molar) fractions can be accounted for by re-expressing 
the relevant equation with the sum of the component fractions on the denominator.  
 

• For MPFMs it cannot be assumed that a constant relative uncertainty applies for the 
individual oil and water phase flow rates across a range of water cuts. 
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• When calculating allocation uncertainties it is important to determine both relative and 
absolute uncertainties. For example, with MPFMs, high relative uncertainties in oil 
phase flow rates can be encountered at high water cuts - this is not necessarily a 
problem if the associated absolute uncertainty is low. 
 

• Use the analytical method when comparing uncertainties associated with different 
allocation approaches, (Pro Rata, By Difference, UBA). The analytical approach 
allows a complete picture of the comparative allocation uncertainties over the full 
range of flows and measurement uncertainties to be generated. This in turn allows 
the exposure to over- or under allocation to be assessed in any cost benefit analysis 
which may influence measurement equipment and allocation scheme selection.  
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6 NOTATION AND ABBREVIATIONS 
 
a,b,c Exponent or power 
A Allocated quantity or Field A 

identifier 
B Field B identifier 
c  Component identifier 
D Diameter 
e Absolute uncertainty 
G Condensate quantity or flow or 

identifier 
G Gas quantity or flow or identifier 
GUM Guide to Uncertainty in 

Measurement [1] 
i Component or input identifier 
j Component identifier 
k Constant 
L Length 
Liq Combined liquid phase(s) identifier 
M Commingled quantity or flow 
MCM Monte Carlo Method 
MPFM Multi-phase flow meter 
Oil Oil phase identifier 
N Number of components 
P Pressure or production quantity 
ri,j Correlation coefficient between 

components i and j 

R Gas constant 
S Process factor 
T Temperature or total identifier 
TSM Taylor Series Method 
UBA Uncertainty Based Allocation 
U  Absolute uncertainty 
V Volume 
Wat Water phase identifier 
WLR Water liquid ratio 
x Fractional flow of Field A  
xi Input variable, i 
X Mass fraction or percent 
y Result of an equation 
α Field Alpha identifier 
β Field Bravo identifier 
Δ Imbalance 

ε  Relative uncertainty 
ρ Molar density 
θ Fractional absolute variance of 

Field A measurement 
ψ Fractional flow of Field A when 

Pro Rata and By Difference 
allocation uncertainties are equal 
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8 APPENDIX OF EQUATION DERIVATIONS 
 

8.1 Specific Form of Uncertainty Equation for Multiples and Quotients 
 
Consider an equation of the form: 

 
cba xxxky 321 ***=  (54) 

 
Where y is calculated from a number of input variables x1, x2, etc. which may be raised to any 
power, a, b, etc and multiplied by a constant k. The powers can be negative representing 
quotient terms. 
 
In order to calculate the uncertainty in y, the sensitivity coefficients are required for each of 
the input variables, and these are obtained from the first order partial differentials of y with 
respect to x1, x2, etc. For example: 
 

cba xxxka
x
y

32
1

1
1

****
−=

∂
∂

 (55) 

 
And so on for x2, etc. 
 
The square of the absolute uncertainty in y is given by: 
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Substituting for the sensitivity coefficients: 
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2
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2
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1
21

2
1

2
32

1
1

2 UxxxxkcUxxxxkbUxxxxkaUy cbacbacba −−− ++= ************

 (57) 
 
Dividing through by y2 and substituting Equation (54) on the right hand side: 
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 (58) 
 

Which simplifies to: 
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x

Uxc

x

Uxb

x
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Uy *** ++=  (59) 

 
The left hand side of Equation (59) is equal to the square of the relative uncertainty of y and 
Ux1/ x1 is the relative uncertainty in x1 (εx1), etc. Hence Equation (59) reduces to: 
 

2
3

22
2

22
1

2 xcxbxay ε+ε+ε=ε ***  (60). 

 
8.2 Pro Rata Field A 

 
Allocated quantities employing the proportional method are given by: 
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 (61) 
and, 
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 (62)  
 
In order to calculate the uncertainty in AA, the sensitivity coefficients are required: 
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In an unbiased system, the expected value of M equals the sum of PA and PB, E[M] = E[PA + 
PB]. Hence Equation (64) simplified to: 

( ) ( )x
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Similarly, 
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 (66) 

 
 
The absolute uncertainty in AA is given by: 
 

( ) ( ) 222222 1 BAA UPxUPxUMxUA −+−+=  (67) 

 
And relative uncertainty in AA by: 
 

( ) ( )2222 1 BPAPMAA x ,,, ε+ε−+ε=ε  (68) 

 
 
8.3 By Difference Field B 

 
When employing the By Difference approach, the allocated quantities are given by: 
 

AA PA =  (69)

  
 
for Field A and for Field B by difference, 
 

AB PMA −=  (70)
  

In order to calculate the uncertainty in AB, the sensitivity coefficients are required: 
 

1=
∂

∂
M
AB  (71) 
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1−=
∂
∂

A

B

P
A

 (72) 

 
The absolute uncertainty in AB is given by: 
 

( ) 2222 11 AB UPUMUA −+=  (73) 

 
And relative uncertainty in AB by: 
 

( )x

x APM
BA −

ε+ε
=ε

1

222
,

,  (74). 

 
8.4 Uncertainty Based Allocation Field A 

 
When employing the UBA approach, the allocated quantities are given by: 
 

∆θ+= *AA PA  (75) 

 
( ) ∆θ−+= *1BB PA  (76) 

Where, 

BA PPM −−=∆  (77) 
 
And θ is:  
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Substituting in (77) and (78) Equation (75):  
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 (79) 

 
In order to calculate the uncertainty in AA, the sensitivity coefficients are required: 
 

θ=
∂

∂
M

A A  (80) 
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In an unbiased system, the expected value of M equals the sum of PA and PB, E[M] = E[PA + 
PB] and hence E[M – (PA + PB)] = 0. Hence Equation (81) can be reduced to: 
 

θ−=
∂
∂

1
A

A

P
A

 (82) 

 
Similarly, 
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Since E[M – (PA + PB)] = 0, 
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θ−=
∂
∂

B

A

P
A

 (84) 

 
The measurement uncertainties are also inputs to the UBA equation and there will be 
uncertainties in the uncertainties, hence calculating the sensitivity coefficient with respect to 
εB: 
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But since E[M – (PA + PB)] = 0, 
 

0=
ε∂

∂

B

AA
 (86) 

 
A similar result is obtained for the sensitivity coefficient with respect to εA. Surprisingly, this 
means the uncertainty in AA is not sensitive to the uncertainties in εA and εB. 
 
However, this is not completely true as the E[M – (PA + PB)] = 0 is not strictly the same as the 
expectation value of the whole right hand term: 
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which strictly should be considered. However, for reasonable estimates of εA and εB, the 
above approximation holds and the absolute uncertainty in AA is given by: 
 

( ) 222222 1 ABA UPUPUMUA θ−+θ+θ=  (87) 

 
The relative uncertainty in Field A’s allocation is given by: 
 

( ) ( )
x

xx BPAPM
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22222222 11 ,,
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=ε  (88) 
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Discussion on Uncertainty Analyses 
 

Bob Peebles, ConocoPhillips 
 
  
1 INTRODUCTION 
 
Measurement systems are usually specified with a performance target which details the total 
acceptable measurement uncertainty to be associated with the measured product.   
 
The tool we employ to examine the performance of a measurement system is the uncertainty 
analysis. The measurement system uncertainty analysis is achieved by the development of an 
uncertainty budget which identifies, documents and combines the contribution of each device 
and algorithm proposed for use as in the design of the measurement system.  
 
If the outcome of a measurement uncertainty analysis shows that the system design meets 
the specified target it is normal practice to accept the system design and move forward with 
construction.  
 
An uncertainty analysis will also provide an indication of the quality of the measurement 
equipment employed; however the quality of measurement equipment is rarely analysed or 
used in support of proposed maintenance programs.  
 
Most, if not all, United Kingdom Continental Shelf (UKCS) based measurement systems are 
maintained on a calendar basis with the frequency of maintenance reducing with time as the 
equipment is ‘proven’ in service. 
 
But how closely do we examine the uncertainty analysis; does it tell us everything we need to 
know and are we using the information gathered to the greatest effect?  
 
Periodically the field operators or field licensees may be required to demonstrate, usually 
through an audit process, that their respective measurement systems are operated and 
maintained to standards agreed prior to initial field production.  
 
However the examination of the measurement system design and its ability to meet a 
measurement uncertainty target may only take place at the design stage. 
 
The intent of this paper is: 
 
1. Describe areas where and the reasons why engineers should increase the level of scrutiny 
applied to measurement uncertainty calculations.  
 
2. Examine methods to improve our understanding of instrument performance and justify 
modifications to maintenance plans, whilst preserving target system performance, by the 
application of observed and recorded evidence. This will seek to introduce and apply reliability 
and availability concepts to support maintenance strategies. 
 
3. Propose the development of a national database system to capture the results of all United 
Kingdom Accreditation Service (UKAS) calibration data in a format which can be used to 
improve the understanding of the long term performance capabilities of instrumentation and 
flow meters.  

fltough
Stamp
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2 REGULATORY GUIDANCE ON MEASUREMENT PERFORMANCE 
 
2.1 Regulation and Guidance for Manufacturers  
 
The National Measurement Office (NMO) in the UK is an Executive Agency of the Department 
for Business, Innovation and Skills (DBIS) and works to ensure that fair and accurate 
measurement for trade is delivered. Their remit covers transactions regulated by UK trading 
standards law.  
 
In the case of the Oil and Gas industry the NMO refers to guidance on acceptable standards 
of measurement performance as a member state of the International Organisation of Legal 
Metrology (OIML) who provide model recommendations through a series of categorised 
publications. The OIML model recommendations set out technical specifications and testing 
requirements which instruments must achieve in order to receive OIML type rating approval. 
These are recommendations only as the regulation comes under national law.  
 
There also exists the Measuring Instrument Directive [1] (MID) which has been issued by the 
European Parliament and the Council of the European Union. This directive also seeks to set 
out minimum standards of instrument performance which manufacturers must meet in order 
to sell their products on the open market. It would be expected that, if regulated, any 
instrument would need to be approved under the MID requirements before being accepted for 
use in a trade application. 
 
The MID refers to the OIML model recommendations to provide the technical specifications to 
support the results of instrument testing towards the achievement of MID conformance, hence 
allowing the instrument to be used for trade.. 
 
In the UK the NMO has stated that they remain flexible with regards to the application of the 
MID. Generally UK law only regulates the sale of goods to the public and will therefore only 
require type approved equipment (through the MID) to be used in these specific applications. 
Effectively within the UK oil industry the use of the MID will be restricted to only road fuel 
dispensing and heating oil applications. 
 
This supports the position that end users may wish to apply more stringent quality assurance 
processes to their acceptance of measuring instruments than those described in the MID if it 
lies outwith the UK regulated activities.    
 
Both the OIML model recommendations and the MID provide for minimum levels of 
performance which instruments must meet in order to be sold openly in the market place and 
provide for assurances around conformity and type rating.  
 
It must be noted however that the minimum levels of performance which these documents 
direct manufacturers to achieve may not provide the levels of performance required by an end 
user in industrial or specialist applications. 
 
2.2 Regulation and Guidance for Licensees  
 
The UK’s Department for Energy and Climate Change (DECC) have also created and issued 
a Measurement Guideline  document [2] which serves the Measurement Model Clause 
contained within the Petroleum (Production) (Seaward Areas) Regulations 1988. The 
Petroleum (Production) (Seaward Areas) Regulations 1988 [3] are a Statutory Instrument (SI 
1213) and as such ensure that the legal responsibility for meeting the terms of the 
Measurement Model Clause rest with the Licensee.  
 
Contractual agreements made between parties to undertake field developments or for entry 
into commingled pipe line systems will also contain legally binding measurement clauses, 
usually designed to protect the interests of individual shippers, the combined interests of all 
the shippers and the pipe line operator. 
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With reference to the above we can see that there may be a variety of legal metrological 
obligations placed upon licensees in the UK to comply with DECC guidelines and contractual 
agreements to include for International Standards which may be referenced within these.  
 
Unlike some other jurisdictions, UK guidelines are not regulations and hence do not fall within 
the scope of the MID. This allows DECC to assess measurement systems based on their duty 
and value and may require instrument specifications more or less stringent than that met by 
MID or OIML approval. 
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3 INSTRUMENT PERFORMANCE AND END USER NEEDS  
 
Whilst there are clear legal and contractual obligations for licensees to meet defined 
metrological requirements, the legislation supporting the performance of measuring 
instruments may not necessarily drive the development of instruments which can meet the 
exacting requirements of the end user. 
 
The Oil and Gas industry measurement sector seeks to protect a very high value product 
however the number of measurement instruments required to achieve this may be very low 
when compared to the world wide market in other industry sectors where the value of products 
can be much lower e.g. manufacturing, food production, agriculture, water industry etc. 
 
This could lead to a situation where the investment required in developing, building and testing 
measurement equipment to the exacting specifications and requirements of the oil and gas 
industry may not be commercially viable for all manufacturers. In contrast where 
manufacturers have received approvals and type rating for their equipment, the actual 
performance could greatly exceed the stated minimum requirements.  
 
The manufacturers understanding of the actual performance capabilities of their 
instrumentation are typically found within the technical specification document. The technical 
specification document is the vehicle the manufacturer uses to present the customer with an 
indication of the typical performance characteristics which could be achieved.  
 
It must be noted that there may be little or no legislation in the UK governing the veracity of the 
information presented within a manufacturers technical specification; trading standards or 
trade descriptions policies may give some protection but cases could be difficult to prove 
particularly in the industrial sector. Caveat Emtor!   
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4 MEASUREMENT UNCERTAINTY AND SOURCE DATA 
 
The international standards and guidelines most often referenced in the development of 
measurement uncertainty calculations are the Guide to the expression of Uncertainty in 
Measurement PD6461: Part 3:1995 (GUM) [4] and the Measurement of Fluid Flow – 
Procedures for the Evaluation of Uncertainties (ISO5168 2005) [5]. 
 
Both of the documents referenced in [4] and [5] categorise measurement uncertainty into two 
distinct areas: 
 

1. Type A – Uncertainty estimates quantified from the statistical analysis of the results of 
a number of observations. 

2. Type B – Uncertainty estimates which are quantified and evaluated by other means. 
 
The evaluation of measurement uncertainty is therefore not entirely prescriptive and presently 
the Type B estimate permits the use of engineering judgement, and application of some 
assumptions, where factual information such as the results of measurements and specific 
testing is not available.  
 
It should be an acceptable position to say that Type A uncertainty estimates will always be 
more reliable than Type B uncertainty estimates as there will be fewer, if any, assumptions or 
engineering judgements required when analysing the outcome of the statistical analyses of a 
set of measurement data. 
 
The first part of this paper will consider what improvements in measurement uncertainty may 
be gained if the referenced documents [4] and [5] were to explicitly state that engineers should 
strive to minimise the use of engineering judgement and assumptions and favour Type A 
uncertainty estimates over Type B. 
 
4.1 Type A Uncertainty Data Sources 
 
According to the GUM and ISO5168:2005, the most reliable data source for use within an 
uncertainty calculation will be derived from the mean and standard deviation of a set of 
measurement data results obtained at representative conditions (GUM Ch 4.2.1 page 10). 
 
This means that we should place greater emphasis upon obtaining measurement results at 
operating conditions, inclusive of installation and environmental effects, in order to gain the 
best possible insight to equipment performance. The acquisition of type A data will 
supplement and hopefully reinforce any type B data available for the reference device. 
 
The operators of measurement systems in the UKCS undertake routine maintenance 
programs where the results of field verifications are captured, analysed and stored. The 
maintenance programs are designed such that verifications checks performed are traceable, 
repeatable, robust and auditable.  
 
This stored information forms the basis for an excellent source of Type A uncertainty data for 
a number of the components within the measurement system. Due to the fact that all 
verification check data is retained, including failures to meet required performance levels, it is 
possible to reflect on historical performance.  
 
Components of measurement systems for which Type A uncertainty data, and the type of data 
may be available are given below in Table 1 for illustration purposes. This list is not 
exhaustive. 
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Table 1 – Type A Uncertainty Data 
 

Equipment Verification Check Output 
Turbine/Coriolis/USM Meter 
Prove Data 

Meter Proving K-Factor Data Variation 

Orifice Plate Inspections Visual (sharp edge / 
flatness) Inspections 

Pass / Fail Indication 

Orifice Carrier Inspections Visual Damage and 
Operation 

Pass / Fail Indication 

Differential Pressure Tx Rising and Falling Errors 
Across Operating Range 

Range Performance 
Data 

Static Pressure Tx Rising and Falling Errors 
Across Operating Range 

Range Performance 
Data 

Temperature Transmitter Rising and Falling Errors 
Across Operating Range 

Range Performance 
Data 

Temperature Element (PRT) Spot Check Errors Performance Data 

Flow Computer Calculations Programming, Algorithms, 
Input/Output 

Performance Data 

Liquid Density Transducers Spot Check Errors Performance Data 
Gas Density Transducers Spot Check Errors Performance Data 
Gas Chromatograph Spot Check Errors Performance Data 
 
Whilst it may not be possible to obtain representative Type A data for all components within 
the measurement system at operating conditions; the list above demonstrates that a large 
amount of data is available to support an analysis of individual instruments and overall system 
performance. 
 
Statistical analysis of the results of verification checks and calibrations will establish the 
experimental standard deviation of the mean for each instrument and provide an insight as to 
the distribution of the data around the mean so that an appropriate coverage factor may also 
be established. 
 
Typically this information is presented in support of modifications to the calendar based 
frequency of maintenance activities however it may not be called upon to support the actual in 
service performance of a measurement system.    
 



30th International North Sea Flow Measurement Workshop 
23 – 26 October 2012 

 

7 

4.2 Type B Uncertainty Data Sources 
 
It is recognised that it may be difficult to obtain reliable uncertainty estimates in the absence of 
a set of representative test data. The GUM [4] and ISO5168 [5] provide some guidance as to 
the application of scientific and engineering judgement in this case.  
 
Specifically the GUM, Section 4.3.1 page 11 [4] states for Type B uncertainty data that “the 
standard uncertainty is evaluated by scientific judgement based on all of the available 
information on the possible variability of the measurand” and the pool of information may 
include: 
 

1) Previous measurement data 
2) Experience with or general knowledge of the behaviour and properties of relevant 

materials and instruments 
3) Manufacturers specifications 
4) Data provided in calibration and other certificates 
5) Uncertainties assigned to reference data taken from handbooks 

 
There are many sources of data available which will be of use in providing a Type B 
uncertainty estimate. However it must be stressed that it is in this area where the greatest 
care must be exercised to reduce or remove the use of assumptions if we are to obtain 
reliable uncertainty estimates.  
 
It may be however that the use of manufacturer’s technical specifications as a source of 
uncertainty information is the area where most improvements in the reliability of data could be 
achieved. 
 
Manufacturer’s technical specifications contain a wide amount of information regarding the 
performance of equipment which can be presented in different ways. This means that the end 
user does not always have an opportunity to directly compare the performance of equipment 
and the technical specification may not contain all of the relevant information required to 
construct a reliable uncertainty estimate. 
 
This may be most notable where a confidence level or coverage factor is not presented on the 
technical specification.  
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4.3 Coverage Factors 
 
The coverage factor provides an indication of the confidence that the manufacturer can place 
on the accuracy figures presented in the technical specification and is usually obtained from a 
statistical analysis of test results (as per type A uncertainty data). 
 
The confidence level, or coverage factor, also describes the frequency distribution of the 
supplied accuracy data and shows if this is distributed according to a normal, rectangular, 
triangular or some other form of distribution.  
 
Where there is no coverage factor presented then the user can know nothing of the frequency 
distribution and therefore which coverage factor should be applied. 
 
Technical specification accuracy values which do not contain details of coverage factor are 
generally treated as though they have a rectangular frequency distribution in accordance with 
the guidance provided by the GUM [4] and ISO5168 [5]. 
 
In addition to the situation where no coverage factor is supplied some manufacturers may 
supply coverage factors which do not necessarily conform to those recommended by the 
GUM [4] or ISO5168 [5].  
 
It is noted that some multiphase flow meter (MPFM) manufacturers have in the past issued 
specification sheets where the coverage factor on the stated uncertainty value was 
appropriate to the 90% confidence level rather than the more usual 95%. As this will show the 
performance of the flow meters in a better light than if a 95% coverage factor were used, any 
claim made on the technical specification must be closely examined. More recent literature 
from MPFM manufacturers show that a 95% confidence level is being adopted for use. 
 
There are also some manufacturers, possibly those with instruments used in more critical 
applications, who quote their confidence level at the 99% (coverage factor of 3) value which 
will be a much more stringent value to prove achievable. 
 
A normally distributed data set gives rise to the use of a coverage factor of 2 to describe a 
confidence level of 95% derived from measurement data and a rigorous uncertainty budget. A 
rectangular distribution gives rise to the use of a coverage factor of 1.732 to achieve the same 
outcome. Other given confidence levels such as 90% must be closely scrutinised to ensure 
that the coverage factor is determined and applied correctly at a 95% confidence level.  
 
It is usual for a supplied coverage factor to be adopted and used as a divisor in the uncertainty 
budget to manipulate the supplied accuracy data from an expanded uncertainty value to a 
standard uncertainty value. Table 2 below gives an indication of the most commonly used 
coverage factors; the use of coverage factors are more fully described in the GUM [4] and 
ISO5168 [5]. 
 
Table 2 – Confidence Levels and Coverage Factors 
 

Coverage Factor 
from Technical 
Specification 

Confidence 
Level Distribution 

Divisor to Obtain Standard 
Uncertainty 

3 99% Normal 3 
2 95% Normal 2 

None Given 95% Assume Rectangular √3 (1.732) 
None Given 95% Assume Triangular √6 (2.45) 

 
If we examine the fundamental source of confidence levels, or coverage factors, we can 
readily understand that they rely on a data set for their generation. If we consider the 
determination of coverage factors in the context of equipment performance we can see that 
the data set used must encompass and contain the results of equipment testing. 
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Where no coverage factor is supplied by the manufacturer there may be genuine reasons for 
assigning universal or generalised accuracy values as an indication of performance. This may 
be in consideration of situations where end users may wish to deploy equipment in process 
conditions or systems which are less than ideally suited for the equipment. 
 
In general users developing an uncertainty budget will apply a rectangular distribution to 
manufacturer’s uncertainty or tolerance claims in the absence of a confidence level. However 
as there is no evidence to support the existence of a rectangular distribution this is a wholly 
assumed position. 
 
The GUM and ISO5168 make reference to C F Dietrich, Uncertainty, Calibration and 
Probability, The Statistics of Scientific and Industrial Measurement, 2nd edition 1991 [6] in 
support of the use of the rectangular distribution in the absence of a confidence level. 
However it must be noted that Dietrich goes on to say that the “vast majority” of distributions 
will be normal or Gaussian. 
 
In reality if we hope to verify the ‘type’ of meter or instrument in the actual operating 
environment then only by monitoring and analysing the performance of many devices in many 
different locations will we be able to verify the manufacturers estimate. 
 
4.4 Scrutiny of Data 
 
Personnel employed in the development of uncertainty estimates must ask what should be 
done in the advent that the manufacturer’s technical specification does not provide a coverage 
factor or if the supplied confidence level is not consistent with those given in the GUM [4] or 
ISO5168 [5].  
 
There may be a number of factors upon which a decision could be made: 
 

1. Adopt the guidance of the GUM [4] and ISO5168 [5] and apply a rectangular 
distribution to the given accuracy values if you already have experience of the 
equipment in service and have confidence in its performance. 

2. Contact the manufacturer to determine if there is any test data available which 
could be used to obtain a frequency distribution and an appropriate coverage 
factor which may not be in the public domain. 

3. Consider undertaking independent testing of the equipment at conditions which 
match your needs to develop your own data set. 

4. If there is no supporting data available from the manufacturer or the cost of 
independent testing is not viable then consideration may need to be given to the 
selection of alternate equipment.  

 
Any concerns over equipment performance must be highlighted at the earliest possible 
opportunity in order to prevent the purchase and installation of unsuitable equipment.     
 
It is recommended that where no coverage factor is available within a manufacturer’s 
technical specification that the personnel performing the uncertainty analysis must alert the 
responsible project or design engineers to a potential concern with the equipment specified. 
 
Failures to identify or tackle concerns with the technical specifications of equipment could lead 
to the undertaking of Joint Industry Projects (JIP’s) to examine performance. The JIP’s can be 
time consuming and expensive to conduct and could ultimately lead to the abandonment and 
replacement of poorly specified equipment.  
 
By the time any performance issues have been identified and a JIP is convened to examine 
these and provide corrective recommendations there is a possibility that mismeasurements 
have been ongoing.  
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5 MAINTENANCE OF METERING SYSTEMS 
 
Whilst there are many industry guidelines, standards and documents which discuss the 
methods required to achieve reliable measurements there are few, if any, documents which 
describe a basis for the maintenance activities required to ensure that measurement systems 
continually perform within their design uncertainty parameters. 
 
5.1 Industry Guidance on Maintenance Program Design  
 
Measurement systems in the UKCS are typically maintained on a basis where the results of 
verification checks and calibrations are used to reduce or increase the frequency of 
maintenance activities dependent upon the observed results. 
 
In addition to the performance of routine verification checks, DECC and UKCS pipe line 
operators may recognise that some system designs may provide a greater level of assurance 
than others and be prepared to accept a more relaxed maintenance regime where there is: 
 

1. Monitoring of diagnostic data 
2. The use of duplicated instrumentation 
3. The implementation of online uncertainty modelling 
4. The availability of dedicated metering technicians on site 

 
Whilst the design of new measurement systems may be in a position to take advantage of 
improved diagnostic capabilities or duplicate instrumentation our more mature systems may 
require significant investment to recognise these. 
 
It must be noted that all of the above approaches are entirely depend upon the detectibility of 
equipment faults in the interim period between verification checks in order to prevent 
mismeasurement.  
 
Faults identified by any of the above methods should be classified as detectable failures. 
Detectable failures will alert personnel to potential faults within the measurement system 
through alarms and allow these to be corrected in a timely manner. 
 
Faults which cannot be identified by any of the above methods should be classified as 
undetectable failures. Undetectable failures will exist until a verification check of performance 
is conducted and a problem is identified. 
 
The period between verification checks, maintenance frequency, then becomes crucial in 
identifying undetected faults to minimise the period in which these could go uncorrected. 
 
The most typical approach used in the UKCS as the frequency of maintenance verification 
checks is: 
 

1. Perform verification checks on all installed equipment monthly for a period of 12 
months. 

2. Use the results of these 12 verifications to apply for a reduction in the frequency 
of maintenance, normally to quarterly checks, for a further 12 months. 

3. This approach then normally iterates annually upon the success of the verification 
checks to a position where maintenance could be performed at a maximum 
frequency of annually depending upon the continued good performance of 
equipment. 

4. Where equipment is found to fail the verification checks then this process may be 
restarted and monthly checks resumed. 

 
The process described above has been arrived at through the experience of users and 
regulatory authorities over time. Whilst this approach may provide a level of confidence and 
apparent rigour, an analysis of equipment performance prior to the system going into service 
will yield a scientific basis for maintenance frequency.   
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5.2 Data Supporting Availability Analysis 
 
In order to establish the most appropriate maintenance frequency for a metering stream or 
station we can undertake an analysis of the availability of installed equipment to ensure 
continued performance within target uncertainty parameters is preserved.  
 
Regulatory and contractual obligations ensure that all verification check data relating to 
measurement systems is retained in a format which can be readily audited. There are routine 
audits of metering systems carried out which ensure that verification checks are performed 
using calibrated and traceable test equipment in a systematic manner according to written 
procedure. 
 
The large number of metering systems in operation and the verification data stored for these 
provides us with a large volume of reliable information on which to base a reliability analysis. 
 
The information provided from Table 1 – Type A Uncertainty Data provides the information we 
require to perform a reliability and availability analysis. 
 
The nature of measurement system design gives rise to the repeated use of equipment due to 
a variety of reasons such as fluid properties, flow ranges or process conditions. A field 
operator can readily find that the same manufacturer’s equipment is in use across a number 
of assets and that the volumes of associated verification check data available is very large. 
 
The data available for all measurement equipment can then be used to predict the 
performance of the metering stream and station.  
 
5.3 Industry Guidance to Availability Analysis 
 
There are well understood methods and approaches available to develop an availability 
analysis of a measurement system.  
 
For the context of this analysis availability is defined as the proportion of time for which a 
component is not failed and is dependent upon both the failure rate of a component and the 
period between verification checks. 
 
The result of the availability analysis will yield a percentage value for the period where the 
metering system is available within target uncertainty parameters. 
 
The most closely aligned international standard for our needs may be IEC 61511 [7] 
Functional Safety, Safety Instrumented Systems; which provides a framework for identifying 
safety criteria for instruments and software as well as a process for managing instrumentation 
to ensure stated requirements are achieved.  
 
In basic terms IEC 61511 provides a framework and a statistical method of determining the 
frequency of maintenance activities based upon historical instrument performance from a 
safety performance perspective.  
 
If we were to adapt the perspective of IEC 61511 from safety performance to measurement 
performance then we may have a useful basis to develop a maintenance strategy targeted to 
ensure measurement system performance is preserved.  
 
Additional reference material used to construct the availability analysis performed below has 
been taken from SINTEF, Reliability Data for Safety Instrumented Systems, PDS Data 
Handbook, 2010 Edition [8] and Dr David J Smith, Reliability Maintainability and Risk, 8th 
Edition [9]. 
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5.4 Example of an Availability Analysis 
 
The following analysis has been performed in accordance with reference to [7], [8], and [9] 
and concerns undetectable failures, deliberately excluding detectable failures, to provide a 
worst case scenario. This example considers a four stream gas orifice metering station on the 
Judy platform. 
 
The data sets for performing the reliability analysis has been taken directly from the data 
stored within the J-Block metering maintenance system. Failed equipment is defined as 
equipment which fails to meet the requirements or tolerances of the verification check, 
typically recorded as ‘As Found’ data. It should be noted that the flow computer software is not 
considered within the analysis. 
 
Performance data was extracted for the following instruments and equipment between 2007 
and 2012 in order to determine the failure rate of each component. 
 
Table 3 – Instruments and equipment to be considere d 
 

Equipment Failure Criteria 
Differential Pressure Transmitter Verification check Exceeds +/- 0.25% 
Static Pressure Transmitter Verification check Exceeds +/- 0.25% 
Temperature Transmitter Verification check Exceeds +/- 0.3 Deg C 
Gas Chromatograph Fails Annual health Check 
Orifice Plate Fails Visual Inspection Check 
Flow Computer ADC I/O Verification check Exceeds +/- 0.05% 
 
Failure rates were then calculated for each component in the analysis as follows: 
 

Failure_Rate_per_Component
Number_of_Failures

Installed_Time_Base
λi

ki

Ti
1( )

 
 
Where there were no observed failures of instruments or equipment a failure rate was taken 
from SINTEF, Reliability Data for Safety Instrumented Systems, PDS Data Handbook, 2010 
Edition [8]. 
 
Table 4 – Component Failure Rates 
 

Equipment No of Failures Time Base (hrs) Failure Rate (per hr) 
Differential Pressure 
Transmitter 

2 395064 5.06E-06 

Static Pressure Transmitter 2 288312 6.94E-06 
Temperature Transmitter 0 N/A 3.00E-07 
Gas Chromatograph 0 N/A 3.00E-07 
Orifice Plate 1 179448 5.57E-06 
Flow Computer ADC I/O 0 N/A 3.00E-07 
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5.4.1 Failure Rate of a Single Metering Stream  
 
In order to establish the overall failure rate of a single metering stream we need to sum the 
failure rates of the individual components. In probability terms this establishes a position 
where any of the components could fail (A or B or C etc) and provide a worst case failure rate 
estimate. 
 

Total_Failure_Rate Failure_Rate_per_Component∑:= λT

ki

Ti
∑ 2( )

Total_Failure_Rate 1.847 10
5−×

1

hr
⋅=

 
 
5.4.2 Availability of Number (M) out of 4 Metering Streams  
 
Now that we have established the failure rate for a single stream we can consider the situation 
where we have four identical streams, all with the same failure rate, which we are maintaining 
in a staggered fashion e.g. Stream 1 is maintained in January, Stream 2 is maintained in 
February etc.  
 
As previously stated availability is dependent upon both the failure rate and period between 
verification checks; reference to the definitions of availability can be found in [6]. 
 

3( )
Availability_Single_Stream 1

Failure_Rate_per_Stream Verification_Interval⋅
2

−

A1 1
λ1 V1⋅

2
−

 
For the case where we have a four stream metering system we can examine the availability of 
the system, within target uncertainty parameters, under different operating scenarios and 
maintenance regimes using the following calculation set which is obtained from [9] Ch 8, page 
109, Table 8.5 System Unavailability. 
 
Table 5 – Availability Calculations M out of 4 Stre ams  
 

Number of Streams in Operation Availability 

1 A.1 1
λ4

V
4⋅

16
−

 

2 A.2 1
3λ3

V
3⋅

8
−

 

3 A.3 1
6λ2

V
2⋅

4
−

 
4 A.4 1 2λ V⋅−
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5.4.3 Availability Using Different Verification Che ck Frequencies 
 
Where we use a fixed verification frequency to perform verification checks on installed 
components we can examine the availability of the metering system arising from this. Tables 6 
and 7 below present the results of the availability analysis when determined using monthly 
verification checks and annual verification checks respectively. 
 
Table 6 – Availability of Metering Station Employin g Monthly Verifications 
 

Number of Streams in Operation Availability (%) 
1 99.99999974%  
2 99.99989040%  
3 99.96933781%  
4 97.14052738%  

 
Table 7 – Availability of Metering Station Employin g Annual Verifications 
 

Number of Streams in Operation Availability (%) 
1 99.996%  
2 99.841%  
3 96.072%  
4 67.637%  

 
5.5 Analysis of Availability Results 
 
We can see from the above analysis results that the availability of the metering streams is 
greater when the period between verification checks is lower which confirms the intuitive 
assertion used to support the typical UKCS calendar based maintenance approach described 
in section 5.1 above. 
 
We must note that the metering system has been designed to operate with a maximum of 
three out of four streams in operation at any one time; the fourth stream being utilised to 
switch streams when maintenance is due.  
 
Given this information we should consider the position where we have three streams in 
operation as our minimum availability. If production were to decline and we required only two 
streams out of four to be in operation then our availability would increase as long as we 
continue to perform verification checks on all four streams. 
 
The data in Table 7 shows that where there are three streams in operation for the Judy gas 
export system we will have the probability of the metering system operating within target 
uncertainty parameters with an availability of 96% when performing verification checks 
annually. 
 
For the same position but with monthly verification checks we have an availability of 99.97%. 
 
We must also remember that the availability analysis only considered undetectable failures 
which may exist between verification checks. In reality failures will also be identified through 
diagnostic monitoring and alarm annunciation and will be acted upon in a short time scale by 
dedicated metering technicians thus further improving availability. 
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6 PLAN, DO, ASSESS, ADJUST 
 
Most companies have a strategic approach to the work they perform in order to foster 
continuous improvement and optimise performance. At ConocoPhillips we use the plan, do, 
assess, adjust approach which provides for the iterative nature of improvements to processes 
as in figure 1 below: 
 
Figure 1 – Plan, Do, Assess, Adjust Process 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
It is custom and practice for licensees, regulators and pipe line operators to address the 
performance of metering systems on an individual basis usually through the audit process. 
Whilst this permits changes to be applied to individual systems, after review and approval, it 
does not necessarily permit the industry to learn about performance holistically as there may 
be legal or contractual issues surrounding the sharing of performance data. 
 
Whilst there are sound commercial reasons for ensuring the integrity and performance of 
metering systems there are also sound reasons for establishing appropriate maintenance 
frequencies.  
 
The more typical calendar based approach to metering maintenance requires that we break 
into hydrocarbon lines frequently in the early life of a metering system and thus increase the 
cumulative risk of major accident hazards to the platform. The manufacturers of instrument 
fittings give typical limits of six makes and breaks before the fitting should be discarded but 
how many operators have a routine program in place to address this.   
 
The removal and replacement of large components such as Coriolis meters and Ultrasonic 
meters may be incurred too frequently due to a lack of available performance data industry 
wide. The removal of these components is both time consuming and expensive and 
experience has shown that the flow meters can be readily damaged through transportation 
and manual handling. 
 
In failing to share, compile and analyse performance data across the metering industry we are 
unable to assess and adjust our maintenance strategies or to develop continuous 
improvement and optimisation programs. 
 
If we apply the plan, do, assess, adjust approach to the way we design, operate and maintain 
our metering systems we can see that there are opportunities, in line with the 
recommendations and proposals contained in this paper, to make improvements especially in 
the assess and adjust areas. 
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7 RESPONSIBILITIES AND ACCOUNTABILITIES 
 
It is the responsibility of the duty holding company, within the boundaries of the UKCS to 
ensure that measurement systems meet their required performance standards at the design 
stage and are then maintained throughout the field life.  
 
The responsibility for the provision of suitable measurement systems is incumbent upon the 
duty holding company.  
 
Accountability for mismeasured production and for making required improvements to poorly 
performing measurement systems also lie with the duty holding company.  
 
Financial liabilities may be incurred with field development partners or pipe line operators for 
mismeasured production dependent upon contractual terms, and dependent upon 
circumstances financial penalties may be applied for by DECC.  
 
In addition, reputational damage may discourage potential development partners or have an 
adverse affect upon any new field development applications.   
 
8 THE ROLE OF THE ENGINEER 
 
One of the intents of this paper is to encourage engineers to take a position (as have DECC 
and pipe line operators) which ensures the provision of measurement systems which have a 
demonstrable level of performance at the design stage and which can be monitored and 
modified when appropriate during field life.  
 
With regards to the design, operation and maintenance of metering systems there are a 
number of engineering and management roles involved who all have different responsibilities 
over the life of a metering system. 
 

1. It is the responsibility of the project engineer to gain approval for the design, test 
and delivery of suitable metering systems inclusive of adequate spare 
components to permit the maintenance philosophy to be implemented. 

2. It is the responsibility of the maintenance engineer to ensure that the system is 
operated and maintained in accordance with agreed principles and that 
corrective action is completed in a timely manner. 

3. It is the responsibility of the licensee to ensure that the metering system 
continues to operate within the target uncertainty parameters. 

 
Such a position demands the availability of traceable evidence to substantiate the 
performance of the system which will curtail the use of engineering judgement and 
assumptions.  
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9 CONCLUSIONS 
 
Any concerns over equipment performance must be highlighted at the earliest possible 
opportunity in order to prevent the purchase and installation of unsuitable equipment.  
 
To this end the following recommendations concerning the scrutiny of data are made:    
 

1. Uncertainty modelling reports should highlight areas where equipment specified 
for use may not be suitable. The aim of this recommendation is to ensure the 
production of a report for others, who may not be skilled in uncertainty modelling, 
which clearly outlines shortcomings in the availability of data or the use of 
inappropriate data. 

2. It is recommended that where no coverage factor is available within a 
manufacturer’s technical specification that the personnel performing the 
uncertainty analysis must alert the responsible project or design engineers to a 
potential concern with the equipment specified.    

 
In order to establish the most appropriate maintenance frequency for a metering stream or 
station we can undertake an analysis of the availability of installed equipment to ensure 
continued performance within target uncertainty parameters is preserved.  
 
To this end the following recommendation concerning maintenance activities is made: 
 

3. In order to address the improvements which could be made to the way our 
metering systems are maintained it is proposed that the utilisation of verification 
data to determine system availability is adopted and accepted as a viable means 
of establishing maintenance frequency for metering stations. Evaluation of target 
availability values based upon system design will be required in order to support 
this approach. 

4. To enhance the development of suitable maintenance activities it is 
recommended that failure rate data is scrutinised and included within the 
measurement uncertainty report. It may also be appropriate to conduct an 
availability analysis within the overall measurement system uncertainty report to 
support a proposed maintenance regime.  

 
The recording of verification and calibration results can be used to modify maintenance 
programs on an ongoing basis through statistical analysis of reliability and availability. A 
national database of all UKAS calibration activities, where results are collated and analysed 
statistically, would provide a basis for selection of equipment. 
 
To this end the following recommendation concerning the collection of performance data is 
made: 
 

5. This paper recommends the creation of a national database to capture all UKAS 
calibration data for instruments and flow meters to provide the information 
required to monitor and enhance our knowledge and understanding of failure 
rates and subsequent availability analyses. A database could be structured such 
that only data relevant to performance is recorded so as to avoid any legal, 
contractual or regulatory breaches. 
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10 NOTATION 
 
Notation used within this paper is expanded and described more fully as follows: 
 

Notation Description 

λ i
 

Failure rate per component in hours 

ki
 

Number of failures per component 

Ti
 

Installed time base for all components reviewed in hours 

λT
 

Total failure rate of metering stream in hours 

A1
 

Availability of Metering Station with One Stream in Operation 

A2
 

Availability of Metering Station with Two Streams in Operation 

A3
 

Availability of Metering Station with Three Streams in Operation 

A4
 

Availability of Metering Station with Four Streams in Operation 

λ1 to λ4
 

Failure rate of each metering stream in hours (taken as constant where 
identical metering streams are installed) 

V1 to V4
 

Verification interval per stream in hours (The same verification interval 
has been used for each stream) 
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Gas Chromatography – Conditional Based Monitoring a nd 
Live Uncertainty Calculation  

Anwar Sutan, i-Vigilant Technologies 
Paul Daniel, i-Vigilant Technologies 

 

1 INTRODUCTION 

On-line gas chromatography is now commonplace in the North Sea and is frequently used 
within Fiscal and Custody Transfer measurement systems.  The uncertainty of the analysis 
from the gas chromatograph (GC) is of the utmost importance with the resultant analysis 
frequently at the core of economic transactions [1]. 

In recent years there has been a lot of interest in condition based monitoring (CBM) and in-
situ verification of measurement devices. However, perhaps surprisingly, it would be 
reasonable to state that although the correct functioning of the GC is critical in today’s 
measurement systems, comparatively little attention has been paid to verification and 
monitoring strategies [2, 3, 4, 5].   

The modern gas chromatograph is an extremely repeatable device however there remains 
several fundamental issues.  For example, if the valve timing in the GC is wrong or drifts over 
time a systematic error can ensue.  A recent study performed by the author identified a 
situation where such an error was present, and if it remained undetected, would have resulted 
in an on-going error in the calorific value of up to 1.4%.   This error would equate to a value of 
more than £300,000 per month based on a production of 100 mmscfd. 

Under the assumption of suitable sampling and conditioning the uncertainty of the GC 
measurement is generally driven by the repeatability of the GC and the quality of the 
(certified) working reference mixture (WRM).  Various methods presently exist which may be 
used to obtain the GC repeatability.  ISO 10723 [6] describes a method of performance 
evaluation using multiple calibration gas compositions to obtain the linearity of the GC as well 
as its repeatability.  However, this method is only valid as long as the GC maintains the 
performance characteristics measured on the day of the test.  ASTM D1945 [7] provides a 
standard test method for the analysis of gas with a GC using stated levels for the expected 
repeatability and reproducibility.  ISO 6974 [8], following similar principles detailed in ISO 
10723,  describes data processing for the tailored analysis of natural gas with the aim of 
defining the uncertainty in the mole fractions of the components measured.  However there 
remains little practical guidance and, to the Authors belief, no implementation of CBM 
systems for GCs. 

This paper presents a novel philosophy for monitoring the health of the GC whilst also 
providing an on-line estimate of the reproducibility of each mole fraction and overall 
uncertainty in the Calorific Value (CV) and density.  The method has been demonstrated 
using data from a GC presently in use on a platform in the North Sea. 

  

fltough
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2 GC MAINTENANCE 

2.1 Current Practice 

Within the UK North Sea the following steps are generally taken to ensure that the 
performance of the GC is maintained at a satisfactory level: 

1. Periodic health check by a GC specialist. 
2. ISO 10723 multilevel calibration to determine the GC linearity and measurement bias. 
3. Regular calibration using a certified working reference mixture. 
4. Periodic repeatability check using the tolerances provided by ASTM 1945D. 

It is common for all these activities to be performed by different parties.  The result is a 
number of different reports that need to be combined and reviewed as a whole to obtain the 
full picture of the GC performance. 

The following sections provide very brief overview of the available methods and standards 
presently in common use. 

2.1.1 ISO 10723 

ISO 10723 is a standard relating to the performance evaluation for online analytical systems. 
It has gained particular prevalence following the publication of the EUETS measurement and 
reporting guidelines [9] where annually repeated validation by EN ISO 17025:2005 [10] 
accredited laboratory was specified. 

A number of test gases are used to establish: 

• The ability of the GC to measure the components specified. 
• The repeatability of the measurement of each component over their specified ranges. 
• The relationship between response and concentration of each component over their 

specified ranges. 

2.1.2 ASTM D 1945 

This defines standard test method for analysis of natural gas by gas chromatography. Of 
particular interest to this paper are the sections that detail repeatability and reproducibility. 

Repeatability is defined within the standard as the difference between two successive results 
obtained by the same operator with the same apparatus under constant operating conditions 
on identical test materials.  Table 1 details the defined maximum tolerances considered 
acceptable for repeatability as stated in the standard. 

Mol % Lookup Tolerance % 

0 to 0.1 Mol% 0.01 % 

0.1 to 1 Mol% 0.04 % 

1 to 5 Mol% 0.07 % 

5 to 10 Mol% 0.08 % 

Over 10 Mol% 0.10 % 

 Table 1. ASTM D 1945 repeatability limits 

A similar table exists for the reproducibility. 
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2.1.3 Other available methods 

• ISO 6974 provides guidelines for the analysis of natural gas with the aim of determining 
the mole fractions of the principal components.  The standard is split in to five sections, 
with Part 2 describing the determination of the measuring system characteristics and the 
statistical approach to data handling and error calculation with the aim of defining the 
uncertainties in the component mole fractions. 
 

• ISO 6976 [11] is a standard detailing a calculation method for the determination of 
calorific values, density, relative density and wobbe index from composition.  Within ISO 
6976 precision is expressed as a calculated physical property value that results solely 
from random errors in analytical procedure in terms of repeatability and reproducibility.  
The standard defines equations for both repeatability and reproducibility. 

3 THE PROPOSED METHOD 

The common practice of performing distinct tests by different vendors at different times has 
led to the realisation that there are distinct advantages associated with collating all the 
information from the GC maintenance activities in to one place, combining all the data and 
results and presenting it in a clear, concise and easily interpreted manner.  This information, 
when used in conjunction with a number of additional novel techniques, results in a condition 
based monitoring system with an expert system capability providing early detection of 
potential GC failures coupled with the ability to assist with the determination of the required 
course of actions to rectify any identified problems. 

The proposed method consists of the following: 

1. Acquisition of GC analysis parameters. 
2. Analysis of events timing. 
3. Analysis of individual calibration data prior to use as a foot-print. 
4. Analysis of each calibration and comparison with the foot-print data. 
5. Analysis of historical data. 
6. Acquisition of working reference mixture uncertainty. 
7. Analysis of repeatability. 
8. Extended reproducibility assessment providing the basis for a live uncertainty 

calculation. 
9. Estimation of the bias based on the ISO 10723 performance evaluation method. 

 

The result of this is an expert system which can provide a live estimate of the uncertainty 
incorporating the uncertainty of the working reference mixture used for routine calibration, the 
repeatability and the long term reproducibility.  An estimate of the uncertainty of other 
calculated parameters such as density and calorific value may also be determined. 

Knowledge of the live operating uncertainty not only provides assurance that the 
measurement is meeting the required specification, but may also be used to determine when 
maintenance of the GC needs to be performed. 

Steps one to five are covered by section 3.1. The remaining items are discussed with a 
working example using live data from an operational GC. 

3.1 Foot-printing and analysis of historical data 

A previous publication in 2009 described a method to analyse three-column gas 
chromatographs using the correlation between the component’s molecular weights and their 
response factors [2]. 

This method lead to a condition based monitoring philosophy, GCAS®, which utilises the 
techniques described within the paper to ensure that the status of a GC is healthy prior to 
foot-printing. Figure 1 shows a typical calibration data page. 
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Figure 

The term “foot-print” in this context is used to mean a healthy GC status which is captured 
and used as a reference against which future calibrations are compared.

Examples of the historical data analysis based on the 

• Response factor deviation control chart
• Retention time deviation control chart
• Analysis of the quality of the correlation of the log

response factor. 

An example chart is shown in 
methane from the foot-print. 

Figure 2. Deviation of response factor chart 
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Figure 1. GCAS® Calibration data page 

” in this context is used to mean a healthy GC status which is captured 
and used as a reference against which future calibrations are compared. 

Examples of the historical data analysis based on the foot-print data are: 

Response factor deviation control chart. 
Retention time deviation control chart. 
Analysis of the quality of the correlation of the log-log plot of molecular weight and 

An example chart is shown in Figure 2, which shows the deviation of the response factor for 
 

. Deviation of response factor chart - Methane 

 

 

” in this context is used to mean a healthy GC status which is captured 

log plot of molecular weight and 

, which shows the deviation of the response factor for 
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3.2 Uncertainty of Working Refer

The working reference mixture uncertainty is normally provided in the UKAS certification 
accompanying the mixture cylinder. 
associated uncertainty, is given in 

Component WRM (%mol/mol)

Methane 75.605

Nitrogen 0.5

carbon dioxide 1.784

Ethane 12.301

Propane 6.938

i-butane 0.8926

n-butane 1.6218

neo-pentane 0.1026

iso-pentane 0.2259

n-pentane 0.1973

n-hexane 0.0991

Table 2. Working Reference Mixture 

3.3 Uncertainty from the 

The repeatability of each component may be established as per 
concentration (Figure 3).  The standard deviation of the response for each co
expressed as: 

�� is standard deviation 

a, b, c, d are the coefficients of linear regression of 

��∗ is un-normalised concentration of component 

Equation 1. relationship between standard deviation and concentration

Figure 3. Repeatability of response as function of component concentration
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Uncertainty of Working Refer ence Mixture 

The working reference mixture uncertainty is normally provided in the UKAS certification 
accompanying the mixture cylinder. In this example the working reference mixture

is given in Table 2. 

(%mol/mol)  
Absolute  

Uncertainty 
(k=2) 

Expanded 
Relative 

Uncertainty (%) 
75.605 0.05 0.0661 

0.5 0.01 2.0000 

1.784 0.011 0.6166 

12.301 0.08 0.6504 

6.938 0.022 0.3171 

0.8926 0.005 0.5602 

1.6218 0.0094 0.5796 

0.1026 0.0022 2.1442 

0.2259 0.0021 0.9296 

0.1973 0.0024 1.2164 

0.0991 0.0017 1.7154 

. Working Reference Mixture relative uncertainty 

Uncertainty from the GC repeatability 

The repeatability of each component may be established as per ISO 10723 
.  The standard deviation of the response for each co

�� � � � � 	 ��∗ � 
 	 ��∗� � � 	 ��∗ 

a, b, c, d are the coefficients of linear regression of �� on ��∗ 
concentration of component � 

ionship between standard deviation and concentration

. Repeatability of response as function of component concentration

 

The working reference mixture uncertainty is normally provided in the UKAS certification 
rking reference mixture, with its 

Standard  
Relative 

Uncertainty 
0.03305 

1 

0.3083 

0.3252 

0.15855 

0.2801 

0.2898 

1.0721 

0.4648 

0.6082 

0.8577 

ISO 10723 as a function of 
.  The standard deviation of the response for each component is 

ionship between standard deviation and concentration 

 

. Repeatability of response as function of component concentration 
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The repeatability of each measured component is a function of the repeatability of the 
response on the working reference mixture and the repeatability of the response at the 
concentration being measured.  The calculation of the standard deviation of the sample 
mixture is described in both ISO 6974-2 and ISO 10723. The following equation is defined in 
ISO 10723: 

��(��∗)��∗ �� = ��(���)��� �� + ��(�����)����� �� 
��� and ����� are the instrument responses to component � in the sample and standard �(���) and �(�����) are the respective standard deviations ��∗ is the un-normalised concentration of component � �(��∗) is the standard deviation of the un-normalised components ��∗ 

Equation 2. Standard deviation of component ��∗ 
Having calculated the standard deviation of each un-normalised component, the standard 
deviation of the normalised mole fractions as defined by ISO 6974-2 is given: 

�(��) = �� × �1 − 2��∗��∗� × �(��∗)� + � �(��∗ )��
� !  

�� is the normalised mole fraction of component  � ��∗ is the un-normalised mole fraction of component  � 
Equation 3. Standard deviation of the normalised component �� 

3.3.1 Working example 

Table 3 shows coefficients relating the mole fraction to standard deviation from a gas 
chromatograph presently in use on a North Sea platform. 

Component 
Coefficients of linear regression 

a b c 

Methane 329875.9302 0 0 

Nitrogen -534.812 6659.9222 0 

CO2 24070.3 0 0 

Ethane 13096.0458 5547.2357 0 

Propane -9075.6688 15604.4898 0 

i-Butane 6941.0164 0 0 

n-Butane -2236.4662 21367.3294 0 

neo-Pentane 437.4404 69901.5654 0 

i-Pentane 4301.6545 41299.3758 0 

n-Pentane 13469.4126 0 0 

Hexane 23779.2293 0 0 

Table 3. Coefficients of linear regression 
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Table 4 shows the standard deviation of the response of each component in the working 
reference mixture and the sample gas. 

Component WRM 
(%mol/mol) 

Std Dev of 
WRM 

Sample Gas 
(%mol/mol) 

Std Dev of 
sample gas 

Methane 75.605 329876 83.03 329876 
Nitrogen 0.5 2795 0.39 2063 
CO2 1.784 24070 1.83 24070 
Ethane 12.301 81333 8.56 60580 
Propane 6.938 99188 4.17 55995 
i-Butane 0.8926 6941 0.55 6941 
n-Butane 1.6218 32417 1.09 21054 
neo-Pentane 0.1026 7609 0.03 2534 
i-Pentane 0.2259 13631 0.09 8019 
n-Pentane 0.1973 13469 0.18 13469 
Hexane 0.0991 23779 0.08 23779 

Table 4. Standard deviation of working reference mixture and sample gas 

The standard deviation of each component can then be calculated using Equation 2: 

Component Std Dev of WRM Std Dev of Sample 
Gas 

Std Dev of un-normalised  
component 

Methane 0.000487 0.000447 0.000499 
Nitrogen 0.000431 0.000406 0.000003 
CO2 0.000883 0.000861 0.000022 
Ethane 0.000392 0.000418 0.000070 
Propane 0.000664 0.000616 0.000063 
i-Butane 0.000308 0.000500 0.000005 
n-Butane 0.000762 0.000734 0.000017 
neo-Pentane 0.003350 0.012461 0.000013 
i-Pentane 0.002104 0.003136 0.000009 
n-Pentane 0.002290 0.002511 0.000007 
Hexane 0.007322 0.009102 0.000012 

Table 5. Standard deviation of un-normalised components 

Based on the standard deviation of the un-normalised component, the standard deviation of 
normalised component can then be determined from Equation 3. 

Component Std Dev of normalised 
component Relative uncertainty 

Methane 0.000143 0.019006 

Nitrogen 0.000004 0.077837 

CO2 0.000023 0.131377 

Ethane 0.000087 0.071210 

Propane 0.000068 0.098314 

i-Butane 0.000007 0.077343 

n-Butane 0.000019 0.115847 

neo-Pentane 0.000013 1.290049 

i-Pentane 0.000009 0.380257 

n-Pentane 0.000007 0.343006 

Hexane 0.000012 1.168120 

Table 6. Relative uncertainty of each component based on the GC repeatability 
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3.4 Uncertainty from GC reproducibility 

GUM [12] defines reproducibility as closeness of the agreement between the results of 
measurements of the same measurand carried out under changed conditions of 
measurement, including time. 

The reproducibility of a GC can be determined by analysing the calibration data from periodic 
calibrations.  The responses are converted to un-normalised mole percentages based on the 
foot-print response factors and then normalised. The standard deviations of the normalised 
components are then calculated to obtain the GC reproducibility. 

The following presents such an analysis of the reproducibility based on the same data 
provided in Table 2. 

To get the reproducibility of the GC, the following steps are performed: 

1. Take the foot-print data 
a. Take the foot-print response factor for each component ("#�,#%) 
b. Take the gas composition from the WRM certificate (��,&'() 

2. Take periodic calibration data (i.e. daily, weekly, etc) 
a. Record the response factor from calibration data ("#�,
�)) 
b. Calculate the Peak Area of the calibration ("�,*+,) from the response factor ("#�,
�)) 

and the composition of working reference mixture (��,&'(). 

"�,
�) = "#�,
�) × ��,&'( 

3. Calculate the un-normalised components (��∗) from the peak area of the calibration ("�,*+,) 
and foot-print response factor 

��∗ = "�,*+,"#�,-. 

4. Calculate the normalised composition (��) 
�� = ��∗/ ��∗�� ! × 100 

5. Calculate the standard deviation of each component. N is the number of calibrations that 
have been performed following the foot-print calibration 

�(��) = 1∑ (��,3 − �̅�)53 !6 − 1  

6. Calculate the relative uncertainty of each component from the standard deviation. 7(��) = �(��)��,�89 
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The following is an example of the calculation of the normalised composition from the 
calibration response factor. 

Component WRM 
(%mol/mol) 

Foot -print  
Response 

Factor 

Calibration 
Response 

Factor 

Calibration 
Peak Area 

Un-
normalised 

composition 

Normalised 
Composition 

methane 75.605 10139000 10045000 757427621 74.7044 75.4329 
nitrogen 0.5 12710000 12584000 6275226.32 0.4937 0.4990 
carbon dioxide 1.784 15179000 14990000 26670868.77 1.7571 1.7774 
ethane 12.301 16616000 16432000 201591178.8 12.1324 12.2548 
propane 6.938 21522000 21275000 147212451.1 6.8401 6.9150 
i-butane 0.8926 24821000 24523000 21830875.87 0.8795 0.8853 
n-butane 1.6218 26052000 25750000 41650019.5 1.5987 1.6131 
neo-pentane 0.1026 27393000 26785000 2740814.802 0.1001 0.1016 
iso-pentane 0.2259 28652000 28414000 6401611.094 0.2234 0.2246 
n-pentane 0.1973 29829000 29362000 5777678.864 0.1937 0.1962 
n-hexane 0.0991 32514000 32446000 3206826.752 0.0986 0.1001 

Table 7. Calculation of normalised composition 

The same procedure is then performed for each calibration and the standard deviation 
calculated.  The standard deviation and relative uncertainty of each component is shown in 
Table 8. 

Component Standard Deviation Relative Uncertainty 

methane 0.0117 0.0155 
nitrogen 0.0009 0.1857 
carbon dioxide 0.0013 0.0747 
ethane 0.0106 0.0861 
propane 0.0080 0.1157 
i-butane 0.0025 0.2757 
n-butane 0.0024 0.1502 
neo-pentane 0.0004 0.3456 
iso-pentane 0.0006 0.2499 
n-pentane 0.0006 0.3280 
n-hexane 0.0002 0.2182 

Table 8. Standard deviation and relative uncertainty of normalised components 
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3.5 Combined Uncertainty 

Once the uncertainty from each uncertainty source is calculated, the combined uncertainty 
can be determined. 

Component WRM Relative 
Uncertainty 

Repeatability  
Relative 

Uncertainty 

Reproducibility  
Relative 

Uncertainty 

Combined Relative 
Uncertainty 

methane 0.03305 0.0190 0.0155 0.0412 

nitrogen 1 0.0778 0.1857 1.0534 

carbon dioxide 0.3083 0.1314 0.0747 0.3593 

ethane 0.3252 0.0712 0.0861 0.3647 

propane 0.15855 0.0983 0.1157 0.2738 

i-butane 0.2801 0.0773 0.2757 0.5590 

n-butane 0.2898 0.1158 0.1502 0.4063 

neo-pentane 1.0721 1.2900 0.3456 1.7810 

iso-pentane 0.4648 0.3803 0.2499 0.7403 

n-pentane 0.6082 0.3430 0.3280 0.9001 

n-hexane 0.8577 1.1681 0.2182 1.4977 

Table 9. Combined relative uncertainty 

Based on the relative uncertainty and relative sensitivity of each component, as well as the 
uncertainty from the ISO 6976 calculation [11], the combined expanded uncertainty from the 
calibration gas, repeatability, reproducibility, and calculation can be determined. The 
expanded uncertainty in this example for CV and standard density is shown in Table 10 and 
Table 11 respectively. 

Component mole 
Fraction 

Norm 
Mol % 

Expanded 
relative 

uncertainty 

Coverage 
factor 

Standard 
relative 

uncertainty 

Relative 
Sensitivity :(;<) ∗ =(;<) 

Methane 0.7561 0.7540 0.0823 2 0.0412 -0.1513 -0.0062 

Nitrogen 0.0050 0.0050 2.1067 2 1.0534 -0.0050 -0.0053 

CO2 0.0178 0.0178 0.7185 2 0.3593 -0.0178 -0.0064 

Ethane 0.1230 0.1227 0.7295 2 0.3647 0.0501 0.0183 

Propane 0.0694 0.0692 0.5477 2 0.2738 0.0696 0.0191 

i-Butane 0.0089 0.0089 1.1180 2 0.5590 0.0142 0.0079 

n-Butane 0.0162 0.0162 0.8125 2 0.4063 0.0259 0.0105 

neo-Pentane 0.0010 0.0010 3.5620 2 1.7810 0.0022 0.0040 

i-Pentane 0.0023 0.0023 1.4805 2 0.7403 0.0049 0.0037 

n-Pentane 0.0020 0.0020 1.8003 2 0.9001 0.0043 0.0039 

Hexane 0.0010 0.0010 2.9953 2 1.4977 0.0028 0.0041 

ISO 6976 N/A N/A 0.1000 2 0.0500 1.0000 0.0500 

Combined Standard Uncertainty 0.0595 

Coverage Factor (k) 2 

Combined Expanded Uncertainty (%) 0.1190 

CV absolute uncertainty (MJ/m3) 0.05620 

Table 10. CV combined expanded uncertainty  
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Component mole 
Fraction 

Norm 
Mol %

Methane 0.7561 0.7540

Nitrogen 0.0050 0.0050

CO2 0.0178 0.0178

Ethane 0.1230 0.1227

Propane 0.0694 0.0692

i-Butane 0.0089 0.0089

n-Butane 0.0162 0.0162

neo-Pentane 0.0010 0.0010

i-Pentane 0.0023 0.0023

n-Pentane 0.0020 0.0020

Hexane 0.0010 0.0010

ISO 6976 N/A N/A

Table 11. Standard d

3.6 Systematic Error 

It is common for GCs to not implement the response functions obtained from the ISO 10723 
calibration.  Using a single response factor that is assumed to pass through the origin will 
introduce a systematic error when the sample gas is of a different composition to the working 
reference mixture.  The magnitude of the bias 
response functions.  

GUM states that it is unnecessary to classify components as “random” or “systematic” (or in 
any other manner) when evaluating uncertainty because a
treated in the same way. It further 
effect has not been applied to the reported result of a measurement, 
made to take the effect into account
Only in very special circumstances should corrections for
not be applied to the result of a measurement.
Methane in the present example
calibration.  This highlights the importance of using a

Figure 4. Bias introduced when using response factor from single point calibration
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Norm 
Mol % 

Expanded 
relative 

uncertainty 

Coverage 
factor 

Standard 
relative 

uncertainty 

Relative 
Sensitivity

0.7540 0.0823 2 0.0412 0.5563

0.0050 2.1067 2 1.0534 0.0064

0.0178 0.7185 2 0.3593 0.0361

0.1227 0.7295 2 0.3647 0.1706

0.0692 0.5477 2 0.2738 0.1414

0.0089 1.1180 2 0.5590 0.0240

0.0162 0.8125 2 0.4063 0.0436

0.0010 3.5620 2 1.7810 0.0034

0.0023 1.4805 2 0.7403 0.0075

0.0020 1.8003 2 0.9001 0.0066

0.0010 2.9953 2 1.4977 0.0040

N/A 0.1000 2 0.0500 1.0000

Combined Standard Uncertainty 

Coverage Factor (k) 

Combined Expanded Uncertainty (%)

Density absolute uncertainty (Kg/m3)

Standard density - combined expanded uncertainty 

o not implement the response functions obtained from the ISO 10723 
calibration.  Using a single response factor that is assumed to pass through the origin will 
introduce a systematic error when the sample gas is of a different composition to the working 

ference mixture.  The magnitude of the bias on each component can be estimat

t is unnecessary to classify components as “random” or “systematic” (or in 
any other manner) when evaluating uncertainty because all components of uncertain

further states that occasionally where a correction
effect has not been applied to the reported result of a measurement, no attempt 
made to take the effect into account by enlarging the “uncertainty” assigned to the result. 

nly in very special circumstances should corrections for known significant systematic effect
not be applied to the result of a measurement.  Figure 4 shows the bias introduced
Methane in the present example when using the response factor from 

highlights the importance of using a suitable working reference mixture.

. Bias introduced when using response factor from single point calibration
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0.0240 0.0134 

0.0436 0.0177 

0.0034 0.0061 

0.0075 0.0056 

0.0066 0.0059 

0.0040 0.0059 

1.0000 0.0500 

0.0961 

2 

Uncertainty (%)  0.1923 

Density absolute uncertainty (Kg/m3)  0.09081 

combined expanded uncertainty  

o not implement the response functions obtained from the ISO 10723 
calibration.  Using a single response factor that is assumed to pass through the origin will 
introduce a systematic error when the sample gas is of a different composition to the working 

estimated from the 

t is unnecessary to classify components as “random” or “systematic” (or in 
ll components of uncertainty are 

where a correction for a systematic 
attempt should be 

by enlarging the “uncertainty” assigned to the result.  
systematic effects 

shows the bias introduced for 
response factor from a single point 

nce mixture.  

 

. Bias introduced when using response factor from single point calibration 
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The above uncertainty calculation has not taken into account the bias introduced by operating 
away from the working reference mixture calibration point. It is recommended that for 
scenarios where significant bias is predicted the response functions from the ISO 10723 
multi-level calibration are implemented to remove the known bias. If this is not performed, 
then consideration should be taken when expressing the uncertainty of the calorific value. 

3.7 Expert System 

The methods described above facilitate the determination of the live uncertainty of calculated 
quantities such as CV and standard density, as provided in the example.  Coupled with the 
use of suitable control charts, this allows prescribed limits to be entered, above which 
intervention is required.  For example a control chart of CV uncertainty can easily be set up 
which can clearly demonstrate that the system is operating within its target uncertainty.  This 
can also quickly alert the operator to problems and to help decide when maintenance is due. 

It is expected that the use of the correlation parameters from the log-log chart combined with 
control charts will be able to provide significant assistance in determining the cause and 
hence solutions to any problems.  At this level, the method is approaching that on an expert 
system, which may loosely be defined as a computer system that emulates the decision-
making ability of a human expert.  

4 CONCLUSION 

This paper has described methods that may be used for monitoring the performance of gas 
chromatographs. Data commonly available from the WRM certificate, ISO 10723 multilevel 
calibrations, and long term reproducibility can be utilised to provide live uncertainty 
calculations giving assurance that GC performance is within prescribed limits throughout the 
year. 

The principle is equally applicable to calculations such as line density based on 
compressibility from AGA 8 [13] and any other compositional based calculations. The 
application of the method is expected to help to maintain the GC within its specified 
requirements throughout the year. 
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5 NOTATION 

GC Gas Chromatograph 
CBM Conditional Based Monitoring 
CV Calorific Value  
EUETS  European Union Emission 

Trading Scheme 
k Coverage factor �, �, 
, �  Coefficients of linear 

regression of �� on ��∗ ��  standard deviation ��∗  Un-normalised concentration of 
component � ��  Normalised concentration of 
component � �(��∗)  Standard deviation of the un-
normalised components ��∗ ���  Instrument responses to 
component � in the sample �����  Instrument responses to 
component � in the standard �(���)  Standard deviations of 
component � in the sample �(�����)  Standard deviations of 
component � in the standard �(��)  Standard deviation of the 
normalised mole fractions >  Number of components 
analysed 

CRM Certified Reference Mixture.  
Mixture which is used for the 
determination of the response 

curves of the measuring 
system. 

WRM Working Reference Mixture.  
Mixture which is used as a 
working standard for regular 
calibration of the measuring 
system 

GUM Guide to the expression of 
uncertainty in measurement "#�,#%  Foot-print response factor for 
component � "#�,
�)  Calibration data response 
factor for component � ��,&'( Mole fraction of component � in 
WRM "�,
�)  Peak Area from calibration of 
component � 

N Number of calibrations that 
have been performed following 
the foot-print calibration 
(��) Relative sensitivity coefficient 
of component � mole fraction 7(��)  Relative uncertainty of 
component � mole fraction 

mmscfd Million standard cubic feet per 
day 
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What Do We Mean by C6+? 
 

Chris Cowper, EffecTech Ltd 
 

 
1 INTRODUCTION 
 
Transmission quality natural gases contain inert components (helium, nitrogen, carbon 
dioxide) and hydrocarbons up to C9 or C10, occasionally C12 at trace levels.  Calculation of 
properties from composition would, in an ideal world, require fully detailed analysis so that the 
contributions of components or component groups can be properly assessed.  This approach, 
however, is not compatible with the on-line or process application of gas chromatographs 
(GCs) because of the constraints of expected cycle time and the diversity and complexity of 
the equipment required for full analysis. 
 
Process GCs can be easily configured to give analysis of nitrogen, carbon dioxide and 
hydrocarbons from methane to pentane as individual components.  This means that these 
components can be quantified by direct one-to-one calibration, which minimises uncertainty 
and bias in the results.  Hydrocarbons in the range hexanes and above consist of a number of 
isomers which increase rapidly with carbon number, and diminish exponentially in 
concentration.  Even if they were all identified, which they are not, it is impractical to attempt 
one-to-one calibration for all these components. 
 
As a result, a compromise is made in the measurement of these hydrocarbons, either by 
restricting the range of components measured and the limits of detection applied to them, or 
by recombining them into a single chromatographic peak which sums all their contributions.  
Such a peak is referred to as C6+, since it contains all the hydrocarbons from hexanes 
upwards.  This paper is concerned with the practicality of C6+ measurement. 
 
 
2 BACKGROUND 
 
Properties such as calorific value (CV), relative density (RD) and Wobbe Index (WI) can be 
derived with acceptable uncertainty from a C6+ analysis, according to ISO 6974 [1].  
Compression factor can be calculated according to AGA8 [2] with some reservations as 
described in ISO 12213 [3]. 
 
While the CVs and RDs of individual higher hydrocarbons are high relative to methane, the 
major component, their low concentrations mean that their contributions to the overall 
properties are low.  For this reason, C6+, which, since the compositional breakdown is not 
known, is an approximation to the total of hexanes and higher hydrocarbons, is accepted as a 
sufficiently good measurement.  It is instructive to compare figure 1, which is a typical C6+ 
chromatogram, with figure 2, which is a detailed analysis up to C12.  Figure 2 is derived under 
laboratory conditions, using a complex system which is not amenable to process application, 
and shows 100 or so peaks, many of which will contain more than one component.  These 
are all summed in the C6+ peak of figure 1.  This comparison gives rise to another question; 
how does the uncertainty of measuring 100 peaks compare with the uncertainty of measuring 
one? 
 
The correct use of a C6+ analyser requires answers to three questions: 
 

• how well can a composite C6+ peak be measured, given that its composition will vary 
between different gases 

• how can the raw data be converted into a quantity (mol fraction or mol %) without 
knowledge of the detailed breakdown 

• how should a property (CV etc.) be allocated to the derived quantity? 
 
Each of these answers influences the quality of data generated by the C6+ component. 
 

fltough
Stamp
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Figure 1 - Chromatogram showing C6+ peak 
 
 

 
 

Figure 2 - Chromatogram showing detail of C6+ components 
 

 
3 MEASUREMENT OF C6+ PEAK 
 
3.1 Timing of backflush. 
 
As seen in figure 1, the C6+ backflushed peak appears at the beginning of the analysis.  This 
accelerated backflush is achieved by using a short pre-column.  At the start of the cycle, this 
column (column 1) is placed in series with a longer column (column 2) designed to measure 
C3 to C5 hydrocarbons.  After a defined time, when all the n-C5 is deemed to have passed 
onto column 2, and before any C6 component has done so, column 1 is switched to 
immediately before the detector, and at the same time the carrier flow through it is reversed.  
This change in the direction of flow recombines the components which are still in column 1.  
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The lighter C6 isomers, which have 
faster in reverse flow and catch up with the heavier components to emerge as a single peak.  
Figure 3 shows the forward flow confi
operation. 
 

 

 

 

 
The timing of the backflush, which is found by trial and error, is required to ensure that all the 
n-C5 has passed the junction to
butane) has yet reached it.  If the timing is not correct, than either some n
in the backflushed peak, or C
they are not expected, they will not be measured.
 
Figure 5 shows the effect of different backflush times on the measured amounts of n
C6+, using a calibration mixture in which n
C6 in this way is common in such calibration gases.  As the backflush time is increased, t
amount of n-C5 stabilises from about 16.5 seconds, and the C
until about 18.5 seconds.  This
17.5 seconds would be a good choice.  
sample, the results are shown in figure 6
measurement starts to diminish from 17 seconds.
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isomers, which have travelled the greater distance within column 1
faster in reverse flow and catch up with the heavier components to emerge as a single peak.  

shows the forward flow configuration and figure 4 shows that for 

Figure 3 - Forward flow 
 

Figure 4 - Backflush of C6+ 

The timing of the backflush, which is found by trial and error, is required to ensure that all the 
junction to column 2, while none of the lightest C6 isomer (2,2

butane) has yet reached it.  If the timing is not correct, than either some n-C5

in the backflushed peak, or C6 components will pass onto the longer column, where, since 
re not expected, they will not be measured. 

shows the effect of different backflush times on the measured amounts of n
+, using a calibration mixture in which n-C6 represents the C6+ components. 
in this way is common in such calibration gases.  As the backflush time is increased, t

stabilises from about 16.5 seconds, and the C6+ remains at a steady value 
until about 18.5 seconds.  This seems a reasonable time window, and a backfl
17.5 seconds would be a good choice.  When the same test was repeated with a natural gas 

he results are shown in figure 6.  The behaviour of n-C5 is unchanged, but the C
measurement starts to diminish from 17 seconds.  This is due to the presence of lighter C
isomers which travel through column 1 more rapidly than n-C6. 

International North Sea Flow Measurement Workshop 

within column 1, now travel 
faster in reverse flow and catch up with the heavier components to emerge as a single peak.  

shows that for the backflush 

 

 

The timing of the backflush, which is found by trial and error, is required to ensure that all the 
isomer (2,2-di-methyl 

5 will be included 
components will pass onto the longer column, where, since 

shows the effect of different backflush times on the measured amounts of n-C5 and 
+ components.  The use of n-

in this way is common in such calibration gases.  As the backflush time is increased, the 
+ remains at a steady value 

seems a reasonable time window, and a backflush time of 
repeated with a natural gas 
is unchanged, but the C6+ 
the presence of lighter C6 
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Figure 5 - Backflush timing with calibration gas 
 

 

 
 

Figure 6 - Backflush timing with natural gas 
 
 
Generally, if a small part of a component peak is lost due to column switching, it does not 
matter because the same will apply to both calibration gas and sample.  If 97% (say) of a 
component in the sample is compared with 97% of the same component in the calibration 
gas, the quantitative measurement is unaffected.  In this case, however, the C6+ component 
in a sample is more likely to lose a fraction of the total than n-C6 in the calibration gas.  It is 
recommended that setting of the backflush time should be undertaken with a natural gas 
sample rather than with a calibration gas. 
 
3.2 C6+ peak position. 
 
Another aspect of C6+ measurement concerns the position of the peak relative to baseline 
disturbances.  All valve switching operations, such as sample injection and backflushing, 
cause temporary flow upsets.  The thermal conductivity detector (TCD) is sensitive to flow 
changes as well as to composition changes and we want to take advantage of the latter while 
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minimising the former.  Figure 7 shows a C6+ peak immediately following a baseline 
disturbance caused by the backflush operation.  Among the important criteria for correct peak 
measurement are identification of the baseline signal at the start and finish of the peak, and 
projection of the baseline between these points.  In figure 7 the exact location of the baseline 
before the peak start is difficult to define, and this necessarily adversely influences the peak 
measurement.   
 

 
 

Figure 7 - C6+ peak following baseline disturbance 
 
A relatively simple plumbing modification allows baseline disturbances to be reduced.  A C6+ 
peak from an analyser which has been modified is shown in figure 8.  This peak can be 
measured with much less uncertainty, since the baseline both before and after the peak is 
easily defined. 
 

 
 

Figure 8 - C6+ peak with improved baseline 
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3.3 C6+ peak shape. 
 
Figure 8 shows a peak from a calibration gas, containing n-C6 only.  The peak is symmetrical 
about its centre, and integration (peak measurement) can be allowed between 35 and 41 
seconds. 
 
C6+ peaks from the calibration gas in figure 8 and from four different natural gases are 
superimposed in figure 9.  The two larger peaks (gases 3 and 4) show leading edge 
asymmetry such that the start point for measurement should be earlier than 35 seconds.  
Gases 1 and 2, which have smaller overall peaks than the calibration gas, show even more 
marked asymmetry.  All of the peaks show similar behaviour at the tailing edge, and the 
baseline in all cases is re-established by 41 seconds. 
 

 
 

Figure 9 - C6+ peaks from different gases 
 

This behaviour results from the compressibility of the carrier gas.  As the pressure falls from 
the beginning to the end of the column, the carrier gas velocity increases.  Since velocity 
controls the rate at which components pass through the column, the effect is that components 
accelerate as they travel.  When the column is backflushed, the pressure regime and hence 
the acceleration is reversed.  This means that heavier components, which have travelled only 
a short distance in forward flow, are more rapidly eluted in backflush than lighter components, 
causing the leading edge asymmetry.  The greater the proportion of heavier to lighter 
hydrocarbons, the greater is the asymmetry. 
 
Figure 10 repeats the calibration gas peak from figure 8 and one of the more asymmetric 
peaks from figure 9.  If the integration is enabled at 35 seconds, which would be appropriate 
for the calibration gas, then a considerable error would be found for the sample.  The broken 
lines show how the baseline for each peak would be allocated.  For the sample gas, 
integration relative to this line would ignore the triangular area beneath it and the area before 
35 seconds.  An integration start time of 32 seconds is much more appropriate when 
measuring real gases. 
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Figure 10 - Comparison of calibration gas and natural gas peaks 
 
 

4 CONVERSION OF RAW PEAK DATA TO MOLAR QUANTITY 
 
The TCD, which is used without exception in natural gas process GCs, responds to the 
difference between the thermal conductivity of the continuously flowing carrier gas (usually 
helium) and that of the individual components which reach the detector at different times 
during the analytical cycle.  The response factor (RF) for any component is a function of the 
difference between the value for helium and that for the component, and is determined by 
calibration with a gas mixture of known composition.  RFs for hydrocarbons are not uniform, 
and generally increase with carbon number, which means that the factor for a C6+ peak will 
vary according to its composition.  It is not practicable to tailor the calibration mixture to each 
possible variation in the C6+ composition, and such mixtures generally contain a single 
component (n-hexane or an isomer).  This will introduce a bias in the measured quantity of 
C6+ since the composite peak from the sample gas is unlikely to have the same RF as the 
single component peak in the calibration mixture. 
 
Data are available for TCD RFs [4], [5], [6], but these are all old and were mainly obtained 
using liquid mixtures, and are regarded as having relatively high uncertainties.  We preferred 
to use gas mixtures, which would enable values to be established from propane upwards, 
giving a clearer picture of the overall trend, rather than only using C6 and higher components.  
Also, experience suggests that data obtained from liquid mixtures may not apply 
unequivocally to gas samples.  Reference materials containing hydrocarbons up to C10 are 
now available through the U.K. National Physical Laboratory (NPL) and these were used to 
certify our own mixtures for evaluation of RFs. 
 
These measurements were made using a new process GC.  This uses micro-GC modules 
packaged for process application.  Two modules were used for the analysis, one covering 
light gases (nitrogen, carbon dioxide, methane and ethane) and the other dealing with 
hydrocarbons.  Neither module uses column switching or backflushing, and so is appropriate 
for our needs.  Conditions for the second module were adjusted to allow measurement to C9.  
RFs were measured as the ratio of response to molar percentage of each component, and 
expressed relative to the RF for propane.  These relative response factors (RRFs) are shown 
in figure 11 and table 1. 
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Figure 11 - RRF data for hydrocarbons to C9 
 
The alkane RRFs show good linearity, with some deviation around C8 and C9.  This is not 
surprising since these components, measured individually, are near the TCD limit of 
detection.  Aromatics (benzene and toluene) have substantially lower RRFs with respect to 
their carbon number, and cyclohexane has a value which is intermediate.  In fact, these RRFs 
for carbon number 6 and above show reasonable agreement with the compilation of Dietz [6]. 
 
 

Table 1 - Response factors relative to propane 
 

component relative response factor 
propane 1.000 
n-butane 1.166 
n-pentane 1.340 
n-hexane 1.506 
benzene 1.253 
cyclohexane 1.375 
n-heptane 1.683 
toluene 1.345 
n-octane 1.845 
n-nonane 2.060 

 
 
These variations in RFs show that the RF of a C6+ peak depends entirely on its composition, 
and the only way to ensure correct quantitative interpretation is to simulate the expected C6+ 
composition in the calibration gas.  This is impractical, as this particular calibration gas would 
be useful for only one type of sample gas and would no longer be suitable if the sample 
composition changed. 
 
From table 1 it is clear that the presence of C7 and higher alkanes will increase the RRF of 
C6+ and cause the calculated quantity to be overestimated.  However, the presence of 
aromatics and, to a smaller extent, cycloparaffins will reduce the RF and lead to an 
underestimate of quantity.  Several UK natural gases have relatively high aromatics content, 
and this can neutralise the effect of higher alkanes.  Table 2 shows the effective molar carbon 
number for a number of gases, calculated from detailed composition.  The relative errors 
shown in table 2 arise from calculation of the C6+ response using a calibration gas containing 
only n-C6.  
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Table 2 - Effective molar carbon number of C6+ 
 

natural gas # molar C number relative error 
% 

1 6.12 2.05 
2 5.81 -3.14 
3 6.07 1.21 
4 6.22 3.68 
5 5.98 -0.37 
6 5.99 -0.13 
7 6.34 5.60 

 
 
Table 2 shows that the actual carbon numbers of C6+ are distributed around 6, and so the 
errors involved in using the RF for n-C6 are relatively small.  The only one greater than 5% is 
gas 7, where the C6+ content is 0.0027% or 27 parts per million.  The actual error in this case 
is insignificantly small. 
 
 
5 APPLICATION OF APPROPRIATE PHYSICAL PROPERTIES 
 
CV is the property most frequently calculated from composition.  The same problem arises as 
with mol % calculations of C6+.  Without knowledge of the detailed composition of this 
fraction, an exact CV contribution cannot be derived.  Component CVs increase with carbon 
number, and we know that values for aromatics are significantly lower than their carbon 
number would suggest, and values for cycloalkanes are slightly lower.  Figure 12 shows the 
plot of component CV against carbon number.   
 

 
 

Figure 12 - CVs of hydrocarbons 
 

The plot in figure 12 is comparable to that in figure 11, which suggests a correlation between 
relative response and CV.  This is further illustrated by plotting these parameters against each 
other, as shown in figure 13. 
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Figure 13 - Response factor against CV 
 
The ratio of response factor to CV is calculated for each of five reference gases and shown in 
table 3, where the reference component is n-hexane, which is the most likely component of 
choice in a calibration gas.  Regression analysis of the average responses against CV gives 
the first-order equation 
 

Response = 15598 + 265.3 ∗ CV. 
 
The intercept term means that the ratios are not completely uniform, as the values for 
propane and butane are high and those for octane and nonane are low.  (This may in part 
reflect the difficulty of measuring nonane at levels around 10 parts per million.)  Overall, 
however, the values are sufficiently close, particularly for hexanes and higher, to show that 
TCD responses and CVs are correlated. 
 
 

Table 3 - Ratio of response factor to CV. 
 

component RF/CV relative to C6 
 average standard deviation 
propane 1.25 0.026 
n-butane 1.13 0.023 
n-pentane 1.06 0.016 
n-hexane 1.00  
benzene 1.06 0.067 
cyclohexane 0.97 0.009 
n-heptane 0.97 0.014 
toluene 0.95 0.048 
n-octane 0.93 0.044 
n-nonane 0.93 0.064 

 
 
To test this hypothesis, test gases containing both n-hexane and n-heptane, designed for C7+ 
analysers, were measured on a C6+ analyser, which had been calibrated with a mixture 
containing only n-hexane.  The results are summarised in table 4.  The C6+ peaks from the 
test gases comprised varying known concentrations of the two components.  This meant that 
the reported mol % of C6+ was higher in each case than the true value, the extent depending 
on the proportions of the two components.  The CV contributions of C6+ were also higher than 
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that of n-hexane.  If, therefore, the CV of n-hexane is applied to the measured C6+ 
component, this will produce a smaller than expected CV contribution.  With a correlation 
between response factor and CV, these two effects should largely cancel each other.  The 
overestimated quantity will be balanced by an underestimate of the CV to be applied.   
 
 

Table 4 - Errors on C6/C7 test gases 
 

Test gas composition mol % equivalent 
C6+ C No. 

relative error % 
 n-C6 n-C7 mol % CV 

1 0.0505 0.0816 6.62 8.52 -0.92 
2 0.3431 0.0058 6.02 1.25 0.41 
3 0.2792 0.0205 6.07 1.91 0.50 
4 0.1470 0.0486 6.25 2.80 -1.07 
5 0.0053 0.0972 6.95 12.22 -1.93 
6 0.2086 0.0350 6.14 3.56 1.21 
7 0.0991 0.0629 6.39 9.63 1.69 

 
 
Table 4 describes this simple test of the hypothesis.  In the table, the C6+ carbon number 
represents the mean carbon number calculated from the relative amounts of C6 and C7.  As 
expected, both types of error increase as the C6+ carbon number approaches 7, but in all 
cases the CV error is significantly smaller than the mol % error. 
 
 
6  APPLICATION TO REAL NATURAL GASES 
 
The complexity of the C6+ composition of real natural gases (see figure 2) makes the 
measurement more difficult for a number of reasons: 
 

• The C6+ content of real gases varies by up to a factor of 50. 
 

• The distribution of higher hydrocarbons varies substantially between gases from 
different sources. 

 
• The shape of the C6+ peak and hence the ease of quantitative measurement 

depends on the (unknown) hydrocarbon distribution. 
 

• Depending on the configuration of the analyser, baseline disturbances can interfere 
with peak measurement. 

 
• The presence of aromatic, and to a lesser extent, of cycloalkane components means 

that the CV of the C6+ can be lower than that of hexane, due to the relatively low 
individual CVs of these components. 

 
Three natural gases from different sources were sampled from the UK National Transmission 
System.  They were analysed in detail using laboratory analysers against certified reference 
gases, and also on a process GC where the C6+ response is calibrated with a reference gas 
containing n-C6.  Table 5 gives the results.  In the section headed ‘detailed analysis’ the 
values for mol % and CV of C6+ are the “true” values for the gases, summing the 
contributions of all components.  The CV C No. Is the equivalent “pseudo-alkane” which has 
the same CV as found from the detailed analysis.  The section headed ‘C6+ analysis’ contains 
the values measured with a C6+ process GC, calibrated with n-C6.  Differences in both mol % 
and CV contribution are small by comparison with some of the values in table 3.  This is the 
likely effect of the equivalent carbon numbers being close to 6. 
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Table 5 - Errors for real natural gases 
 

Detailed analysis 
 Gas 1 Gas 2 Gas 3 
    C6+ total mol % 0.0966 0.1048 0.1422 
    C6+ CV contribution 0.1693 0.1918 0.2628 
    CV of C6+ fraction 175.20 182.95 184.86 
    equivalent C No. 5.92 6.19 6.26 

C6+ analysis 
 Gas 1 Gas 2 Gas 3 
    C6+ mol % 0.0963 0.1063 0.1458 
    difference -0.35% 1.40% 2.56% 
    C6+ CV contribution 0.1710 0.1887 0.2589 
    difference 0.99% -1.60% -1.50% 

 
 
Some process GCs offer alternative factors for C6+, to allow different CVs to be applied, in 
cases where composition differences are significant.  These are based on different ratios of 
C6, C7 and C8, and the results are shown in table 6. 
 
 

Table 6 - Errors for different C6+ compositions 
 

C6+ analysis 
C6/C7/C8 ratio Gas 1 Gas 2 Gas 3 
100/0/0  (n-C6)    
    C6+ CV contribution 0.1710 0.1887 0.2589 
    difference 0.99% -1.60% -1.50% 
50/50/0    
    C6+ CV contribution 0.1844 0.2025 0.2792 
    difference 8.91% 6.13% 6.23% 
58/28/14    
    C6+ CV contribution 0.1860 0.2053 0.2816 
    difference 9.86% 7.05% 7.16% 
48/35/17    
    C6+ CV contribution 0.1895 0.2092 0.2869 
    difference 11.92% 9.06% 9.17% 
50/25/25    
    C6+ CV contribution 0.1911 0.2110 0.2893 
    difference 12.87% 9.99% 10.10% 

 
 
Table 6 shows that the use of alternative CV factors for C6+ is inappropriate, and the CV 
contribution of C6+ should be calculated using n-C6 for calculation of the molar quantity and 
the CV of n-C6 applied to the calculated amount.  If, for any reason, the calibration gas 
contains more than one component to represent C6+, such as a mixture of C6 and C7, then 
the molar sum of these components should be used to calculate the quantity and the CV of 
the mixture applied to calculate the CV contribution. 
 
 
7 CONCLUSIONS 

 
7.1 TCD response factors for C6 and heavier alkanes increase with carbon number and 

are correlated with component CVs.  Aromatics and to a lesser extent cycloalkanes 
have smaller response factors for the same carbon number, but this is also correlated 
with CV.  The use of hexane alone in calibration gases will cause errors in calculated 
C6+ mol %, but if the CV of hexane is applied to these measured C6+ components, 
the error in CV contribution will be smaller. 
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7.2 The use of any other composition in the calibration gas will also cause errors in the 
calculated mol %, except where the compositions in calibration gas and sample 
match exactly.  If the CV of the calibration gas C6+ composition is applied to the 
measured sample peaks, the error CV contribution will be minimised. 

 
7.3 If the C6+ CV contribution is calculated in a flow computer, based on detailed 

analysis, the error will be greater than if the CV of the calibration gas C6+, whether 
that is a single component (n-C6) or a mixture, is used. 

 
7.4 Any difficulty in C6+ measurements for real gases may not be recognised when an 

instrument is tested with gases containing only hexane. 
 
7.5 Measurement (integration) parameters for a C6+ peak should be optimised with care, 

particularly if there are adjacent baseline disturbances. 
 
7.6 The use of calibration gases containing a range of heavier hydrocarbons to simulate 

C6+ is likely to create problems with stability and dew point.  A single C6 component 
(hexane) is recommended. 
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Errors Arising from the Use of AGA8 Outside its Val id Range 
 

David Mills, Oil & Gas Systems 
Norman Glen, NEL 

 
  
1 INTRODUCTION 
 
 
For custody-transfer standard flow measurement of dry, processed gaseous hydrocarbons in the UK 
sector of the North Sea, DECC’s ‘Guidance Notes for Petroleum Measurement’ specify that the flow 
rate measurements may be in either volumetric or mass units [1].  They also stipulate that where 
volume is the agreed measurement unit, it should be referred to the standard reference conditions of 
15 °C temperature and 1.01325 bar absolute pressure.  This requires determination of the gas density 
at the flow meter. 
 
The AGA8 method [2] is widely used for the calculation of thermodynamic properties of natural gas 
mixtures, allowing determination of properties from measurement of gas composition.  In particular, it is 
used for the calculation of the density and compressibility of gas produced from the North Sea and 
forms an integral part of the measurement infrastructure, being programmed into flow computers and 
written in to many gas sales agreements. 
 
Gas compositions from North Sea fields may or may not lie within the pipeline quality gas specifications 
required to obtain the 0.1% uncertainty with the AGA8 method.  This can pose particular problems 
where new wells are tied to existing pipelines, making it difficult to determine the uncertainty of the 
density and hence the quantity of gas being produced, with implications for allocation between 
operators, and tax liabilities. 
 
For a typical gas metering system the actual volume flow measurement is likely to use:-  
 
• orifice plate 
• ultrasonic flow meter 
• turbine meter 
 
In each of these cases the other measurements will be:- 
 
• temperature (T) 
• pressure (P)  
• density (ρ), or gas composition (mole%) which is then used to calculate density 
 
The overall system uncertainty is a function of the uncertainties of the individual measurement devices 
making up that system.  Pressure, temperature, differential pressure, flow measurement and mole% 
uncertainties can be (reasonably) confidently assessed.  
 
Gas density is a much more interesting problem and this paper addresses some of the questions 
surrounding density determination using AGA8 and discusses a potential solution as well as some of 
the limitations of that solution. 
 
 
2 MEASURED OR CALCULATED DENSITY 
 
Gas density can be measured, or it can be calculated from knowledge of the gas characteristics.  
 
• Measurement normally uses a Transducer such as the Micromotion 7812 (previously Solartron) 

density transducer.  The DECC Guidelines [1] give details on the advantages, and disadvantages 
of measurement and it is not considered further here.   

• Calculation uses a chromatograph to evaluate the percentage of each of the various gases that go 
to make up the flowing gas. 

fltough
Stamp
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Density can then be calculated from the gas composition, the flowing pressure and the flowing 
temperature. 
 
 
3 CALCULATING DENSITY 
 
Basic schoolboy science taught that the density of a gas is directly proportional to the absolute 
pressure and inversely proportional to the absolute temperature.  
 
This comes from the ideal gas laws known as Boyle’s law (for pressure), dating from 1662, and 
Charles’s law (for temperature) dating from the 1780s. 
 
This gives a simple equation for density:-  

 
abs

abs
PT T

Pwmk *..*
, =ρ  

Unfortunately it is not as simple as this as the density of gas is not directly proportional to the absolute 
pressure or inversely proportional to the absolute temperature.  The compressibility of the gas, Z, has 
to be taken in to account, giving 

 
abs

abs
PT TRZ

Pwm

**

*..
, =ρ  

This is where the problems really start.  All calculation methods use an “equation of state” – a 
thermodynamic equation describing the state of matter under a given set of physical conditions, or EOS 
for short. 
 
There is no such thing as a universal EOS.  All are a compromise in some way, so rather like 
mathematical curve fitting routines, the application has to be fully understood before the appropriate 
solution can be chosen. 
 
The earliest approach to a better model was the Van der Waals equation which formed the foundation 
for later developments including:- 
 
• NX-19 
• Redlich-Kwong 
• Peng-Robinson 
 
These are cubic equations of state, which are not particularly complicated to solve and do not require a 
great deal of computer processing power. 
 
It is important to note that the cubic equations of state only provide limited accuracy, particularly as the 
gas mixture moves towards the critical conditions.  
 
 
4 DENSITY CALCULATIONS FOR CURRENT METERING SYSTEMS   
 
The DECC Measurement Guidelines – Issue 8 state that an export system from a production platform 
or a gas import system has clearly defined uncertainty limits of ±1.0% (mass) for gas. 
 
Gas metering systems in this category generally use the AGA8 equations of state to calculate gas 
density. 
 
The AGA8 equations are only applicable to gas in the vapour phase and cannot be relied on if used 
when process conditions are approaching the critical conditions.  The use of high export pressures 
means that this is happening more frequently.  
 
The AGA8 methods have been adopted in ISO 12213 Natural Gas – Calculation of compression 
factor  [3]. 
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5  ISO 12213 NATURAL GAS – CALCULATION OF COMPRESSI ON FACTOR 
 
As ISO 12213 uses the AGA8 equations, the same problems occur as the critical region is reached. 
 
The standard defines the applicable limits of operation as follows:- 
 
 

Table 1 – Limits of operation defined in ISO 12213 
 

Parameter Lower Limit Units Upper Limit 
Pressure 0 MPa 12 
Temperature 263 K 338 
Superior Cal. value 30 MJ/m3 45 
Relative density 0.55  0.80 
Methane 70.0 Mole% 100.0 
Ethane 0.0 Mole% 10.0 
Propane 0.0 Mole% 3.5 
Butanes 0.0 Mole% 1.5 
Pentanes 0.0 Mole% 0.5 
Hexanes 0.0 Mole% 0.1 
Heptanes 0.0 Mole% 0.05 
Octanes+ 0.0 Mole% 0.05 
Hydrogen 0.0 Mole% 10.0 
Carbon Monoxide 0.0 Mole% 3.0 
Helium 0.0 Mole% 0.5 
Water 0.0 Mole% 0.015 
Nitrogen 0.0 Mole% 20.0 
Carbon dioxide 0.0 Mole% 20.0 

 
 
If the gas and the operating conditions are ALL  within these limits the uncertainty is predicted to be 
±0.1%. 
 
Paragraph 4.4.2 of the standard gives a “wider range of applications”, but in order to evaluate 
uncertainty, reference has to be made to Annex E, where uncertainty data is given separately for gases 
with high nitrogen, carbon dioxide, ethane or propane, and also for combinations of these gases as 
shown below:- 
 
“The overall results at pressures up to 10Mpa, and temperatures within the range 263K to 338K can be 
summarized as follows.  Only gases having mole fractions within the limits below will have uncertainties 
within ± 0,1%, ± 02% and  ± 0,5%, respectively, within the given pressures and temperatures. 
 
 

Table 2 – Estimated uncertainty limits from Annex E  of ISO 12213 
 

Component Mole fraction for an uncertainty within 
± 0,1% ± 0,2% ± 0,5% 

Nitrogen <0.50 - - 
Carbon dioxide <0.23 <0.26 <0.28 
Ethane <0.13 <0.20 - 
Propane <0.06 <0.10 - 

 
Table 2 provides a useful extension for heavier gases, but as there is nothing “heavier” than propane it 
is of limited help in relation to the rich natural gases we are now seeing in the North Sea. 
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Table 3 shows data for 5 different cases which lie outwith the limits of ISO 12213.   
 

Table 3 – Some Typical North Sea Gas Process Condit ions 
 

 1 2 3 4 5 ISO 12213 limits 
Carbon Dioxide 4.00 4.00 0.70 2.00 2.35 0.0 <%< 20.0 
Nitrogen 3.91 3.91 0.80 0.50 1.28 0.0 <%< 20.0 
Methane 73.79 73.79 70.60 95.60 47.83 70.0 <%< 100.0 
Ethane 7.96 7.96 13.80 1.80 14.33 0.0 <%< 10.0 
Propane 9.60 9.60 9.30 0.10 19.70 0.0 <%< 3.5 
Butanes 2.44 2.44 3.70 0.00 11.42 0.0 <%< 1.5 
Pentanes 0.20 0.20 0.90 0.00 2.77 0.0 <%< 0.5 
Hexane 0.00 0.00 0.20 0.00 0.33 0.0 <%< 0.2 
         
Pressure 156 121 172 120 176  <barg 119 
Temperature 64 40 5 13 51 -10.0 <oC< 65.0 

 
The highlighted areas show where the gases are outwith the AGA8/ISO 12213 limits where uncertainty 
can be declared. 
 
Cases 1, 2, 3 and 5 are clearly considerably outside the stated limits.  Case 4 is only just outside the 
limit for pressure and it would be reasonable to attribute the 0.1% uncertainty limit to this case, 
provided that this composition mix was truly representative of the operating gas composition and was 
not just a single “spot” sample. 
 
The AGA8 equations are only applicable in the true vapour phase, which means that uncertainties 
increase as the operating envelope approaches the liquid phase and cannot even be quantified outside 
a narrow range of operating conditions. 
 
In order to overcome this limitation and provide an equation of state that could be used for any phase 
state, the GERG-2004 equations were developed.  
 
 
4 THE GERG-2004 EQUATION OF STATE FOR NATURAL GASES  AND OTHER MIXTURES 
 
The GERG-2004 Monograph [4] states:- 
 
To overcome the weaknesses and limitations of existing equations of state used in the natural gas 
industry, several years ago the Chair of thermodynamics of the Ruhr-Universität Bochum decided to 
develop a new wide-range equation of state for natural gases and other mixtures of a quality that 
enables the equation to be adopted as a standard international reference equation suitable for all 
natural gas applications where thermodynamic properties are required.  The work was supported by 
the DVGW (German Technical and Scientific Association on Gas and Water) and European natural gas 
companies (E.ON Ruhrgas, Germany; Enagás, Spain; Gasunie, The Netherlands; Gaz de France, 
France; Snam Rete Gas, Italy; and Statoil, Norway), which are members of GERG (Groupe Européen 
de Recherches Gazières).  Based on the new formulation, robust and efficient calculation routines 
(software) were developed in a second project, supported by the European natural gas companies 
mentioned before.  The routines allow for “blind” calculations of the thermodynamic properties of 
mixtures at arbitrary conditions.  This monograph thoroughly presents the new equation of state, 
adopted by GERG in 2004 and called GERG-2004 equation of state or GERG-2004 for short. 
 
The monograph also sets out the requirements for the new equation of state as follows:- 
 
The new equation of state for natural gases should be valid in the entire fluid region, i.e. in the gas 
phase, the liquid phase, the supercritical region, and for vapour-liquid equilibrium (VLE) states. 
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It is also states that:- 
 
The highest demands on the accuracy of the new mixture model occur in standard natural gas 
applications, including gas metering, transmission, and storage.  This requires the accurate description 
of the thermodynamic properties of different types of natural gases in the temperature range from 
250 K to 350 K and at pressures up to 30 MPa.  Therefore, the new equation of state had to achieve a 
very high accuracy in the gas phase with uncertainties of less than 0.1% in density and speed of 
sound. 
 
For natural gases of uncommon compositions, the uncertainties in density and speed of sound should 
not exceed 0.2% in the mentioned temperature and pressure ranges. 
 
Although not explicitly stated in the monograph it is reasonable to interpret “standard natural gas 
applications” as being the equivalent of “pipeline quality gas” as defined in AGA8/ISO 12213. 
 
The great majority of experimental densities for various rich natural gases, containing comparatively 
large amounts of carbon dioxide (up to 20%), ethane (up to 18%), propane (up to 14%), n-butane (up 
to 6%), n-pentane (0.5%), and n-hexane (0.2%), are reproduced by the new equation of state to within 
±(0.1 – 0.3)% over the measured temperature (280 K to 350 K) and pressure ranges (up to 30 MPa). 
 
GERG-2004 has now been modified to include n-nonane, n-decane and hydrogen sulphide as well as 
the original GERG-2004 gases which were methane, nitrogen, carbon dioxide, ethane, propane, n-
butane, i-butane, n-pentane, i-pentane, n-hexane, n-heptane, n-octane, hydrogen, oxygen, carbon 
monoxide, water, helium, and argon.  This revised EOS is now known as GERG-2008. 
 

Table 4 – Some Typical North Sea Gas Process Condit ions with GERG-2004/2008 limits 
 

 1 2 3 4 5 GERG 2004/2008 limits 
Carbon Dioxide 4.00 4.00 0.70 2.00 2.35 0.0 <%< 20.0 
Nitrogen 3.91 3.91 0.80 0.50 1.28 0.0 <%< 20.0 
Methane 73.79 73.79 70.60 95.60 47.83 0.0 <%< 100.0 
Ethane 7.96 7.96 13.80 1.80 14.33 0.0 <%< 18.0 
Propane 9.60 9.60 9.30 0.10 19.70 0.0 <%< 14.0 
Butanes 2.44 2.44 3.70 0.00 11.42 0.0 <%< 6.0 
Pentanes 0.20 0.20 0.90 0.00 2.77 0.0 <%< 0.5 
Hexane 0.00 0.00 0.20 0.00 0.33 0.0 <%< 0.2 
         
Pressure 156 121 172 120 176  <barg 299 
Temperature 64 40 5 13 51 7.0 <oC< 77.0 

 
The highlighted areas show where the gases are outwith the GERG-2004/2008 limits where uncertainty 
can be declared. 
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5 CALCULATED DENSITY DIFFERENCES BETWEEN GERG-2008 AND AGA8. 
 
In all cases a range of temperatures and pressures have been used in order to produce a family of 
curves. 
 
Negative differences indicate AGA8 calculated density lhigherr than GERG-2008 calculated density. 
 
The five cases in the tables 3 and 4 have been calculated using REFPROP version 9.0 [5] 
 
 
5.1 Column 1, Table 4  
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5.2 Column 2, Table 4  
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5.3 Column 3, Table 4  
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5.4 Column 4, Table 4  
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5.5 Column 5, Table 4 
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6 DISCUSSION OF RESULTS AND CONCLUSIONS  
 
6.1 Discussion of Results 
 
As can be seen from Table 3, none of the gas compositions and process conditions lies completely 
within the ISO 12213 limits, although column 4 data could reasonably be included as it is only the 
pressure which is marginally outside the pressure limit.  It is perhaps not surprising that the correlation 
between the AGA8 and the GERG-2008 results is high in this case. 
 
The comparison between columns 1 and 2 show the danger of “jumping to conclusions”; just because 
the pressure for column 2 is only marginally outside the ISO 12213 limit does not mean that the high 
levels of propanes and butanes can be ignored. 
 
Column 3 results show large differences between the AGA8 and GERG-2008 calculations and even 
though the pentanes and temperature are not within the GERG-2008 limits, the results clearly show 
that AGA8 does not model the density at all well. 
 
 
Column 5 results show very large differences between the two calculation methods. Even though the 
propanes, butanes, pentanes and hexane are all outside the GERG-2008 limits, a difference of ~3.0% 
in calculated density clearly demonstrates that using AGA8 is not an appropriate equation of state to 
use for these conditions.  We could equally well say that as these components are also outside the 
GERG-2008 limits that we should not use the GERG equations either!  To counter this second point, it 
would be very surprising if the GERG equations suddenly ceased to work once the limits shown in 
Table 4 were exceeded, so although we cannot entirely rely on the density results obtained, we can be 
confident that they represent a closer approach than the AGA8 method. 
 
Based on a flow rate of 20,000kg/h for the various cases, and assuming that the difference figure 
represents an error in flow rate – an over simplification – but useful to illustrate the extent of the 
problem, the five cases given represent a range of results from over reporting from > £300k/annum, to  
>£1.9M/annum. 
 
6.2 Conclusions 
 
Paragraph 6.6 of DECC – Guidance Notes for Petroleum Measurement Issue 8 states:- 
 
Where the composition, pressure or temperature lies outwith the expanded limits of AGA8, DECC may 
require that a new equation of state is derived. New or upgraded systems will be expected to take 
account of ISO 12213 (Table 1) for the treatment of other components outwith the normal AGA8 
component list. Where a new equation of state cannot be implemented, the additional uncertainty 
resulting from the use of AGA8 should be quantified. 
 
DECC would accept the use of the GERG-2008 equation of state, which covers a wider range of 
components and conditions than AGA8. However, at present it is not believed that this equation of state 
has been implemented in commercially-available flow computer systems. 
 
From the data presented in this paper it can be seen that GERG-2008 provides an improved method of 
calculating gas density over a wider range of compositions and process conditions than AGA8.  
 
However, it is not an answer which is simple to apply. 
 
Modern flow computers have the processing power to cope and can perform the necessary routines in 
an acceptable time – but at the moment, as the Guidance Notes comment, the GERG-2008 option is 
not yet available.  Even if a GERG implementation were available it may still be necessary to carry out 
laboratory checks on representative gas samples for comparison with the calculated density values for 
gases with high proportions of heavier fractions as the database of results used to check the GERG- 
2008, although very large, does not extend very far into the area in which we are interested for these 
“heavy gases”. 
 
In the meantime, for gases that lie within the GERG limits, but outwith the AGA8 limits, using GERG 
versus AGA8 to check the difference between the two calculation methods would enable a reasonable 
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assessment of the likely uncertainty to be made.  Since composition is one of the parameters normally 
available for pipeline allocation purposes, this method is nearly always available.  Increased confidence 
in the equation of state may allow regulators and pipeline authorities to review the need for direct 
density measurement with consequent savings in capex and opex costs. 
 
Existing pipeline agreements may also present a problem where AGA8 is referenced – although this is 
not a technical issue it is still a problem! 
 
As a final note, the GERG-2008 equation of state is under consideration to be adopted as an ISO 
Standard (ISO 20765-2 and ISO 20765-3) for natural gases under the auspices of the ISO group ISO 
TC 193/SC 1/WG 13. 
 
 
7 NOTATION 
 
ρT,P density at line conditions 
k constant 
m.w. molecular weight 
Pabs operating pressure (absolute) 
Tabs operating temperature (absolute) 

Z compressibility 
R universal gas constant 
GERG European Gas Research Group 
DECC Department of Energy and Climate Change 
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1.    INTRODUCTION 
 
As DP meter technology is well established, recent flow metering conferences have seen little 
discussion on DP meters. This situation could imply there is no more significant knowledge to be 
gained in DP meter performance. However, there are still many unknowns and misperceptions 
regards DP meters. CEESI has compiled a list of such DP meter unknowns, misperceptions, 
unproven “axioms” and sales pitches that deserve discussion. Although this list is undoubtedly 
incomplete, there already exists far too much subject matter to cope with in one technical paper. 
Therefore, in this paper only some of these topics can be discussed. The subject matter produces 
a wide ranging discussion with surprising findings and conclusions that will be doubtless be 
considered controversial by some. Nevertheless, as DP meters are still extremely popular and 
widely used the stimulation of debate on DP meter performance is for the benefit of industry.  
 
2. DO CONE METERS HAVE A HIGHER TURNDOWN THAN ORIFICE METERS?  
 
“The greatest deception men suffer is from their own opinions.” - Leonardo da Vinci  
 

To consider this question requires a review of the meaning of turndown, DP meter operating 
principles, DP transmitter performance and DP meter permanent pressure loss characteristics. 
 
2a) TURNDOWN AND MEANINGFUL TURNDOWN COMPARISONS BETWEEN METERS 
 
Although the flow rate turndown of a meter is important, the meaning of ‘turndown’ is not 
universally understood. There is common misunderstanding regards the term that can lead to 
false impressions when comparing flow meter specifications. Turndown is the ratio of the 
maximum to minimum flow rates that can be metered within a stated flow measurement 
uncertainty. For example, say a meter has flow range of 100 to 10 units of flow (i.e. 100% to 10% 
full scale), then the turndown is 100:10. i.e. 10:1. However, often statements such as “… meter A 
has a turndown of 100:1 while meter B has a turndown of 10:1” produces the false assumption 
that because Meter A has ten times the turndown of Meter B it must have ten times the flow rate 
range. However, this is not correct. Meter A has a flow range of 100-1 = 99 units of flow (i.e. a 
turndown of 100:1). Meter B has a flow range of 100-10 = 90 units of flow (i.e. a turndown of 
10:1). Therefore, the difference flow ranges is 99-90 = 9 units of flow. Meter B covers 90/99 
(i.e.90.9%) of Meter A’s range. The difference in flow range between 100:1 and 10:1 turndown 
flow meters is approximately 10% difference, not 10 times difference! 
 
Many flow meters are stated to have a turndown “up to” x:1. Most applications do not require that 
stated turndown and do not have flow conditions that allow the meter to utilize that turndown. 
Pipeline operations tend to cap the velocity at 30 m/s for operational reasons. Most flow meters 
(DP meters inclusive) can operate at this maximum flow rate. An ability to operate at higher flows 
is of little practical importance. Turndown comparisons are therefore typically between how small  
a flow rate can be metered. Furthermore, many applications have a low flow cut off below which 
the meter is off line.  
 
Differences in absolute flow range between meters of different turndowns are not as great as is 
often assumed. Say Meter 1 has a turndown of x:1 and Meter 2 has a turndown of y:1, where      
x > y. Let us denote the percentage of Meter 1’s absolute flow range that can be covered by 
Meter 2, when both meters are set to the same full scale flow rate, as %λ . Equation 1 shows 
how this percentage is calculated. Consider an example where Meters 1 & 2 have turndowns  
 

fltough
Stamp
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Figure 1.  Comparison of Two Flow Meter Turndowns. 

  
40:1 & 10:1 respectively, i.e. 40=x  & 10=y . The difference in range between the meters is not 
four times as is often superficially assumed. In reality the 10:1 turndown meter covers 92.3% of 
the 40:1 meters range (see equation 1a). 
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Figure 1 is a graphical representation of equation 1. For any combination of two meters, with the 
same full scale, the range of the larger turndown (Meter 1) covered by the smaller turndown 
(Meter 2) is found from lines of constant  percentage. The example above is shown. A 
comparison between 10:1 and 3:1 turndown meters is also shown. This is sometimes the 
turndown difference advertised between cone and orifice meters respectively. The range 
difference between such meters is not approximately three times as is often assumed. The 3:1 
turndown meter covers approximately 74% of the 10:1 meters range. 
 

 
Figure 2. Flow Rate Range to Turndown Comparisons 

 
Figure 2 shows flow rate range vs. turndown. As the turndown increases for a set full scale, a law 
of diminishing returns exists. For each step increase in turndown an ever smaller actual increase 
in flow range is attained. It is all too often inferred that a meter with a large turndown has much 
larger flow range than a meter with a relatively small turndown. However, Figure 2 shows that the 
flow range difference between any two meters is usually relatively small. In many applications the 
turndown difference between meters is not as significant as is often suggested. The only 
important issue with a meters turndown is whether the meter can cover the flow rate range 
required for a particular application, not what maximum turndown a manufacturer claims.  
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2b) DIFFERENTIAL PRESSURE METER OPERATION AND TURNDOWN 
 
Orifice and cone meters are both generic DP meters operating on the same physical principles. 
They use the same generic DP meter flow rate equation, equation 2. 
 

PCEAm dt ∆= ρε 2
.

 --(2)     PKm ∆=
.

 --(2a)     Pm ∆∝
.

 --(2b)    ρε 2dt CEAK =   --(3) 
 

Note 
.

m  is the mass flow rate, E and
tA are geometric terms, ε  is expansibility (which is a second 

order effect), 
dC is the discharge coefficient (approximately some constant value for any given DP 

meter), ρ  is the fluid density and P∆ is the differential pressure. Therefore, when considering the 
turndown of orifice and cone meters as they meter a fluid of some set density, it should be noted 
that: tEA  is a constant set by a meters geometry, ε  is a second order effect1 with a value close 

to unity and dC  is approximately constant (changing slightly for any DP meter over a large 

Reynolds number range).  
 
For any DP meter at any given flow condition, equation 2 can be reduced to equation 2a, where 
“K” (defined by equation 3) is a value that is effectively constant across any DP meters flow 
range. For any given generic DP meter of known discharge coefficient and set fluid density, the 
flow rate is only proportional to the square root of the DP. Therefore, equation 2b holds true as a 
fundamental statement about all generic DP meter and the flow rate turndown of any DP meter 
(orifice and cone meters inclusive) is solely related to the DP turndown that can be generated by 
a DP meter in a particular application.  
 
2.b.1) DP MEASUREMENT ISSUES 
 

              
            Fig 3a. Manometer.          Fig 3b. Bourdon Gauge.      Fig 3c. Transmitters with DP Meter. 
 
Early DP meter systems read DP’s by manometer, Bourdon Gauge or Chart Recorder 
(mechanical diaphragm) type devices. In practical industrial applications a manometer (see 
Figure 3a) operator often had limited time to read a fluctuating liquid column height. There were 
also reading uncertainties associated with parallax issues and small DP’s meaning small 
differences in column heights. Bourdon gauge (see Figure 3b) DP reading uncertainty was 
dependent on the size of the instrument face, the gradation of the scale, the vibration level on the 
needle, the calibration interval and the parallax effect. Chart Recorders presented the DP on a 
chart that was easy to read for high DP’s but as the DP’s reduced reading an accurate DP 
became increasingly difficult. Therefore, early methods of DP measurement had a DP turndown 
of approximately 10:1 and hence early DP meters were said to have a corresponding flow rate 
turndown (due to equation 2b) of √10:1, i.e. ≈ 3:1. Hence, for several generations, standards 
authors, engineers, technicians, operators etc. have been taught, and taught others in turn, that 

                                                 
1 Expansibility can be an issue with DP meters turndown if the ∆P becomes large relative to the pressure. 
However, in most applications this is not a significant issue. In any case, expansibility is similar for all DP 
meters so this issue can not account for any difference in turndown specifications.  
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an orifice meters flow rate turndown is 3:1 with the result that over time few questioned that 
accepted fact (or “axiom”).  
 
The cone meter is a generic DP meter introduced in the 1980’s and marketed as unique new 
technology. With an image of being fundamentally different to other DP meters it was de-coupled 
from the historic generic DP meter flow rate turndown specification of 3:1. It has been marketed 
as a 10:1 (or more) flow rate turndown meter. By the late 1980’s DP’s could be measured by 
electronic (either analog or increasingly digital) DP transmitter technology (see Figure 3c). Along 
with more accurate DP measurement across the instrument’s useable range, DP transmitters 
allow a significantly larger DP range to be measured. This is partly due to a single transmitter 
measuring a slightly larger DP range than earlier DP measurement systems, but far more 
significantly, by the use of stacked DP transmitters set to different DP ranges. The advent of 
electronic DP transmitter technology with variable range settings has therefore very significantly 
increased the DP reading turndown and as a consequence the flow rate turndown of all DP 
meters. The orifice meter is still saddled with pre-conceived perceptions and literature declaring 
the long true (but now very out-dated) statement that it has a flow rate turndown of 3:1. However, 
cone meters had no such history, and no such literature and pre-conceived perceptions. Hence, 
cone meter manufacturers were free to quote turndowns they thought were appropriate with the 
use of electronic DP transmitters, and that they witnessed under testing, i.e. “10:1 or more”.  
 
2.b.2) FIXED MAXIMUM DP’S & DP METER FLOWRATE TURNDOWN  
 
As orifice and cone meters both now use the same modern digital DP transmitters there is no flow 
rate turndown difference directly due to DP transmitter technology. The flow rate turndown of any 
generic DP meter is influenced solely by the maximum DP range allowed. Two different DP meter 
designs with the same DP turndown have the same flow rate turndown as a consequence of the 
generic DP meter rule stated by equation 2b. A generic DP meter design does not have a fixed 
turndown, but rather a turndown wholly dictated by the maximum DP range allowed for a 
particular application.  
 
The smaller a DP the more difficult it is to measure. Hence, even digital DP transmitters have 
trouble measuring the DP within the required uncertainty below some minimal value dependent 
on the range of the DP transmitter. However by <2”WC2 (i.e. approximately 0.5kPa) all DP 
transmitters (regardless of the upper range limit, or “URL”) have difficultly measuring industrial 
setting DP’s with accuracy. Hence, even when stacking DP transmitters of different ranges, the 
minimum reliable DP measurement is set by this practical instrument issue. With the minimum 
reliable DP measurement set, then the DP range and therefore the flow rate turndown, are set by 
the choice of the maximum permissible DP. This statement is independent of DP meter design 
(e.g. orifice meter, cone meter, Venturi meter etc.).  Examples are shown in Table 1. 
 

Max DP Min DP DP Turndown Flow Rate Turndown 
100”WC / 250mBar 2”WC / 5mBar    100:2    i.e.   50:1 √50:1    i.e.    7:1 
200”WC / 500mBar 2”WC / 5mBar 200:2    i.e.   100:1 √100:1  i.e.   10:1 

400”WC / 1000mBar 2”WC / 5mBar 400:2    i.e.   200:1 √200:1  i.e.   14:1 
1000”WC / 2500mBar 2”WC / 5mBar 1000:2  i.e.   500:1 √500:1  i.e.   22:1 

Table 1. Examples of DP Meter Flow Rate Turndown for Set Maximum DP Values. 
 
A DP meter flow rate prediction uncertainty (once all uncertainties are accounted for), say “δ%”, 
is commonly considered to be between 0.7% and 1%. This over-all uncertainty budget is made up 
of three factors, the uncertainty of the discharge coefficient (say “x%”), the DP reading (say “z%”) 

                                                 
2 DP meter manufacturers sometimes claim a ∆P minimum of 0.1”WC to maximize the meters turndown 
specification. Operators sometimes claim a ∆P minimum of 20”WC to avoid significant DP reading 
induced metering bias. From extensive experience from years of calibrations CEESI considers a reasonable 
minimum value to be between these extremes at approximately 2”WC (0.5 kPa). 
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and other miscellaneous factors such as density measurement, expansibility and meter geometry 
uncertainties (say “y%”). Typically the discharge coefficient uncertainty is said to be 0.5% (e.g. 
see ISO 5167 [1] for orifice meters). A large allowance for the miscellaneous uncertainty is 0.2%. 
The overall uncertainty is found from the root mean square of these components. The DP reading 
uncertainty allowance is therefore 0.84%, i.e.: 
 

( ) ( ) ( ) ( ) ( ) ( ) %12.05.0%%%% 222222 =++=++= zzyxδ   therefore  %84.0=z .  

 
Equation 2 shows that the DP is related to the flow rate by a square root. The DP’s sensitivity to 
the flow rate is therefore one half. Hence, the maximum permissible DP uncertainty in order to 
obtain the required overall flow rate uncertainty is 2*0.84%, i.e. 1.68%.  
 

 
Fig 4.  Generic DP Meter DP Turndown Worked Example. 

 

 
Fig 4a. Generic DP Meter Flow Rate Turndown Worked Example. 

 
Say that an operator allows some application a DP up to 400”WC (i.e. approx. 99kPa). DP 
transmitters are available where 400”WC is available as the spanned maximum DP. Say the 
pressure is 250psia and the transmitters experience a 100F variation in temperature. At these 
conditions the DP transmitter (set to an URL of 400”WC) reads the 400”WC with a low DP 
reading uncertainty of 0.07% (see Figure 4). Reducing the DP’s increases the measurement 
uncertainty until at 16.8”WC the uncertainty is the maximum allowed 1.68%. So the DP turndown 
is 400”WC:16.8”WC, i.e. a DP turndown of approximately 24:1 and an associated single DP 
transmitter flow rate turndown of √24:1, i.e. approximately 5:1 (see Figure 4a). However, if we 
were to add a DP transmitter of a smaller range (i.e. stack DP transmitters) the turndown 
specification changes significantly. Choosing a second DP transmitter with a URL of 25”WC (i.e. 
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6.2kPa), which is within the higher DP transmitter’s acceptable range, the DP uncertainty at 
25”WC is 0.21%. Reducing the DP’s increases the measurement uncertainty until at 3.1”WC the 
uncertainty is the maximum allowed 1.68%. The DP range is now 400”WC to 3.1”WC. i.e. 129:1 
(see Figure 4) which corresponds to a flow rate turndown of √129:1, i.e. 11.4:1 (see Figure 4a).  

 
This generic DP meter flow rate turndown example is  independent of the type of DP meter . 
This example applies to both orifice and cone meters. Therefore we see that with modern DP 
transmitters an orifice meter has the capacity to have a substantially larger flow rate turndown 
than 3:1. With a single modern DP transmitter a turndown of >3:1 is achievable. If the simple 
procedure of stacking DP transmitters is carried out then the DP and flow rate turndown is 
increased considerably. With a two DP transmitter stack a generic DP meter can have a flow rate 
turndown >10:1. By stacking modern digital DP transmitters an orifice meters turndown is not 3:1 
as is so often claimed but >10:1. Likewise we see that the cone meter turndown claims are 
realistic for stacked DP transmitters. Therefore, the reason a cone meter has a higher advertised 
turndown than an orifice meter is that the cone meter advertised turndown is the correct modern 
flow rate turndown of a DP meter (i.e. > 10:1) while much of the old orifice meter literature still 
cited is out of date and states an incorrect orifice meter turndown (i.e. 3:1). 
  
2.b.3) DP METER FLOW RATE TURNDOWN WITH FIXED MAXIMUM PPL  
 
Operators often set a maximum DP for a given DP meter application. However, in practice the 
maximum DP created by a DP meter is not as important3 as the associated permanent pressure 
loss (or “PPL”). The DP is partially recovered downstream of the meter with only the PPL portion 
contributing to the operating cost. The generic DP meter PPL is some fraction of the DP. 
Therefore, setting the maximum allowable PPL for a given meter sets an associated larger 
maximum DP. As such setting a maximum PPL instead of a maximum traditional DP is an 
alternative DP turndown and flow rate turndown limiting factor.  
 

   PPPLR PPL ∆∆=  -- (4) 
 

The Pressure Loss Ratio (“PLR”) is defined as the PPL (∆PPPL) to DP (∆Pt) ratio (see equation 4). 
All generic DP meters have a PLR within the range: 0 ≤ PLR ≤ 1. The PLR value for any given DP 
meter is approximately a constant lying somewhere within this range. However, the PLR value for 
any DP meter is not well defined in the literature. ISO 5167-2 [1] cites a theoretical PLR prediction 
for orifice meters (by Urner [2]) with no associated uncertainty guarantee. ISO 5167-4 [3] gives a 
notably imprecise PLR prediction for Venturi meters that is the large range of 0.05 ≤ PLR ≤ 0.20. 
The only publicly available cone meter PLR equation is given in one manufacturer’s literature. No 
proof (i.e. no independent data) is presented and no associated uncertainty is offered. It is 
therefore difficult to predict any particular DP meters geometries PLR with any precision. As such 
it is difficult to predict a precise PPL for any given DP. Hence, operators tend to state a maximum 
allowable DP rather than a maximum allowable PPL. By setting a maximum DP, as PLR ≤ 1, they 
are effectively guaranteeing the PPL will at least not exceed the set maximum DP. This typical 
procedure does not produce the applications maximum allowable PPL at the maximum flow rate. 
It guarantees a PPL less than the maximum allowed, and therefore a lower maximum DP and a 
lower flow rate turndown than is possible for the DP meter in that application.  
 
If the operator wishes to be more sophisticated it is possible to maximize the DP meter flow rate 
turndown by matching the maximum DP to the maximum allowed PPL. To do this the DP meters 
PLR characteristics must be well known. In this optimum generic DP meter flow rate turndown 
design case, the flow rate turndown is dictated by the DP turndown, which is dictated by the 
maximum allowable DP, which is dictated by the combination of the operators maximum 
allowable PPL and the DP meters PLR. That is, for any given DP meter the maximum possible 
flow rate turndown is dictated by the applications maximum acceptable PPL and the 
meters PLR characteristics . Therefore, in order to set the maximum flow rate turndown of a DP 

                                                 
3 The DP does require checking against the minimum ∆P/P value allowed by the expansibility equation. 
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meter it is necessary to know the meters PLR with some precision. It is therefore remarkable that 
in 2012 so little is known regards the PLR of even the most common DP meter designs. The most 
widely used flow meter designs in history has one of its most important specifications, i.e. the flow 
rate turndown, dictated by the PLR, and industry still does not know what the precise PLR value 
of any common DP meter design actually is!? Hence, it is now necessary to set uncertainty 
estimations to DP meter PLR predictions. 
 
2.b.3.1)  THE PLR OF AN ORIFICE PLATE METER  
 
ISO 5167-2 [1] offers a theoretical prediction (by Urner [2]) for the orifice meter’s PLR. This is 
reproduced here as equation 5. ISO offers no associated uncertainty, stating instead that the 
equation is “approximate”. The equation is predicting that the orifice meter PLR is dependent on 
both the beta ratio (β), i.e. the square root of the orifice to inlet area ratio (as shown in equation 9) 
and the discharge coefficient. However, this equation indicates that the orifice meter PLR is 
significantly more sensitive to the beta ratio than discharge coefficient. The authors can find no 
independent analysis of the accuracy of Urner’s PLR prediction.  
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( ){ } 224
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−−−
=    --- (5) 

 

Urner’s orifice meter PLR equation (equation 5) predicts the pressure loss between one pipe 
diameter (1D) upstream and six diameters (6D) downstream of the orifice plate. Figure 5 shows a 
reproduction of the ISO 5167-2 [1] sketch with significant modifications to emphasis certain 
relevant points to this discussion. Note that in Figure 5 the number system represents:  
 
     1. Upstream flange pressure tap plane          2. Low pressure flange pressure tap plane 
     3. Plane of “vena contracta”                         4. Re-circulation zones 
     5. Flange Pressure taps                               6. Pressure tap 1D upstream of plate 
     7. Pressure tap 6D downstream of plate       8. Pressure distribution on wall of meter run. 
 
Below the diagram of the meter in Figure 5 is a representation of the pressure field through the 
meter. Unfortunately, while the unproven orifice meter PLR theoretical prediction is for the PPL 
predicted for the 1D upstream to 6D downstream pressure taps, most of the modern orifice meter 
data comes from flange tap orifice meters. Flange tapped orifice meters (as drawn in Figure 5) 
have the inlet pressure tap closer to the plate than 1D. As a result, the inlet pressure is somewhat 
affected by the presence of the plate. This effect is shown in Figure 5. The actual “DP” read by 
flange taps is denoted by ∆Pt. The DP created by the plates influence between 1D and the 
upstream flange tap is denoted as ∆P*. Therefore, the “PPL” read from flange taps and 6D 
downstream is denoted by ∆P*

PPL. The PPL that would have been read if the upstream pressure 
tap was at 1D instead of at the inlet flange is denoted as  ∆PPPL . Hence,  ∆P*

PPL > ∆PPPL and 
there is an inherent bias in the data when using the flange tap data to check the Urner PLR 

 

 
Fig 5. Modification of the ISO 5167-2 sketch of the Orifice Meter and Pressure Field. 
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Fig 6. Comparison of the ISO Orifice Meter PLR Prediction with Independent Data. 

 

 
Fig 7. Comparison of the ISO Orifice Meter PLR Prediction with Independent Data. 

 
( )( )βexp*564.0655.1 −+=PLR  --- (6) 

 
prediction. However, Figure 5 is not drawn to scale. Although the upstream tap position induces a 
bias when comparing the available flange tap orifice meter data with the Urner PLR prediction, 
the authors suspected this bias would be small. Hence, such a comparison has been made to 
validate the Urner PLR orifice meter equation with an uncertainty statement.  
 
Figure 6 shows the result of comparing the Urner PLR equation to the available flange tap orifice  
meter data. The Urner PLR prediction across a range of beta ratios (0.33 ≤ β ≤ 0.69) is shown for 
three discharge coefficients that span a reasonable  range for the orifice meter (according to ISO 
5167 [2]). It is clear that the PLR prediction is far more sensitive to beta ratio than discharge 
coefficient. The PLR found from sixteen different flange tap orifice meter data sets have also 
been plotted. This consists of results from four different test labs, using six different test stands, a 
range of orifice meter sizes from 2” to 16”, paddle plate, single and double chamber orifice plate 
meters, test fluids of air, water and natural gas at various Reynolds numbers, pressures, and DP 
ranges. The results clearly match the Urner PLR prediction very closely.  
 
Figure 7 shows the percentage deviation of this data to the Urner PLR prediction. The Urner PLR 
equation predicted the read “PLR” to within an uncertainty of 3% at a 95% confidence level. 
However, it was noted that at higher beta ratios (i.e. β > 0.55) the Urner PLR equation tended to 
slightly under predict the results. As the discharge coefficient influence on PLR was so small 
compared to the beta ratio influence it was noted that a simple approximate data fit for PLR = f(β) 
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could be appropriate. The resulting fit is shown as equation 6. The uncertainty is still 3% at a 95% 
confidence level, however the beta ratio bias at higher beta ratios has been removed.  
 
Equation 6 represents a quick data fit to the available data. It is not claimed that this equation is 
the most precise data fit that could be created on this data set. Nevertheless, this simple 
approximation is still a very close fit to the Urner theoretical ISO PLR prediction of equation 5. 
The Urner PLR equation is remarkably accurate, especially considering it is from a theoretical 
derivation. The orifice meter PLR can be predicted by either to 3% at 95% confidence.   
 
2.b.3.2)  THE PLR OF A CONE METER  
 
The authors know of one public cone meter PLR equation. It is a manufacturer’s claim and has no 
associated uncertainty statement. It has not been independently verified. CEESI therefore 
gathered cone meter data sets with recorded PPL. This data comes from CEESI internal research 
and blinded (with permission) 3rd party data. These data sets were not recorded for this research 
and therefore the downstream pressure taps are in different positions. There is no agreed 
minimum distance downstream of a cone meter where pressure recovery is considered complete. 
(This is different to the orifice meter where 6D is the ISO stated distance, as shown in Figure 5.) 
In the data sets available (from cone meters from three different manufacturers tested at different 
test facilities) the downstream pressure tap was located in various positions between 2.5D to 6D 
downstream of the rear of the cone. The data covers 2” to 8” cone meters, 0.45 ≤ β ≤ 0.75 (i.e. a 
reasonable range for industries cone sizes), air and natural gas over a range of pressures, DP’s 
and Reynolds numbers. A minimum PPL of 5”WC (12.5 mBar) was set to avoid DP measurement 
uncertainty skewing the data.  
 

 
Figure 8. Comparison of the Cone Meter PLR Predictions with Available Cone Meter Test Data. 

 
Figure 8 shows twelve cone meters PLR vs. β data sets. Surprisingly, there appears to be little 
difference in the results obtained between the downstream pressure tap positions. Seven of the 
twelve cone meters have a beta ratio of 0.75. However, across the beta ratio range there seems 
to be a general trend where a simple linear data fit will represent the PLR data well. The 0.75 
beta data has significant scatter. However, within this 0.75 beta ratio data surprisingly there is no 
obvious correlation between the downstream pressure tap position and the PLR variation. A 
CEESI data fit (equation 7) has a large uncertainty value of 15% to account for the scatter at the 
0.75 beta ratio limit, although the other data does fit considerably better. Considering there are 
only five non 0.75 beta ratio cone meter data sets available it is deemed reasonable to keep the 
uncertainty at this level until more data sets confirm or alter this data fit.  
 

( )β*813.009.1 −+=PLR  --- (7)               ( )β25.13.1 −+=PLR  --- (8) 
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Figure 8 also shows the publ ished manufacturer cone meter PLR (equation 8). Although this 
equation and the CEESI data fit are reasonably close it can be seen that equation 8 predicts 
lower PLR values at higher beta ratios than the CEESI equation. Therefore, the PLR of a cone 
meter is still only approximately known. With no cone meter standard different cone meters have 
different geometries. It is therefore still appropriate to calibrate each cone meter to find both the 
discharge coefficient, and if required the PLR. The above cone meter PLR equations only give an 
approximation of the PLR to meter designers. 
 
2b.3.3)  COMPARING THE FLOW RATE TURNDOWN & PPL OF ORIFICE & CONE METERS 
 
“A man should look for what is, and not for what he thinks should be” – Albert Einstein 
 
Figure 9 shows the ISO 5167 PLR predictions for a Venturi meter and an orifice meter (at Cd = 
0.6). It also shows the manufacturer published cone meter PLR and new CEESI estimation of the 
cone meter PLR. The ISO Venturi meter PLR is also approximate and an investigation into its 
precise value is one of the many important topics omitted from this paper due to space (and lack 
of data). However, it is known that the ISO Venturi meter prediction of 0.05 ≤ PLR ≤ 0.20 holds for 
multiple independent data sets owned by many organizations. Therefore regardless of the relative 
imprecision of the Venturi meter PLR prediction the value is still significantly less than the cone 
and orifice PLR values. The orifice meter has the highest PLR. It is evident that regardless of 
which cone meter PLR equation is considered correct, the cone meter PLR is only slightly less 
than that of the orifice meter. This has consequences when it comes to comparing the PPL 
penalty and the associated maximum flow rate turndown of cone and orifice meters.   
 

 
Figure 9. DP Meter PLR Values for Various Beta Ratios. 

 
A DP meter must be “sized” for a given application. As the inlet diameter is the pipe diameter, 
“sizing” practically means calculating the appropriate beta ratio for a given application. There is a 
maximum predicted flow rate and an expected fluid type at set flow conditions. For orifice meters 
the discharge coefficient is set by ISO 5167 (approximately 0.6) or approximated by set values for 
the cone (typically some value close to 0.8) and the Venturi (typically some value close to 0.995). 
The expansibility is approximately unity (although precisely calculated during the sizing). The 
“sizing” calculates the beta ratio required to produce the desired maximum DP at a predicted 
maximum flow rate and flow conditions. Figure 10 shows the generic DP meter flow rate equation 
(i.e. equation 2) with comments regards each term with respect to the sizing procedure.  
 
The operator will usually dictate either a maximum DP or PPL. These two different scenarios 
require different beta ratios. If a maximum DP is set then the turndown of any set DP meter is 
also set along with an associated beta ratio. To calculate the appropriate beta ratio for a set 
maximum DP substitute equation 9a and 10 into equation 2 and re-arrange to create equation 2c. 
(Note A in equation 9 is the meter inlet area.) All terms on the right hand side of this equation are 
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Figure 10. Generic DP meter flow rate equation (2) with comments regards the sizing procedure. 

 
fixed4 by the pipe size, meter characteristics, the applications flow conditions and the maximum 
DP allowed. Equation 2c is iterated to find the beta ratio. The smaller the discharge coefficient the 
larger the beta ratio required to solve equation 2c. That is for any set application: 
 

Venturidconedorificed CCC ,,, <<     therefore      Venturiconeorifice βββ >> . 

 
Regardless, if any two DP meter designs (even with different beta ratios) have the same fixed 
maximum DP they have the same DP turndown and therefore the same flow rate turndown. 
However, if the operator states a maximum PPL (instead of a maximum DP) then the DP 
turndown of any DP meter can be optimized. Here the beta ratio is found by substituting equation 
4 into equation 2c to create equation 2d. The left hand side of the equation requires that the PLR 
vs. beta ratio (β) relationship be known. We must substitute into equation 2d an appropriate PLR 
vs. β equation. The resulting iteration solves for beta ratio and the associated PLR allowing the 
associated maximum DP to be derived for the set PPL. As the minimum DP is set (at say, 2”WC) 
we have found the maximum DP and flow rate turndown of that DP meter in that application. A 
fixed maximum PPL application has a turndown dependent on a combination of the beta ratio and 
the PLR vs. β relationship. We are now in a position to directly compare the maximum potential 
turndown of different DP meters.  
 

AAt=β   -- (9)        2βAAt =  -- (9a)      411 β−=E  -- (10)     PPPLR PPL ∆∆=   -- (4) 

 

Iterate Equation 2c to find for set DP:           ( ) PCA

m

d ∆
=

− ρεβ
β

21

.

4

2

--- (2c) 

 

Iterate Equation 2cd to find for set PPL:       ( ) PPLd PCA

m

PLR ∆
=

− ρεβ
β

21

.

4

2

 --- (2d) 

 
Example: A 6”, sch 80 pipe has conditions 20 Bar(a) and 300K with a natural gas at density 14.5 
kg/m3. The maximum flow expected will be 7.3 kg/s (i.e. 30 m/s, or 30 MMSCFD) and a flow rate 
turndown of say 10:1 is required. The operator may demand a) a maximum DP or b) a maximum 
PPL. Let us consider the scenarios of a maximum DP of 250”WC (≈ 620 mBar) or a maximum 
PPL of say 200”WC (≈ 500 mBar). Can an orifice, cone or Venturi meter meet this specification?  
 
2.b.3.3.a) MAXIMUM PERMISSIBLE DP 250”WC (I.E. 620 mBAR) 
 
A useful DP range of 250”WC to 2”WC produces a DP turndown of 250”WC:2”WC, i.e. 125:1, and 
a generic DP meter flow rate turndown5 of √125:1, i.e. approximately 11:1. Therefore, all generic 
DP meters with a DP transmitter stack can cover this applications flow rate turndown.  

                                                 
4 This is precisely true of liquid flows, as 1=ε . For gases this is a simplification as ( )PPf ∆= ,,,κβε , 

where k  is the isentropic exponent. In real sizing procedures this is accounted for during the sizing.  
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An orifice meter (with a discharge coefficient set by ISO 5167) requires a beta ratio of 0.694 to 
produce a maximum DP of 250”WC at these conditions. Equation 6 states the corresponding PLR 
is 0.53 meaning the associated maximum PPL is 132”WC.  
 
A cone meter (with a discharge coefficient set at 0.8) requires a beta ratio of 0.617 to produce a 
maximum DP of 250”WC at these conditions. If we accept Equation 8 the corresponding PLR is 
0.53 meaning the associated maximum PPL is also 132”WC. If we accept Equation 7 the 
corresponding PLR is 0.59 meaning the associated maximum PPL is 147”WC. 
  
A Venturi meter (with a discharge coefficient set at 0.995) requires a beta ratio of 0.560 to 
produce a maximum DP of 250”WC at these conditions. ISO states a Venturi meters PLR is 
within the range of 0.05 ≤ PLR ≤ 0.20 (regardless of the beta ratio6). If we assume the poorest 
possible performance of a PLR at 0.2 the associated maximum PPL is 50”WC.  
 
As would be expected, the Venturi meter has the lowest PPL for the set maximum DP. However, 
the comparison of the orifice and cone meter is more interesting. A cone meter typically has a 
slightly lower PLR than an orifice meter for a given beta ratio. However, for any set flow meter 
application the orifice meter beta ratio is sized larger than a cone meter beta ratio (due to the 
orifice meter having the lower discharge coefficient). Therefore, comparing the PLR for a given 
beta ratio gives a false impression about the relative PPL cost of the meters. The perceived PPL 
cost disadvantage of an orifice meter over a cone meter due to its larger PLR value at a set beta 
ratio is off-set by the orifice meter having a larger beta ratio for a given flow application. In this 
worked example, using the orifice meter PLR fit (equation 6) and the cone meter manufacturers 
PLR fit (equation 8), we discover that for this set maximum DP case the orifice and the cone 
meters have effectively the same PLR and PPL values. That is, the widely held axiom that a 
cone meter has a lower PPL than an orifice meter is  not always true . This result is counter 
intuitive and not widely understood in the flow metering community.  
 
2.b.3.3.b) SET MAXIMUM PPL OF 200”WC (≈ 500 mBAR) 
 
In commercial orifice meter calculations the discharge coefficient, expansibility and PLR would all 
be precisely calculated by the appropriate equations. For this example for simplicity we can 
assume a discharge coefficient value of 0.6, an expansibility of unity and the PLR predicted by 
equation 6 respectively.  Noting that 1”WC = 248.64 Pa, Equation 2d becomes: 
 

( )[ ]{ } ( ) ( ) ( )
602.0

64.248*200*46.14*2*6.0*1*01682.0

3.7

1*exp564.0655.1 4

2

==
−−+ ββ

β  

 

Iteration of this equation produces the result, β = 0.647 & PLR = 0.58 (from equation 6). 
Therefore, as we set the max PPL at 200”WC, from equation 4 we have found that the max 
allowable DP to keep within the allowable PPL is 342”WC. Therefore we have a DP turndown of 
342”WC:2”WC, i.e. 171:1 which is flow rate turndown of √171:1, i.e. 13:1.  
 
In commercial cone meter calculations the expansibility and PLR would be precisely calculated by 
the appropriate equations. In this example the discharge coefficient is set at 0.8 and for simplicity 
expansibility is approximated at unity. Let us assume here that the cone meter manufacturers 
PLR prediction (equation 8) is correct. Equation 2d becomes: 
 

                                                                                                                                                 
5 This example is for a set beta ratio. Orifice meter fittings allow different orifice plate beta ratios to be 
selected. If an application’s flow rate deteriorates slowly over time (e.g. an ageing well) then this ability 
can allow one orifice meter fitting with a set DP range to have a very large turndown (>50:1).  
6 ISO 5167-4 makes some further, yet limited, guidance comments in Annex C. Miller [4] also comments 
on the Venturi meter PLR vs. β relationship. However, the ISO main documents statement of                 
0.05 ≤ PLR ≤ 0.2 across the beta ratio range is the only statement in the main body of the standards.   
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[ ]{ } ( ) ( ) ( )
452.0

64.248*200*46.14*2*8.0*1*01682.0

3.7

1*25.13.1 4

2

==
−−+ ββ

β  

 

Iteration of this equation produces the result, β = 0.572 & PLR = 0.59 (from equation 8). As we 
set the max PPL at 200”WC, from equation 4 we have found that the max DP to keep within the 
allowable PPL is 342”WC. Therefore we have a DP turndown of 342”WC : 2”WC, i.e. 171:1 which 
is flow rate turndown of √171:1, i.e. 13:1.  
 
For Venturi meters the discharge coefficient is often approximated as 0.995 while the PLR is 0.2 
at most. The Venturi meter therefore produces considerably higher DP’s than orifice or cone 
meters before any PPL limit is reached. The approximation of expansibility as unity is therefore 
less valid in this Venturi meter example than it is in the above orifice and cone meter examples. 
The following example therefore applies the adiabatic expansibility prediction. This expansibility 
equation is relatively complicated and also dependent on the beta ratio. The details of this 
addition are outside the scope of this paper (however in this example the expansibility was found 
to be 0.923). Equation 2d therefore becomes: 
 

( ) ( ) ( )
393.0

64.248*200*46.14*2*995.0*923.0*01682.0

3.7

1*2.0 4

2

==
− β

β  

 

Iteration of this equation produces the result, β = 0.417 & PLR = 0.20 (from ISO 5167-4). 
Therefore, as we set the max PPL at 200”WC, from equation 4 we have found that the max 
allowable DP to keep within the allowable PPL is 1000”WC. Therefore we have a DP turndown of 
1000”WC:2”WC, i.e. 500:1 which is flow rate turndown of √500:1, i.e. 22:1.  
 

 
Figure 9a. DP Meter PLR Values for Various Beta Ratios with Results of Worked Example. 

  
The set PPL worked example results are shown in Figure 9a. Using the standard sizing 
methodology for generic DP meters the orifice meter is sized to have larger beta ratio than a cone 
meter. The respective PLR predictions therefore produce similar PLR values for the different beta 
ratios. As there is a fixed maximum PPL and the same PLR, both the orifice and cone meters 
have the same maximum DP of 342”WC and hence the same DP turndown of 171:1, and the 
same optimized flow rate turndown of 13:1. The cone meter manufacturer claims of a flow rate 
turndown of > 10:1 are met, while the orifice meter flow rate turndown is found to be substantially 
greater than the commonly stated 3:1. It should be noted that the widely held axiom that a cone 
meter has a significantly greater flow rate turndown than an orifice meter is false.  
 
The maximum PPL produced should be more important to operators than a maximum DP. The 
DP gets partially recovered while the PPL is that portion which is irrevocably lost. The PPL is an 
operating cost of the meter and therefore important. Setting a DP meter to produce a 
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maximum allowable PPL does not just guarantee a limitation of PPL and associated 
operating costs, it produces the meters maximum potential turndown. However, with limited 
DP meter PLR research and the existing PLR predictions having no uncertainty statements it is 
difficult to set a DP meter to a given maximum PPL. Low PLR prediction uncertainty is very 
important. As such, it is curious why so little attention has been paid to DP meter PLR prediction 
research!? 
 
2.c) COMMENTS ON VENTURI METERS AND SURGE FLOW 
 
In some applications meters can be periodically exposed to unexpected surge flow that exceeds 
the maximum design flow rate. It is useful for a meter to not only survive the surge but to continue 
to operate correctly. Many meters are set to 100% full scale at 30 m/s (100 ft/s). Can a Venturi 
meter measure a larger surge flow rate? In the example above the meter is sized to produce 
1000”WC (2.5 bar) at the maximum flow of 7.3 kg/s (i.e. 30 MMSCFD or 30 m/s). There are DP 
transmitters on the market with large URL values so DP instrumentation is no barrier. The 
maximum flow rate of a Venturi meter is set by the limit of the adiabatic expansion equation and 
the calibrated range of the discharge coefficient. However, few meters (of any design) are 
calibrated to surge flow rates (and if they were so could a Venturi meter be). Many flow meters 
extrapolate calibration data during surge flow operation. The limit of the Venturi meter surge flow 
range could be set at the adiabatic expansibilty equation limit, i.e. P2/ P1 ≥ 0.75, where P2 is the 
throat pressure (P2) and P1 is the inlet pressure. In this example the line pressure (P1) is 20 Bar 
so the minimum throat pressure (P2) allowed is 15 Bar. This is a DP of 5 Bar (2000”WC). In this 
example it takes 9.4 kg/s (i.e. 38.6 MMSCFD or 38 m/s) for the 6”, 0.417 beta ratio Venturi meter 
to produce 2000”WC. That is 28% over-speed. The PPL will be ≤ 400”WC (at PLR ≤ 0.2) but 
during surge flow PPL is not typically a major concern. Also note that Venturi meters are very 
sturdy flow meters. Therefore, to prepare a Venturi meter for surge events all that is required is to 
add a high URL DP transmitter to the DP transmitter stack.  
 
This Venturi meter application could be made to have better surge flow capability. If the operators 
were more concerned about surge flow than high accuracy at the very low end of the flow range, 
the Venturi meter could have a selected beta ratio of 0.5 instead of 0.417. This would produce a 
maximum DP of approximately 426”WC at the full scale flow rate of 30 MMSCFD, i.e. a DP 
turndown of 426”WC:2”WC (i.e. a 213:1) and a flow rate turndown of √213:1 or 14.6:1. This 
Venturi can meter flow over a 100% to 7% of full scale range. Although there is only a small 
change in the normal range (i.e. the low flow has increased from 4.5% to 7% full scale), the surge 
capability has been enhanced. The flow rate required to exceed this Venturi meters capabilities 
(i.e. to create a DP of 5 Bar / 2000”WC and P2/ P1 of 0.75) is now 56 MMSCFD or 56 m/s. As with 
other meter designs, at these surge flow conditions the uncertainty of the flow rate prediction will 
naturally be somewhat increased, but with a DP transmitter with a URL of 5 Bar in the stack the 
Venturi meter can cope with surges of 88% in excess of the designed full scale while metering the 
flow and without failing or sustaining damage.  
 
It is curious that the natural gas industry tends to regard all DP meters as being incapable of 
dealing with surge flow when the Venturi meter is properly equipped to deal with this adverse 
event. Note however that orifice meters are not so suitable for surge flow applications due to plate 
deformation when the DP gets excessive. The cone meter’s ability to cope with surge depends on 
the particular design. If the support bar is strong, and the cone is well gusseted, cone meters 
should be able to cope with surges in the flow.  
 
3. CALIBRATION OF CONE AND VENTURI METERS  
 

“Quality means doing it right when no one is looking.” - Henry Ford  
 
ISO 5167-2 [1] describes the orifice meter performance for a range of orifice meter geometries 
and gives associated uncertainties with the discharge coefficient predictions. Orifice meters within 
the geometry and flow condition range of ISO 5167-2 do not generally require calibration. 
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However, this is not true of cone and Venturi meters. Cone and Venturi meters must be calibrated 
across their applications full Reynolds number range.  
 
There is published evidence that any pair of nominally identical cone meters do not necessarily 
have identical performances. In 2009 CEESI (Hodges [5]) showed that nominally identical cone 
meters had different discharge coefficient vs. Reynolds number relationships. Hodges presented 
a massed data set of 29 cone meter calibrations showing the spread of discharge coefficients 
(reproduced here as Figure 10). The range of the data set is shown in Figure 10. Hodges et al 
stated: 
 
 “With the mid discharge coefficient of the spread being approximately a value of 0.8 the spread 
in discharge coefficient is approximately ±8.5%. There may be some relationship between 
discharge coefficient, meter diameter, and beta ratio but as yet the authors know of no research 
in the public domain regarding this. With that said it is evident from Figure {10} that several 
meters have the same specification and yet have significantly different performances. This is 
likely due to some relationship between manufacturing tolerance parameters (e.g. angle of cone 
alignment with pipe centerline) and the discharge coefficient. Currently, it does not seem possible 
to predict a cone DP meters discharge coefficient to low uncertainty (i.e. the typically desired 
±0.5%) and hence to achieve a low flow rate uncertainty each cone DP meter must be individually 
calibrated across the full Reynolds number range for which it will be used.” 
 

 
Figure 10. Reproduction of Hodges [5] Massed Cone Meter Cd vs. Re Data Set 

 
ISO 5167-4 is a Venturi meter standard that includes information on machined convergent section 
Venturi meters, i.e. the common design used in the natural gas production industry. ISO states 
the limits to the ISO Venturi meter discharge coefficient prediction (Cd=0.995, ±1%) for machined 
convergent section Venturi meters. They are:  
 

                                             50 mm ≤ D ≤ 250 mm               0.4 ≤ β  ≤ 0.75 
                                              2e5 ≤ Re (D) ≤ 1e6              Pressure ≤ 10 Bar(a) 
 

ISO states that outside these limits the Venturi meter should be calibrated: “Research into the use 
of Venturi tubes in high-pressure gas [ ≥ 1 MPa ( ≥ 10 bar)] is being carried out at present. In 
many cases for Venturi tubes with machined convergent sections discharge coefficients which lie 
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outside the range predicted by this part of ISO 5167 by 2% or more have been found. For 
optimum accuracy Venturi tubes for use in gas should be calibrated over the required flow rate 
range.” ISO also states that “For installations outside the limits defined for D, β and Re, it remains 
necessary to calibrate separately the primary element in its actual conditions of service.” 
Furthermore, ISO also states that “… a simultaneous use of extreme values of D, β and Re shall 
be avoided as otherwise the uncertainties given are likely to increase.” 
 

Re (d) Cd Uncertainty (%) 
1e6 to 2e6 1.000 2 
2e6 to 1e8 1.010 3 

Table 2. ISO 5167 Annex B Machined Convergent Section Venturi Meter Cd Estimates.  
 

 
Figure 11. Massed Venturi Meter Cd vs. Re Data Set Data Set 

 
Industry uses Venturi meters outside these limits. ISO 5167-4 states regarding extrapolation 
“…the number of tests available on this subject is small and these tests were mostly carried out 
on Venturi tubes, whose geometry was not strictly in accordance with ISO 5167-4. As a result the 
reliability not only of the discharge coefficient but also of the uncertainties is relatively low”. ISO 
also states: “When Re(D) increases above 1e6 the pattern of Cd vs. Re(D) is not very predictable. 
Sometimes there is a slight increase in Cd with Re(D): sometimes there is a substantial but 
gradual increase; sometimes there is a substantial and sudden increase.” ISO gives further 
discharge coefficient estimates in Annex B (that is “informative” only) using throat diameter 
Reynolds numbers, Re(d). The relationship between throat and pipe Reynolds number is: 
Re(D)=β*Re(d). The ISO Venturi meter beta ratio range is 0.40 ≤ β ≤ 0.75. The effective throat 
diameter range that corresponds to Re(D)>1e6 is Re(d)>1.33e6. Table 2 reproduces ISO’s 
predictions for machined convergent section Venturi meters at 1e6 ≤Re(d) ≤1e8.  
 
CEESI gathered a massed data set of 71 machined convergent ISO compliant geometry Venturi 
meters. No data set is a repeat calibration of the same meter. Although much of the data is from 
CEESI there are several data sets from 3rd party calibration facilities. There are six different 
identified manufacturers. The range of the data (except one 750mm meter data set) is: 
 
                                         25 mm ≤ D ≤ 440 mm                  0.29 ≤  β  ≤ 0.75 
                                          Re (D) ≤ 1.6e7                      Pressure (Bara) ≤ 75 Bara 
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Figure 11 shows the massed data set. ISO’s comment regarding the pattern of Cd vs. Re (D) not 
being very predictable at Re(D) >1e6 is borne out. Here then is evidence that any pair of 
nominally identical Venturi meters do not necessarily have identical performances. Superimposed 
on the graph is the ISO prediction of Cd=0.995 and stated uncertainty of 1%. This ISO prediction 
is not applicable to this data set as most of the data is for Re (D) >1e6 and all data is for pressure 
>10 Bar. The ISO Cd value is only shown as a comparison and as a warning not to apply it 
outside the range stated by ISO.  
 

 
Figure 12. Massed Venturi Meter Cd vs. Re Data with ISO 5167 Annex B Cd vs. Re Prediction. 

 

 
Figure 13. An Example of a Simple Cd vs. Re Fit to the Massed Venturi Meter Data Set. 

 
Figure 12 shows the massed data with the ISO discharge coefficient prediction from the ISO 
Annex B superimposed on the data. The ISO prediction tends to over-estimate the discharge 
coefficient and does not fit the data within the uncertainty bands.  
 

004.0Re*935.0=dC  -- (11) 
 
Fitting the massed data set to a constant Cd produced Cd = 0.989 ±2.5% at 95% confidence. A 
simple curve fit of the data produced equation 11 (see Figure 13). This fit has an uncertainty of 
2% at 95% confidence. CEESI does not claim that this fit is the best data fit to this data. It is 
an example of a fit to show the general spread of the data. It is evident that across the geometry 
range of Venturi meters tested the discharge coefficient cannot be predicted without individual 
calibration to an uncertainty less than 2%. As most natural gas flow metering applications require 
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a better performance than 2% uncertainty it is necessary to calibrate Venturi meters. However, it 
should be noted that after proper calibration (i.e. flow testing across the applications full Reynolds 
number) the Venturi meter Cd vs. Re data fit can be expected to predict the Cd to 0.5% 
uncertainty. These results develop the work of Geach et al [6] who in 2005 showed similar results 
with 18 Venturi meter data sets (for 6”≤ D ≤10” and  0.48 ≤ β ≤ 0.70). This new massed data set 
validates the comments made by Geach based on the limited data set available at the time. 
 
4. COMMENTS ON DP METER SIZING PROCEDURES 
 
“There's no sense in being precise when you don't even know what you're talking about.”  
- John von Neumann  
 
When a DP meter is “sized” (i.e. the beta ratio is calculated) for a given application certain 
assumptions have to be made. The operator supplies the applications estimated flow conditions 
and typically states a maximum permissible DP. The manufacturer then estimates the future 
meters discharge coefficient and uses this approximate information to calculate the appropriate 
beta ratio. However, it is pointless to calculate a precise  beta ratio with estimated  inputs. 
 
Say an 8”, sch 120 (i.e. 0.1826 m) Venturi meter is required for a natural gas flow. The DP is not 
to exceed 400”WC (i.e. approximately 1 Bar). The flow condition estimates are shown in Table 3. 
Say, the flow rate is expected to be 2000 m3/hr, i.e. 21.3 kg/s (i.e. 88 MMSCFD).  
 

Pressure (Bar) Temperature (K) Molecular Weight Density (kg/m3) Isentropic component 
50 300 17.5 38.3 1.3 

Table 3. Reservoir Engineer Estimates 
 

To calculate the appropriate beta ratio for a Venturi meter two assumptions are required. The first 
is that the future meters discharge coefficient is some precisely known value. The second is that 
these conditions are the true maximum flow conditions the meter will encounter. However, as 
described in Section 3, before manufacture and calibration it is not realistic to assume you can 
predict precisely the Venturi meter discharge coefficient. Furthermore, it is unlikely that the actual 
flow conditions will be precisely the stated reservoir engineer predictions. However, in order to 
choose a beta ratio at the design stage, the engineer is impelled to assume a discharge 
coefficient and that the estimated flow conditions are correct. Let us say that the engineer makes 
the assumption Cd = 0.989 (i.e. see section 3). With the estimated maximum flow rate and flow 
conditions equation 2c now has only one unknown, the beta ratio which can be found by iteration. 
(Note ( )PPf ∆= ,,,κβε , see foot note 4.) 

 
The beta ratio required for a Venturi meter to produce 400”WC if the discharge coefficient is 
precisely 0.989 and if the reservoir engineering estimates are precisely correct is 0.5374. The 
inlet diameter is fixed at 7.187” (0.1826m) so the throat diameter is manufactured to 3.863”. The 
Venturi meter is then calibrated to find the actual discharge coefficient and regardless of the 
result then sent out as fit for service. However, this calibration is required because the initial 
discharge coefficient estimate is not precise, e.g. in section 2 we saw that Cd = 0.989 ± 2.5%, i.e. 
0.964 ≤ Cd ≤ 1.014. Therefore, although the Venturi meter was sized to produce 400”WC at the 
maximum flow condition with Cd = 0.989, at these flow conditions the Venturi meter will actually 
produce a maximum DP within the range 380”WC ≤ ∆P ≤ 422”WC, i.e. approximately 400”WC ± 
20”WC, i.e. approximately 400”WC ±5%. Hence, the actual meter may or may not produce a DP 
< 400”WC due to the discharge coefficient uncertainty. The actual flow conditions are usually (but 
not always!) close to, but not precisely the same as, the conditions predicted and used to size the 
meter. The actual flow conditions can induce either larger or smaller DP’s than predicted.  For 
example, let us say that the real application produces flow conditions shown in Table 3a.  
 

Pressure (Bar) Temperature (K) Molecular Weight Density (kg/m3) Isentropic 
component 

50.3 305 17.7 38.1 1.3 
Table 3a. Reservoir Engineer Estimates 
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Consider the DP’s if the actual flow rate was +5% or -5%, i.e. 2100 m3/hr or 1900 m3/hr of the 
sizing estimate. If the actual discharge coefficient was indeed 0.989 then the actual DP created 
by 2100 m3/hr at these conditions is approximately 440”WC and the actual DP created by 1900 
m3/hr at these conditions is approximately 360”WC. Hence, the actual meter may or may not 
produce a DP > 400”WC due to the differences between the actual and predicted flow conditions.  
 
In reality these two DP influencing factors co-exist. They can both cause increases or decrease 
the actual DP, or they can influence the DP in different directions. Regardless, these effects are 
not predictable when the meter is being sized. Therefore, there is a 50/50 chance that the actual 
DP’s will be larger than predicted. If the meter is sized to a maximum allowable DP, then if no 
precautionary measures are taken  there is a 50/50 chance that the actual DP will exceed the 
allowed maximum DP. This could lead to a saturated DP transmitter and a mis-measurement. In 
the above example the limit of the problem is a discharge coefficient of 0.964 and the actual 
conditions with 2100 m3/hr producing 464”WC. This then is substantially different to the desired 
maximum of 400”WC. Therefore, it is important that precautionary measures are taken. However, 
there is little to no formal information in the literature regards what these measures should be.  
 
One precaution is to size the Venturi meter for a higher flow rate than expected. This significantly 
reduces the chance of excessive DP values and a saturated DP transmitter while doing little to 
reduce the ability of the meter. In the above example the meter could be sized for a flow rate 20% 
greater than the expected maximum, i.e. 2400 m3/hr. At these stated flow conditions (i.e. Table 3) 
and Cd = 0.989 the beta ratio required to produce 400”WC at 2400 m3/hr is 0.5836. If in service at 
these flow conditions this meter would (for Cd = 0.989) produce 275”WC at 2000 m3/hr. The 
potential spread of Cd of 0.964 ≤ Cd ≤ 1.013 produces 262”WC ≤ ∆P ≤ 290”WC, i.e. DP < 
400”WC. If the actual discharge coefficient was indeed 0.989 but the actual flow conditions were 
say, those of Table 3a at 2100 m3/hr or 1900 m3/hr, then the DP’s produced would be 247”WC ≤ 
∆P ≤ 303”WC, i.e. DP < 400”WC. In the case of the “perfect storm” with a minimum discharge 
coefficient of 0.964, the flow conditions of Table 3a and 2100 m3/hr the DP is still only 320”WC, 
i.e. DP < 400”WC. Hence, by sizing the Venturi meter for 20% higher flow rate the problem of 
saturating the DP transmitters is very significantly diminished. With a DP transmitter stack with an 
URL of 400”WC, even with the original estimated maximum flow of 2000 m3/hr producing no more 
than 275”WC, there is still the potential for a DP turndown of 275”WC:2”WC, i.e. 137.5:1 which is 
a flow rate turndown of √137.5:1, i.e.11.7:1. If the meter had been sized to attempt create the 
maximum stated allowable DP for this application of 400”WC the aimed for DP turndown would 
have been 400”WC:2”WC, i.e. 200:1, i.e. a flow rate turndown of √200:1 or 14.1:1 (see Table 1). 
Therefore, from equation 1, the meter sized to avoid accidental DP transmitter saturation with a 
turndown of 11.7 (i.e. y=11.7) still covers > 98% of the flow range of the meter set to a nominal 
maximum DP of 400”WC with a turndown of 14.1 (i.e. x=14.1). Furthermore, by sizing the meter 
to 20% higher flow rate the meter inherently has some surge capability (which is enhanced by 
stacking a higher range DP transmitter than normal flow will require- see section 2c.)  
 
The current practice of one North Sea operator for avoiding DP transmitter saturation was 
described to the authors. During commissioning technicians monitor the DP. “If the DP transmitter 
saturates then we go to the store and get another one with a higher range!” Whereas this is a 
solution, there are two inherent shortcomings in this approach. The first issue is that the 
maximum DP the meter will encounter in service is not always guaranteed to be produced during 
the commissioning of the meter. Larger DP’s may be produced and DP transmitters saturated 
only after commissioning is complete7. The second issue is that the operators typically request a 
maximum DP. The manufacturers are obliged to make reasonable effort to assure the DP will not 

                                                 
7 During wet gas flow DP meter testing at CEESI where the client has chosen the DP transmitter range and 
is logging their own data it is common for the DP transmitters to become saturated. It is almost as common 
for the client to not to notice and to query CEESI why their data looks incorrect. If engineers deliberately 
subjecting the meter to adverse conditions do not always notice DP transmitter saturation, how likely is it 
that the issue would be noticed in a service meter where no problem is expected?  
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exceed the client’s desired maximum value. An operator policy of simply using a higher DP range 
undermines the whole concept of asking for a maximum DP in the first place. Of course, by the 
commissioning point in the proceedings the operator will almost always go with what he has got 
and resize the DP transmitter. However, this is hardly a good alternative to sizing the meter 
appropriately from the outset to insure the meter meets its specification.  
 
Saturation of DP transmitters due to sizing uncertainties is a genuine issue regards DP meter 
integrity. One solution is to size the meter to some higher flow rate than expected. This practice 
does occur in industry but curiously there is little in the literature formalizing such a methodology. 
Operators do sometimes utilize this practice, although often with surge capability in mind rather 
than any conscious effort to mitigate DP saturation concerns. Manufacturers are less likely to 
automatically utilize such a practice. Without agreement from the client it could be perceived by 
the client that the manufacturer has been negligent by sizing the meter to a wrong maximum flow 
rate. Furthermore, all manufacturers naturally wish to produce on paper the best possible 
turndown. Using the above example, they would rather say the meter has a turndown of 14.1 
rather than 11.7:1. It sounds better, and unfortunately the majority of operator and manufacturer 
engineers (regardless of what individuals would claim if put on the spot!) do not understand that 
the flow range difference between these two turndowns is practically trivial, i.e. < 2%. It is the 
operator’s prerogative to tell the manufacturer to size the meter to some higher flow rate.  
 
If a DP meter’s discharge coefficient is not precisely known at the design stage (as is the case for 
Venturi and cone meters) there is no point designing the meter to a precise beta ratio to four 
decimal places!  Continuing with the above Venturi meter example, we have Cd = 0.989 ± 2.5%. 
For the conditions in Table 3 at 2000 m3/hr the required beta ratio to actually achieve 400”WC lies 
somewhere within the range β =0.5374 ±1.1%, i.e. 0.5315 ≤ β ≤ 0.5433. Furthermore, as 
described above the actual flow conditions are likely to be slightly different than the predicted flow 
conditions. Table 4 shows examples of what beta ratio is actually required to produce the desired 
400”WC under various realistic scenarios of the actual discharge coefficient and flow conditions 
varying around a reasonable range.  
 
Table 4 shows that although the Venturi meter would be sized to β = 0.5374 for this application in 
reality to produce the desired maximum 400”WC a different beta ratio could be required. In this 
example the beta ratio required to produce 400”W is: β = 0.5374 ± 3.5%, i.e. 0.5184 ≤ β ≤ 0.5553. 
It should therefore be self-evident that there is n o point in sizing a DP meter to a beta ratio 
of four decimal places.  A DP meter beta ratio sized to four decimal places is not just pointless, it 
actively produces a false sense of precision. The true precision of a DP meter is based on the 
discharge coefficients calibration uncertainty and the integrity of the associated instruments.  
 

Cd Beta Ratio 
Table 3 Conditions 

2000 m3/hr 

Beta Ratio 
Table 3a Conditions 

2000 m3/hr 

Beta Ratio 
Table 3a 

Conditions 
2100 m3/hr 

Beta Ratio 
Table 3a 

Conditions 
1900 m3/hr 

0.964 0.5438 0.5431 0.5553 0.5305 
0.989 0.5374 0.5368 0.5489 0.5242 
1.013 0.5315 0.5309 0.5429 0.5184 

Table 4. Examples of Beta Ratio Requirement Variation with Varying Cd and Flow Conditions. 
 
It is suggested here that DP meters should not only be sized to cope with a higher flow rate than 
the maximum flow rate predicted (with the chosen over-range being case dependent on 
engineering judgment) but that the beta ratio selected should only have two  decimal places. Any 
more decimal places are practically meaningless while the precise discharge coefficient is not 
known and falsely imply more precision than actually exists. 
 
Continuing the example, the Venturi meter originally sized to β=0.5374 for the conditions in Table 
3 and 2000 m3/hr was re-sized above to β=0.5836 to assure DP<400”WC. More precisely, the 
meter could be sized to only two decimal places by rounding up (to continue the theme of 
reducing the maximum DP) to  β =0.59. At the nominal flow conditions of Table 3 and 2000 m3/hr 
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a discharge coefficient of Cd = 0.989 & beta ratio of β = 0.59 produces a DP of 262”WC (instead 
of a β = 0.5836 DP of 275”WC). The DP turndown with the nominal maximum flow conditions 
shown in Table 3 and 2000 m3/hr is 262”WC”:2”WC, i.e. 131:1 which is a flow rate turn down of 
√131:1, i.e. 11.4:1. Equation 1 indicates that this still covers > 98% of the range of a meter sized 
to a nominal maximum of 400”WC with its ideal flow rate turndown of 14.1. That is, rounding up 
the calculated beta ratio to two decimal places removes the perception of false precision while 
producing no significant practical disadvantage. Such a DP meter is sized such that: 
 

• the selected beta ratio value avoids suggesting false precision,  
• the maximum requested DP will not be exceeded with flow conditions that even loosely 

resemble the flow condition predictions regardless of the calibrated discharge coefficient,  
• the flow range difference between this beta ratio choice and that of the “ideal” beta ratio for 

the nominal flow conditions is practically negligible, 
• the meter has significant surge capacity.   

 

This example has been conducted arbitrarily for Venturi meters. The same issues exist for all DP 
meter designs that require calibration (e.g. cone, wedge etc.) and / or may be applied in different 
flow conditions than those initially predicted. As a calibration facility CEESI tests many Venturi 
and cone meters annually. It is common for the actual discharge coefficient to be lower than 
predicted during the manufacturers sizing and the DP’s produced to be higher than predicted. 
Whereas, CEESI (and no doubt other calibration laboratories) are diligent with measurement of 
these DP’s, no operator or manufacturer ever seems to note this as a potential issue or request to 
be notified of this issue. Perhaps, in some cases the operator and manufacturer discuss this in 
private. However, the authors rather suspect not. In most cases the issue likely goes unnoticed. 
As such it seems sensible to size the meter mandatory as described above in order to engineer 
out the problem so that the technicians seldom have to encounter it.   
 
Finally, note that this discussion on the beta ratio being set to two decimal places only refers to 
the sizing procedure. Once the meter is subsequently manufactured it is still good practice to 
measure and report the actual manufactured meter geometry to a high degree of accuracy.   
 
5)  COMPARISONS OF DP METER SIGNAL STABILITY  
 

“It ain't what you don't know that gets you into trouble. It's what you know for sure that just ain't 
so.” Mark Twain  
 

      
 
Fig 14. Cone Manufacturer Suggested DP Deviations.          Fig 15. Control System. 
 
It is claimed in manufacturer literature that for a given application a cone meter’s DP has a lower 
standard deviation than an orifice meter’s DP. That is, the cone meter is promoted as having a 
more stable DP signal than the orifice meter. Figure 14 graphically represents this claim. This 
claim is important for two reasons. First, it is claimed that a more stable DP allows lower DP’s to 
be read thereby allowing larger flow rate turndowns. Second, the more stable the DP the shorter 
the time required to register a flow rate change and the more attractive that meter design 
becomes to designers of control systems (such as feed-forward or feed-back control valve 
systems, see Figure 15). The authors could find no independent data on DP meter signal stability 
and therefore investigated the issue.  
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The CEESI wet gas flow facility can operate with several flow meters in series. As wet gas tests 
are usually preceded by dry gas flow tests CEESI has multiple data sets of several DP meters in 
series at the same gas flow conditions. In several cases orifice, cone and Venturi meters have 
been tested in series. CEESI can compare the three DP meters DP fluctuations for given flow 
conditions. Rosemount 3051 DP transmitters were used to measure the DP’s. These transmitters 
can read DP’s up to 7Hz. However, up until 2011 the scan rate of the data acquisition system was 
6 seconds, meaning that each DP meter had a snap shot of the DP read every six seconds. A 
test would last typically a minimum of 5 minutes meaning that a minimum of 50 DP samples were 
taken, averaged and standard deviation checked before a data point was accepted. This point to 
point data for the orifice, cone and Venturi meter data can be compared to check relative stability.  
 

   
Fig 16. 4”,sch 40, 0.62β orifice      Fig 17. 4”,sch 80 0.6β Venturi      Fig 18. 4”,sch 80 0.75β cone  
 
Figures 16 thru 18 show a 4”, 0.62β orifice meter, a 4”, 0.60β Venturi meter and a 4”, 0.75β cone 
meter respectively installed in series in that order. The unobstructed straight pipe length upstream 
of each meter is >50D. Figure 19 shows the three meters DP fluctuations for a randomly selected 
flow condition of 200psia and 72 ft/s. The cone meters DP was found to have a larger fluctuation 
relative to its magnitude than the orifice and Venturi meters, which seem to have similar 
fluctuations of DP relative to their DP magnitudes. This was not the result expected. It was 
suspected that this may be an abnormal result for some unknown reason and other flow 
conditions were therefore looked at. All flow conditions gave the same result. Figure 20 shows the 
results from the same test configuration when the flow was at 650 psia and 50 ft/s.  
 
This unexpected result lead to a review of possible causes. It was suggested that perhaps the 
cone meters location in the re-circulating facility was poor due to upstream disturbances or due to 
some local system resonance. However, with each meter having >50D of straight upstream pipe 
flow disturbance was unlikely. Furthermore, during operation of the facility CEESI has always 
been very conscientious about the control and mitigation of any vibration issues. No vibration was 
evident during these tests. CEESI found another set of test results where these DP meters where 
in series but in a different sequence. The installation order was orifice, cone and then Venturi 
meter. The 4” orifice meter fitting had a different plate with a 0.68 beta ratio. Figure 21 shows a 
representative sample of all the dry gas flow results, this sample having flow conditions of        
553 psia and 77 ft/s. Again, the cone meters DP fluctuation was significantly greater than the 
orifice and Venturi meter. All other dry gas flow conditions showed similar results.  
 
In these tests the cone meter had a larger beta ratio than the other DP meters. It was therefore 
suggested that the standard deviation of a DP meter may be beta ratio dependent. CEESI looked 
for different cone meter beta ratio data. This was scarce, but one test was found where a 4”, 0.66 
beta ratio Venturi meter (not shown) was installed upstream of a 4”, 0.63 beta ratio cone meter 
(Figure 22). The earlier evidence suggests orifice and Venturi meters have similar DP 
fluctuations. Figure 26 shows the DP fluctuation comparison at a random flow condition. All the 
dry gas flow conditions gave similar results. Again, even with similar beta ratios the cone meters 
DP fluctuation was significantly higher than the Venturi meter.  
 
In 2011 CEESI commissioned an 8” wet gas flow facility. An 8”, 0.75 beta ratio cone meter  
(Figure 23) was installed upstream of an 8”, 0.6 beta ratio Venturi meter (Figure 24) which in turn 
was upstream of a 8”, 0.69 beta ratio orifice meter (Figure 25). Again, the meters were separated  
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Figure 19.   DP fluctuations of an Orifice, Venturi and Cone Meter in Series at 200 psia & 72ft/s. 

 

 
Figure 20.   DP fluctuations of an Orifice, Venturi and Cone Meter in Series at 650 psia & 50 ft/s. 

 

 
Figure 21.  DP fluctuations of an Orifice, Cone and Venturi Meter in Series at 553 psia & 77 ft/s. 

 
by more than 50D and Rosemount 3051 DP transmitters were used. The new CEESI wet gas 
facility data acquisition system scan took 1 second and five minute tests were run. Figure 27 
represents the three DP meters DP standard deviation values at the eight dry gas flow conditions 
tested. The flow conditions were natural gas flow at  1) 217 psia, 40ft/s, 2) 208 psia, 43 ft/s,        
3) 216 psia, 45 ft/s, 4) 209 psia, 50 ft/s, 5) 637 psia, 40 ft/s,  6) 1024 psia, 37 ft/s, 7) 645 psia,     
56 ft/s & 8) 1024 psia, 50 ft/s. Clearly, the cone meters DP standard deviations are again 
significantly higher than for the orifice and Venturi meters.  



30th International North Sea Flow Measurement Workshop 
23 -26th October 2012 

 24

                
              Fig 22. 4”,sch 80, 0.63 β cone meter.          Fig 23. 8”,sch 80, 0.75 β cone meter. 
 

                                       
                Fig 24. 8”,sch 80, 0.60 β Venturi meter.        Fig 25. 8”,sch 40, 0.69 β orifice meter. 
 

 
Figure 26.  DP fluctuations of a Cone and Venturi Meter in Series at 500 psia & 66 ft/s. 

 
It was then suggested that perhaps the cone meter is somehow more sensitive than other DP 
meters to any pulsation caused by a re-circulating facility with compressors. It was also 
postulated that perhaps a different type of DP transmitter should be used to discount any 
unspecified DP transmitter effect. CEESI therefore reviewed test data from an air blow down test 
facility. This facility has no inherent pulsation and used Honeywell DP transmitters, i.e. a different 
transmitter design to the CEESI wet gas flow facility. The Honeywell DP transmitters can scan at 
3Hz. However, the scan rate at the air blow down calibration facility is 2 Hz. The flow is held 
steady for 10 seconds meaning 20 sample DP’s are read and averaged. The standard deviation 
is noted to assure stability. If there were any pulsation or DP transmitter effects on the cone meter 
at the re-circulation natural gas facility it would be alleviated in the air blow down facility. 
 
CEESI found a 4”, 0.63 beta ratio cone meter (Figure 28) data set and a 4”, 0.60 beta ratio paddle 
plate orifice meter (Figure 29) data set both tested at separate times by coincidence at similar  
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  Fig 27.  DP Standard Deviations of a Venturi, Cone & Orifice Meters at Various Flow Conditions.  
 

            
          Fig 28. 4”,sch 80, 0.63 β cone meter.             Fig 29. 4”, 0.60β paddle plate orifice meter. 
 

 
Fig 30. DP fluctuations of Orifice & Cone Meters in an Air Blow Down Facility at 4.3 lb/s.  

 
flow conditions. Figures 30 shows a representative result. Again all the different flow condition 
data agreed. The cone meters DP standard deviation is significantly more than an orifice meter in 
similar flow conditions. Hence, the cone meters larger DP standard deviation is not caused by 
any pulsation or DP transmitter effects. It appears to be a characteristic of the meter design.  
 
This research strongly suggests that rather than the cone meter having a lower DP standard 
deviation than an orifice meter (as is often suggested) the very opposite is true. Orifice and 
Venturi meters have a lower standard deviation than a cone meter. Therefore, a cone meter does 
not have a turndown advantage due to any DP stability benefits (hence this topics absence from 
the discussion in section 1). A cone meter does not appear to have a fast response time than 
other DP meters. However, it should be remembered that as long as a DP meters signal can be 
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averaged to a repeatable value for a constant flow rate, the size of the DP standard deviation is 
not greatly important for anything other than the specialist case of fast response control systems. 
Therefore, differing DP standard deviation between competing DP meter designs is of little 
practical consequence. Furthermore, the cone meter has other advantages, not least its 
exceptional resistance to significant flow disturbances (e.g. Hodges [5]).  
 
6  DP METER RESPONSE TO WET GAS FLOW – NEW DATA AND ANALYSIS 
 

“With four parameters I can fit an elephant, and with five I can make him wiggle his trunk.” 
John von Neumann 
 

DP meter reaction to wet gas flow has been important for many years. However, industry does 
not yet have a comprehensive understanding of how wet gas flow affects DP meter performance. 
Physical understanding (and modeling) of the phenomenon is far from complete. Most DP meter 
wet gas flow performance statements come in the form of wet gas “correlations”. Some 
correlations are based on some modeling with data fitted parameters required, and most have at 
least some physical boundary conditions applied. These “semi-empirical” correlations have 
various levels of sophistication. In general it is beneficial for semi-empirical correlations to have 
as few free parameters as possible (i.e. to be as simple as possible) compared to the size of the 
data set. The more complex the fit for a fixed size data set the higher the risk of interpolation and 
extrapolation of the correlation producing errors. However, all semi-empirical correlations carry 
some interpolation and extrapolation risk, as the “empirical” part of the fit is effectively an 
admission of lack of knowledge. Hence, new DP meter wet gas flow data out with the range 
already held by industry is of great interest as it allows industry to check the validity of 
extrapolating existing correlations, or to develop better wider ranging correlations, while improving 
the physical understanding of DP meters wet gas flow.  
 
6a. REVIEW OF WET GAS FLOW PARAMETERS 
 
The liquid flow relative to the gas flow is quantified by the Lockhart-Martinelli parameter, XLM (see 
equation 12). The gas to liquid density ratio, DR, is a non-dimensional description of pressure for 
set fluid types (see equation 13). The gas densiometric Froude number, Frg, is a non-dimensional 
description of the gas flow velocity for a set pipe size and fluid properties (see equation 14). The 
Water Liquid Mass Ratio, WLRm, is the ratio of the liquid phase’s water to total mass flow rate 
(see equation 15). The “Over-Reading” percent, OR%, is defined as the bias (i.e. error) induced 
on the gas flow meter by the presence of the liquid (see equation 16). Note that gm & lm  are the 

gas and liquid mass flow rates respectively, wm & hclm  are the water and hydrocarbon liquid 

mass flow rates respectively, apparentgm ,  is the uncorrected gas flow rate prediction of the 

meter, gρ & lρ  are the gas and liquid densities respectively and g is the gravitational constant.  
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6b. 8”, 0.75 BETA RATIO CONE DP METER WITH WET GAS FLOW RESPONSE   
 
In 2011 CEESI commissioned an 8” multiphase wet gas flow facility. It was commissioned with an 
8”, sch 80, 0.75 beta cone meter installed (see Figure 23). This cone meter had been previously 
gas flow calibrated to Cd = 0.821 ±0.5%. It was noted that a major cone meter manufacturers 
sizing program predicted this meter to have Cd = 0.80, i.e. -2.6% below the calibrated value. This 
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is an example of industry only being able to approximate the cone meter discharge coefficient 
before calibration and therefore there is no point sizing a cone meter beta ratio to some precise 
value with more than two decimal places.  
 
Whereas 0.75 beta ratio cone meters between the size 2” to 6” have been relatively well wet gas 
flow tested this is the first 8”, 0.75 beta ratio cone meter data set that the authors are aware of. 
One of the unknowns regarding DP meter wet gas response is the effect of different meter 
(pipeline) sizes. There is very little information in the public domain regards how the meter could 
respond. It is known that pipe size can influence the flow pattern (i.e. the liquid dispersion in the 
gas flow) and the flow pattern is known to influence a DP meters response to wet gas flow. 
Therefore, there was no guarantee that this 8” cone meter data would match the latest published 
wet gas flow correlation for 2” to 6” cone meters with a 0.75 beta ratio. This correlation was 
released by CEESI in 2009 (see Steven [7]). It is reproduced here as equation set 17 to 19a. The 
correlation was rated to predict the gas flow rate to ±2.6% to 95% confidence. 
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Fig 31. CEESI, 8”, 0.75 Beta Ratio Cone Meter Gas / Exxsol D80 Wet Gas Flow Test Results. 

 
During the initial multiphase wet gas flow facilities commissioning the meter was horizontally 
installed and tested with natural gas and Exxsol D80 (kerosene substitute). The wet gas test 
range was XLM ≤ 0.22, 0.0148 ≤ DR ≤ 0.0814, 0.96 ≤ Frg  ≤ 3.25 & WLRm =0. The results of 
applying this equation set to the data from this larger 8”, 0.75 beta ratio cone meter wet gas tests 
results are shown by Figure 31. The existing 2” to 6”, 0.75 beta ratio cone meter wet gas 
correlation was found to correctly predict and correct the new 8”, 0.75 beta ratio cone meter data 
set to within the stated uncertainty.  
 
6c  ISO TR11583 VENTURI METER WET GAS CORRELATION WITH INDEPENDENT DATA 
 
ISO TC30 has released a Technical Report (TR 11583 [8]) that offers a wet gas correlation for 
Venturi meters. This correlation is claimed to be applicable over the range given in Table 5. Note 
that the gas densiometric Froude number stated (Frgas,th) is based on the Venturi meters throat 
diameter, d. This is related to the standard pipe diameter the gas densiometric Froude number 
(Frg) by equation 21. The ISO TC30 correlation is for gas with light hydrocarbon liquid or  gas with 
fresh water. Depending on which liquid is present the correlation switches a free parameter  
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Inlet Diameter D ≥ 2” 
Lockhart Martinelli Parameter 0 ≤ XLM ≤ 0.3 

Density Ratio DR > 0.02 
Beta Ratio (or Diameter Ratio) 0.4 ≤ β ≤  0.75 
Throat Froude Number, Frgas,th Frgas,th > 3 

Gas Flow Rate Prediction Uncertainty, XLM ≤ 0.15 3% 
Gas Flow Rate Prediction Uncertainty, XLM > 0.15 2.5% 

Table 5. Stated Range of ISO Technical Report [8] Venturi Meter Wet Gas Correlation. 
 
designated as “H”. The correlation does not account for the most common wet natural gas 
production scenario of the natural gas having a mix of hydrocarbon liquid and water. That is, for 
WLRm =0, H=1 and for WLRm =1, H=1.35, but for the common case of 0<WLRm<1 no value of “H” 
is offered. In fact, natural gas production is technically out with the scope of ISO TR11583 and 
indeed this is stated in the report’s scope. Furthermore the correlations mathematical structure 
has proven controversial to some in the natural gas production industry, but these arguments are 
out with the scope of this paper and were discussed in detail by de Leeuw at el [9] in 2011. 
However, it is difficult to conceive any other industry finding wet natural gas Venturi metering of 
more interest than the natural gas production industry. As such, if the correlation was proven to 
be reliable such academic arguments are likely to hold little weight and the correlation would 
likely be adopted by the hydrocarbon production industry. Hence, as the ISO TR11583 was 
published with little independent analysis it is important to take every opportunity to review the 
performance of this correlation whenever new wet gas Venturi meter data becomes available. 
The ISO TR11583 wet gas Venturi meter correlation is reproduced here as the equation set 18, 
20, 21, 22 & 23.  
 

2

*
.

1

2

LMLM

tpgdtpt
g

XCX

PCYEA
m

++

∆
=

ρ
 -- (20)        

n

g

l

n

l

gC













+








=

ρ
ρ

ρ
ρ

 -- (18)        -- (21) 

                                   [ ]


















































−−=

016.0
min**05.0exp*0463.01 .

* LM
thgasd

X
FrC   -- (22)  

 

                  ( ) ( ){ }( )2/*8.02 18.0392.0,)578.0(18.0583.0max ββ −−−= − HFrgn  -- (23) 

 
In 2011 CEESI donated three multiphase wet gas flow ISO 5167 compliant Venturi meter data 
sets to the de Leeuw [9] paper. The three CEESI data sets released in 2011 [9] were for 
0≤WLRm≤1, and hence with no guidance from TR11583 both H=1 & H=1.35 were tried in the 
correction. The results are reproduced in Figure 32. Two of the three Venturi meters had 
significant gas flow rate prediction errors in excess of the correlations stated uncertainties. In this 
paper five new independent wet gas Venturi meter data sets (for WLRm = 0) have also been 
corrected using the ISO TR11583 wet gas correlation. Figure 32 also shows new two-phase data 
sets from five ISO 5167 compliant Venturi meters checked against TR11583’s wet gas 
correlation. Four of the meters were tested at CEESI. One meter was tested at TUVNEL. The 
CEESI data is confirmed as independent to the TR11583 data set. It is not known if the NELTUV 
data set was used in the TR11583 wet gas correlation data fit. Table 6 summarizes the results. 
Three of the five Venturi meters had a wet gas response as predicted within the uncertainty 
bands of ISO TR11583. However, two 4”, 0.74β Venturi meters did not have a wet gas response 
as described by ISO TR11583. These meters were initially dry gas calibrated and then wet gas 
flow tested in series. The two 4”, 0.74β meters were visually identical and built to the same 
drawing by the same manufacturer.  However, the first meter had a calibrated Cd of 0.994 while 
the second meter has a calibrated Cd of 0.980, i.e. a difference of -1.4%. Figures 11 in Section 3 
show that this is a common result. Each meter was operated in wet gas flow with its appropriate 
discharge coefficient to produce the OR%. The two meters wet gas responses were similar 
(although not identical). The ISO correlation over-predicted the wet gas over-reading causing an  
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Fig 32. Comparing ISO TR11583 Wet Gas Correlation to Independent Venturi Meter Data. 

 
Meter WLR 

Range 
No. of  

Test Points 
No. of Outlying 

Points 
Confidence 

Level 
Within ISO 

Spec? 
NEL 6”, 0.55β WLRm = 0 243 6 96% yes 

CEESI 4”, 0.40 β WLRm = 0 124 3 98% yes 
CEESI 6”, 0.70 β WLRm = 0 30 0 100% yes 

CEESI 4”, 0.74 β(1) WLRm = 0 64 8 87.5% no 
CEESI 4”, 0.74 β(2) WLRm = 0 64 8 87.5% no 

CEESI 2”, 0.60 β 0≤WLRm≤1 64 
For H=1:       13 79.7% no 
For H=1.35:    5 92.2% no 

CEESI 4”, 0.60 β 0≤WLRm≤1 90 
For H=1:       26 71.1% no 
For H=1.35:  15 83.3% no 

CEESI 8”, 0.60 β 0≤WLRm≤1 9 
For H=1:         0 100% yes 
For H=1.35:    0 100% yes 

Table 6. Independent Wet Gas Venturi Meter Data Sets Corrected by ISO TR 11583 Correlation.  
 
over correction and a negative bias on the gas flow prediction. Therefore, these independent data 
sets show that the ISO TR11583 correlation does not correctly predict the two-phase (gas and 
hydrocarbon liquid) wet gas flow response of all ISO compliant Venturi meters.  
 
Figure 32 and Table 6 also repeat the de Leeuw [9] data for multiphase wet gas flow. It is clear 
that the ISO TR11583 is not suited for use in multiphase wet gas flow, i.e. within the region 
0≤WLRm≤1. At the current time, if an operator wishes to be assured of a low uncertainty wet gas 
correlation for a Venturi meter it is beneficial to wet gas flow test and data fit each individual 
meter.  
 
6d. 8”, 0.690 Beta Ratio Orifice Meter Wet Gas Flow Response 
 

Inlet Diameter 2” ≤ D ≤  4” 
Lockhart Martinelli Parameter 0 ≤ XLM ≤ 0.3 

Density Ratio 0.006 ≤ DR ≤ 0.110 
Beta Ratio (or Diameter Ratio) 0.24 ≤ β ≤  0.73 

Gas Densiometric Froude Number, Frg 0.22 ≤ Frg ≤ 7.25 
WLRm 0%  

Gas Flow Rate Prediction Uncertainty 2% 
Table 7. Stated Range of Orifice Meter Venturi Meter Wet Gas Correlation. 
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In 2011 Steven et al [10] discussed the known response of orifice meters to wet gas flow. The 
massed CEESI & NEL data set of 1656 wet gas flow points for 2”, 3” & 4” orifice meters was 
corrected to > 95% confidence by equation set 17, 18, 24, 25, 26, 27a & 27b. This correlation 
was applicable for the flow conditions shown in Table 7.  
 
In 2011 CEESI gathered new 8”, 0.69β orifice meter data in two-phase (gas / Exxsol D80) flow. 
Figure 33 shows the uncorrected data and the data corrected with the existing correlation for 
smaller meters. The existing orifice meter correlation for smaller meters does not fit the data 
within the correlations uncertainty statement. The correlation underestimates the 8” orifice meters 
OR% therefore producing a positive bias in the “corrected” data. The data is still corrected to 
within 4% to 95% confidence, and clearly the correction is significantly better than applying no 
correction. However, the existing correlation for < 4” orifice meters does produce a small bias 
when used on the 8” orifice meter. The wet gas flow response of larger DP meters still is 
therefore an open question.  
 

 
Fig 33. 8”, 0.69β Orifice Meter Wet Gas Response & Effect of Applying Published 4” Correlation. 
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6e. ORIFCE METERS, WET GAS FLOW & THE POINTLESSNESS OF DRAIN HOLES 
 
Even today with literature available on the response of orifice meters to wet gas flow most of 
industry has little to no understanding on what that response is. Traditionally, when an orifice 
meter was being applied to a wet gas flow there was an unproven assumption that the liquid 
would flow as a river and the orifice plate would act as a dam and “hold-up” the liquid. As this was 
“obviously” going to have adverse effects on the meter someone had the idea of placing a drain 
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hole at the base of the plate to allow the liquid to pass the plate freely. Today, ISO [11] even has 
rules regards the application of drain holes to orifice plates. There is only one problem with all 
this. It is all nonsense. Recent research shows drain holes are pointless additions to orifice 
plates that offer no advantage and one disadvantage.  
 
CEESI has recorded wet gas flow orifice meter data for when the plate did not have a drain hole. 
This non-drain hole data was described in 2011 by Steven et al [10] where it was shown that the 
liquid dispersion (i.e. the “flow pattern”) varies with the wet natural gas production flow conditions. 
The liquid can be dispersed in the flow anywhere between being stratified (i.e. flowing like a river) 
and entrained in droplets (i.e. annular mist flow), or anywhere in between. Figures 34 & 35 show 
stills from CEESI videos of these two flow patterns at an orifice plate with no drain hole. In neither 
case was there liquid “hold-up” at the plate. The gas and liquid phases flowed freely through the 
normal orifice, as indeed they must for any steady wet gas flow to obey the law of conservation of 
mass! The liquid cannot continually build up at the plate. As liquid builds up the cross sectional 
area of the oncoming fluid flow reduces causing the flow to increase in velocity, i.e. increase in 
gas dynamic pressure. This in turn increases the flows ability to move more liquid through the 
standard orifice. Therefore, the liquid hold up in front of an orifice plate reaches an equilibrium 
immediately after a wet gas flow condition is established. The conditions in Figures 34 & 35 were 
held for twenty minutes. No change in liquid build up ever occurred. So, if liquid cannot 
significantly build up in front of the plate the question arises, what is a drain hole for?  
 

    
            Fig 34.Stratified flow no drain hole.                      Fig 35.Annular-Mist flow no drain hole. 
 
ISO [10] gives a correction factor for orifice meter with drain hole single phase flow performance. 
The correction is that equation 28 should produce an effective orifice diameter to be used in the 
standard orifice meter flow rate equation (i.e. equation 2). There is a single phase uncertainty 
cost associated with using drain hole. ISO [11] states the drain hole orifice meter uncertainty is 
calculated by arithmetically adding this additional uncertainty to the normal meters uncertainty. 
Equation 29 shows ISO’s additional uncertainty prediction for single phase flow.  
 





















+=

2

55.01
m

k
m d

d
dd  -- (28)                   %55.0

2










m

k

d

d
  -- (29) 

 

A plate is given a drain hole when it is to be used with wet gas flow. Drain holes are meant to help 
the liquid pass by the plate. They are not said to eliminate the significant gas flow prediction 
errors associated with wet gas flow. Therefore, if an orifice meter with a drain hole is to be used 
with wet gas flow, and the wet gas flow induces a significant bias on the meters gas flow rate 
prediction, the practical use of a single phase uncertainty statement is debatable!? If the flow is 
dry gas you don’t need a drain hole and the added uncertainty in gas measurement is avoidable.  
 
CEESI tested a 4”, sch 40, 0.621 beta ratio orifice meter with a drain hole. The inlet diameter was 
4.026”, and the orifice diameter was (dm) 2.50”. The drain hole diameter (dk) was the maximum 
allowed (for maximum effect) at 0.25”. The effective diameter (d) was therefore 2.514” and the 
additional uncertainty was 0.55%. ISO 5167-2 [1] states the uncertainty in Cd for a standard 
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Fig 36. The Dry Gas Flow Results for the Orifice Meter with a Drain Hole. 

 

 
Fig 37. Wet Gas Results for Orifice Meter with a Drain Hole Corrected by Existing Correlation. 

 
orifice meter with no drain hole and a 0.621 beta ratio is 0.536%. Therefore, the overall flow rate 
uncertainty is > 1.086%. The CEESI result is shown in Figure 36. The dry gas flow rate prediction 
differed from the reference gas flow meter by (just) less than 1.086% indicating that the orifice 
meter was operating correctly.  
 
The correctly operating orifice meter with a drain hole was then tested with wet gas flow. The flow 
conditions were XLM ≤ 0.3, 0.026 ≤ DR ≤ 0.083, 1.75 ≤ Frg ≤ 4.05 and 0 ≤ WLRm ≤ 0.77. The wet 
gas response of 4” orifice meters with no drain hole are well documented (e.g. Steven et al [10]). 
Equation set 17, 18, 24, 25, 26, 27a & 27b has been shown to repeatedly correct the standard 4” 
orifice meters wet gas over-reading to ±2% to 95% confidence. Therefore, orifice meters with no 
drain hole have a wet gas flow correlation. However, there is no equivalent correction factor 
for an orifice meter with a drain hole . Figure 37 shows the results of applying the standard 
orifice meter wet gas correlation to the orifice meter with drain hole wet gas data. It is evident that 
the correlation still works reasonable well. Of the 116 wet gas test points there were 9 outliers, i.e. 
2% uncertainty to 92% confidence level, or 2.4% uncertainty to 95% confidence. However, this 
performance is poorer than for the case of having no drain hole.  
 
In summary the addition of a drain hole significantly increases the uncertainty of the orifice meter 
with single phase flow. However, the orifice meter with a drain hole is meant to be used with wet 
gas flow. Drain holes have been traditionally added to orifice meters due to a false perception that 
liquid hold up at the plate is a problem, when it is not. Liquid passes through the orifice plate 
without a drain hole. The orifice meter with a drain hole has no wet gas correlation! The 
correlation for the orifice meter without a drain hole must therefore be applied. The resulting gas 
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flow rate prediction has a higher uncertainty than when the meter has no drain hole. So, while 
drain holes do not significantly aid the passage of liquid past the meter with wet gas flow, they 
increase the uncertainty of the flow rate prediction in dry and wet gas flow. The question therefore 
arises, why are they used !?  The standard orifice meter with no drain hole has a better 
performance in dry and wet gas flow. Drain holes are a hindrance not a benefit to orifice metering.  
 
7. USE & ABUSE OF THE AMERICAN PETROLEUM INSTITUTE MPMS CHAPTER 22.2 
 
The standards only cover a few DP meter designs. Most DP meter designs are not covered by 
any standard. The API 22.2 testing protocol [12] was developed to help those DP meter 
manufacturers whose product was not covered in the standards have a formal method of getting 
their DP meter design accepted. API’s aims in developing this test protocol included: 
 

• Establishing the performance of a DP meter / validating the manufacturers performance claims 
• Quantifying the DP meters flow rate measurement uncertainties in different applications 
• Providing a comprehensive way to compare different DP meter designs 
• Aiding new DP meter technologies market entry with a testing and reporting procedure 

 

A very important point about API 22.2 is that there  are no “pass” or “fail” criteria . API 22.2 
is just the regulated method of meter testing and report writing. The API 22.2 report simply states 
whatever the findings from the API 22.2 regulated testing were. It does not judge the DP meter. 
API 22.2 is neutral to the meter performance. No DP meter tested under API 22.2 has been 
“certified by API” and API does not approve or disapprove of any DP meter tested under          
API 22.2. The API 22.2 report gives the unbiased truth about a DP meters performance. It is for 
the 3rd party reader to make their own judgment to whether the meter meets their required 
performance criteria. Any statement to the effect that a DP meter has been tested in accordance 
with API 22.2 does not mean the meter has passed some API performance criteria check. 
Unfortunately, this seems to be misunderstood by some in industry. The following are examples 
of statements from three different DP meter manufacturers:  
 

1. In one DP meter manufacturer’s web site the statement is made that the DP meter has “… API 
22.2 certified testing by recognized 3rd party flow laboratories.”   
 

2. In another manufacturers brochure it states “… the meter is manufactured in a facility that is 
ISO 9001, API 22.2-certified…” etc. 
 

3.  In a presentation on results of API 22.2 testing, a manufacturer and test facility jointly made the 
statements that API 22.2  was “… a standard  defining a testing and reporting protocol.”  They 
went on to state “Objectives of the standard …” 

 
These are three examples of how API 22.2 is not being fully understood or applied by industry. In 
the first example the manufacturer states that the meter was tested according to API 22.2. 
However, this is all that is stated. There is an inherent inference from this stand-alone statement 
that the meter performed well and is somehow approved by API. This is not true. API only 
approves of the method of testing and reporting. This statement in no way validates the 
manufacturer’s performance claims. It only informs the reader that there must be an API 22.2 
report on this meter. To examine whether the meter does indeed meet its published performance 
criteria the reader must obtain (and read!!) that API 22.2 report. It is noteworthy that no 
associated API 22.2 report was offered on this manufacturer’s web site.  
 
In the second example, a different manufacturer directly claims that API has certified, i.e. 
approved, the DP meter in question. This is a false claim. API does not certify any DP meter with 
API 22.2.  
 
In the third example, a 3rd party test facility and a DP manufacturer together repeat the claim that 
API 22.2 is a DP meter standard . API 22.2 is not a standard. A standard would infer that the 
meter has met some stated performance criteria. API 22.2 has no such stated performance 
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criteria and the API 22.2 report is required to discover the true performance of the DP meter. 
Again there was no mention of where this API 22.2 report on this meter could be obtained from.  
 
The API 22.2 test protocol is a very valuable addition to the flow metering industry. When used 
correctly the test protocol achieves all the requirements listed in bullet points above and allows 
DP manufacturers to verify to industry their meters performance claims. However, industry must 
understand that API 22.2 is not a standard but a protocol to facilitate unbiased neutral testing of a 
DP meter. In itself API 22.2 makes no statements regards the performance of the DP meter. 
It is the API 22.2 report that states the performan ce of the meter . Unfortunately some DP 
meter manufacturers are very forthcoming with statements that the meter has been tested 
according to API 22.2 (thereby inferring API approves of the meter) while being far less 
forthcoming with the actual API 22.2 report on the result of the testing. When considering a DP 
meter for an application on the strength of the API 22.2 test protocol, operators are strongly 
advised to demand the API 22.2 report from the manufacturer. If this report is not forthcoming 
then the meter manufacturer should not be making a point of telling industry that the meter was 
tested in accordance with API 22. 
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1. INTRODUCTION 
 
In 2008 [1] & 2009 [2] DP Diagnostics divulged the first comprehensive diagnostic concept for DP 
meters. In 2010 Swinton Technology partnered with DP Diagnostics and this diagnostic concept 
was developed into the industrial system called “Prognosis”. The first field tests of Prognosis were 
carried out by BP CATS and ConocoPhillips TGT and reported to the NSFMW in 2010 by Skelton 
et al [3]. Since then Prognosis has been further developed and applied in the field to orifice and 
Venturi meters by several operators. This paper describes these developments and the field 
experience of these operators. 
 
BP CATS (see Fig.1) initially field tested 
Prognosis on the 16”, 0.6 beta ratio orifice 
meter on stream 5 of the EX1 metering skid 
in May 2010. After initial successful field 
tests, BP initiated a long term endurance 
test. Prognosis has run on this meter from 
May 2011 until the present time proving the 
long term reliability of the diagnostic system. 
This paper shows the results of this long 
term test. As a result of this test BP now has 
agreement with the UK’s DECC to operate a 
Condition Based Maintenance, or “CBM” 
process (as described by DECC [4]). The 
traditional periods between the orifice 
meters inspection have been extended by 
monitoring of the Prognosis system.                                        

 
Fig 1. BP Central Area Terminal Service.            

 
In 2011 Centrica included Prognosis with one 8”, 0.4 beta ratio Venturi meter and two nominally 
identical 6”, 0.4 beta ratio Venturi meters bound for the York platform in the North Sea. ISO 5167-
4 [5] states that Venturi meters for high pressure natural gas flow metering applications should be 
calibrated for optimum performance. Likewise, DP Diagnostics recommends a Prognosis system 
on a Venturi meter should be calibrated for optimum performance. The Prognosis and standard 
Venturi meter calibrations can be combined meaning that one calibration is required to set both 
the discharge coefficient and all the diagnostic parameters. That is, the calibration of the 
diagnostic system is not an extra cost to the operator. These three Centrica York Venturi meters 
were calibrated at the GL Flow Centre in the UK. Centrica’s decision to add the “insurance policy” 
of Prognosis to the project was unexpectedly vindicated almost immediately when Factory 
Acceptance Testing of Prognosis using the calibration report led to Prognosis warning of a real 
abnormality in the calibration data that had been missed by all the normal quality control 
procedures of the multiple companies involved. This paper discusses this event and describes 
the real problem found before going on to give virtual examples of Prognosis alarms for various 
common problems.  
 
Petronas Carigali Hess included Prognosis on one 6”, 0.7 beta ratio Venturi meter bound for wet 
natural gas flow service on a satellite platform in SE Asia. The diagnostic calibration of this 
Venturi meter and subsequent wet gas flow testing was described in detail by Vijay et al [6,7] in 
2011. This meter has now been installed and is operating correctly. However, the commissioning 
of the meter did not run smoothly. Initial Prognosis results showed a system malfunction. This 
was found to be due to the recovery and PPL DP’s being mis-measured due to a communication 
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problem between the transmitters and flow computer. Wet gas Venturi meters use the PPL to 
monitor the liquid loading. Prognosis had correctly proved the wet gas Venturi meter was initially 
unserviceable. This paper discusses the details of this event.  
 
Finally, a Prognosis system was temporarily operated during 2011 to aid the auditing of orifice 
meters. In this paper three real examples of Prognosis in use during these audits are discussed. 
One example shows the system response to a correctly operating meter. The two other examples 
each show Prognosis correctly diagnosing a meter malfunction and correctly short listing the 
probable cause, and the likely direction of bias, before the subsequent maintenance proved these 
predictions correct.  
 
2. A TECHNICAL REVIEW OF THE 2012 DP METER DIAGNOSTIC SYSTEM –“PROGNOSIS” 
 

In this discussion the orifice meter will be used as an example, but the same arguments hold for 
any generic DP meter. Fig. 2 shows an orifice plate meter with instrumentation sketch and the 
(simplified) pressure fluctuation (or “pressure field”) through the meter body. This pressure field is 
wholly  dependent on the combination of DP geometry and the flow conditions. Therefore, the 
pressure field inherently contains a large amount of information regarding both the DP meter 
geometry and the actual flow conditions. Since the initial conception of the DP meter design, the 
very purpose of the primary element (e.g. orifice plate) has been to create this pressure field so 
that a difference in pressure within the field can be read and related to the flow rate. Hence, the 
pressure field has always  been an integral part of the DP meter operating principle. However, 
traditionally, DP meters have not fully utilized this easily accessible and substantial pressure field 
information for flow metering or diagnostics purposes. Traditional DP meters only compare the 
difference in pressure at two set points within this pressure field. Therefore, traditionally DP 
meters are needlessly restricted in their capability compared to the substantial extra flow rate and 
diagnostic information that the pressure field as a whole has always offered. The DP meter 
diagnostic methods discussed here open up the potential of more closely monitoring the pressure 
field as a whole, thereby significantly increasing the capabilities of DP meters on which the 
diagnostics are applied.  
 

 
Fig 2. Orifice meter with instrumentation sketch and pressure fluctuation graph. 

 
Traditional DP meters read the inlet pressure (P1), the downstream temperature (T) and the 
differential pressure (∆Pt) between the inlet pressure tap (P1) and a pressure tap positioned in the 
vicinity of the point of low pressure (P2), created by the primary element. That is, traditionally DP 
meter technology only takes a single DP measurement from the pressure field. However, note 
that the DP meter run in Figure 2 has a third pressure tap (P3) further downstream of the primary 
element. This allows the measurement of two extra DP’s. That is, it allows extra pressure field 
information to be read. The two extra DP’s are the differential pressure between the downstream 
(P3) and the low (P2) pressure taps (or “recovered” DP, ∆Pr) and the differential pressure between 
the inlet (P1) and the downstream (P3) pressure taps (i.e. the permanent pressure loss, ∆PPPL, 
sometimes called the “PPL” or “total head loss”). The sum of the recovered DP and the PPL must  
equal the traditional differential pressure (equation 1).  
 

                                                             PPLrt PPP ∆+∆=∆    --- (1) 
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Traditional Flow Equation:      tdtt PYCEAm ∆= ρ2
.

 ,        uncertainty ± x%            --- (2) 

Expansion Flow Equation:     rrtr PKEAm ∆= ρ2
.

 ,          uncertainty ± y%           --- (3) 

PPL Flow Equation:               PPLPPLppl PAKm ∆= ρ2
.

,       uncertainty ±z%            --- (4) 
 
The traditional orifice meter flow rate equation is shown here as equation 2. Traditionally, this is 
the only orifice meter flow rate calculation. However, with the additional downstream pressure tap 
three flow equations can be produced. That is, the recovered DP can be used to find the flow rate 
with an “expansion” flow equation (see equation 3) and the PPL can be used to find the flow rate 

with a “PPL” flow equation (see equation 4). Note tm
.

 , rm
.

 and PPLm
.

 represents the traditional, 

expansion and PPL mass flow rate equation predictions of the actual mass flow rate (
.

m ) 

respectively. The symbol ρ  represents the inlet fluid density. Symbols E , A  and tA  represent 

the geometric constants of the velocity of approach, the inlet cross sectional area and the 
minimum (or “throat”) cross sectional area through the meter respectively. The parameter Y  is 
an expansion factor accounting for gas density fluctuation through the meter. (For liquids Y =1.) 
The terms 

dC , 
rK  and 

PPLK  represent the discharge coefficient, the expansion coefficient and the 

PPL coefficient respectively.  
 
These three flow coefficients can be found by calibrating the DP meter. Each can be set as 
constant values with set uncertainty ratings, or, may each be fitted to the Reynolds number, 
usually at a lower uncertainty rating. The Reynolds number is expressed as equation 5. Note that 
µ  is the fluid viscosity and D is the inlet diameter. In the case of a flow coefficient being fitted to 
the Reynolds number, as the Reynolds number (Re) is flow rate dependent, each of the three 
flow rate predictions must be independently obtained by an iterative method. A detailed derivation 
of these three flow rate equations is given by Steven [1]. The orifice meter is a special case, as 
although it can be calibrated, an expression for the discharge coefficient can be found in ISO 
5167-2 [8], and expressions for the expansion and PPL coefficients can be derived by other 
information contained within ISO 5167-2. 

                                                                         
D

m

πµ

.

4
Re=   --- (5) 

 

Every DP meter body is in effect three flow meters. As there are three flow rate equations 
predicting the same flow through the same meter body there is the potential to compare the flow 
rate predictions and hence have a diagnostic system. Naturally, all three flow rate equations have 
individual uncertainty ratings (say x%, y% & z% as shown in equations 2 through 4). Therefore, 
even if a DP meter is operating correctly, no two flow predictions would match precisely. 
However, a correctly operating DP meter should have no difference between any two flow rate 
predictions greater than the root mean square value of the two flow prediction uncertainties. 
Therefore, the maximum allowable difference between any two flow rate equations, i.e. %φ , 

%ξ  & %υ  is shown in equation set 6a to 6c. If the percentage difference between any two flow 
rate predictions is less than the root mean square of those two flow rate prediction uncertainties, 
then no potential problem is found. If however, the percentage difference between any two flow 
rate equations is greater than the root mean square of those two flow rate prediction 
uncertainties, then this indicates a metering problem and the flow rate predictions should not be 
trusted. The three flow rate percentage differences are calculated by equations 7a to 7c. 
 
This diagnostic methodology uses the three individual DP’s to independently predict the flow rate 
and then compares these results. With three flow rate predictions, there are three flow rate 
predictions pairs and therefore three flow rate diagnostic checks. In effect, the individual DP’s are 
therefore being directly compared. However, it is possible to take a different diagnostic approach. 
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Traditional & PPL Meters % allowable difference              ( ) ( )22 %%% zx +=φ         -- (6a) 

Traditional & Expansion Meters % allowable difference:   ( ) ( )22 %%% zy +=ν         -- (6b) 

Expansion & PPL Meters % allowable difference:            ( ) ( )22 %%% yx +=ξ         -- (6c) 
 

Traditional to PPL Meter Comparison :            %100*%
...
















 −= ttPPL mmmψ       -- (7a) 

Traditional to Expansion Meter Comparison:    %100*%
...
















 −= ttr mmmλ           -- (7b) 

PPL to Expansion Meter Comparison:             %100*%
...
















 −= PPLPPLr mmmχ    -- (7c)  

 

The Pressure Loss Ratio (or “PLR”) is the ratio of the PPL to the traditional DP. Like the DP 
meter flow coefficients the PLR is a meter characteristic for all DP meters operating with single 
phase homogenous flow. It can be expressed as a constant value or related to the Reynolds 
number. We can rewrite Equation 1: 
 

                                1=
∆

∆+
∆
∆

t

PPL

t

r

P

P

P

P
   --- (1a)      where      

t

PPL

P

P

∆
∆

 is the PLR. 

 

From equation 1a, if PLR is a set value (for any given Reynolds number) then both the Pressure 
Recovery Ratio or “PRR”, (i.e. the ratio of the recovered DP to traditional DP) and the Recovered 
DP to PPL Ratio, or “RPR” must then also be set values. That is, all DP ratios available from the 
three DP pairs are constant values for any given DP meter geometry and Reynolds number. 
These three DP ratios can be found by calibrating the DP meter. Alternatively, for the particular 
case of an orifice meter not to be calibrated before use, an expression for the PLR can be found 
in ISO 5167-2 [8], and expressions for PRR and RPR can be derived by the information 
contained in ISO 5167-2. Thus we also have: 
 

PPL to Traditional DP ratio (PLR):                   ( PPLP∆  / tP∆ )calibration ,                 uncertainty ± a%    
 

Recovered to Traditional DP ratio (PRR):        
 
( rP∆  / tP∆ )calibration ,                   uncertainty ± b%    

 

Recovered to PPL DP ratio (RPR):                  
 
( rP∆  / PPLP∆ )calibration ,               uncertainty ± c%    

 
Here then is another method of using the three DPs to check an orifice meters health. Actual DP 
ratios found in service can be compared to the fixed known correct values. Let us denote the 
percentage difference between the actual PLR and the known correct value as %α , the 

difference between the actual PRR and the known correct value as %γ , and the difference 

between the actual RPR and the known correct value as %η . These values are found by 

equations 8a to 8c.  
 

                         =%α     {[ PLR actual - PLR calibration ] / PLR calibration} %100*       --- (8a) 
 

                          =%γ    {[ PRR actual - PRR calibration ] / PRR calibration} %100*     --- (8b)              
 

                          =%η    {[ RPR actual - RPR calibration ] / RPR calibration} %100*     --- (8c) 
 
If the percentage difference between the in-service and the known correct DP ratio is less than 
the stated uncertainty of that known DP ratio value, then no potential problem is found. If the 
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percentage difference between the in-service and the known correct DP ratio is greater than the 
stated uncertainty of that known DP ratio value, then a potential problem is found and the flow 
rate predictions should not be trusted. With three DP ratios, there are three DP ratio diagnostic 
checks. 
 
A seventh diagnostic method was added in 2012. Equation 1 holds true for all generic DP meters. 
Equation 1 is a consequence of the first law of thermodynamics and as such it cannot be violated, 
even if a DP meter has malfunctioned. Therefore, if all three DP’s are directly read they can be 
checked against the infallibility of equation 1. As this equation must hold true, any result that 
suggests that it does not hold true is an absolute statement by the diagnostic system that there is 
an erroneous DP reading coming from the instrumentation (regardless of whether the meter body 
is serviceable or not). A DP meter reading all three DP’s can infer the actual traditional DP (

tP∆ ) 

by summing the read recovery DP ( rP∆ ) and permanent pressure loss (
PPLP∆ ). This gives an 

inferred traditional DP (
inf,tP∆ ) that can be compared to the directly read traditional DP (

readtP ,∆ ). 

Whereas theoretically these values are the same, due to the uncertainties of the three DP 
transmitters, even for correctly read DP’s, they can be slightly different. The percentage 
difference ( %δ ) can be calculated as seen in equation 9.  
 

=%δ  {( readtt PP ,inf, ∆−∆ ) / readtP ,∆ } %100*   --- (9)
 
 

 

The uncertainty rating of each DP reading will be known from the individual DP transmitter 
specifications. Therefore, it is possible to assign a maximum allowable percentage difference 
( %θ ) between the directly read and inferred traditional DP values. However, it has been found in 
practice that as long as a reasonable population sample is taken (i.e. enough scans are 
averaged1) setting %1% =θ

 

is a reasonable practical value that covers a wide range of DP’s 
measured. Therefore, if the percentage difference between the directly read and inferred 
traditional DP values ( %δ ) is less than the allowable percentage difference ( %θ ), then no 
potential problem is found. However, if the percentage difference between the directly read and 
inferred traditional DP values ( %δ ) is greater than the allowable percentage difference ( %θ ), 
then a problem with the DP measurements is confirmed and the flow rate predictions cannot be 
trusted.  
 
Table 1 shows the seven possible situations that would signal a warning. Each of the seven 
diagnostic checks has normalized data, i.e. each diagnostic parameter percentage difference 
output is divided by the allowable percentage difference for that parameter to produce the same 
warning criteria of out with: -1 ≤ diagnostic result ≤ 1. For convenience we use the following 
naming convention for the normalized data: 
 
Normalized flow rate inter-comparisons: 
 
Normalized DP ratio comparisons: 
 
Normalized DP sum comparison: 
 
For practical real time (or historical auditing) use, a graphical representation of the diagnostics 
continually updated on a control room screen (while being archived) can be simple and effective. 
Any such graphical representation of diagnostic results should be immediately accessible and  
 

                                                 
1 Most systems will read the DPs in sequence during a data sweep, i.e. the DP’s are not typically read 
simultaneously and the three DP readings for a single diagnostic check will be out of synchronization. Even 
in “steady” flow each DP will have a finite standard deviation, i.e. it will fluctuate around its mean value. 
Therefore a representative population size has to be read to ensure that the three DP’s used are the three 
average DP values and any DP fluctuation effects are smoothed out.   

x4 = %% θδ  

y1 = %% aα ,   y2 = %% bγ ,    y3 =  %% cη  
 

x1 = %% φψ ,   x2 = %% ξλ ,   x3 = %% υχ  
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DP Pair No Warning WARNING No Warning WARNING 

tP∆  & pplP∆  x1    
1≤  x1     

1>  y1     
1≤  y1    

1>  

    tP∆  & rP∆  x2    
1≤  x2     

1>  y2     
1≤  y2    

1>  

rP∆  & pplP∆  x3    
1≤  x3     

1>  y3     
1≤  y3    

1>  

readtP,∆  & inf,tP∆  
x4     

1≤  x4      
1>  N/A N/A 

Table 1. The DP meter possible diagnostic results. 
 
 
 
 
 
 
 
 
 
 
 
Fig 3. Normalized diagnostic box (NDB) with diagnostic results, DP measurement check included 
 
understandable to the average operator. Therefore, four points are plotted on a normalized graph 
(as shown in Fig 3). This graph’s abscissa and ordinate (i.e. x & y axis) are number lines only, i.e. 
the axis have no units. On this graph a normalized diagnostic box (or “NDB”) can be 
superimposed with corner co-ordinates: (1,1), (1,-1), (-1,-1) & (-1,1). On such a graph four meter 
diagnostic points can be plotted, i.e. (x1,y1), (x2,y2), (x3,y3) & (x4,0). Therefore, first, the three DP’s 
have been split into three DP pairs and for each pair both the difference in the flow rate 
predictions and the difference in the actual to set known DP ratio are being compared to the 
maximum allowable differences. Secondly, the difference between the directly read and inferred 
traditional DP and is being compared to the maximum allowable difference. The abscissa is being 
used as a number line when the value %% θδ  (x4) is being plotted (and the ordinate value is 
therefore zero by default). If the resulting diagnostic value falls within the range -1 ≤  x4

 

≤ +1 then 
the point (x4, 0 ) falls inside the NDB and no DP reading problem is noted. If the resulting 
diagnostic value falls out with the range -1 ≤ x4

 

≤ +1 then the point (x4, 0 ) falls outside the NDB 
and a DP reading problem is noted. If all points are within the NDB the meter operator sees no 
metering problem and the traditional meters flow rate prediction should be trusted. However, if 
one or more of the points falls outside the NDB the meter operator has an indication that the 
meter is not operating correctly and that the meters traditional (or any) flow rate prediction cannot 
be trusted.   
 
If the DP’s are read correctly the diagnostics show -1 ≤ x4

 

≤ +1 regardless of whether there is any 
meter malfunction. A physical meter malfunction, where the DP’s are still being correctly read, will 
be indicated by -1 ≤ x4

 

≤ +1 with one or more of the other  diagnostic points outside the box. Such 
a plot indicates the problem is with the meter body and not the DP readings. However, if the DP 
readings are erroneous then the diagnostics will show that  -1 ≤ x4

 

≤ +1 does not hold (i.e. this 
diagnostic point is outside the NDB) and therefore the DP readings must  be erroneous, 
regardless of whether the meter has an additional physical meter malfunction or not. In this 
scenario the DP reading error/s could cause the other three diagnostic points to also be outside 
the NDB. However, from the fact that the (x4, 0 ) falls outside the NDB the operator categorically 
knows the DP readings are the source (or one of the sources) of the meter malfunction. Once, the 
DP reading problem is fixed, if one or more of the other points are still out the box then the 
operator knows the meter body had also malfunctioned. Therefore, such a plot as Figure 3 allows 
the meter operator to not only see a problem but be able to distinguish the problem between a 
secondary DP instrumentation problem and a primary meter body based physical problem.  

x – Normalised flow rate inter-comparison     
& DP sum check (x4 exclusive) 
 
 
y – Normalised DP ratio comparison 

NDB 

DPt & DPppl (x1,y1) 

DPt & DPr (x2,y2) 

DPppl & DPr (x3,y3) 

DPt,read & DPt,inf (x4,0) 

x 

y 
(-1,1) 

(-1,-1) 

(1,1) 

(1,-1) 
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The further from the NDB the points are, the more potential for significant meter error there is. 
Note that in this random theoretical example shown in Figure 3 all points are within the NDB 
indicating the meter is operating within the limits of normality, i.e. no metering problem is noted.  
 
3. LONG TERM PROGNOSIS RESULTS FROM BP CATS  
 
The initial field trails of Prognosis at BP CATS in May 2010 were followed by a long term trial 
starting in May 2011. This meter was subject to the same 4 monthly maintenance schedule as the 
other four meters on the skid and was therefore periodically in and out of service. However, 
between May 2011 and August 2012 substantial service time was logged and each period of 
operation had the Prognosis system operating correctly and showing the same results.  
 
The diagnostic system received the process data and the meter geometry directly from the 
stream’s main flow computer. During this test the diagnostic software was set to poll data once 
per second. Each second an average of the last ten data polls was taken and the diagnostic 
screen was updated. The software was set to archive every tenth update, i.e. a snapshot of every 
tenth update was recorded. There was therefore 8,640 archived points per day.  
 

              
   Fig 4. BP CATS EX1 stream 5 meter run.           Fig 5. BP CATS EX1 instrument enclosure. 
 
Figures 4 & 5 show the BP CATS EX1 stream 5, 16”, 0.6 beta ratio orifice meter run and the DP 
transmitters rack protected from the elements in an enclosure respectively. Figure 6 shows the 
three flow rate predictions from the three independent DP readings (i.e. the traditional meter 
using DPt, the expansion meter using DPr and the PPL meter using the DPppl) for twenty four 
 

 
Fig 6. BP CATS EX1 stream 5 flow rates during June 2012. 
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Fig 7. BP CATS EX1 stream 5, three flow rate pair comparison diagnostics during June 2012. 

 
consecutive days in June 2012. Each of these lines link the daily average values for the 
respective flow rate predictions. All three flow rates generally agree (as they should for a correctly 
operating meter) and therefore the three predictions lie on top of each other giving the impression 
of one flow rate prediction in Figure 6. This was a consistent result throughout the long term trial.  
 
Naturally, on close inspection (i.e. the diagnostic analysis) it is found that the three flow rates are 
not identical due to the natural uncertainties in the three flow rate prediction methods. Figure 7 
shows the three pairs of flow rate predictions being compared by the diagnostics over the sample 

period in June 2012. That is, Figure 7 shows the plot %% φψ , %% ξλ  & %% υχ  (or x1 ,x2 & 
x3) vs. time. Again, each of these three lines link the daily average values for the respective 
diagnostic results. The uncertainty settings for this normalization were x=1%, y=2.5% & z=2.5. 
Clearly from Figure 7: x1 1≤ , x2 1≤ & x3 1≤ . In fact, for each of the three flow rate prediction pairs 
the two flow rate predictions are seen to have been very close, i.e. all three diagnostics have a 
result << 1, meaning there is very little difference between the flow rate predictions. Over the long 
term correct operation of the meter this Prognosis result remained constant.  
 

 
Fig 8. BP CATS EX1 stream 5, three DP Ratio diagnostics during June 2012. 

 
Figure 8 shows the three DP ratio diagnostic results over the sample period. That is, Figure 8 

shows the plot %% aα , %% bγ  & %% cη  (or y1 ,y2 & y3) vs. time. Again, each of these 
three lines link the daily average values for the respective diagnostic results. The uncertainty 
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Fig 9. BP CATS EX1 stream 5, DP integrity diagnostic during June 2012. 

 
settings for this normalization were a=3%, b=2.5% & c=4%. Clearly from Figure 8: y1 1≤ , y2 1≤  & 
y3 1≤ . In fact for each of the three DP ratios the readings and predictions are seen to have been 
very close, i.e. all three diagnostics have a result << 1, meaning the meter behaved extremely 
closely to the predictions derived from ISO 5167.  
 
Figure 9 shows the DP reading integrity diagnostic results over the sample period in June 2012. 
That is, Figure 9 shows the plot %% θδ  (or x4) vs. time. The line links the daily average values of 

the diagnostic result for the 24 consecutive days. The uncertainty settings for this normalization 
were %θ =1%. Clearly from Figure 9: x4 1≤ , meaning that the DP readings were stable and read 
correctly to low uncertainty.  
 

 
Fig 10 – Normalised NDB plot x-axis values over a 24 hour period 

 
These average daily results shown in Figures 7, 8 & 9 were reproduced throughout the long term 
test. However, with 8,640 points averaged per day these daily average points smooth out any 
short term fluctuations. That is, a daily average is a macroscopic view of the meters performance. 
When significantly shorter periods of time are considered we get a microscopic view of the meters 
performance. From this perspective it becomes evident that the live diagnostic results are 
significantly more animated than a daily average would suggest. Figures 10 & 11 show every 
archived diagnostic result (i.e. all 8,640 results from averaging each 10 seconds) over a 24 hour 
period. Over the first 6 hours the system fluctuates significantly more than the remainder of the 
day. The daily average of all seven diagnostic checks is still clearly well within the acceptable 
[+1,-1] limits. However, fluctuations in the “live” short term results (due to small perturbations in 
typical industrial pseudo-steady flows) occasionally cause short term intermittent diagnostic 
results where one or more of the seven diagnostics may momentarily register a result > 1, i.e. a  
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Fig 11 – Normalised NDB plot y-axis values over a 24 hour period 

 
malfunction warning. Such perturbation in the flow is normal operation for any refinery and 
Figures 10 & 11 are the normal Prognosis response to these perturbations. Such short term 
variations are averaged out over time to give the correct flow rate and the correct diagnostic 
result (as seen in Figures 7, 8 & 9). Therefore, the macro view of the diagnostics shows the 
operator that the meter is operating correctly and the flow rate prediction for that day is 
trustworthy. The operator, then has the ability to review the archived data in more detail (as in 
Figures 10 & 11) to investigate any short term issues that occurred during production. Prognosis 
allows the operator to choose the amount of data / period of time to be averaged per diagnostic 
result, and to set the amount of time the diagnostics indicate a potential fault (i.e. >1) before they 
signal a malfunction warning. That is, the operators can increase or reduce the sensitivity of 
Prognosis to short term flow fluctuations as they see fit.  
 
Reviewing the Prognosis data from BP CATS showed that the orifice meter had run without any 
significant problems throughout all periods that it was in service. The periods the meter was off-
line during the long term Prognosis test were largely due to the routine BP CATS maintenance 
schedule of checking each orifice meter every four months. However, Prognosis had correctly 
showed prior to each maintenance procedure that no problem with the meter would be found. As 
such in 2011 BP submitted a request to the UK regulators (DECC) to extend the meter inspection 
period from four to eight months, and subsequently (given continued proof of the diagnostic 
system’s integrity) to yearly inspections. DECC did not object to this proposal. That is, BP has 
instigated a Condition Based Maintenance scheme rather than the traditional scheduled 
maintenance scheme on the BP CATS EX1 stream 5 16”, 0.6 beta ratio orifice meter. In the 2012 
DECC “Guidance Notes for Petroleum Measurement Issue 8” [4], DECC make the following three 
statements in the Guidance Note’s section 6.7.7: 
 
 “The use of diagnostic systems based on the use of an additional measurement of the fully 
recovered pressure is gradually becoming well established. Experience has shown that this 
technique enables the operator to detect significant deviations from normal operating conditions 
as they arise.” 
 
“It may therefore form the basis of condition – based maintenance strategy, as described in 
Chapter 4 of these Guidelines; DECC has already agreed to the adoption of such a strategy at a 
major UK terminal.” 
 
“Operators of new developments are strongly encouraged to consider the adoption of such a 
strategy. The provision of an extra pressure tapping costs relatively little at the design and 
manufacturing stages, but may permit significant operational savings to be made during the life of 
the field.” 
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4. CENTRICA YORK VENTURI METERS 
 
One 8”, 0.4 beta ratio Venturi meter and two nominally identical six inch, 0.4 beta ratio Venturi 
meters for the York platform were calibrated to be diagnostic ready at the GL Flow Centre in the 
UK in February and March 2012. All the Venturi meters were ISO 5167-4 (2003) compliant.  
 
4a. ONE 8”, VENTURI METER CALIBRATION (S/N 2009080-3)  
 
The GL Flow Centre calibrated an 8”, 0.4 beta ratio Venturi meter (see Figure 12). Flow was from 
right to left. The straight pipe length requirements of ISO 5167-4 were met. The downstream tap 
was downstream of two thermo-wells. However, the diagnostic parameter calibration data 
includes the effect of the thermo-wells. The natural gas flowed at approximately 49 Bar(a). The 
minimum DP value used was set at 10 mBar / 4”WC. 
 
Figure 13 shows that the discharge coefficient, expansion coefficient and PPL coefficient for this 
Venturi meter were fitted to 0.4%, 0.6% & 0.6% uncertainty respectively. More precise data fitting 
can produce lower uncertainties, but for the purpose of the diagnostic system this is deemed to 
be adequate performance. The uncertainties used for diagnostic analysis were set at 0.75%, 
1.0% & 0.75% respectively2. Figure 14 shows that for this Venturi meter the DP ratios PLR, PRR 
& RPR were fitted to 0.7%, 0.4% & 0.9% uncertainty respectively. Again, to avoid false warnings 
the uncertainties used in the diagnostic system were raised to default values of 1.5%, 1.5% & 2% 
respectively. Throughout the calibration it was checked that the equation 1 held for each logged 
point. Figure 15 shows the resulting calibration data diagnostic points on the NDB plot.  
 

 
Fig 12. 8”, 0.4 Beta Ratio Venturi meter (S/N 2009080-3) at GL Flow Centre 

 

 
Fig 13. Venturi Meter (S/N 2009080-3) Flow Coefficient Calibration Results. 

                                                 
2 These values are far less than typically used for orifice meter diagnostics. This is simply down to the fact 
that this meter has been calibrated, whereas the orifice meter relies on the ISO 5167 uncertainty statements.  
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Fig 14. Venturi Meter (S/N 2009080-2) DP Ratio Calibration Results. 

 

 
Fig 15. Baseline Calibration Data of S/N 2009808-3 on a Normalized Diagnostic Box. 

 
4b. A PROBLEM WITH CENTRICA YORK 8”, 0.4 BETA RATIO VENTURI METER  
 
The Centrica York Venturi meter calibrations were witnessed by multiple observing engineers 
including staff from the flow laboratory, a Centrica employee, a Centrica contracted consultant, a 
York Platform contactor, a metering skid contactor and representatives from Swinton Technology 
and DP Diagnostics. During the test the data was scrutinized and double checked. DP 
Diagnostics confirmed the diagnostic calibrated parameters directly from the raw data in an 
independent report to Swinton Technology. These diagnostic results were subsequent used in the 
Prognosis Factory Acceptance Test (or “FAT”).   
 
After the calibration of this meter was complete and the multiple engineers on site had confirmed 
the calibration was correct and complete, the standard Cd vs. Re calibration report was written 
and released. No comments or issues were raised by any party on the integrity of the calibration 
report. Swinton Technology duly initiated Prognosis pre-FAT procedures. The Prognosis software 
was configured with the meter geometry from this official calibration report. This act is the correct 
procedure. The meter’s flow computer would almost certainly have the geometry inputted by an 
engineer reading it directly from the official calibration report. Swinton Technology then added the 
calibrated diagnostic parameters to the Prognosis software. Finally, in order to carry out the FAT, 
Swinton Technology then added sample flow data from the calibration, i.e. the raw DP’s from one 
of the calibration flow points. The Prognosis software was then run on that data. As the meter had 
the calibration report’s geometry values, diagnostic flow parameters derived from that calibration 
and actual DP’s from that same calibration it was wholly expected that the diagnostics would 
show there was no problem with the meter. However, contrary to this expectation, Prognosis 
immediately signaled a malfunction . Figure 16 shows the resulting Prognosis diagnostic plot.  
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Fig 16. Prognosis Result at Centrica York 8”, 0.4 Beta Ratio Venturi Meter FAT. 

 

 
Fig 16a. Manufacturer and Calibration Report Stated Venturi Meter Throat Diameters. 

 
There is a short list of possible malfunctions that cause such a diagnostic pattern on the NDB 
graph. The first possibility on the list was incorrect geometry, either too small an inlet diameter or 
too large a throat diameter. The geometry in the calibration report was therefore compared to the 
actual meter geometry from the manufacturer. Figure 16a shows on the left hand side a 
photograph of the manufacturer’s meter label while on the right hand side a scan of the 
calibration report stated geometry. The 8”, 0.4 beta ratio Venturi meter has a throat diameter of 
73.02mm. However, the calibration report lists the throat diameter erroneously as 73.62mm. This 
then is the reason for the Prognosis system warning. After all the care of the calibration and all 
the multiple checks by multiple engineers a simple typographical error (most probably the result 
of the reading of a hand written “0” as a “6”) had set the meter up to run with the wrong throat 
diameter. The difference in actual to reported throat diameter was approximately +0.8%. 
However, DP meters use the throat area to calculate the flow rate. Therefore, the associated 
throat area and flow rate error were double the throat diameter error at approximately +1.6%. 
None of the multiple engineers charged with monitoring the meter’s calibration and in receipt of 
the calibration report spotted the typographical error. After Prognosis clearly indicated the 
problem the meter skid consultants were informed and the calibration report was re-issued with 
the correct Venturi meter geometry. If this meter was not diagnostic capable it would have in all 
likelihood ended up operating with a +1.6% bias. Such an error is financially significant but small 
enough to be hidden from a mass balance check. Such incidences of human error can never be 
totally eradicated from such procedures and only Centrica’s prudent decision to include 
diagnostics with the meter saved the meter from running in the field with a bias.  
 
4c. TWO CENTRICA YORK 6”, 0.4 BETA RATIO VENTURI FLOW METER CALIBRATIONS 
 
The two 6”, 0.4 beta ratio Venturi meters were nominally identical, i.e. they were built to the same 
drawing with the same material specification, by the same manufacturing facility. The meter’s 
serial numbers were S/N 2009080-1 and S/N 2009080-2. Both meters were tested at GL Flow 
Centre one after the other in the same calibration set up. The natural gas calibration system was 
run at approximately 50 Bar(a). 
 
Figure 17 shows Venturi S/N 2009080-1 during calibration. The straight pipe length requirements 
of ISO 5167 are met. Flow is from right to left. Note the three pressure taps. The first two are the  
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Fig 17.  6”, 0.4 Beta Ratio Venturi meter (S/N 2009080-1) at GL Flow Centre. 

 

 
Fig 18. Venturi Meter (S/N 2009080-1) Flow coefficient Calibration Results. 

 

 
Fig 19. Venturi Meter (S/N 2009080-1) DP Ratio Calibration Results. 

 
traditional pressure ports for the traditional meter. The third pressure tap downstream of the 
Venturi meter body is on the dedicated downstream spool supplied with the meter. Like with the 
Centrica 8” Venturi meter there are two thermo-wells between the Venturi diffuser exit and the 
pressure tap at 6D downstream of the diffuser exit. However, as the meter is being calibrated with 
these thermo-wells in place their affects are fully accounted for. Figures 18 & 19 show the 
diagnostic system calibration results for Venturi meter S/N2009080-1. Figure 20 shows this 
meters calibration diagnostic analysis on the NDB plot (for all DPs > 10 mBar). Figures 21 & 22  
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Fig 20. Venturi Meter (S/N 2009080-1) Calibration Data Plotted on the NDB. 

 
show the diagnostic system calibration results for Venturi meter S/N2009080-2. Figure 23 shows 
all the S/N2009080-2 Venturi meter’s calibration diagnostic analysis on the NDB plot (for all DPs 
> 10 mBar).  During the calibration of both meters it was checked that equation 1 held at all times. 
 

 
Fig 21. Venturi Meter (S/N 2009080-2) Flow coefficient Calibration Results. 

 

 
Fig 22. Venturi Meter (S/N 2009080-2) DP Ratio Calibration Results. 

 
Figure 18 shows that the discharge coefficient, expansion coefficient and PPL coefficient for 
Venturi meter S/N 2009080-1 were fitted to 0.6%, 0.8% & 0.5% uncertainty respectively. As the 
diagnostic system is not metering the flow but checking the health of the meter slightly larger 
uncertainties are used to guard against false warnings. The uncertainties used for diagnostic 
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analysis were therefore set at 0.75%, 1.0% & 0.75% respectively. Figure 19 shows that the DP 
ratios PLR, PRR & RPR for Venturi meter S/N 2009080-1 were fitted to 1.0%, 0.2% 1.2% 
uncertainty respectively. Again, to avoid false warnings the uncertainties used in the diagnostic 
system were raised to default values of 1.5%, 1.5% & 2% respectively.  
 
Figure 21 shows that the discharge coefficient, expansion coefficient and PPL coefficient for 
Venturi meter S/N 2009080-2 were fitted to 0.5%, 0.6% & 0.7% uncertainty respectively. To avoid 
any false warning the uncertainties used for diagnostic analysis were therefore again set slightly 
higher at 0.75%, 1.0% & 0.75% respectively. Figure 22 shows that for Venturi meter S/N 
2009080-2 the DP ratios PLR, PRR & RPR were fitted to 1.1%, 1.0% & 1.5% uncertainty 
respectively. Again, to avoid false warnings the uncertainties used in the diagnostic system were 
raised to default values of 1.5%, 1.5% & 2% respectively.  
 

 
Fig 23. Venturi Meter (S/N 2009080-2) Calibration Data Plotted on the NDB. 

 
4d. COMPARING TWO NOMINALLY IDENTICAL VENTURI METER CALIBRATIONS RESULTS 
 
It is common for operators to order batches of nominally identical DP meters. Nominally identical 
DP meters built to the same drawing, from the same material, by the same manufacturer in the 
same fabrication shop by the same staff using the same fabrication equipment may look truly 
identical to the casual observer. They may even look identical after inspection. However, they are 
seldom truly identical. Manufacturing tolerances make each meter unique. Hence, batch meters 
are usually individually calibrated. Most meters so calibrated have the geometry values and 
calibration data / flow coefficient assigned to that meter’s serial number (S/N) for future 
implementation in the meter’s flow computer. Assigning the correct calibration information to each 
meter when a batch of “identical” meters have been individually calibrated is left to operator due 
diligence. If an error is made, and the wrong geometry values and calibration is assigned to a 
meter, then that meter’s flow rate output will have a bias. As these meters are nominally identical, 
i.e. almost the same, these geometry differences and performance differences are relatively small 
and therefore any bias in the flow rate prediction is usually not obvious. Yet even a small 
unnoticed flow rate bias over time can lead to large monetary loss for the operators. However, if 
Prognosis is utilized with the DP meters such small biases can be seen. The nominally identical 
Centrica York 6”, 0.4 beta ratio Venturi meter calibrations can be used to show this.  
 
Table 2 shows the two Centrica 6”, 0.4 beta ratio Venturi meter calibration results for the 
traditional discharge coefficient at various Reynolds numbers. It can be seen that meter S/N 
2009080-1 has a discharge coefficient smaller than S/N 2009080-2. This is a typical result when 
multiple nominally identical Venturi meters are calibrated. The discharge coefficients are never 
identical which is why ISO 5167 states it is important to individually calibrate each gas Venturi 
meter. Therefore, if the calibration data of meters S/N 2009080-1 and S/N 2009808-2 get mixed 
up a bias is created on the respective meters. Traditionally there is no method available to 
indicate this.  
 
Table 3 shows the same calibration results with respect to the PLR. The PLR difference between 
the meters is significantly larger than for the discharge coefficient. Such variance in nominally 
identical Venturi meter PLR values is typical, and this is why ISO 5167 Part 4 (2003) gives a  
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Re 2.E+06 4.E+06 6.E+06 8.E+06 
Calibrated Cd S/N 2009080-1 0.9851 0.9850 0.9848 0.9847 
Calibrated Cd S/N 2009090-2 0.9891 0.9927 0.9963 0.9999 

% Difference -0.40 -0.78 -1.2 -1.5 
Table 2. Two Centrica York  6”, 0.4 beta ratio Venturi meter traditional calibration results.. 

 
Re 2.E+06 4.E+06 6.E+06 8.E+06 

PLR S/N 2009080-1 0.0895 0.0913 0.0931 0.0949 
PLR S/N2009080-2 0.0914 0.0934 0.0954 0.0974 

% Difference -2.08 -2.25 -2.41 -2.57 
Table 3. The Centric York 6”, 0.4 beta ratio Venturi meter PLR calibration results 

  
loose prediction of the PLR being somewhere between 0.05 and 0.2 (i.e. a PLR between 5% & 
20%). Clearly, Table 3 shows the two PLR values are indeed in this range. However, clearly the 
two meter’s PLR values are different. The result of this PLR difference is that if Prognosis is 
employed this pair of diagnostic capable meters cannot be mistaken for one another. In fact this 
is just a single diagnostic example (i.e. point y1 in a NDB plot). Other diagnostic checks can also 
indicate such an error. Figures 24 and 25 show the resulting NDB plots if the meter’s calibration 
results are accidentally swapped. Clearly Prognosis sees such a problem and therefore protects 
the operator against these potential biases. Furthermore, note that the diagnostic plots indicate 
the problem is not with the DP measurements. These results are not a coincidence. A similar but 
different example was given by Ayre [6] in 2011. 

 
Fig 24. S/N 2009080-1 using S/N 2009080-2             Fig 25. S/N 2009080-2 using S/N 2009080-1  
 
4e. DIAGNOSTIC ALARMS FOR HYPOTHETICAL MALFUNCTIONS USING THE CENTRICA 
YORK 6”, 0.4 BETA RATIO VENTURI METER CALIBRATION DATA SETS 
 
Like the above hypothetical example of the two 6” Venturi meters having their calibration data 
accidentally swapped, further hypothetical examples will now be shown to show the diagnostic 
system (Prognosis) in operation. These examples are hypothetical as the meters were correctly 
calibrated by GL Flow Centre. Examples that will be shown are an incorrect discharge coefficient 
keypad input (both high and low), a saturated traditional DP transmitter, a drifting DP transmitter 
(both high and low) and keypad entry errors for the inlet diameter (both high and low).  
 
Keypad Entry Error of Inlet Diameter Too High & Too Low 
 
The nominal 6”, sch 120 meter (S/N 2009080-1) has an inlet diameter of 5.501” / 139.73 mm. A 
nominal 6”, sch 80 meter has a listed inlet diameter of 5.76” / 146.3 mm. If, in way of an example, 
we input the diameter for a nominal sch 80 meter, the meter inlet diameter is entered as larger 
than it actually is. This causes a flow rate prediction negative bias. In fact, the Venturi meter is 
rather insensitive to such diameter errors. This incorrect diameter error of +4.7% corresponds to 
a negative bias of less than 1%, i.e. within the typical Venturi meter flow rate prediction 
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uncertainty of ±1%.  However, although small, this is a bias and not an additional uncertainty. 
Hence, it is useful to be able to see and correct this error. The diagnostics are very sensitive to 
the issue. Figure 26 shows the result. Note that for the Venturi meter S/N 2009080-1 the correct 
diameter gave the diagnostic result shown in Figure 20.  
 

 
       Fig 26. Inlet Diameter Entered Too High                     Fig 27. Inlet Diameter Entered Too Low        
 
The nominal 6” sch 160 meter has a listed inlet diameter of 5.187” / 131.75 mm. If we input the 
diameter for a nominal sch 160 meter the meter inlet is entered as smaller than it actually is. This 
causes a positive flow rate prediction bias. Again, as the Venturi meter is rather insensitive to 
diameter errors this incorrect diameter error of -5.67% corresponds to a positive bias less than 
1%. However, the diagnostics are very sensitive to the issue. Figure 27 shows the result. Note in 
both cases, the diagnostic results in Figures 26 & 27 indicate correctly that the DPs are reliable. 
  
A Saturated DP Transmitter 
  
All DP meters are wholly dependent on their secondary instrumentation working correctly. A 
common problem is the actual traditional DP being produced being of higher value than the 
maximum value the DP transmitter can measure. In such a situation the DP transmitter is said to 
be “saturated”. A saturated DP transmitter does not always have any warning associated with it. 
When saturated most DP transmitter designs continue to send a DP value to the flow computer, 
but this value is the DP transmitter’s upper DP limit, not the correct higher DP value. Hence, a 
saturated DP transmitter causes the DP to be under-read and therefore causes a DP meter to 
under-read the actual flow rate. An example is now given showing the diagnostics response to 
this scenario.  

 
Fig 28. Saturated Traditional DP Transmitter. 

 
Let us consider the GL Flow Centre’s calibration data for meter S/N 2009080-1. During one 
calibration run the actual traditional DP was 1.091 Bar. In reality the GL Flow Centre of course 
read the correct value. However, let us imagine that scenario in the field where the DP transmitter 
was spanned to read 1.00 Bar at 20mA. If this was the case then the transmitter would have read 
1.00 Bar when the actual DP was 1.091 Bar. Let us consider what the consequences would have 
been for the meter output if the traditional DP transmitter was saturated at 1.00 Bar. The error in 
the traditional flow rate prediction would have been approximately -4.3%. For this example, let us 
assume that this is the only DP transmitter that is saturated. (The diagnostics still indicate a meter 
system DP reading malfunction if there is more than one of the three DP transmitters saturated, 
but that is another scenario not discussed here due to lack of space.) 
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Figure 28 shows the diagnostic result. Prognosis correctly warns of a meter system malfunction. 
However, the pattern on the NDB gives more information. The DP reading check shows a very 
clear indication that there is a problem with the DP readings. Furthermore, both the traditional DP 
& PPL diagnostic pair and the traditional & recovered DP diagnostic pair have moved into the first 
quadrant, i.e. both the PLR and PRR have both become larger than their calibrated values. 
However, as equation 1a is a consequence of the first law of thermodynamics, it cannot be 
violated. This means that any physical problem with the meter body that causes the PLR to shift 
in one direction from the correct operating value must also cause the PRR to shift in the opposite 
direction. That is, no physical problem with the meter body can cause DPs to behave in the way 
shown in Figure 28. Hence, such a diagnostic pattern reinforces the DP reading check warning by 
showing that at least one of the DPs cannot be correct. In Figure 28, the recovered DP and PPL 
diagnostic pair show no problem with either the DP ratio or flow meter comparison checks. The 
two points showing a problem have one common DP, the traditional DP. Hence, Prognosis has 
shown the meter has problem, it is a problem with the DP readings, and in particular it is a 
problem with the traditional DP reading. Once, it is established that the recovered DP and PPL 
are correct then the flow rate prediction from the expansion meter or the PPL meter can be 
trusted. Alternatively, equation 1 may be utilized to correctly infer the traditional DP and therefore 
the correct flow rate. Therefore, for DP reading error scenarios, by comparing the correct flow 
rate prediction to the erroneous flow rate prediction Prognosis can even indicate the size of the 
flow rate error due to the identified malfunctioning DP transmitter.  
 
Incorrect Keypad Entry of Flow Coefficients 
 
A Venturi meter is traditionally calibrated to find the discharge coefficient. Hence, just like the real 
example of the wrong throat diameter being used above, there is the risk of human error when 
keypad entering the DP meters calibrated discharge coefficient into the flow computer.  
 
At GL Flow Centre is was found that the 6”, 0.4 beta ratio Venturi meter S/N 2009080-1 had      
Cd= 0.9852+(-6E-11*Re) ±0.6% (as shown in Figure 18.) A more precise fit as done for the 
primary measurement flow computer reduces the uncertainty of this meters discharge coefficient 
to <0.5% for the primary flow rate prediction. However, again note that this level of calibration is 
all that is required to offer detailed DP meter diagnostics. Let us consider hypothetical examples 
of wrong discharge coefficient values being keypad entered to the flow computer.  
 

 
Fig 29. Discharge Coefficient Entered Too High     Fig 30. Discharge Coefficient Entered Too Low           
 
For the first discharge coefficient example, consider the scenario of the discharge coefficient 
being set at unity (i.e. a random high discharge coefficient example) while the other diagnostic 
parameters are correctly used. This produces a +1.95% flow rate prediction bias. The resulting 
diagnostic plot is shown in Figure 29. For the second example, let us consider flow computer 
entry for the discharge coefficient that gives an approximately equal and opposite bias to the first 
discharge coefficient example, i.e. a discharge coefficient constant value of 0.96. In this case a    
-2.1% flow rate prediction bias is produced. The resulting diagnostic plot is shown in Figure 30.  
 
Both scenarios produce diagnostic results that indicate a problem. In both cases the DP reading 
check correctly indicates that there are no problems with the DPs being read, thereby suggesting 
the problem is related to the meter body. Also, no DP ratio pair indicates any problem exists 
(thereby re-enforcing the suggestion DP readings are correct). Furthermore, in both cases 
comparisons of the expansion and PPL flow rate predictions do not indicate a problem while the 
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other two flow rate comparison pairs do indicate there is a problem. The communal flow rate 
prediction for the two flow rate comparison pairs is the traditional flow rate prediction. We 
therefore know the traditional flow rate prediction has a problem. However, from the diagnostic 
pattern it is known that the meter geometry is correct (as the expansion and PPL flow rate 
predictions are unaffected) and the DP’s are being read correctly. Hence, the problem must be 
with the discharge coefficient entry. Once, the discharge coefficient keypad entry error is found, 
the other two flow rate predictions are known to be trustworthy, although correcting the discharge 
coefficient in the flow computer will immediately fix this problem.  
 
A Drifting (or Incorrectly Calibrated) DP Transmitter 
 
A DP transmitter has a raw output scaled between a nominal range of 4 & 20mA. The exact 
current that represents no DP or maximum DP is not always exactly 4mA or 20mA respectively. 
Hence, each DP transmitter is calibrated to link the precise maximum and minimum current to 
maximum and minimum read DP. DP transmitters can drift away from these calibration values 
over time, or the DP transmitter calibration can be incorrect from the outset. The diagnostic 
system monitors for such DP reading issues. 
 

 
          Fig 31. DP Transmitter reading high.                            Fig 32. DP Transmitter reading low. 
 
As an example, we again shall consider a point from the 6”, 0.4 beta ratio Venturi meter S/N 
2009080-1 calibration. The actual (correctly read) DPs were DPt =1.091 Bar, DPr = 0.992 Bar & 
DPppl = 0.102 Bar. However, let us consider the scenario where the traditional DP transmitter 
has drifted from its calibration values. Let us say, the traditional DP transmitter incorrectly reads 
1.12 bar instead of 1.091 bar. This will create a traditional flow meter flow rate prediction error of 
+1.2%. The diagnostic result is shown in Fig 31. However, DP transmitters can drift in either 
direction. Therefore consider the scenario when the traditional DP transmitter incorrectly reads 
1.070 bar instead of 1.091 bar. This will create a traditional flow meter flow rate prediction error of 
-1.1%. The diagnostic result is shown in Figure 32.  
 
The traditional DP being low due to transmitter drift gives a similar diagnostic pattern as the 
saturated DP transmitter scenario. The DP transmitter drifting low is effectively the same scenario 
to Prognosis as the saturated DP transmitter. The traditional DP reading is low. It is therefore not 
a coincidence that Figure 28 (for a saturated DP transmitter) and Figure 32 (for a DP transmitter 
reading a low DP due to drift or incorrect DP transmitter calibration) are the same pattern that can 
be analyzed to give the same conclusion – i.e. the metering system has malfunction, the problem 
is with the DP readings and in particular with the traditional DP reading which is reading low. Note 
that Figure 31 represents the scenario of the traditional DP transmitter reading high. It is almost a 
mirror image of Figure 32.  
 
It should be noted that these examples pick the traditional DP transmitter to have the problem 
(e.g. saturated, drifting or incorrectly calibrated). In reality a DP meter with three DP transmitters 
can have any (or more than one) of the three DP transmitters malfunctioning. The traditional DP 
transmitter is chosen here as an example as it directly effects the traditional flow rate prediction. 
However, if the recovery or PPL DP transmitters malfunctioned the diagnostics would indicate a 
system malfunction and which DP transmitter had malfunctioned. Therefore, in these scenarios 
the diagnostics self-diagnose that there is a problem with the diagnostic system. A real example 
of this is now discussed in section 5.  
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5. A PETRONAS DIAGNOSTIC READY WET GAS FLOW”, 0.7 BETA RATIO VENTURI METER 
 
In 2010 Petronas dry gas flow calibrated and wet gas flow tested a DP Diagnostics built 6”, 0.7 
beta ratio Venturi meter at CEESI. This Venturi was to meter a wet natural gas production flow on 
an unmanned offshore platform in SE Asia. This meter was therefore labeled “a wet gas Venturi 
meter” from the outset.  
 
Petronas planned to carry out normal wet gas Venturi meter procedures. That is, they would read 
the traditional DP and predict the gas flow rate. However, as the gas is known to be wet the 
traditional DP, and hence the gas flow rate prediction, would have a positive bias induced by the 
liquid phase (see Vijay et al [6,7]). In order to meter the gas flow rate Petronas would therefore 
apply “a wet gas correlation”, i.e. a correction factor, to remove the bias induced by the liquid. 
Such correlations require that the liquid flow rate is an input to the correction factor. The liquid 
flow rate is typically found by a tracer dilution technique. This technique is a spot check that 
estimates the liquid flow rate at the point in time in which the tracer dilution technique is carried 
out. The operator then applies this spot liquid flow rate estimate to the correction factor 
continuously as the meter operates. The assumption here is that the liquid flow rate estimate 
remains constant over time. However, it is known that this may not be the case. The liquid flow 
rate therefore requires monitoring. The common “liquid loading” monitoring technique internal to 
the Venturi meter system is the monitoring of the PLR. The PLR is known to be sensitive to wet 
gas flow. A significant change in the average PLR over time would signal a change in liquid 
loading and another tracer dilution test would find the new liquid flow rate. This practice was first 
suggested by Shell in the 1990’s (e.g. de Leeuw in 1997 [9]) and is now relatively common 
practice in the natural gas production industry. However, the whole procedure inherently relies on 
the PLR measurement being trustworthy. Unfortunately wet gas flow is a very adverse flow 
condition for DP transmitters compared to dry gas flow service. Problems include:  
 

• Severe slugging which causes DP spikes, which can cause premature DP transmitter drift, 
• Higher standard deviations in DPs than with single phase gas flows causing premature drift, 
• Significantly higher DP’s for the same gas flow without the liquid present, meaning saturated 

DP transmitter/s is a significant possibility 
• Water based wet gas flow can deposit hydrates, scale, salts & wax that can plug impulse lines.  
 

Hence, wet gas Venturi meters have a higher possibility of DP transmitter problems than dry gas 
DP meters. If the DP readings on the Petronas wet gas Venturi meter were not trustworthy then 
the system could give traditional gas flow rate prediction errors in addition to those imposed by 
the liquid’s presence thereby rendering the wet gas correction factor ineffective. Furthermore, 
such a wet gas meter also relies on the traditional and PPL DP transmitters measuring correctly 
in order to predict the correct PLR. If one (or both) of the DP transmitters is / are in error, then the 
liquid loading monitoring sub-system of the wet gas meter has malfunctioned. However, 
Prognosis is effective at monitoring the health of the DP measurements with wet gas Venturi 
meters. Petronas therefore specified that this meter was to include Prognosis.  
 

            
Fig 33. Venturi meter wet gas tests, CEESI.             Fig 34.Venturi Meter Off-Shore in Malaysia. 
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The initial CEESI calibration (see Figure 33) and wet gas test results, including the Prognosis 
results, were described in detail by Vijay et al [6,7]. Table 4 shows the CEESI dry gas flow 
constant value calibration results. In January 2012 Petronas started the commissioning of this wet 
gas Venturi meter. Figure 34 shows the meter installed off-shore. Prognosis is currently 
monitoring the fully serviceable meter. On the initial commissioning Prognosis signaled that the 
metering system was fully serviceable. A screenshot of the diagnostic result was sent to Swinton 
Technology from the platform in February 2012 (see Figure 35). The meter geometry and the 
temperature and pressure (of 65oC and 85 Bara) were taken from the main flow computer. The 
gas density of 59.5 kg/m3 was keypad entered into the Prognosis software.  
 

Parameter Value Uncertainty Parameter Value Uncertainty 
 Cd 1.014 +/- 1% PLR  0.067 +/- 5% 
Kr 1.047 +/- 2% PRR  0.934 +/- 2% 

Kppl 2.205 +/- 2% PRR  14.03 +/- 4% 
Table 4. Venturi Meter Constant Value Calibration Results. 

 
The Prognosis software used on this flow meter is the first generation software where the fourth 
diagnostic point, i.e. the DP reading check, is not included. However, the diagnostic method is 
included in a numerical check in the bottom left hand side of the Prognosis screen. Note that 
below the three diagnostic co-ordinates the traditional DP is inferred by summing the read 
recovered & PPL DP readings. This then allows a comparison between the inferred and read 
traditional DP. (That is, equation 9 is effectively being checked.) Here we see the read DP was 
200.29 mBar and the inferred DP is 201.21 mBar, i.e. a difference of +0.46%, which is well within 
the nominal 1% threshold for a DP reading warning set by Prognosis. Hence, on initial 
commissioning Prognosis showed the DP’s were all read correctly.  
 
Prognosis also indicated a very significant meter malfunction warning. Note that in Figure 35 all 
three points are far from the NDB. However, this is the pattern Prognosis creates when the meter 
is exposed to wet gas flow. Wet gas flow was expected so this was the correct Prognosis 
response. The particular liquid loading caused that particular diagnostic pattern. The diagnostics 
could then be “zeroed” to that liquid loading. (For details on how the zeroing technique works see 
Skelton et al [3]). Figure 36 shows the same data as Figure 35 after the system has been zeroed 
with Z = PLRactual – PLRcalibrated = 0.085 to that particular wet gas liquid loading. 
 
No further data was fed back to Swinton Technology or DP Diagnostics for several months. The 
unmanned platform has no external communications with which the computer running Prognosis 
could relay information. In July 2012 after personnel visited the platform Swinton Technology 
were given two days of archived files from Prognosis. However, Prognosis now showed a meter 
system malfunction. In particular the DP reading check was indicating a very significant DP 
reading problem. Figure 37 shows a screen shot. The recovered DP was read as significantly 
higher than the traditional DP (which is impossible), with the PPL being approximately the same 
as the traditional DP (which is highly unlikely). The percentage difference between the read and 
inferred traditional DP can be seen to be 251%. Clearly there was a serious issue with the DP 
transmitters. Petronas was informed. An investigation discovered that modifications to the Flow 
Computer (S600) after the initial commissioning had led to incorrect scaling being applied in the 
flow computer to the recovered and PPL DP’s. Hence the recovered and PPL DPs were incorrect 
while the traditional DP was correct. (It was noted that the displays on the three DP transmitter 
heads still showed the correct values thereby suggesting to the maintenance crew that the DP 
readings were correct.) The main meter was therefore operating correctly, but the PLR liquid 
loading monitoring sub-system had malfunctioned. The scaling problem was rectified and the 
Prognosis DP reading check immediately switched to indicating no problem. A screenshot of the 
resulting Prognosis result (with no zeroing) is given as Figure 38. Note that the DP check shows a 
difference between the read and inferred traditional DP of 0.595%, i.e. less than the nominal DP 
reading warning threshold of 1%. The diagnostic plot has returned to the typical pattern seen with 
wet gas flow. This was again zeroed, this time with Z = 0.099. The resulting Prognosis screenshot  
is shown as Figure 39.  
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Fig 35. Correct Results for Prognosis on Initial Venturi Meter Commissioning Off-Shore Malaysia. 
 

 
Fig 36. The Initial Venturi Meter Commissioning Data Zeroed to the Particular Liquid Loading. 

 

 
Fig 37. Prognosis Screenshot from July 2012 Showing DP Reading Anomalies.  
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Fig 38. Prognosis Screenshot from July 2012 After DP Readings Corrected, No Zeroing Applied.  

 

 
Fig 39. Prognosis Screenshot from July 2012 After DP Readings Corrected and Zeroed. 

 
Table 4 shows the correctly operating Venturi meter with dry gas has a PLR of 0.067. Between 
February and July the zeroing factor changed from 0.085 to 0.099, meaning the actual PLR was 
0.152 and 0.166 respectively. Therefore, between these months the actual PLR had increased by 
approximately 9%. The uncertainty in the base PLR value was 5%. As an increasing PLR 
indicates an increasing liquid loading, the liquid loading of the wet gas flow has evidently 
increased in this period. (Note however, that the PLR value for a given Venturi meter with wet gas 
flow is dependent not just on the liquid loading, but also the gas to liquid density ratio and gas 
flow rate. A discussion on this relationship is beyond the scope of this paper.) 
 
Prognosis on this meter is set to poll data every second, average the last ten seconds data every 
second and update the Prognosis screen every second with the result of that averaging. Every 
tenth update (i.e. every tenth second) Prognosis archives the update. After the DP readings were 
corrected the subsequent logged data showed that the zeroing factor Z = 0.099 held the three 
points in the NDB for 99.7% of all the logged time. That is, the points only occasionally exited the 
NDB and when they did it was momentarily before returning to within the NDB with no 
intervention from an operator. Likewise, the DP reading check showed similar behaviour. 
Equation 1 was seen to hold 99.7% of the same logging time to 1.3% (instead of the nominal 
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1%). This is typical for wet natural gas production flows. Such flows are by their nature only 
pseudo-steady. The liquid loading can change slightly in a random manner from moment to 
moment, even if the average liquid loading over time is relatively steady. If the average of these 
diagnostic results are taken over a few minutes, rather than a few seconds the diagnostic result 
averages out to show a pseudo-steady wet gas result. Averages of PLR values read over long 
periods are advised (whether using Prognosis or not) before making decisions on liquid loading 
shifts and tracer dilution requirements.  
 
The Prognosis monitoring of the Petronas wet gas Venturi meter performance installed on an 
unmanned platform was precise and correct. The initial data received was correct and the 
Prognosis system confirmed the DP’s were being measured correctly and that the gas flow was 
wet. A zeroing factor was then set. Subsequently, due to a real operator error associated with 
flow computer inputs (rather than a staged error to check the diagnostic system), the recovered 
and PPL DP readings became false and Prognosis immediately noted a DP reading anomaly. In 
this case the traditional meter continued to work but the two extra DP readings were incorrect and 
the wet gas Venturi meter’s liquid loading monitor sub-system had a genuine malfunction. 
Prognosis showed a malfunction had occurred and the source of that problem was with the 
reading of the DPs. Once this problem was fixed Prognosis correctly monitored the liquid loading. 
In fairness, the scale of this DP reading / PLR system malfunction was such that it could have 
been noticed without Prognosis the first time Petronas checked the PLR value. However, 
crucially, Prognosis could have seen a similar problem far smaller than the real one it was 
presented with and indeed far smaller than any operator could be reasonably expected to see 
with standard procedures. If even one of the three DP transmitters was incorrect by say 2% over 
a period just a few minutes the diagnostic system would have set a warning. That is Prognosis, is 
very sensitive to DP reading problems with single phase and wet gas flow Venturi meters and is 
therefore a valuable addition to any dry or wet gas flow Venturi meter application.  
 
6. ORIFICE METER AUDITING EXPERIENCES WITH PROGNOSIS  
 
Since the introduction of DP meter diagnostics in 2010 there have been some claims that unlike 
other meter diagnostic systems which are integral to the meter, such as the Ultrasonic meter (or 
“USM”) diagnostics, these DP meter diagnostics are an external add on to the DP meter. 
However, what constitutes integral diagnostic systems and what constitutes external diagnostic 
systems is simply down to perception. There are no rules to govern such labeling. Furthermore, 
there is a strong argument for refuting such claims.  
 
The DP meter diagnostics monitor the health of a DP meter by monitoring the health of the DP 
meter’s pressure field. This pressure field is integral to each and every DP meter regardless of 
whether the diagnostics are applied or not. The pressure field is at the core of the DP meter’s 
basic operation. With no pressure field there is no DP meter. In order to monitor the pressure field 
an extra downstream pressure tap is required (if it does not exist anyway) along with two extra 
DP transmitters. Are these external sub-systems? The answer is wholly dependent on your 
perception.  
 
In way of an analogy let us consider the Ultrasonic meter (USM). Almost everybody would say 
USM diagnostics are integral to the meter. The USM uses pairs of transducers to send and 
receive pulses between these transducers. From the difference in time to send the pulse with and 
against the flow, and a known distance between the transducers, the USM can find the average 
flow velocity across that transducer pair’s path. For a fully developed (or distorted but known) 
velocity profile a USM could therefore predict the flow rate from one pair of transducers, i.e. one 
path. In fact, there are one path USMs. Each pair of transducers has diagnostic capabilities. They 
can monitor the standard deviation of repeat readings (i.e. the USM “turbulence” diagnostic). 
They can predict the speed of sound (as a by-product of the average flow velocity measurement) 
and compare it to the reference value. They can monitor the noise of the signal and monitor 
whether they need to boost the signal and by how much. In short, a one path USM can meter the 
flow rate and have some diagnostic capability. So why then do most custody transfer USMs have 
multiple transducers, i.e. multiple paths? The answer is to improve the meters accuracy and to 
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improve the meter’s diagnostic system. Multiple transducers produce a better picture of the 
velocity profile as well as multiple diagnostic results. More diagnostics can be created by cross 
referencing the different path information, such as the USM “profile” diagnostics. By adding extra 
ports with extra transducers to make extra paths the USM manufacturer improves the meters 
ability to monitor the velocity profile and strengthens the quality of the meters diagnostics. Such 
multiple path USMs are indeed excellent meters. However, in order to:  
 

a) better monitor the velocity profile and improve the meters diagnostics,  the manufacturer must   
b) physically add extra transducer ports and fill them with extra transducers (i.e. extra 
instrumentation) and then add the extra diagnostic software to the Flow Computer.  

 

Nevertheless, industry still says the multiple path USM diagnostics are fully integral to the USM 
meter as they perceive the extra ports, transducers and software as critical to the meter and 
hence not an add on.  Let us now look at the DP meter diagnostics. In order to: 
 

a) better monitor the pressure field and improve the meters diagnostics, the manufacturer must   
b) physically add an extra pressure port and add extra DP transmitters (i.e. extra instrumentation) 
and then add the extra diagnostic software to the Flow Computer.  
 

So what’s the difference!? Both meters have physical port additions, extra instrumentation and 
extra software to better monitor the flow and improve diagnostics. The only difference is 
perception. Industry is used to the multipath USM design and therefore sees it as an integral 
unit. Industry is used to the basic DP meter configuration and is not used to the change in 
configuration to make it diagnostic capable. Hence, they perceive the change to the DP meter as 
external to the basic unit. However, the DP meter diagnostic system is really not an add on, it is 
just as integral to the DP meter as the USM diagnostic systems.  
 
There are few operators that would be comfortable running a custody transfer USM without its 
diagnostics fully serviceable. The same operators are comfortable running a custody transfer DP 
meter without diagnostics. The sole reason is they are used to USMs having diagnostics and they 
are just as used to DP meters not having diagnostics – on the grounds that until 2008 it was a 
widely accepted false axiom that DP meters could have no diagnostics. DP Diagnostics therefore 
promotes the idea that DP meters should have this integral diagnostic system permanently 
operational just as USMs all have their diagnostic system permanently operational. As such, the 
concept of a portable DP meter diagnostic system is not promoted. However, in 2011 a US meter 
station audit company (CMSI) requested such a portable system. With the view of obtaining 
further field data special allowance was made and a one off portable system was supplied. The 
following are examples of this system being applied on live natural gas flow orifice meters during 
station audits. The diagnostic parameter uncertainties used were as stated in  x=1%, y=2.5%, 
z=2.5 a=3%, b=2.5% & c=4%. The ownership and location of the metering stations is blinded.   
 
6a) AUDIT 1: A 10”, 0.6383 BETA RATIO ORIFICE METER 
 

 
                 Fig 40. Audit 1 Meter Run 

A 6”, 0.4947 beta ratio flanged tapped orifice 
meter was audited. The client had no 
particular concerns about the meter and the 
audit was only part of the routine 
maintenance schedule. The natural gas flow 
meter was operating at 858 psia / 59 bara at 
950 F. The flow rate was approximately 490 
MSCFD (2.8 kg/s). The auditors installed 
both a clamp-on USM and Prognosis on the 
meter run. Figure 40 shows the meter run 
prior to the installation of Prognosis (and a 
clamp-on USM). Note that the downstream 
spool already had a suitable downstream 
pressure tap. This is a common trait 
amongst existing orifice meter runs.  
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Figure 41. Audit 1’s sample representative Prognosis screenshot. 

Figure 41 shows an actual screenshot from Prognosis running on the meter. The DP reading 
diagnostic check indicates that the DP’s are being read correctly, with a 0.71% difference being 
noted between the inferred traditional DP of 30.356 “WC and the read traditional DP of          
30.14 “WC. This is lower than the nominal 1% DP reading warning threshold. The three 
diagnostic points are well inside the diagnostic box, and scattered around the origin. Prognosis 
was applying internal diagnostics to this orifice meter to show that the meter was fully 
serviceable, measuring the correct flow rate and did not need any maintenance.  
 
Due to contractual obligations and the fact that Prognosis was seen as ‘on trial’ the auditors 
continued with the audit procedure. A clamp on USM was installed to allow comparison between 
the orifice meter and USM flow rate predictions. The over-all uncertainty of a correctly operating 
orifice meter system is considered to between 0.7% & 1%. The uncertainty stated for the clamp-
on USM was 3%. Therefore, when comparing the two meters the difference between them should 
not be more than the root mean square of these uncertainties, i.e. approximately 3%. The actual 
difference was < 3%. Figure 42 shows the two meter’s flow rate prediction comparison. The error 
bands for each meter per point are given. They overlap thereby indicating that there is no 
significance difference found between the meters. This gave confidence that the orifice meter was 
operating correctly. However, compelling as this result is, it does not guarantee that the orifice 
meter has no issues. 
 

 
Figure 42. Audit 1’s comparison between the orifice meter and the USM. 

 
The comparison of a clamp-on USM with an orifice meter is not sensitive enough to guarantee 
that the orifice meter does not have a problem. For example, say the clamp-on USM produces a 
flow rate prediction that is +1.5% from the actual flow rate. With a rated uncertainty of 3% this is a 
reasonable example. Now let us say that the orifice meter has a problem and produces a flow 
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rate prediction that is +4% from the actual flow rate. Comparing the two flow rate outputs we 
would see that the difference between the two flow rate predictions is +2.5%. However, the 
comparison allows 3% difference before deciding something is wrong. Therefore, in this case no 
problem would be noticed even though the meter has a +4% bias! Hence, from comparing the 
clamp on USM and orifice meter alone cannot guarantee the orifice meter is operating correctly.  
 
The auditors took the meter off-line (i.e. interrupted operations) to remove the orifice plate for 
inspection and to borescope the meter run and flow conditioner. Figure 43 shows a photograph of 
the plate. The plate was confirmed to have the correct orifice diameter, was found to be clean 
with a sharp orifice edge. Figures 44 thru 46 show the borescope images of the pressure taps, 
orifice carrier and the flow conditioner. The orifice meter system was seen to be uncontaminated 
with no blockage of the pressure ports or flow conditioner holes. No problem with the orifice 
carrier was noted. The DP transmitter was correctly sized and in calibration with no drift. 
Therefore, after comparing the orifice meter to a clamp-on USM, then checking the integrity of the 
DP transmitter and then removing the plate, checking the plate and borescoping the meter 
system, it was finally concluded that the orifice meter was fully serviceable just as Prognosis had 
initially said before the audit was initiated.  
 

                    
            Fig 43. Audit 1 Plate Inspection.                        Fig 44. Audit 1 borescope pressure tap.                            

                     
      Fig 45. Audit 1 Borescope orifice carrier.             Fig 46. Audit 1 flow conditioner downstream                   
 
This orifice meter is back in service. It will be due scheduled maintenance in due time. Without 
Prognosis, if any future maintenance service finds any problem the operator may not be able to 
tell when the malfunction occurred. All that would be known is that there was a malfunction 
sometime between the two scheduled maintenance events. If Prognosis was permanently 
installed, if a malfunction was to occur the operators could examine archived results to pin-point 
when the malfunction occurred and therefore better address the mis-measurement issue.  
 
Finally note that the alternative live diagnostic of putting a second check meter in series with the 
orifice meter is a lower quality diagnostic methodology. First, it is a high capital expense to add a 
second metering system. Once two meters are in series, they can only indicate an error if the root 
mean square of the two meter uncertainties is exceeded (which is not a particularly sensitive 
diagnostic method). Also, there is no guarantee that the meters will not suffer some common 
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mode error thereby making their flow rate predictions equally incorrect with the inter-comparison 
diagnostic showing no error. (This is in contrast to the multiple diagnostic methods within 
Prognosis which are very resistant to most common mode error issues.) Furthermore, even if the 
second / check meter does show a different flow rate to the primary meter this does not tell you 
which meter has malfunctioned. Prognosis will state if the DP meter it is monitoring has 
malfunctioned and what possible malfunctions could cause the diagnostic result. Hence 
Prognosis is advisable for permanent installation on financially important DP meters and is 
substantially better than the alternative method of using a second check meter.  
 
6b) AUDIT 2: A 6”, 0.3503 BETA RATIO ORIFICE METER  
 
A 6”, 0.350 beta ratio flanged tapped orifice meter was audited. The natural gas flow meter was 
operating at 1356 psia / 93.5 bara at 730F. The flow rate was approximately 220 MSCFD 
(1.68kg/s). Prognosis and a clamp-on USM were installed. Figure 47 shows the meter run prior to 
the installation of Prognosis and the clamp-on USM. Figure 49 shows an actual screenshot from 
Prognosis running on this meter.  
 

           
       Fig 47.  Audit 2 Orifice Meter Run                                Fig 48. Audit 2 plate inspection 
 

 
Figure 49. Audit 1’s sample representative Prognosis screenshot.  

 
The DP reading diagnostic check indicates that the DP’s are being read correctly, with a 0.60 % 
difference being noted between the inferred and the read traditional DP. This is lower than the 
nominal 1% DP reading warning threshold. However, Prognosis is also showing that two out of 
the three diagnostic points are outside the NDB. Hence, Prognosis is stating that the meter has a 
problem with the meter body. Furthermore, as always, the particular pattern of the diagnostic plot 
gives more information. From experience, this pattern suggests the bias is probably a negative 
error. The source of such errors can be short listed. This list was incorrect inlet or orifice 
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diameter, distorted flow pattern, backwards installed plate, worn plate, buckled plate or 
contaminated metering run. A simple check of the meter geometry discounted any geometry 
error. The plot was not the correct co-ordinates for a reversed plate. The Prognosis result was 
therefore that the meter was in error, probably due to a distorted flow pattern, a damaged plate or 
contaminated meter run.  

 
Again, due to contractual obligations and the fact that Prognosis was seen as ‘on trial’ the 
auditors continued with the audit procedure. Figure 50 shows the comparison of the clamp-on 
USM and orifice meter flow rate predictions. The orifice meter flow rate reading is approximately 
10% lower than the clamp-on USM flow rate reading. The average difference between the flow 
rate predictions significantly exceeds the root mean square of the two meter uncertainties and it 
can be seen that the error bands of the two meters do not over-lap. On its own this result states 
that one (or both) of these meters has malfunctioned but nothing more. This is not therefore a 
declaration that the orifice meter is necessarily under-reading the actual flow rate by 10%. This 
simply says the two meters disagree by that amount. The problem is as yet unknown so the effect 
on each meter is as yet unknown. It was not reported if the USM diagnostics indicated any 
problem.  
 

 
Figure 50. Audit 2’s comparison between the orifice meter and the USM. 

 
The meter was taken off-line (i.e. interrupted operations) to remove the plate for inspection and to 
borescope the meter run and flow conditioner. The DP transmitter was also checked. Figure 48 
shows a photograph of the plate. The plate was contaminated. A subsequent borescope 
investigation of the meter run showed meter run contamination. Contaminated orifice meter runs 
produce negative errors on the meters flow rate output. Therefore, again Prognosis had correctly 
diagnosed that the meter had a problem and the problem was not with the DP readings but the 
meter body itself. Furthermore, the contamination and a negative bias error had been correctly 
shortlisted. The follow on auditor procedures of checking the DP transmitter and installing a 
clamp-on USM check meter were superfluous time consuming and costly additions procedures. If 
the operator had had Prognosis permanently installed on this meter the build-up of contamination 
would have been visible as it caused the diagnostic points to drift away from the centre of the 
NDB over time. This again, is evidence to why Prognosis should be thought of as a permanent 
installation with a DP meter.  
 
6c) AUDIT 3: A 12”, 0.476 BETA RATIO ORIFICE METER 
 
A 12”, 0.476 beta ratio orifice meter was in operation with natural gas flow at low pressure (of 20 
psig / 0.4 barg). The operator suspected from plant mass balance checks that this orifice meter 
was giving an erroneous gas flow rate prediction. Figure 51 shows a photograph of this orifice 
meter prior to Prognosis being installed. Note Figure 51 also shows that the auditors installed a 
clamp-on USM.  However, due to the low pressure, the USM results were unreliable and not used 
in the audit. Prognosis was installed using the available downstream pressure taps. 
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Fig 51.  12”, 0.476 β orifice meter prior to Prognosis system installation. 

 

 
Fig 52. Prognosis screenshot from the 12”, 0.476 β orifice meter with unsteady wet gas flow.  

 
Figure 52 shows a screenshot from Prognosis installed on this meter. This screenshot is 
representative of the results. The averaged DP readings conformed to equation 1 thereby 
indicating that the DP transmitters were reading the correct DP’s. Note that Figure 52 shows a 
difference of only 0.13%. From experience, this diagnostic pattern suggests the bias is probably a 
positive error. The source of such errors can be short listed. This list was incorrect inlet or orifice 
diameter, distorted flow pattern, a partially blockage in the orifice, pulsation or wet gas flow. A 
check of the geometry confirmed it was correct. The meter run was long (i.e. ISO 5167-2 
compliant) with no flow conditioner so distorted flow was unlikely. The Prognosis result was 
therefore immediately narrowed to a partially blocked orifice meter, pulsating flow or wet gas flow.  
 
Again, due to contractual obligations and the fact that Prognosis was seen as ‘on trial’ the 
auditors continued with the audit procedure. It was noted on pressing one’s ear to the pipe a 
liquid “sloshing” sound was audible. The plate was removed and was found to be coated in fresh 
water. It was concluded that this pipe run with the orifice meter had significant water hold up. 
Again, before any further auditing was initiated Prognosis had correctly stated the orifice meter 
had a problem, the problem was with the meter body and not the DP readings, the problem was 
probably a positive bias and one of a short list that included the actual problem found. The 
remaining auditing procedure merely confirmed the initial Prognosis prediction.         
 
7. CONCLUSIONS 
 
Over the last four years the generic DP meter diagnostic concept first disclosed by Steven [1] in 
2008 has been substantially developed by DP Diagnostics and Swinton Technology. The 
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methodology has been fully disclosed at several major conferences and has been proven to be 
technically sound. The DP meter diagnostic concept has been developed into a practical system 
for industry called “Prognosis”. Since 2009 multiple laboratory tests, operator field tests, DP meter 
calibrations and operator field usage have unfailingly proven Prognosis as a practical and 
powerful DP meter diagnostic tool.  
 
BP has field tested Prognosis at BP CATS with deliberate induced meter malfunctions and then a 
long term endurance testing. DECC have reviewed the concept and deem it suitable for DP meter 
Condition Based Maintenance strategies [4]. Centrica has applied Prognosis to several Venturi 
meters. In one such case Prognosis alone alerted the engineers to a calibration error that would 
almost certainly have gone unnoticed causing a +1.6% bias in flow rate prediction. Petronas 
applied Prognosis to a wet gas Venturi meter. Again the worth of Prognosis was seen when the 
system correctly indicated the meter had a sub-system failure before any of the operator 
engineers were aware of it. The experience of orifice meter auditors using Prognosis as an aid to 
the auditing procedure was that Prognosis correctly stated if the meter was serviceable or not 
before any other auditing was required. Furthermore, when an orifice meter malfunction was 
discovered by Prognosis, the system subsequently produced a shortlist of potential reasons for 
the malfunction that always included the actual problem. The diagnostic system also correctly 
predicted whether the malfunction was producing positive or negative bias on the flow rate 
prediction.  
 
The DP meter diagnostic system “Prognosis” has been proven over the last three years to do all 
that it was claimed to do and more. As a result the use of Prognosis is growing and it is expected 
that it will become ever more wide spread and popular. 
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Wet-Gas Measurement: ISO/TR 11583 
 

Michael Reader-Harris, NEL 
 
  
1 INTRODUCTION 
 
ISO/TR 11583 [1] was published in April 2012.  This paper gives some information on the 
history of the document.  It gives a brief summary of the work on which it was based.  It gives, 
partly in an appendix, a detailed reply to criticisms of the document made at the North Sea 
Workshop in October 2011, and it shows how work done since October 2011 has provided 
support for ISO/TR 11583. 
 
 
2 A BRIEF HISTORY OF ISO/TR 11583 
 
This project started with a New Work Item Proposal sent out to the members of ISO/TC 30/SC 
2 in September 2007.  It stated that the proposed ‘Technical Report will cover the 
measurement of wet gas flow with Venturi tubes or orifice plates. It will cover two-phase flows 
of gas and liquid in which the flowing fluid mixture is approximately 95% gas by volume or 
more. Gases covered include air, nitrogen, natural gas and steam. Liquids covered include 
water, kerosene and condensate. It will be an extension to ISO 5167.’  Item 6 in its outline of 
the proposed TR was ‘Correlations for the over-reading’.  This New Work Item Proposal was 
accepted in early 2008.  To the statement ‘We agree that a globally relevant International 
Standard on this subject is feasible and therefore agree to the addition of the proposed new 
work item to the program of work of the committee’ there were 11 positive votes (including 
those of Norway and the USA) and 2 abstentions and no negative votes.  One US expert was 
nominated in 2007 and two more in October 2008. 
 
ISO/TR 11583 is based on guidelines prepared by technical experts for the UK Dept. of Trade 
and Industry [2], and was developed with the input of different experts on different sections. 
 
ISO/TC 193 (natural gas) also wished to work on wet gas.  ISO/TC 30 agreed that TC 30’s 
wet-gas TR could be part of a wider ranging document, with TC 30’s part addressing generic 
aspects (covering wet natural gas and wet steam among other wet gases), and aspects 
specific to natural gas being addressed by ISO/TC 193/SC 3 in a subsequent part. This 
structure was accepted in principle in 2008: in an e-mail to the TC 193/SC 3 members dated 
11 September 2008 the TC 193/SC 3 Secretary wrote, ‘This document [the then draft of 
ISO/TR 11583-1] serves as an initial effort to call for experts from both committees.  Please 
circulate this draft document among your experts, and if possible, please nominate experts 
who could participate on the JWG on behalf of ISO/TC 193/SC 3.  The intent of this draft 
document is to serve as a generic Part 1 to a multi-part document on wet gas.’  ISO/TC 30 
worked in accordance with this arrangement and awaited the development of Part 2, but 
eventually had to complete the TR as a stand-alone document. 
 
The correlations for Venturi tubes that appear in TR 11583 were first circulated to ISO/TC 
30/SC 2/WG 15 in February 2009.  They were published at the North Sea Workshop in 2009 
[3].  A draft TR containing these correlations was circulated to SC 2 in August 2009.  The 
correlation for orifice plates was taken from [4]. 
 
ISO/TC 193 expressed concern about the Venturi-tube correlation.  Accordingly a meeting 
between key members of ISO/TC 30 and ISO/TC 193 was held at TC 193’s request in 
November 2009 in London.  One particular concern of TC 193 was that the NEL data used as 
the largest part of the data set to develop the correlations were not available for Working 
Group members to check the correlation.  In June 2010 NEL agreed to make available such 
NEL data as might be necessary to carry out validation of the Venturi correlations in TR 
11583, subject to any party who wished access to these data first signing a confidentiality 
agreement which would clearly define the reason for disclosure and limit the use of the data 
solely to the validation process.  The Venturi-tube correlation in TR 11583 was in much better 
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agreement with the database that that of de Leeuw [5].  The ballot on TR 11583 was started in 
September 2010.  This passed by 6 votes to 4.   
 
ISO/TR 11583 was at the proof stage in July 2011.  ISO/TC 193 appealed to ISO Central 
Secretariat and publication was stopped.  Several inconclusive meetings were held: TC 30 
regards the document as generic and so within its scope and wished to publish it.  TC 193 
maintained the document is flawed.  A paper (referred to in this paper as de Leeuw et al [6]) 
was published at the North Sea Workshop in 2011 giving arguments against its publication.  A 
reply to all the points (similar to that in 3 and Appendix A) was sent to the authors of [6] in 
January 2012; no response has been received.  Ultimately ISO/TC 28 and ISO/TC 193 went 
to the ISO Technical Management Board (TMB) requesting that oil and gas be excluded from 
the scope of ISO/TC 30.  The TMB’s resolution was that ‘It reminds ISO/TC 30 that they 
should develop generic standards on flow measurement, and decides that further sectorial 
needs of the oil and gas industry should be addressed by ISO/TC 28 and ISO/TC 193 taking 
account of the generic standards from ISO/TC 30.’  TC 30 is happy with this resolution.  
However, the TMB also insisted that the following words were added to ISO/TR 11583: ‘This 
Technical Report is not intended for the oil and gas industry.’  ISO/TC 30 had no real choice 
but to accept, although it believes that its standards are generic and for use by all industries.  
The UK National Committee, unhappy with the TMB’s extra words, put the following text into 
PD ISO/TR 11583 [7]: ‘The UK national committee, CPI/30/2, consider the content of this 
technical report to be suitable for general application in wet gas measurement using 
differential pressure meters.’ 
 
 
2 EQUATIONS FOR WET GAS FLOW THROUGH VENTURI TUBES 
 
2.1 General 
 
Most currently used equations have similar form; they have been developed one from another.  
All those considered here have the gas mass flowrate, qm,gas, given by 
 

 
1,gas2

,gas
4

2

41
m

pC
q d

ρπε
φβ

∆
=

−
 (1) 

 
C is a discharge coefficient, ε is determined from ISO 5167-4:2003, ρ1,gas is the upstream gas 
density and φ is the over-reading correction factor.  C and φ are described below.  In 
evaluating ε the actual values of p1 and p2 measured in wet gas are used.   
 
φ depends on the gas-liquid density ratio, ρ1,gas/ρliquid, where ρliquid is the density of the liquid, on 
the Lockhart-Martinelli parameter, X, as defined in equation (2), and on the gas densiometric 
Froude number, Frgas (equation (3)): 
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where g is the acceleration due to gravity and qm,liquid is the liquid mass flowrate. 
 
2.2 Test work 
 
In test work C/φ is determined from Equation (1).   
 
In dry-gas flow φ = 1, and C is determined.   
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The mean of the values of C in dry-gas flow (for that Venturi tube at that pressure) was used 
to calculate φ for the wet-gas points. 
 
2.3 Models for field use 
 
2.3.1 General 
 
In both models for field use φ is given by Equation (4)  
 

 2
Ch1 C X Xφ = + +  (4) 

 
where CCh is given by the following equation: 
 

 
liquid 1,gas

Ch
1,gas liquid

n n

C
ρ ρ
ρ ρ

   
= +   
   
   

 (5) 

 
n depends on the particular model. 
 
2.3.2 ISO/TR 11583 
 
C = Cwet as given by Equation (6):  
 

 gas,th-0.05
wet  = 1-0.0463e min 1,

0.016
Fr X

C
 
  
 

 (6) 

where 

 
gas

gas,th 2.5

Fr
Fr

β
= . (7) 

 

 gas-0.8 /2 2 = max(0.583- 0.18 -0.578e , 0.392-0.18 )
Fr H

n β β  (8) 
 
H depends on the liquid and is equal to 1 for hydrocarbon liquid, 1.35 for water at ambient 
temperature, and 0.79 for liquid water in a wet-steam flow.  It is a function of the surface 
tension of the liquid. 
 
2.3.3 de Leeuw Equation 
 
C is obtained from a dry-gas calibration of the Venturi tube. 
 
n is as follows: 

 ( )gas

gas

0.746
gas

0.41 0.5 1.5

0.606 1 1.5
Fr

Fr

n
e Fr

−

≤ <
= 

− ≥


.  (9) 

 
de Leeuw [5] produced his wet-gas Venturi-tube correlation based on a Venturi tube of β = 
0.4.   
 
2.4 Value of X 
 
To perform the flowrate computation X is required.  In most of the experimental work and the 
field tests calculations this is taken from experimental measurements of liquid flowrate. 
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For a limited range of X it is possible to use the pressure loss to calculate the Lockhart-
Martinelli parameter.  Formulae are given in ISO/TR 11583 for a Venturi tube with divergent 
total angle in the range 7° to 8° with the pressure loss, ∆ϖ, measured from the upstream 
pressure tapping to a tapping a distance Ldown downstream of the downstream end of the 
Venturi tube divergent section, where Ldown is such that 
 

max(5, 20 7) 9downL

D
β − ≤ ≤ . 

 
In this case the following calculations are performed: 
 

 90.0896 0.48Y
p

ϖ β∆= − −
∆

 (10) 

 
and 

 
1,gas

max gas
liquid

0.61exp 11 0.045 /Y Fr H
ρ
ρ

  
 = − − 

  
  

 (11) 

 
If Y/Ymax ≥ 0.65 it is not possible to use the pressure loss ratio to determine X. 
 
If Y/Ymax < 0.65 X is evaluated from  
 

 gas0.28 /0.75

max
1 exp( 35 )

Fr HY
X e

Y

−= − −  (12) 

 
Since in this case Frgas is itself an unknown the procedure is iterative. 
 
The reasons for the forms in Equations (6) – (8) and (10) – (12) are given in [3] and [8].   
 
2.5 Data used to derive and to validate the ISO/TR 11583 Venturi-tube  Correlation 
 
The derivation data are given in Table 1 and the validation data in Table 2. 
 

Table 1     Wet-gas derivation data for Venturi-tub e correlation 
 

Diameter ratio Pipe size Gas phase Liquid phase Ref erence 
0.6 2-inch natural gas Stoddard solvent 9 
0.6 2-inch natural gas water 9 
0.4 4-inch nitrogen Exxsol D80 10 
0.4 4-inch natural gas decane 11 
0.6 4-inch nitrogen water 12, 13 
0.6 4-inch nitrogen Exxsol D80 12, 13 
0.6 4-inch argon Exxsol D80 12, 13 
0.6 4-inch nitrogen Exxsol D80 - 
0.6 4-inch natural gas Exxsol D80 -* 
0.7 4-inch steam very hot water 14 
0.75 4-inch nitrogen water 12, 13 
0.75 4-inch nitrogen Exxsol D80 12, 13 
0.75 4-inch argon Exxsol D80 12, 13 
0.55 6-inch nitrogen Exxsol D80 15 

* data points with the r.m.s of the fluctuating component of the differential pressure greater 
than 0.98% of the mean differential pressure were excluded. 
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Table 2     Wet-gas validation data (from Krohne) f or Venturi-tube correlation 
 

Diameter ratio Pipe size Gas phase Liquid phase Number of 
Venturi tubes 

0.6 4-inch nitrogen Exxsol D80 6 off 
0.47 4-inch nitrogen Exxsol D80 1 off 
0.43 4-inch nitrogen Exxsol D80 1 off 
0.4 4-inch nitrogen Exxsol D80 1 off 
0.57 6-inch nitrogen Exxsol D80 6 off 
0.61 6-inch nitrogen Exxsol D80 5 off 
0.61 10-inch nitrogen Exxsol D80 2 off 

 
The errors in gas mass flowrate using the ISO/TR 11583 equations ((6) – (8)) are given in 
Figure 1 and those using de Leeuw’s equation in Figure 2.  The data in Figure 2 are divided by 
β because the performance of the correlation depends on β. 
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Figure 1  Errors obtained using the ISO/TR 11583 co rrelation for the derivation data 

(Table 1) and validation data (Table 2) 
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Figure 2   Errors obtained using the de Leeuw corre lation for the derivation data  
(Table 1) and validation data (Table 2) 

 
The errors in gas mass flowrate using pressure loss ratio to give X (equations (6) – (8) and 
(10) – (12)) are given in Figure 3 (ISO/TR 11583 only applies for Y/Ymax < 0.65). 
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Figure 3  Errors in gas mass flowrate for the deriv ation data for Frgas,th  > 4 using 
pressure loss and Equations (6) – (8) and (10) – (1 2) 

 
 
3 RESPONSE TO de LEEUW et al 
 
3.1 General 
 
A response is given in Appendix A, but the main points are given here.  The main criticisms of 
the Venturi correlations and a brief response are as follows: 
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• It is claimed that the understanding of the effects of physical properties is inadequate; 
however, ISO/TR 11583 is careful to state what fluids were used for the test work and 
not to imply that any fluids can be used with the correlations.   

• It is claimed that the correlations have an incorrect behaviour in limiting cases; 
however, several limits have been tested as described in Appendix A and all give 
good results.   

• The correlation is only applicable to two-component flows; however, there are 
insufficient data for three-component flows in the public domain to determine whether 
the correlation (with additional text as to how it should be used) is adequate; so TR 
11583 makes no claim that it is adequate for three-component flows (see also 6 
below). 

• The term ‘discharge coefficient’ should not be used for anything other than the dry-gas 
discharge coefficient; however, it is found that the substantial change that occurs in 
C/φ as X changes from 0 to 0.025 is most easily described as a change in C.  If there 
is a lack of clarity it is desirable to distinguish clearly between dry-gas and wet-gas 
discharge coefficients.   

• The most important criticism is that there are data sets which the correlation does not 
fit; however, they would have been considered if they had been given to ISO/TC 
30/SC 2/WG 15; to those sets in de Leeuw et al an answer is given below. 

 
3.2 Data sets outside the derivation and regression  data sets 
 
3.2.1 The NAM Venturi tube 
 
The errors using the NAM Venturi tube are shown in Figure 3 of de Leeuw et al.  However, the 
same Venturi tube was tested by CEESI [11], and NEL analysis of those data give the results 
in Figure 4. 
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Figure 4  Errors on the NAM Venturi tube when teste d at CEESI: correction according to 

ISO/TR 11583 
 

All points except one are within ISO/TR 11583.  The striking feature is that the results at 
SINTEF are shifted from those at CEESI by perhaps 2%.  The results are sufficiently similar in 
terms of wet-gas effects that it might be that SINTEF’s data are in error by 2% and should be 
disregarded.  It looks as if the measured dry-gas discharge coefficient at SINTEF was about 
0.98, whereas at CEESI it was about 0.997.  Moreover, when CEESI presented results on this 
Venturi tube they stated that its throat is 1.16d long, outside ISO 5167-4. 
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3.2.2 K-Lab data 
 
Figure 4 of de Leeuw et al shows that the vast majority of the data lie within the ISO/TR 11583 
limits.  The behaviour as X tends to 0 is interesting: as X tends to 0 all the sets except two 
(violet circles and golden triangles) are reasonably close to +2.5%, as would be expected with 
a dry-gas discharge coefficient of 0.975; why the two are so different it is impossible to tell 
unless the data are revealed in detail.  NEL agreed to reveal its data to those checking 
ISO/TR 11583; the same requirement should apply to those who wish to criticize it.  It appears 
likely that for small X the two different sets (violet circles and golden triangles) have a negative 
over-reading, which is surprising.  The blue star-like data (the furthest from 0) move towards 0 
as X increases. 
 
Figure 5 of de Leeuw et al attempts to improve ISO/TR 11583 by assuming that if the 
discharge coefficient is known the results can be improved by multiplying the calculated mass 
flowrate by the dry-gas discharge coefficient (or similarly but not identically) replacing the first 
‘1’ in Equation (6) by the dry-gas discharge coefficient.  This, however, is wrong: ISO/TR 
11583 has to be followed in its entirety not corrected in this way.  A possible way to improve 
the fit is described in 4. 
 
3.2.3 Calibration at NEL 
 
Data from a 12” Venturi tube calibrated at NEL are shown in Figure 6 of de Leeuw et al.  The 
dry-gas discharge coefficient was 0.936.  To use the data from such a Venturi tube to judge 
ISO/TR 11583 is surprising.  If uncalibrated Venturi tubes are to be used, manufacturing 
quality is of the essence.  This is why NEL now requires spark erosion for the tappings for 
Venturi tubes manufactured for NEL: there is still a scatter in results, but poor results are 
avoided. 
 
NOTE: It may be asked whether it is reasonable to have an uncertainty in wet gas approximately equal 
to that in dry gas. 
 
Figure 7 of de Leeuw et al shows Venturi tubes in dry gas: all of their discharge coefficients are well 
within 1.00 ± 3%, which is a necessary condition for ISO/TR 11583 to be true as X tends to 0.  Then 
there is a tendency for those Venturi tubes with a dry-gas discharge coefficient far from 1 to have their 
measurement errors move towards 0 as X increases (see 4); so the uncertainty reduces slightly for X > 
0.15.  As stated earlier the standard deviation of the gas mass flow errors in the derivation and 
validation data is 0.98%; so the quoted uncertainty aimed to be sufficiently conservative. 
 
3.2.4 Wet-gas flows with mixtures of liquids 
 
Figure 8 of de Leeuw et al shows the errors using the correlation in ISO/TR 11583 on CEESI 
data when the liquid consists of a mixture of water and hydrocarbon liquid.  ISO/TR 11583 
does not cover flows with a mixture of liquids because it is careful to avoid using formulae 
outside the range of data.  An amendment to cover mixtures would be possible if there were 
sufficient data to analyse.  If it were desired to experiment with using the formulae in ISO/TR 
11583 for wet-gas flows with mixtures of liquid then to take H as linear with water cut would be 
a reasonable choice.  The data in de Leeuw et al always take H as equal to either 1 or 1.35: 
the results therefore do not give the best results that can be obtained using ISO/TR 11583.   
 
The only data for wet-gas flows with a mixture of liquids that are available for the author of this 
paper to analyse are 2” data from CEESI [9] (but see also 6).  On looking at them the results 
in Figure 5 are obtained, once the data that are outside the range of density ratio in ISO/TR 
11583 are excluded.  All the points are within ISO/TR 11583.  More detail is given in 
Reference 8.  
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Figure 5  CEESI 2” data ββββ = 0.6 (0.02 < X < 0.11) H: linear with water cut 

 
Figure 9 of de Leeuw et al shows the errors using the correlation in ISO/TR 11583 on K-Lab 
data when the liquid consists of a mixture of water and hydrocarbon liquid.  It is not clear how 
the correction was done, i.e. what value of H was used.  Figure 10 of de Leeuw et al aims to 
improve upon ISO/TR 11583, but, as seen in 3.2.2, this is wrong: ISO/TR 11583 has to be 
followed in its entirety, not corrected in the way that de Leeuw et al corrects it. 
 
3.3 The correlation for the pressure loss ratio 
 
De Leeuw et al point out that according to ISO/TR 11583 the pressure loss ratio increases 
with β, but according to ISO 5167-4 [16] it decreases with increasing β.  However, ISO 5167-4 
includes the effect of subtracting the pressure loss that there would have been in a straight 
pipe.  ISO/TR 11583 for reasons of ease of use does not do that (the definition is in its Table 
1).  If the formula in ISO/TR 11583 is used with the pipe loss removed it is in accordance with 
Figure C.1 of ISO 5167-4, towards the bottom of the band.  See also Figure 6.   
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Figure 6  Pressure loss ratio: the equation as in I SO/TR 11583 and the same equation 
with the pipe pressure loss removed (friction facto r λλλλ = 0.012; loss to the mid-point of 

the permitted range in 6.4.5 of ISO/TR 11583) 
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In Figure 11 of de Leeuw et al the pressure loss at SINTEF appears surprisingly high, another 
reason to accept the CEESI data rather than the SINTEF data for the NAM Venturi tube; for 
the 12” Venturi tube tested at NEL the pressure loss ratio is very low (6 to 7% for β = 0.476): 
the Venturi tube has much too low a discharge coefficient. 
 
The very poor results in Figure 12 of de Leeuw et al are caused by the problem with the 
Venturi tube (see 3.2.3).   
 
The new data in [18] (see 6) include data with an additional downstream pressure tapping.  
The diffuser angle is 12° (outside the range in ISO/TR 11583), but when the data are analysed 
in accordance with Equations (6) – (8) and (10) – (12) the data nevertheless are within the 
uncertainty band given in ISO/TR 11583. 
 
 
4    USING THE DRY-GAS DISCHARGE COEFFICIENT TO IMPROVE THE CORRELATION 
 
It is striking that where the discharge coefficient in single-phase flow differs significantly from 1 
the errors often move towards 0 as X increases.  By way of illustration the errors for two 
Venturi tubes are given in Figure 7.  These are rather extreme examples (outside de Leeuw et 
al’s Figure 7) and yet the wet-gas errors are surprisingly satisfactory.  It is possible that the big 
variation in dry-gas discharge coefficients (not seen in water) is suppressed by wet gas. 
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Figure 7  Errors on two Venturi tubes with dry-gas discharge coefficients about 3% 
away from 1.00: correction according to ISO/TR 1158 3 

 
It is also possible to consider in a more systematic way how the dry-gas discharge coefficient 
affects the wet-gas results.  It is clear how it affects them as X tends to 0.  To consider the 
issue more broadly, suppose the measured gas mass flowrate in ISO/TR 11583 is multiplied 
by 

1 ( 1)exp( )dryC aX+ − −  (13) 

 
Then if a = 0 the correction method in de Leeuw et al is (at least to a very good approximation) 
obtained.  Then over the derivation and validation database the standard deviation is 1.068% 
instead of 0.980% using ISO/TR 11583 without any extra term.  So the fact that the errors in 
Figure 5 of de Leeuw et al are greater than those in Figure 4 of de Leeuw et al is not 
surprising (they have been increased by de Leeuw et al’s correction).  The minimum standard 
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deviation using equation (13) is obtained with a = 11.25 and is 0.88693%.  It is also possible to 
consider if it would be better to have 

( )1 ( 1) (1 )exp( )dryC b aX b+ − − − +   (14) 

The best fit is obtained with a = 12.8 and b = 0.05 and is 0.88682%: the inclusion of b is not a 
significant improvement; the inclusion of a is an improvement, but not consistent with the 
desire in ISO/TR 11583 to have an equation for uncalibrated Venturi tubes.  Errors for the data 
in Figure 7 with TR 11583 equations with an additional term as in equation (13) with a = 11.25 
are shown in Figure 8. 
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Figure 8  Data as in Figure 7 using TR 11583 equati ons with an additional term as in 

Equation (13) with a = 11.25 
 

Errors for derivation and validation data with TR 11583 equations with an additional term as in 
equation (13) with a = 11.25 are shown in Figure 9. 
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Figure 9 Derivation and validation data using TR 11 583 equations with an additional 

term as in Equation (13) with a = 11.25 
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So the correction method used by de Leeuw et al does not improve the fit; an improved 
correlation for Venturi tubes calibrated in dry gas is possible; the equation in ISO/TR 11583 is 
for uncalibrated Venturi tubes. 
 
5 TEST WORK 
 
5.1 General 
 
One of the needs has been to check that the effect of liquid viscosity is small over the range of 
liquids found in common wet-gas applications.  A liquid with similar surface tension to 
kerosene but smaller viscosity was not available for test.  So three 4” Venturi tubes with β = 
0.4, 0.6 and 0.75 were tested in the NEL National Standard wet gas facility with nitrogen and 
velocite.  The Venturi tube with β = 0.6 was also tested with nitrogen and gasoil.  The three 
Venturi tubes had previously been tested with nitrogen and kerosene (and indeed in the case 
of β = 0.6 and β = 0.75 with argon and kerosene and with nitrogen and water).  Kerosene, 
gasoil and velocite have kinematic viscosities of approximately 2.5 cSt, 6.3 cSt and 23.5 cSt, 
respectively, at 20 °C.   
 
Data were collected at three nominal static pressures, 15 bar, 30 bar and 60 bar.  No data are 
presented for 60 bar and β = 0.4. 
 
The over-readings are given in Appendix B. 
 
5.2 Deviations from ISO/TR 11583 equation 
 
The errors in gas mass flowrate using the ISO/TR 11583 equation are given in Figures 10 - 
13.  The data for β = 0.6 for each liquid are given first, then the data for the other values of β. 
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Figure 10  Error in gas mass flowrate using the ISO /TR 11583 Equation: nitrogen and 

gasoil: ββββ = 0.6  
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Figure 11  Error in gas mass flowrate using the ISO /TR 11583 Equation: nitrogen and 

velocite: ββββ = 0.6  
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Figure 12  Errors in gas mass flowrate using the IS O/TR 11583 Equation: nitrogen and 

velocite: ββββ = 0.4 
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Figure 13  Errors in gas mass flowrate using the IS O/TR 11583 Equation: nitrogen and 

velocite: ββββ = 0.75 
 
ISO/TR 11583 lists the fluids used to create the correlation and then adds ‘It is possible that 
the equations do not apply to liquids significantly different from those tested, particularly to 
highly viscous liquids’.  However, the errors using the ISO/TR 11583 correlation outside its 
range are remarkably satisfactory.  For the gasoil set 99% of the points lie within the error 
bands that would have been expected for less viscous liquids.  Of the velocite data excluding 
only the data for Frgas of 1.5 or below at 15 bar 96% of the errors lie within the error bands.  
Presumably for Frgas of 1.5 or below at 15 bar too much of the velocite adheres to the walls. 
 
5.3 Deviations from the de Leeuw equation 
 
The errors in gas mass flowrate using the de Leeuw equation are given in Figures 14 - 17.   
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Figure 14  Errors in gas mass flowrate using the de  Leeuw Equation: nitrogen and 

gasoil: ββββ = 0.6 
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Figure 15  Errors in gas mass flowrate using the de  Leeuw Equation: nitrogen and 

velocite: ββββ = 0.6 
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Figure 16  Errors in gas mass flowrate using the de  Leeuw Equation: nitrogen and 

velocite: ββββ = 0.4 
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Figure 17  Errors in gas mass flowrate using the de  Leeuw Equation: nitrogen and 
velocite: ββββ = 0.75 

 
The standard deviation of the errors using the de Leeuw equation is on average around twice 
that of the standard deviation using the ISO/TR 11583 equation. 
 
5.4 Errors using ISO/TR 11583 with X determined from the pressure loss ratio 
 
Using the downstream pressure tapping and equations (6) – (8) and (10) – (12) the errors in 
gas mass flowrate in Figures 18-21 were obtained.  All the points lie within the error bands in 
ISO/TR 11583. 
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Figure 18  Errors in gas mass flowrate using the IS O/TR 11583 Equation with 

downstream tapping to measure pressure loss ratio: nitrogen and gasoil: ββββ = 0.6 
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Figure 19  Errors in gas mass flowrate using the IS O/TR 11583 Equation with 

downstream tapping to measure pressure loss ratio: nitrogen and velocite: ββββ = 0.6 
 

-8.0

-6.0

-4.0

-2.0

0.0

2.0

4.0

6.0

8.0

0.00 0.10 0.20 0.30 0.40 0.50 0.60 0.70

%
 E

rr
or

 in
 G

as
 M

as
s 

F
lo

w
ra

te

Y/Ymax

15 bar

30 bar

Uncertainty in ISO/TR 11583

 
Figure 20  Errors in gas mass flowrate using the IS O/TR 11583 Equation with 

downstream tapping to measure pressure loss ratio: nitrogen and velocite: ββββ = 0.4 
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Figure 21  Errors in gas mass flowrate using the IS O/TR 11583 Equation with 

downstream tapping to measure pressure loss ratio: nitrogen and velocite: ββββ = 0.75 
 

5.5 Analysis 
 
To evaluate the difference between the errors in gas mass flowrate using nitrogen and 
velocite and that using nitrogen and kerosene the nitrogen/kerosene data were fitted as a 
function of X for each value of pressure and Frgas and calculated values subtracted from the 
nitrogen/velocite data.  The same exercise was carried out for nitrogen/gasoil data: in this 
case at 60 bar the difference between the values of Frgas in nitrogen/gasoil and 
nitrogen/kerosene at the same nominal value of Frgas was such that corrections for the effect 
of this difference were applied.  The differences in error are given in Figures 22 – 25. 
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Figure 22  Difference in the error using the ISO/TR  11583 equation when gasoil 

replaced kerosene: ββββ = 0.6 
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Figure 23  Difference in the error using the ISO/TR  11583 equation when velocite 

replaced kerosene: ββββ = 0.6 
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Figure 24  Difference in the error using the ISO/TR  11583 equation when velocite 

replaced kerosene: ββββ = 0.4 
 
 



30th International North Sea Flow Measurement Workshop 
23 – 26 October 2012 

 

20 

-4.0

-3.0

-2.0

-1.0

0.0

1.0

2.0

3.0

0.00 0.05 0.10 0.15 0.20 0.25 0.30 0.35

D
iff

er
en

ce
 in

 e
rr

or
 (

ve
l -

ke
ro

) 
(%

)

X

15 bar, Fr(gas) = 2.5 15 bar, Fr(gas) = 3.5 15 bar, Fr(gas) = 3.0
30 bar, Fr(gas) = 2.5 30 bar, Fr(gas) = 3.5 30 bar, Fr(gas) = 4.5
60 bar, Fr(gas) = 2.5 60 bar, Fr(gas) = 3.5 60 bar, Fr(gas) = 4.5
60 bar, Fr(gas) = 5.5

Figure 25  Difference in the error using the ISO/TR  11583 equation when velocite 
replaced kerosene: ββββ = 0.75 

 
Although there is a substantial scatter in Figures 22 - 25 at least for lower X the error 
increases as Frgas reduces and is fairly constant for X from 0.025 to 0.1.  It appears that at 
least for X up to 0.1 the main change to the flow is that there is a layer of oil on the wall and so 
C takes a lower value than that in equation (6).  This is consistent with the model in ISO/TR 
11583, in which there is a wet-gas discharge coefficient.  To provide an approximate 
correction for the equation the average of the following was determined for X up to a nominal 
value of 0.1: 
 

vel kero
vel/kero

min 1,
0.016

e e
d

X

−=
 
 
 

 

 
where evel is the percentage error using velocite and nitrogen and ekero that using kerosene 
and nitrogen.  The averages are in Figure 26.  The fitted equation is 
 

vel/kero gas3.21exp( 0.33 )d Fr= −  
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Figure 26  Average shifts in gas mass flowrate for X up to a nominal value of 0.1 when 

kerosene is replaced by velocite 
 
A similar calculation was carried out for the gasoil data.  The data are shown in Figure 27.  
The fit is  
 

gasoil/kero gas1.03exp( 0.33 )d Fr= −  

 
There is a dependence on β in this case, but the effect is quite small.  The effect of changing 
from kerosene to gasoil is 31% of the effect of changing from kerosene to velocite.   
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Figure 27  Average shifts in gas mass flowrate for X up to a nominal value of 0.1 when 

kerosene is replaced by gasoil 
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If the ISO/TR 11583 equation is used with  

gas,th-0.05

wet

gas

1-0.0463e min 1,
0.016

 =  

1 exp( 0.33 ) min 1,
0.016

Fr X

C
X

a Fr

 
 
 
 

+ −  
 

 (15) 

where a = 0.0321 for velocite and 0.0103 for gasoil, then the errors in Figures 28 - 31 are 
obtained. 
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Figure 28  Errors in gas mass flowrate using the IS O/TR 11583 Equation with C given 

by Cwet as in equation (15): nitrogen and gasoil: ββββ = 0.6 
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Figure 29  Errors in gas mass flowrate using the IS O/TR 11583 Equation with C given 

by Cwet as in equation (15): nitrogen and velocite: ββββ = 0.6 
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Figure 30  Errors in gas mass flowrate using the IS O/TR 11583 Equation with C given 

by Cwet as in equation (15): nitrogen and velocite: ββββ = 0.4 
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Figure 31  Errors in gas mass flowrate using the IS O/TR 11583 Equation with C given 

by Cwet as in equation (15):  nitrogen and velocite: ββββ = 0.75 
 
It is not intended to introduce Equation (15) to ISO/TR 11583.  It has been determined in order 
to quantify the effect of liquid viscosity.  It has also shown that the main effect of liquid 
viscosity is to change the wet-gas discharge coefficient.  If an equation for wet-gas flow with 
more viscous oils were required then further analysis would be required since Equation (15) 
alone appears insufficient for Frgas = 4.5 or 5.5 at high X. 
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5.6 Horizontal tappings 
 
Given the interest in measuring wet steam (see final sentence of Appendix A) it was important 
to check that if horizontal tappings instead of vertical tappings were used ISO/TR 11583 would 
still prove satisfactory.  Figures 32 and 33 (using horizontal tappings) are not very different 
from Figures 30 and 31 (using vertical tappings). 
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Figure 32  Errors in gas mass flowrate using the IS O/TR 11583 Equation with C given 

by Cwet as in equation (15): nitrogen and velocite: ββββ = 0.4: horizontal tappings 
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Figure 33  Errors in gas mass flowrate using the IS O/TR 11583 Equation with C given 

by Cwet as in equation (15): nitrogen and velocite: ββββ = 0.75: horizontal tappings 
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6 OTHER PAPERS PUBLISHED SINCE THE BALLOT ON ISO/TR  11583 STARTED 
 
Two important papers (besides [6]) have been published since the ballot on ISO/TR 11583 
started: in October 2011 Steven et al [17] published data on wet-gas flow through orifice 
plates: the liquid was oil, water or a water/oil mixture.  Both the oil and the water data are 
consistent with the uncertainty statements made in ISO/TR 11583: the errors in the oil data 
are within 2%; the water data are biased but the errors are less than 3%.  It should be possible 
in due course to improve ISO/TR 11583 to include the revised equation from this paper. 
 
In June 2012 Steven et al [18] published data on wet-gas flow through two 8-inch β = 0.6 
Venturi tubes.  The natural gas/oil data from the “ISO-compliant” Venturi tube (its upstream 
tapping is 1D from the start of the convergent, rather than 0.5D, but the effect of this is small) 
are consistent with ISO/TR 11583.  Natural gas/oil data from a non-compliant Venturi tube 
(the radius of the corner upstream of the throat tapping is 14 times the maximum permitted for 
the compliant Venturi tube) are consistent with ISO/TR 11583.  In the paper it is stated and 
graphs are given showing that a significant fraction of the natural gas/water data for the non-
compliant Venturi tube lie outside the range promised by ISO/TR 11583.  On the basis of 
these graphs it is stated that ‘the results strengthen the position of ISO where they state that 
ISO TC30 TR11583 is not an appropriate document for use in the oil and gas industry’.  
However, if the uncorrected errors in the same graphs are correct then the corrected errors 
are within the band promised by ISO/TR 11583.  There is insufficient information given to 
enable the data for wet gas with a mixture of liquids to be recalculated, but it appears very 
likely that if the corrected errors were calculated correctly (a simple linear fit for H in terms of 
water liquid ratio should be used) that the errors would lie within the range given in ISO/TR 
11583. 
 
 
7 CONCLUSIONS 
 
This paper has described the history of ISO/TR 11583:2012.   
 
Each of the criticisms of the Venturi-tube correlations in the TR has been answered: the main 
criticism that it does not fit data outside the derivation and regression sets has been 
investigated:  
 

• For the NAM Venturi tube ISO/TR 11583 fits the data collected at CEESI (which are 
different from the earlier data from SINTEF) 

• For the K-Lab data it fits the vast majority of the data (a small number of the data 
points are interesting) 

• It fails to fit the 12” Venturi tube data because it had a dry-gas discharge coefficient of 
0.936; it is unreasonable to expect to fit such a Venturi tube 

• It does fit the recently published data for the “ISO-compliant” 8” Venturi tube from 
CEESI 

• In the opinion of the author of this paper it also fits the recently published data for the 
non-ISO-compliant 8” Venturi tube from CEESI 

 
The predicted pressure loss ratio in Venturi tubes in dry gas according to ISO/TR 11583 is 
consistent with the prediction in ISO 5167-4.  
 
The claim that the ISO/TR 11583 Venturi-tube correlation can be “improved” in a simple 
manner using the dry-gas discharge coefficient and the correlation then discredited has been 
shown to be wrong.  A better way of improving the correlation using the dry-gas discharge 
coefficient has been described. 
 
New data have been collected with Venturi tubes in nitrogen and gasoil and in nitrogen and 
velocite. For the nitrogen/gasoil data 99% of the points lie within the error bands that would 
have been expected for less viscous liquids.  Of the nitrogen/velocite data excluding only the 
data for Frgas of 1.5 or below at 15 bar 96% of the errors lie within the error bands.  
Presumably for Frgas of 1.5 or below at 15 bar too much of the velocite adheres to the walls. 
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It is not intended to introduce a Venturi-tube correlation explicitly covering more viscous liquids 
to ISO/TR 11583.  It was determined in order to quantify the effect of liquid viscosity.  It has 
also been shown that the main effect of liquid viscosity is to change the wet-gas discharge 
coefficient.   
 
Given the need to measure wet steam with Venturi tubes, it has been shown that the errors 
using horizontal tappings are not very different from those using vertical tappings. 
 
In the CEESI wet-gas data for orifice plates using oil and water as the liquids both the oil and 
the water data are consistent with the statements made in ISO/TR 11583: the errors in the oil 
data are within 2%; the water data are biased but the errors are less than 3%.   
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 NOTATION 
 
C  Discharge coefficient  
CCh Chisholm coefficient [Eqn (5)] 
d  Diameter of throat of Venturi tube  
D  Upstream diameter of Venturi tube 
Frgas  Gas densiometric Froude number [Eqn (3)] 
g  Acceleration due to gravity  
H  Function of the surface tension of the liquid 

(see 2.3.2) 
Ldown  Distance between the downstream end of the 

Venturi tube divergent section (measured 
from the end of the cone not the flange) and 
the downstream pressure tapping used to 
measure the pressure loss 

p  Absolute static pressure of the fluid  

qm  Mass flowrate  
X  Lockhart-Martinelli parameter [Eqn (2)]  
β Diameter ratio: β = d/D  
∆p Differential pressure  
∆ϖ Pressure loss (without correction for the 

pressure loss that would have taken place if 
the Venturi tube had not been present) 

ε  Expansibility [expansion] factor  
ρ  Density of the fluid  
φ Over-reading correction factor [Eqn (1)]  

Subscripts 1 and 2 denote the values at the 
upstream and throat tapping planes respectively 
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APPENDIX A 
 

DETAILED REPLY TO EACH POINT IN [6] referred to as de LEEUW et al  
 
Reply to 3 of de Leeuw et al. 
 
1 In the text of ISO/TR 11583 (outside the references) the word ‘model’ is only used 

with reference to the work of Chisholm and of Murdock.  More modern work is 
referred to as either an equation or a correlation. 

2 The equations for both the Venturi over-reading and the orifice over-reading are 
based on data mainly from one lab (NEL in the former case, CEESI in the latter) with 
supporting data from another and a small amount of data beyond that.  If the 
community decides to share its data to a larger extent that will improve equations.  
The de Leeuw equation (often used for the Venturi overreading) is based on one set 
of data from one Venturi tube in one lab: the equations in ISO/TR 11583 are based on 
much larger databases. 

3 The understanding of the effect of the physical properties of hydrocarbon fluids is 
incomplete and this is reflected in ISO/TR 11583.  The fluids on which the correlation 
has been tested are listed.  The effect of gas density is covered in ISO/TR 11583.  
Tests have been undertaken (see 5) to examine the effect of liquid viscosity.  Many 
hydrocarbons have similar surface tension.  ISO/TR 11583 is written in terms of mass 
flow. 

4 On the basis of the data it appears that the minimum number of parameters has been 
used. 

5 In the theoretical limiting cases the correlation does, I think, give good results: 

a) As X tends to 0 the equation tends to the dry-gas equation with C = 1, typical of dry-
gas Venturi tubes: the mean value of the dry-gas discharge coefficient for all the 
points in the wet-gas database used by NEL is 0.999; figure 7 of de Leeuw et al 
appears to have a similar mean. 

b) As Frgas →∞ n → 0.583 – 0.18β2, which takes values in the range 0.482 to 0.554, 
much closer to the theoretical value of 0.5 than de Leeuw’s value of 0.606. 

c) φ ≥ 1 + X. 

d) In dense phase ρgas = ρliquid and so Frgas,th →∞ and C→ 1.  Moreover, φ = 1 + X, in 
accordance with the theoretical limit. 

6 The WG would have been happy to receive technical comments to improve ISO/TR 
11583.  In practice the comments from some countries did not provide proposed 
revisions. 

7 In flow measurement it is common practice for discharge coefficient to depend on 
Reynolds number.  Here it depends on Froude number. 

8 The correlation is based on two-component data.  There is only one set of data on 
three-component flow in the public domain that can be analysed.  The correlation fits 
these data (see 3.2.4). 

9 The report gives a correlation based on available data. 

10 Venturi tubes of the same quality as those in ISO 5167-4 are required: see 6.2 of 
ISO/TR 11583.  So according to Table B.2 of ISO 5167-4 C should be in the range 
0.98 to 1.04.  In practice the discharge coefficient range in ISO 5167-4 is a little high: 
most commercial Venturi tubes are in the range 0.98 to 1.02. 



30th International North Sea Flow Measurement Workshop 
23 – 26 October 2012 

 

29 

The location of the third tapping has been specified (6.4.5 of ISO/TR 11583).  See 
3.3.  There is no contradiction with ISO 5167-4. 
 

11 ISO/TR 11583 is essentially about the use of Venturi tubes and orifice plates, and so 
the sections on liquid measurement are brief.  Reference is made to papers by van 
Maanen and by de Leeuw et al both from 2001.  Comments that were submitted on 
the draft of ISO/TR 11583 were brief and contained no ‘Proposed change by the MB’. 

12 The correlation is not a ‘pure empirical data fit’: the difference between the wet-gas 
discharge coefficient and the dry-gas discharge coefficient is probably due to the 
presence of a liquid layer on the wall [19] that suppresses humps in the data and 
reduces C.  The correlation does have the correct limiting behaviour: 1.00 is a good 
approximation of the dry-gas discharge coefficient.  The mean value of the dry-gas 
discharge coefficient for all the points in the wet-gas database used by NEL is 0.999.  
Figure 7 of de Leeuw et al appears to have a similar mean. 

13  The differential pressure should indeed be much lower than the line pressure. 

14 Limits are not obvious for any of these:  

a)  the correlation works for the line diameters tested (up to a rather small amount of 
data in 10” pipe);  

b) there is not likely to be a maximum Reynolds number (its effect on the measurements 
is small);  

c) generally the errors reduce as fluid density ratio increases; so a maximum limit on 
density ratio would probably result in the correlation not being used for flows where it 
would work; 

d) most oils in which tests could be done have fairly similar surface tension; so it is 
difficult to obtain a maximum.  6.4.1 of ISO/TR 11583 lists the fluids used for the tests. 

e) NEL subsequently did tests to look at the effect of liquid viscosity.  6.4.1 of ISO/TR 
11583 lists the fluids used for the tests and warns that the correlation may not work 
for much more viscous fluids.  In practice it works for the gasoil tests and for almost 
all the velocite tests. 

15 This limit is necessary for the application of the correlation: maybe too low a value of 
Frgas,th means that there is insufficient axisymmetry.   

Reply to 4.1 of de Leeuw et al. 
 
In flow measurement it is common practice for discharge coefficient to depend on Reynolds 
number.  Here it depends on Froude number. 
 
ISO/TR 11583 is for uncalibrated Venturi tubes of good quality (just as ISO 5167 is): see 6.2 
of ISO/TR 11583. 
 
Reply to 4.2 of de Leeuw et al. 
 
See 5 b) of Reply to 3 of de Leeuw et al above. 
 
Reply to 5.1 of de Leeuw et al. 
 
This section of de Leeuw et al is, according to the author of this paper, incorrect.  Figure 2 of 
de Leeuw et al is for Frgas = 1.5; however in dense phase ρ1,gas = ρliquid and so Frgas,th →∞ and 
so in ISO/TR 11583 C→ 1.  Moreover, ρ1,gas = ρliquid gives φ = 1 + X in ISO/TR 11583, in 
accordance with the theoretical limit.   
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Reply to 5.2, 6 and 7 of de Leeuw et al. 
 
See 3.2 above. 
 
Reply to 7 of de Leeuw et al.  
 
The question of the effect of temperature on H will, presumably, apply to Richard Steven’s 
new orifice over-reading formula. 
 
See also 3.2.4 above. 
 
Reply to 8.1 of de Leeuw et al. 
 
ISO/TR 11583 only gives brief information on liquid measurement methods.  Its main 
emphasis is on orifice and Venturi tube measurements.  Had any of this material been 
supplied to the WG it could have been incorporated.  It could form part of an amendment. 
 
Reply to 8 of de Leeuw et al. 
 
See 3.3 above. 
 
Reply to 10 of de Leeuw et al. 
 
de Leeuw et al has not revealed any problems with ISO/TR 11583 that should prevent its 
publication. 
 
If the authors of de Leeuw et al wish to present data that can be used by ISO to improve 
ISO/TR 11583 then an amendment or a revision could be issued. 
 
6.  There is interest in measuring wet steam.  In the course of an e-mail correspondence 
about measuring wet steam NMIJ wrote: ‘Congratulation on the TR 11583. You did a great 
job.  We hope we can contribute to it in the future.’  [20] 
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APPENDIX B  OVER-READINGS IN NEW EXPERIMENTAL WORK 
 
The over-readings for the data described in 5 are given in Figures B.1 – B.11.  The data for β 
= 0.6 for each liquid are given first, then the data for the other values of β. 
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Figure B.1  Over-reading with nitrogen and gasoil: ββββ = 0.6: 15 barg 
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Figure B.2  Over-reading with nitrogen and gasoil: ββββ = 0.6: 30 barg 
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Figure B.3  Over-reading with nitrogen and gasoil: ββββ = 0.6: 60 barg  

 

0.95

1

1.05

1.1

1.15

1.2

1.25

1.3

1.35

1.4

1.45

1.5

1.55

1.6

1.65

1.7

1.75

0 0.05 0.1 0.15 0.2 0.25 0.3

V
en

tu
ri 

Tu
be

 O
ve

r-
R

ea
di

ng
 (

-)

Lockhart-Martinelli Parameter (-)

Fr(gas)=1.5

Fr(gas)=2.0

Fr(gas)=2.5

Fr(gas)=3.0

 
Figure B.4  Over-reading with nitrogen and velocite : ββββ = 0.6: 15 barg  
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Figure B.5  Over-reading with nitrogen and velocite : ββββ = 0.6: 30 barg  

 

0.95

1

1.05

1.1

1.15

1.2

1.25

1.3

1.35

1.4

1.45

1.5

0 0.05 0.1 0.15 0.2 0.25 0.3

V
en

tu
ri 

Tu
be

 O
ve

r-
R

ea
di

ng
 (

-)

Lockhart-Martinelli Parameter (-)

Fr(gas)=1.5

Fr(gas)=2.5

Fr(gas)=3.5

Fr(gas)=4.5

Fr(gas)=5.5

 
Figure B.6  Over-reading with nitrogen and velocite : ββββ = 0.6: 60 barg 
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Figure B.7  Over-reading with nitrogen and velocite : ββββ = 0.4: 15 barg 
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Figure B.8  Over-reading with nitrogen and velocite : ββββ = 0.4: 30 barg 
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Figure B.9  Over-reading with nitrogen and velocite : ββββ = 0.75: 15 barg 
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Figure B.10  Over-reading with nitrogen and velocit e: ββββ = 0.75: 30 barg 
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Figure B.11  Over-reading with nitrogen and velocit e: ββββ = 0.75: 60 barg 
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Subsea Multiphase Flow Measurement – A New Approach  
 

Ö. H. Ünalmis, Weatherford Intl. 
J. Lievois, Weatherford Intl. 

 

1 ABSTRACT 

 
Multiphase flow measurement in extreme environments such as subsea or in-well is a difficult 
task for many reasons including reliability/survivability/longevity issues, accessibility to the 
equipment, and complexity of the varying flow field as a function of position and time. These 
challenges are substantial when compared to the relatively benign environments for surface 
flow measurement, but the benefits are also substantial with respect to production 
optimization and flow assurance. 
 
In the last decade, the interest in subsea multiphase flow measurement has increased 
considerably for technological as well as economical reasons. From a technological 
perspective, the emergence of new optical and electronic sensors that can operate in harsh 
environments have fueled new thinking about ways for optimizing production and lowering 
overall operating costs. From an economical perspective, the higher cost of production is 
placing a premium on a better understanding of every well’s performance. 
 
A new approach in subsea multiphase flow measurement is introduced in this work. The 
approach combines two robust and field-proven technologies. One is based on the infrared 
water-cut measurement technology which is capable of measuring water and oil 
concentrations in multiphase flow with up to 99.5% gas volume fractions. The second 
technology is based on in-well fiber-optic flow measurement capable of resolving gas and 
total liquid flow through the measurements of flow velocity, fluid mixture speed of sound, and 
absolute pressure and temperature at meter location. The in-well flowmeter is non-intrusive, 
full-bore with no permanent pressure loss, and has high resilience to erosion and corrosion. A 
Red Eye® Subsea water-cut meter positioned at the subsea wellhead makes precise 
measurements of water cut in any multiphase stream, and dynamically sends this information 
to the optical flowmeter’s computer at the offshore platform or floating production facility. The 
flow computer then utilizes this information along with the in-well measurements of velocity, 
speed of sound, pressure, and temperature. This hybrid system consisting of water-cut 
measurements at the subsea wellhead and flow measurements in the well represents a novel 
approach to subsea multiphase metering that may offer advantages to traditional systems for 
some applications. The solution is valid for all orientations from vertical to horizontal 
configurations. The current work is an introduction to how this new measurement approach 
works and how it is applied to different flow applications. 
 

2 BACKGROUND 

 

2.1 Red Eye® Subsea Water-Cut Meter 
The first Red Eye® Water-Cut meter was introduced in 1998. It was a single wavelength near-
infrared (NIR) device designed for high water cut measurement. It was essentially an oil-in-
water meter with an operating principle based on oil absorption of the NIR beam. In 2005, the 
second generation (Red Eye® 2G meter) was introduced with dramatically expanded 
capability. The Red Eye® 2G meter was designed for full range measurement (0-100% water-
cut) using four NIR wavelength bands including both oil and water absorbent bands. The 
meter body was completely redesigned converting to an insert probe style with enclosed 
electronics. The design changes included incorporation of state-of- the-art optoelectronics 
that gave the Red Eye® 2G meter detection capabilities far better than can be found on most 
laboratory spectrometers. The design changes improved accuracy across the board and 
expanded the operating envelope in terms of pressure, temperature, water-cut, free gas 

fltough
Stamp
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immunity, and sand immunity [1 – 2]. Over 1,500 meters have been installed worldwide since 
2005. 
 
In 2009, the Red Eye® MP meter was introduced for standalone water-cut measurement in a 
multiphase or wet-gas stream. The Red Eye® MP meter is based on the 2G platform and 
extends the excellent free gas immunity to any multiphase stream. While the Red Eye® 2G 
meter can handle roughly 20%  gas volume fraction (GVF) without measurement error, the 
MP version can be used up to 99.5% GVF [3]. The Red Eye® MP meter was designed for 
standalone water-cut measurement at the wellhead and is also used in Weatherford’s Alpha 
VSRD multiphase meter. In 2008, a joint industry project was formed by a number of major oil 
companies to validate the Red Eye® MP meter with an eye towards eventually applying this 
technology subsea.  
 

                  

Figure 1: Red Eye ® MP and Subsea Water-Cut Meters 

 
The development of the Subsea Red Eye® water-cut meter was primarily a marinization 
exercise. The measurement capabilities are essentially the same as found on the Red Eye® 
MP meter. The design changes are based on handling the subsea environment and process 
pressures up to 15,000 psi. Additionally, design changes were made to extend service-free 
operational lifetime to over 25 years and to support SIIS II and SIIS III communications. As of 
the date of this publication, production prototypes have been flow loop tested but there have 
been no subsea deployments. The first commercial units will be delivered in 2013. 
 

2.2 In-Well Optical Flowmeter 
 
The optical flow measurement technology was first introduced to the oilfield in deepwater Gulf 
of Mexico at a depth of 6.5 km in the year 2000 [4 – 5]. The flowmeter provided valuable 
pressure, temperature, and volumetric flow rates. Another field trial was conducted in June 
2001 in Oman [6]. The objective of the field trial was to determine the capability of the meter 
to operate with heavy and viscous crude, as well as its operability in the presence of electric 
submersible and beam pumps. In addition to these initial field trials at these early stages, 
there was one installation in a gas condensate well offshore of Trinidad in the first half of 2002 
[7 – 9]. This installation practically represented the first gas/liquid two-phase installation and 
the first application measuring a downhole flowing gas phase. In the first month of the 
installation, the free gas fraction downhole increased from 0 to above 60% levels, indicating 
gas coning. The early and rapidly changing free gas production coupled with the high 
deviation of the well resulted in a flow from an initial simple homogeneous flow regime to a 
complex heterogeneous one with significant slippage between the oil and gas phases. The 
flow eventually turned into a gas-rich flow and the production change was captured by the 
flowmeter with excellent agreements to the test separator. In one particular case, the 
flowmeter helped diagnosing a test separator failure due to a leakage, and as a result, the 
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test separator was taken out of service and potential allocation errors were prevented. Five 
years after the installation, the operator reported a failed component in the top-side 
equipment. The failed component was replaced and the firmware was upgraded. This was 
sufficient to reestablish the communication between the top-side instrumentation and the 
downhole flowmeter. The comparisons of test separator and the flowmeter in late 2007 have 
shown that the gas flow rates were still within 3% of the test separator with excellent 
flowmeter signal quality [10]. This was a validation of the flowmeter from functionality, 
continuity, and accuracy perspectives. 
 
Built on the field-proven two-phase flowmeter, a three-phase version of the in-well optical 
flowmeter was installed in a North Sea well in the first half of 2003. However, the well has not 
produced water phase yet, and the three-phase methodology could not be demonstrated in 
the field. In a subsequent effort in 2006, a joint industry project (JIP) was formed to evaluate 
the three-phase flowmeter performance using this methodology under controlled laboratory 
conditions. A multiphase flow loop in Porsgrunn/Norway was used for a 3-week test program 
which included an extensive test matrix with two different realistic pressures to replicate the 
downhole conditions. The three-phase measurement methodology requires differential 
pressure (∆P) measurement between two pressure sensors separated vertically by about 100 
m. Since this was not possible in laboratory, a non-ideal electronic ∆P system was developed. 
The test results were successful overall, and an operation envelope was developed. The 
three-phase measurement capability of the in-well flowmeter for near-vertical wells is currently 
being investigated for horizontal applications with some hardware modifications and subject of 
another JIP study. 
 
One of the key developments started in late 2006 was the field-wide use of optical flowmeters 
in the North Sea where the optical sensing deployment was planned with an initial scope of 
27 wells. Each well was equipped with two-phase optical flowmeters at depths where the 
pressure is above bubblepoint, and to date, the flowmeters have been providing excellent 
phase flow rate measurements of oil/water mixture [11]. Because these systems have 
demonstrated extremely reliable performance, the number of meters in this particular field has 
grown to 30. All of the two-phase flowmeters are supported by a single top-side 
instrumentation, and as new flowmeters are installed, they are added to the instrumentation 
interface. As a testimony to the successful field-wide installation and operation of optical 
flowmeters, the operator decided to implement a new field-wide installation program in the 
development of a new field with multizone wells. The wells will have 3 to 4 zones with an 
installation plan of one flowmeter per zone. 
 
The optical flowmeter has become an important component of permanent downhole 
monitoring systems (PDMS) especially for applications where flow measurement is required 
and/or valuable. One such application was a 4-zone intelligent water-alternating-gas (WAG) 
injector installation in the North Sea in 2004 which was one of the milestones in using the 
flowmeter in the presence of inflow control valves (ICVs). This first experience with the ICVs 
provided an initial understanding of the behavior of optical flowmeter under high acoustics 
originated from the presence of ICVs [12]. When increasing the injection rates from moderate 
levels to high levels, the flowmeter signals were being affected adversely. The operator and 
the equipment manufacturer worked together to investigate the issue in a step-rate test. 
Improvements were made in the flowmeter data acquisition software which gave it a faster 
acquisition capability to handle the fast-changing flow conditions, and the flowmeters regained 
functionality. These improvements were made while the flowmeter was in operation. A similar 
experience was gained from the two-phase flowmeter installations in Middle East as a part of 
an intelligent well completion system in a tri-lateral maximum reservoir contact well in 2006. 
This particular system also included ICVs to optimize the production and three two-phase 
flowmeters were installed with ICVs. A series of production tests with various combinations of 
ICV settings (i.e., valve openings) were conducted. The flowmeters were functioning normally 
for most of the ICV settings with some exceptions: at lower ICV settings, the dramatic area 
change across ICV generated severe acoustic noise which dominated the flow signal [13 – 
14]. One reason that contributed to this result was the fact that the flowmeters were in close 
proximity to ICVs. Recognizing the adverse effect of ICVs on the flowmeters, an R&D 
program was started to develop a new generation optical flowmeter system to overcome this 
issue. Starting in 2006, the flowmeter system was essentially redesigned to make it acoustic-
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tolerant. The development process was completed in 2010, resulting in new generation 
acoustic-tolerant flowmeter systems. A fair amount of development tests in laboratory, as well 
as performance testing under realistic conditions were part of this program [15]. Furthermore, 
following the successful laboratory tests, two more field tests were conducted at the same 
location in the Middle East with excellent results. 
 
A more complete background of the in-well optical flowmeter, its development from initial 
prototype to latest state, its technology, its strong and weak points with specific field examples 
have been discussed in a recent work [16]. 
 

3 SUBSEA FLOWMETER INTRODUCTION – COMPONENTS 

 

3.1 Red Eye® Subsea Water-Cut Meter Operating Principle 
 
The Red Eye® subsea water-cut meter is the subsea version of the Red Eye® MP water-cut 
meter designed for accurate measurement of water detection, water-cut, and water-methanol 
ratio (or other typical hydrate inhibitor) in any multiphase stream. The wetted end consists of a 
flange mounted insertion style probe (Figure 2). The probe is made of high strength and 
corrosion resistant alloys (Incoloy 925 and Hastelloy C276) with permanently sealed sapphire 
optical windows. The meter is completely self-contained with the electronics canister attached 
above the flange. The meter requires low DC power (<8 watts) and supports a variety of 
digital outputs. 
 

 

Figure 2 – Red Eye ® Subsea water-cut meter probe. 

 
The water-cut meter’s key features include non-nuclear measurement approach, unit 
compactness, measurement robustness, low power usage, phase density independence, 
salinity independence, and slug frequency calculation mode as well as its capability of 
providing real-time instantaneous water-cut measurement or a liquid-weighted average over a 
user-specified time period. The meter is also capable of measuring relative concentrations of 
water and methanol or other typical hydrate inhibitors. The meter is available for any process 
line. The pressure rating of the Red Eye® Subsea water-cut meter is 15,000 psi and the 
operating temperature range is from -40 °C to 150 °C. 
 
The Red Eye® Subsea water-cut meter derives the measurement from NIR absorption 
spectroscopy where different phases such as water, oil, natural gas, and hydrate inhibitors 
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have unique absorption profiles. NIR is particularly well suited to detect and quantify 
hydrocarbons and water due to the overtone absorption bands for O-H and C-H bonds. 
Furthermore, since the absorption is based on the water molecule itself, there is no sensitivity 
to water chemistry issues like salinity. 
 
The meter has five wavelength bands optimized for measuring relative concentration of oil, 
water, and, methanol (Figure 3). Additionally, the strong absorption peak of water at 1950 nm 
relative to all other components provides unparalleled water detection capabilities that are 
insensitive to gas or liquid hydrocarbon properties. 
 

 

Figure 3 – Typical wavelengths for Red Eye ® Subsea water-cut meter. 

 
The meter’s internal algorithms calculate relative concentrations based on individual 
component calibrations via sophisticated chemometrics. The absorption profile for natural gas 
can be assumed to be zero for all channels at low pressures less than 500 psi (34.5 bar). At 
higher pressures, gas absorbance starts to play a minor role but it is linear with pressure and 
easy to accommodate. Typical changes in gas composition do not affect the measurement. 
 
In high GVF streams the liquid tends to flow along the pipe wall. By positioning the sensor 
gap at the pipe wall, the Red Eye® Subsea water-cut meter can accurately characterize the 
liquid even when the concentration is low relative to the gas content. Importantly, calibrations 
are robust and need not be repeated for modest density changes in the phases. 
 

3.2 In-Well Optical Flowmeter Operating Principle 
 
The in-well optical flowmeter was introduced into the oilfield in 2000 and has been proven as 
a reliable, accurate, and highly repeatable flow measurement device. The flowmeter itself is a 
key component of a PDMS which may also include one or two optical P/T gauges, optical 
array temperature sensing (ATS), and/or optical distributed temperature sensing (DTS) 
systems. Weatherford’s PDMS has been designed with the philosophy of having low 
complexity and passive components downhole while keeping active electronic equipment on 
the surface to ensure high reliability and measurement accuracy. The optical flowmeter is 
typically built as a single integrated assembly with a two-phase flowmeter and a P/T gauge. A 
typical PDMS system consisting of a top-side instrumentation rack and a downhole flowmeter 
is shown in Figure 4. 
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The optical flowmeter is non
high resilience to erosion and corrosion. It has no exposed sensors, moving parts, or 
downhole electronics. Flow m
tool for producer and injector wells.
 
The in-well flowmeter is optically attached to surface instrumentation where the flow signals 
are processed by a flow computer. 
distances up to 25 km. This gives the flexibility of using the in
combination with subsea equipment by utilizing umbilicals
located in the computer uses a parameter
fluid flow are listed as PVT tables for a range of 
phase properties include speed of sound (SoS) tables for the individual phases as well as 
other pertinent information such as density, viscosity, and volume formation factors. Because 
all these values are different for each application, they need to be determined based on PVT 
analysis of bottomhole fluid samples. A full and recent PVT report is one of the requireme
that the operator is expected to provide.
 

3.2.1 Flowmeter Size, P/T Ratings, and Material Options
 
The optical flow measurement technology is applicable to any pipe size. However, there are 
some standard sizes that are commonly used. These standard 
below. 
 

Table 1 – Standard S

Size Weight  Minimum ID
[in.] [lbm/ft] [in.] 

2-3/8 4 to 5.8 1.867
2-7/8 6.4 to 8.6 2.259
3-1/2 9.2 to 10.2 2.922
4-1/2 12.75 to 15.1 3.758
5-1/2 17 to 20 4.778

 
The minimum flow rates in Table 1 were calculated based on a conservative 1 m/s water flow 
velocity under standard conditions. Depending on the fluid density, the 
will change. Two different material options are available for the optical flowmeter: a standard 
version which uses Super Duplex 25 Chrome and a high
version which uses Inconel 718. The HP/HT version is used for demanding applications s
as deep water. The material options and the corresponding P 
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Figure 4 – Fiber-optic flowmeter. 

The optical flowmeter is non-intrusive, full-bore (i.e., no permanent pressure loss), and has 
high resilience to erosion and corrosion. It has no exposed sensors, moving parts, or 

Flow measurement is bidirectional, making the flowmeter 
tool for producer and injector wells. 

well flowmeter is optically attached to surface instrumentation where the flow signals 
are processed by a flow computer. The system is capable of transmitting optical signals to 
distances up to 25 km. This gives the flexibility of using the in-well optical flowmeter in 
combination with subsea equipment by utilizing umbilicals that include fiber. 
located in the computer uses a parameter file in which the single-phase properties for a given 
fluid flow are listed as PVT tables for a range of pressures and temperatures
phase properties include speed of sound (SoS) tables for the individual phases as well as 

mation such as density, viscosity, and volume formation factors. Because 
all these values are different for each application, they need to be determined based on PVT 
analysis of bottomhole fluid samples. A full and recent PVT report is one of the requireme
that the operator is expected to provide. 

Size, P/T Ratings, and Material Options  

The optical flow measurement technology is applicable to any pipe size. However, there are 
some standard sizes that are commonly used. These standard sizes are listed in Table 1 

Sizes and Minimum Flow Rates for Optical F lowmeters
 

Minimum ID  Maximum ID  Standard O D Minimum Flow Rate
 [mm] [in.] [mm] [in.] [mm] [B/D]

1.867 47.4 2.041 51.8 4.375 111.1 960
2.259 57.4 2.441 62.0 4.875 123.8 1,400
2.922 74.2 2.992 76.0 5.500 139.7 2,350
3.758 95.5 3.958 100.5 6.500 165.1 3,900
4.778 121.4 4.892 124.3 7.500 190.5 6,300

The minimum flow rates in Table 1 were calculated based on a conservative 1 m/s water flow 
conditions. Depending on the fluid density, the minimum flow rates 

Two different material options are available for the optical flowmeter: a standard 
version which uses Super Duplex 25 Chrome and a high-pressure/high-temperature (HP/HT) 
version which uses Inconel 718. The HP/HT version is used for demanding applications s
as deep water. The material options and the corresponding P & T ratings are given in Table 2.

 

 

bore (i.e., no permanent pressure loss), and has 
high resilience to erosion and corrosion. It has no exposed sensors, moving parts, or 

easurement is bidirectional, making the flowmeter a valuable 

well flowmeter is optically attached to surface instrumentation where the flow signals 
nsmitting optical signals to 

well optical flowmeter in 
. A flow algorithm 

phase properties for a given 
temperatures. The single-

phase properties include speed of sound (SoS) tables for the individual phases as well as 
mation such as density, viscosity, and volume formation factors. Because 

all these values are different for each application, they need to be determined based on PVT 
analysis of bottomhole fluid samples. A full and recent PVT report is one of the requirements 

The optical flow measurement technology is applicable to any pipe size. However, there are 
sizes are listed in Table 1 

lowmeters  

Minimum Flow Rate  
[B/D] [m3/D] 
960 153 

1,400 225 
2,350 375 
3,900 620 
6,300 1,000 

The minimum flow rates in Table 1 were calculated based on a conservative 1 m/s water flow 
minimum flow rates 

Two different material options are available for the optical flowmeter: a standard 
temperature (HP/HT) 

version which uses Inconel 718. The HP/HT version is used for demanding applications such 
T ratings are given in Table 2. 
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Table 2 – Material 

Material  

Super Duplex 25 Chrome

Inconel 718 

3.2.2 Measurement P hysics
 
The flowmeter technology is based on turbulent flow measurements inside the tubing at the 
point of the sensor. Turbulent pipe flow contains self
fluctuations that convect at a velocity near the volumetrically
pressure fluctuations (sometimes called vortices or eddies) are of different length scales from 
the smallest Kolmogorov scale to the largest pipe diameter and remain coherent for several 
pipe diameters as they convect with the flow through the
itself as new vortices are continuously generated by frictional forces acting between the fluid 
and the pipe wall as well as within the fluid itself. As these vortices convect with the flow 
through the pipe, their sound waves also propagate at the sonic velocity in both upstream and 
downstream directions. 

Figure 5 – Turbulent pipe flow
waves propagate in both directions

 
In a turbulent pipe flow, the pressure at any time consists of two components: a static 
component and a dynamic component due to turbulent flow (
downhole static pressure component could be in the order of 10 million Pa while the dynamic 
pressure component could be in the order of 100 Pa. 
flowmeter’s position in the well and reservoir conditions, whereas the dynamic component 
requires flow motion and is typically a result of the turbulent fluctuating velocities of the 
convecting vortices. It is this dyn
cause local changes in the radial strain of the pipe wall

Figure 6 – P ipe 
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Material Options for Standard and HP/HT V ersions
 

P Rating  Operating T  Storage T

Super Duplex 25 Chrome 690 bar 
(10,000 psi) 

25°C – 125°C 
(77°F–257°F) 

-50°C 
(-58°F

 1000 bar 
(14,500 psi) 

25°C – 150°C 
(77°F–302°F) 

-50°C 
(-58°F

hysics  

The flowmeter technology is based on turbulent flow measurements inside the tubing at the 
point of the sensor. Turbulent pipe flow contains self-generating turbulent pressure 
fluctuations that convect at a velocity near the volumetrically-averaged flow vel
pressure fluctuations (sometimes called vortices or eddies) are of different length scales from 
the smallest Kolmogorov scale to the largest pipe diameter and remain coherent for several 
pipe diameters as they convect with the flow through the pipe (Figure 5). This process repeats 
itself as new vortices are continuously generated by frictional forces acting between the fluid 

l as well as within the fluid itself. As these vortices convect with the flow 
through the pipe, their sound waves also propagate at the sonic velocity in both upstream and 

pipe flow : eddies convecting in flow direction while their sou nd 
waves propagate in both directions . 

In a turbulent pipe flow, the pressure at any time consists of two components: a static 
component and a dynamic component due to turbulent flow (Figure 6
downhole static pressure component could be in the order of 10 million Pa while the dynamic 
pressure component could be in the order of 100 Pa. The static component is a function of 
flowmeter’s position in the well and reservoir conditions, whereas the dynamic component 
requires flow motion and is typically a result of the turbulent fluctuating velocities of the 
convecting vortices. It is this dynamic pressure by these vortices or their sound

radial strain of the pipe wall. 

 

ipe is exposed to static and dynamic pressures

 

ersions  

Storage T  
50°C – 125°C 
58°F–257°F) 

50°C – 150°C 
58°F–302°F) 

The flowmeter technology is based on turbulent flow measurements inside the tubing at the 
generating turbulent pressure 
averaged flow velocity. These 

pressure fluctuations (sometimes called vortices or eddies) are of different length scales from 
the smallest Kolmogorov scale to the largest pipe diameter and remain coherent for several 

This process repeats 
itself as new vortices are continuously generated by frictional forces acting between the fluid 

l as well as within the fluid itself. As these vortices convect with the flow 
through the pipe, their sound waves also propagate at the sonic velocity in both upstream and 

 

eddies convecting in flow direction while their sou nd 

In a turbulent pipe flow, the pressure at any time consists of two components: a static 
6). Typically, the 

downhole static pressure component could be in the order of 10 million Pa while the dynamic 
The static component is a function of 

flowmeter’s position in the well and reservoir conditions, whereas the dynamic component 
requires flow motion and is typically a result of the turbulent fluctuating velocities of the 

sound waves that 

is exposed to static and dynamic pressures . 
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The strain of the pipe circumference is captured by an array of optical sensors externally 
mounted onto the sensor tube. This strain amount is then converted to a physical pressure
and fed into an advanced array processing algorithm from which 
sensors for the vortices and their sound waves are determined. The velocity of the vortices 
and the SoS of the fluid mixture are then calculated based on the time of flight and the known 
distances between the sensors.
 

3.2.3 Phase Flow Rates  
 
Once the flow velocity is determined, the 
product of the corrected velocity and the flowmeter cross
does not provide information on what is flowing through the pipe if 
or more phases. To determine the phase flow rates in a two
information is used. Example plots for gas/liquid (G/L) and liquid/liquid (L/L) flows showing the 
variation of SoS as a function of WLR or 
plot shows the L/L case in which the left and right y
water SoS, respectively. The lower plots show two G/L cases in which the left y
the single-phase gas SoS. The L/L plot shows a quadratic var
a given mixture, whereas the G/L plot appears more challenging as for some SoS 
measurements do not yield a unique solution. In this case, the 
selected based on independent
to resolve the phase flow rates correctly.
 

Figure 7 – Two- phase SoS variation with WLR or HL for L/L and G/L cases

 
The optical flowmeter can also resolve three
cut meter, but the solution req
necessary: in this particular 
required two-phase measurements of ve
flowmeter is used in combination with a secondary P/T gauge installed at a vertical distance 
of about 100 m from the flowmeter. 
relating it to the hydrostatic press
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of the pipe circumference is captured by an array of optical sensors externally 
mounted onto the sensor tube. This strain amount is then converted to a physical pressure
and fed into an advanced array processing algorithm from which the time of flight bet
sensors for the vortices and their sound waves are determined. The velocity of the vortices 
and the SoS of the fluid mixture are then calculated based on the time of flight and the known 
distances between the sensors. 

 

Once the flow velocity is determined, the total volumetric flow rate can be calculated by the 
product of the corrected velocity and the flowmeter cross-sectional area. Th
does not provide information on what is flowing through the pipe if the flow is a mixture of two 

more phases. To determine the phase flow rates in a two-phase flow, the measured SoS 
Example plots for gas/liquid (G/L) and liquid/liquid (L/L) flows showing the 

variation of SoS as a function of WLR or liquid hold up (HL) are given in Figure 
plot shows the L/L case in which the left and right y-axes denote the single-phase oil SoS and 
water SoS, respectively. The lower plots show two G/L cases in which the left y

The L/L plot shows a quadratic variation but the SoS is unique for 
a given mixture, whereas the G/L plot appears more challenging as for some SoS 
measurements do not yield a unique solution. In this case, the solution domain must be 

independent knowledge of the field (i.e., gas-rich or liquid
to resolve the phase flow rates correctly. 

phase SoS variation with WLR or HL for L/L and G/L cases

The optical flowmeter can also resolve three-phase flows in the absence of Red Eye
requires a more complex treatment since additional information is 

particular case, flowmeter makes density measurement in addition to the 
phase measurements of velocity and SoS. To achieve this, 

flowmeter is used in combination with a secondary P/T gauge installed at a vertical distance 
of about 100 m from the flowmeter. By measuring the ∆P between the P/T gauges and 
relating it to the hydrostatic pressure and the frictional pressure drop, the density of the 

 

of the pipe circumference is captured by an array of optical sensors externally 
mounted onto the sensor tube. This strain amount is then converted to a physical pressure 

the time of flight between the 
sensors for the vortices and their sound waves are determined. The velocity of the vortices 
and the SoS of the fluid mixture are then calculated based on the time of flight and the known 

volumetric flow rate can be calculated by the 
sectional area. The total flow rate 

the flow is a mixture of two 
phase flow, the measured SoS 

Example plots for gas/liquid (G/L) and liquid/liquid (L/L) flows showing the 
Figure 7: the upper 
phase oil SoS and 

water SoS, respectively. The lower plots show two G/L cases in which the left y-axis denote 
iation but the SoS is unique for 

a given mixture, whereas the G/L plot appears more challenging as for some SoS 
solution domain must be 

rich or liquid-rich application) 

 

phase SoS variation with WLR or HL for L/L and G/L cases . 

in the absence of Red Eye® water-
since additional information is 

case, flowmeter makes density measurement in addition to the 
locity and SoS. To achieve this, a two-phase 

flowmeter is used in combination with a secondary P/T gauge installed at a vertical distance 
P between the P/T gauges and 

ure and the frictional pressure drop, the density of the 
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mixture can be calculated through an iterative process. 
near-vertical wells and additional requirements 
well-mixed flows). An example of SoS/density variation of a three
is shown in Figure 8. The 
envelope bounded by the 
gas/water. The solution domain also includes 
intersect the oil/water two-phase curve at
The HL contours represent 60, 70, 80, 90, 95, and 98% HL values from bottom to top. An 
arbitrary three-phase measurement point is also plotted between 20 
98% HL contours. The HL is defined by the volum
mixture, whereas WLR is defined by the volume amount of water in the total liquid volume.
 

Figure 8 – Example of SoS/density plot for three

 
As shown in the plots in Figure 
specific HL and WLR pair. The 
measuring the SoS and the density of the fluid mixture and determining the corresponding HL 
and WLR. In closed form, the HL and WLR can be represented by the following functional 
forms: 
 

(
(SoSfWLR

SoSfHL

m

m

, ,

, ,

ρ
ρρ

=

=

 
where r, t represent pipe geometry (radius and thickness) and 

(modulus of elasticity). The SoS and mixture density 

known densities of individual phases 

speed of sounds ( gwo aaa ,,
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mixture can be calculated through an iterative process. The solution is restricted to vertical or 
additional requirements are necessary for flow conditions (non

An example of SoS/density variation of a three-phase oil/water/gas mixture 
The three-phase solution domain is depicted by 

envelope bounded by the two-phase solution curves marked as oil/water, gas/oil, and 
The solution domain also includes contours of HL and WLR. The WLR contours 

phase curve at 20, 40, 60, and 80% WLR values from left to right. 
The HL contours represent 60, 70, 80, 90, 95, and 98% HL values from bottom to top. An 

phase measurement point is also plotted between 20 – 40% WLR and 95 
The HL is defined by the volume amount of liquid in the total volume of the 

mixture, whereas WLR is defined by the volume amount of water in the total liquid volume.

Example of SoS/density plot for three -phase flow (oil, water, and gas)

Figure 8, a given SoS and density measurement pair correspond to a 
specific HL and WLR pair. The three-phase measurement approach is 
measuring the SoS and the density of the fluid mixture and determining the corresponding HL 
and WLR. In closed form, the HL and WLR can be represented by the following functional 

)
)Etraaa

Etraaa

gwogwo

gwogwo

,,,,,,,,,

,,,,,,,,

ρρρ
ρρρ

   

represent pipe geometry (radius and thickness) and E represents pipe material 

(modulus of elasticity). The SoS and mixture density ( )mρ  measurements along with the 

known densities of individual phases ( )gwo ρρρ ,,  as well as the known individual phase 

)g  allow the direct calculation of HL and WLR. Once the HL and 

 

The solution is restricted to vertical or 
for flow conditions (non-slug, 

phase oil/water/gas mixture 
 the three-phase 

phase solution curves marked as oil/water, gas/oil, and 
contours of HL and WLR. The WLR contours 

80% WLR values from left to right. 
The HL contours represent 60, 70, 80, 90, 95, and 98% HL values from bottom to top. An 

40% WLR and 95 – 
e amount of liquid in the total volume of the 

mixture, whereas WLR is defined by the volume amount of water in the total liquid volume. 

 

phase flow (oil, water, and gas) . 

, a given SoS and density measurement pair correspond to a 
phase measurement approach is then based on 

measuring the SoS and the density of the fluid mixture and determining the corresponding HL 
and WLR. In closed form, the HL and WLR can be represented by the following functional 

(Eq. 1) 

represents pipe material 

measurements along with the 

as well as the known individual phase 

allow the direct calculation of HL and WLR. Once the HL and 
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WLR are determined, the volumetric phase flow rates 
functional expressions: 
 

(
(
( )AVHLfQ

VWLRHLfQ

VWLRHLfQ

g

w

,,

,,

,,0

=
=
=

 
where V is the measured and calibrated flow velocity and 
flowmeter conduit. The standard flow rates are 
 

4 SUBSEA FLOWMETER

 
A new approach in subsea multiphase flow measurement is introduced. The approach 
combines two robust and field
 

1. Water-cut measurement:
of measuring water and oil concentrations in multiphase flow with up to 99.5% gas 
volume fractions. 
 

2. Flow measurement:
resolving gas and total liquid flow through the measurements of flow velocity, fluid 
mixture SoS, and absolute pressure and temperature at meter location. The in
flowmeter itself is non
high resilience to erosion and corrosion

 
A schematic of the subsea multiphase flowmeter syste
Subsea water-cut meter positioned at the subsea wellhead makes precise measurements of 
water cut in any multiphase stream, and dynamically sends this information to the optical 
flowmeter’s computer at the offshore platform or floating production facility. The flow computer 
then utilizes this information along with the in
and temperature. This hybrid system consisting of water
wellhead and flow measurements in the well represents a novel approach 
multiphase flowmetering that may offer 
applications. The solution is valid for all orientations f

Figure 9 – Schematic of subsea multiphase flowmeter system
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WLR are determined, the volumetric phase flow rates can be calculated from

)
)AV

AV

,

,

      

is the measured and calibrated flow velocity and A is the cross-sectional area of the 
The standard flow rates are then obtained by means of the PVT tables

SUBSEA FLOWMETER  – COMBINED SYSTEM 

A new approach in subsea multiphase flow measurement is introduced. The approach 
combines two robust and field-proven Weatherford technologies: 

cut measurement:  NIR water-cut measurement technology which is capable 
ater and oil concentrations in multiphase flow with up to 99.5% gas 

Flow measurement:  In-well fiber-optic flow measurement technology capable of 
resolving gas and total liquid flow through the measurements of flow velocity, fluid 

, and absolute pressure and temperature at meter location. The in
is non-intrusive, full-bore with no permanent pressure loss, and has 

high resilience to erosion and corrosion. 

A schematic of the subsea multiphase flowmeter system is shown in Figure 9
cut meter positioned at the subsea wellhead makes precise measurements of 

water cut in any multiphase stream, and dynamically sends this information to the optical 
flowmeter’s computer at the offshore platform or floating production facility. The flow computer 
then utilizes this information along with the in-well measurements of velocity, 
and temperature. This hybrid system consisting of water-cut measurements at the subsea 
wellhead and flow measurements in the well represents a novel approach 
multiphase flowmetering that may offer significant advantages to traditional systems for some 
applications. The solution is valid for all orientations from vertical to horizontal configurations

 

Schematic of subsea multiphase flowmeter system

 

from the following 

(Eq. 2) 

sectional area of the 
ined by means of the PVT tables. 

A new approach in subsea multiphase flow measurement is introduced. The approach 

cut measurement technology which is capable 
ater and oil concentrations in multiphase flow with up to 99.5% gas 

optic flow measurement technology capable of 
resolving gas and total liquid flow through the measurements of flow velocity, fluid 

, and absolute pressure and temperature at meter location. The in-well 
bore with no permanent pressure loss, and has 

9. The Red Eye® 
cut meter positioned at the subsea wellhead makes precise measurements of 

water cut in any multiphase stream, and dynamically sends this information to the optical 
flowmeter’s computer at the offshore platform or floating production facility. The flow computer 

well measurements of velocity, SoS, pressure, 
urements at the subsea 

wellhead and flow measurements in the well represents a novel approach in subsea 
advantages to traditional systems for some 

rom vertical to horizontal configurations. 

Schematic of subsea multiphase flowmeter system . 
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The new approach is illustrated in 
previous section, the density of the fluid mixture is not measured in this new approach. The 
flowmeter measures the velocity but receives the WL
cut meter located at the subsea level. Hence, we will denote this water
The WLRss is expected to be different from the in
flowmeter. However, WLRss

corresponding density value at which the measured SoS and WLR
defines the density of the fluid mixture. 
densities. In addition to the water
qualitative measure of the 
determine which side of the SoS
model between the gas and liquid
determined. 
 

Figure 10 – Schematic of 

 
A flow diagram showing the process for the new approach is shown in 
flowmeter consists of a Red Eye
two-phase optical flowmeter integrated with a P/T gauge installed in the well. The WLR
measured by the Red Eye® meter
P/T gauge; and flow velocity and SoS of the fluid mixture are measured by the 
optical flowmeter. Once all the information is obtained from the components, the in
cut is calculated from a PVT model. The mixture density is then estimated as a function of HL 
by the following expression: 
 

( inm WLRHLfρ ,=

 
The estimated mixture density is then used in its functional
and the corresponding HL is calculated from a second order quadratic equation:
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The new approach is illustrated in Figure 10. Unlike the existing approach described in the 
previous section, the density of the fluid mixture is not measured in this new approach. The 
flowmeter measures the velocity but receives the WLR information from the Red Eye
cut meter located at the subsea level. Hence, we will denote this water-cut value as WLR

is expected to be different from the in-situ WLR at the location of the in
ss can be converted to in-situ WLR using a PVT model. The 

corresponding density value at which the measured SoS and WLRin-situ 
defines the density of the fluid mixture. For some SoS values, there are not unique 

. In addition to the water-cut determination, the Red Eye® meter also provides a 
qualitative measure of the G/L ratio at the sensor. This measurement can be used to 
determine which side of the SoS/density curve applies. After implementing a multiphase slip

gas and liquid phases, the corresponding phase flow rates can be 

Schematic of the new approach used in subsea three- phase flow 
measurement. 

A flow diagram showing the process for the new approach is shown in Figure 
flowmeter consists of a Red Eye® Subsea water-cut meter installed at the subsea level and a 

phase optical flowmeter integrated with a P/T gauge installed in the well. The WLR
meter; the in-situ pressure and temperature are measured by the 

P/T gauge; and flow velocity and SoS of the fluid mixture are measured by the 
optical flowmeter. Once all the information is obtained from the components, the in

ted from a PVT model. The mixture density is then estimated as a function of HL 
 

)gwosituin ρρρ ,, ,−      

The estimated mixture density is then used in its functional “HL” form in the SoS equation [
and the corresponding HL is calculated from a second order quadratic equation:

 

. Unlike the existing approach described in the 
previous section, the density of the fluid mixture is not measured in this new approach. The 

R information from the Red Eye® water-
cut value as WLRss. 

situ WLR at the location of the in-well 
situ WLR using a PVT model. The 

 curves intersect 
re are not unique mixture 

meter also provides a 
ratio at the sensor. This measurement can be used to 

After implementing a multiphase slip 
phases, the corresponding phase flow rates can be 

 

phase flow 

Figure 11. The subsea 
lled at the subsea level and a 

phase optical flowmeter integrated with a P/T gauge installed in the well. The WLRss is 
situ pressure and temperature are measured by the 

P/T gauge; and flow velocity and SoS of the fluid mixture are measured by the two-phase 
optical flowmeter. Once all the information is obtained from the components, the in-situ water 

ted from a PVT model. The mixture density is then estimated as a function of HL 

(Eq. 3) 

“HL” form in the SoS equation [17] 
and the corresponding HL is calculated from a second order quadratic equation: 



30th International North Sea Flow Measurement Workshop 
23 – 26 October 2012 

 

12 
 

( )EtraaaWLRSoSfHL gwogwoss ,,,,,,,,,, ρρρ=    (Eq. 4) 

 
In the next step, a multiphase slip model is implemented between the liquid and gas phases. 
The liquid and gas superficial phase velocities are estimated and the in-situ phase flow rates 
are calculated. This process is followed by the calculation of the phase flow rates for the 
standard conditions at the surface. 
 

 

 

Figure 11 – Schematic of solution method. 

 

4.1 Advantages of the New Solution 
 
Current subsea multiphase flowmetering solutions have some similar components based on 
the same technology. For example, they all include a Venturi section for flow rate 
measurement and various versions of gamma-ray sources for phase fraction or density 
measurement. Although these components have been proven in the field, it is also known that 
they have some fundamental issues associated with their design. The new solution should 
provide significant advantages over the existing subsea multiphase flow measurement 
solutions. Some of the advantages of the new solution are listed below: 
 

1. Non-nuclear:  Most subsea flowmeters have gamma-ray detectors which are based 
on nuclear technology. This approach introduces regulatory concerns, potential 
export/import difficulties, special training requirements, as well as potential liability 
issues.  Furthermore, these devices are not immune to failures [18]. One less obvious 
disadvantage of nuclear-based tools is their lifetime. For example, Cesium-137, which 
is frequently used in these devices, has a half-life of 30 years. Manufacturers often 
quote a useable lifetime of 15 years. The new solution, on the other hand, is based 
on robust and field-proven turbulent flow measurements and eliminates all the issues 
pertinent to nuclear devices. 
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2. Zonal measurement:  One of the main advantages of the new solution is its ability to 
determine zonal production rates in multizone applications. The in-well optical 
flowmeter can be placed in each zone or a combination of flowmeters can be 
arranged in an efficient way to determine the contribution of each zone as well as the 
total contribution of the well. 
 

3. Production optimization:  Today’s intelligent completions use ICDs or ICVs to 
achieve evenly distributed flow, especially along horizontal wells, to avoid or minimize 
production problems including water or gas coning, and sand production. Flowmeters 
installed in a multizone application provide the phase flow rates that can be used to 
determine the optimum settings for ICVs which help optimize the production in real-
time. 
 

4. High turndown ratio:  Unlike the limited flow rate range of differential pressure 
measurement devices such as Venturi, the new solution does not have a practical 
high limit and can easily surpass a turndown ratio of 30, about three times more than 
a Venturi. The in-well component is a part of the tubing with no blocking of the flow, 
therefore, when the high limit is reached, it is not because of the measurement limit of 
the meter but because of the frictional losses in the entire tubing due to high 
velocities. 
 

5. Bidirectional measurement:  The bidirectional flow measurement capability of the 
new solution is also a testimony to the robustness of the technology it is based on. 
True to the “intelligent completion” concept, it is possible to detect cross-flow between 
different zones or to change service from producer to injector regardless of the type 
of fluid injected (liquid or gas) with no hardware/software changes. The bidirectional 
flow measurement is a unique feature that most other flow measurement 
technologies are not capable of doing even at the surface. 
 

6. Less-intrusive:  Most subsea multiphase flowmeters include a Venturi component as 
the primary design which causes significant pressure loss due to the restriction of the 
flow. Furthermore, because of the change in the cross-sectional area, the dynamic 
pressure due to flow on the converging Venturi section coupled with potential 
impingement of sand or other solid content in the flow may cause corrosion and 
erosion in the material and change the characteristics of Venturi over time. As a 
result, the performance is affected adversely. The in-well component of the new 
solution does not have any obstruction or area change thus the performance is not 
affected due to corrosion or erosion. Also, Red Eye® meter’s probe at the subsea 
level does not cause significant pressure drop. There are no ∆P measurements and 
no associated pressure taps which are usually susceptible to potential problems due 
to their exposure to flow. 
 

7. Solid-tolerant measurement:  The in-well component of the subsea flowmeter is 
insensitive to reasonable amount of solid content.  Flow loop tests with sand have 
shown that no significant differences were observed in the spatio-temporal spectral 
analysis of test data when reasonable amount of sand is present in the flow. In one of 
the tests, injection of 100 g/s of sand into a water flow of 2200 m3/D did not reveal 
any adverse effect: the magnitude of attenuation was too small to have a significant 
effect on the flow measurement. The effect of solids in SoS measurement was also 
minimal at those rates. The insensitivity to solids makes this flowmeter technology 
suitable for many field applications. 
 

8. Optical in the well:  The in-well component of the new flowmeter is based on fiber-
optic technology and does not have the shortcomings of the electronic-based sensors 
from reliability, survivability, and longevity perspectives. 
 

9. Cost savings:  The lifetimes of electronic equipment as well as the drift in their 
measurements are some of the primary reasons that subsea flowmeters also have 
retrievable versions or redundant sensor arrangements that increase the cost 
significantly. The new solution should provide significant cost reduction for the market 
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when compared with most subsea multiphase flowmetering systems. 
 
In addition, the new solution is relatively easy to implement when compared with 
Weatherford’s existing three-phase solution for near-vertical wells. The new subsea 
multiphase flow measurement approach offers the flexibility of three-phase flow measurement 
in any orientation from horizontal to vertical in a subsea environment. Furthermore, the water-
cut measurement at the subsea level removes the requirement for in-well density 
measurement through the frictional pressure drop arguments of the existing approach. This in 
turn reduces the need for the hardware requirement in the well (i.e., no secondary P/T 
gauge), provides a more local flow measurement capability with improved completion logistics 
(i.e., no need for a 100 m vertical separation for the second P/T gauge), and potentially 
improves the in-situ flow measurement accuracy. 
 
Weatherford’s in-well optical flowmeter system is capable of transmitting optical signals to 
distances up to 25 km. This gives the flexibility of using the in-well optical flowmeter in 
combination with subsea equipment by utilizing umbilicals that include fiber. Based on 
Weatherford’s internal data, 90% of the installations have a stepout distance of 20 km or less. 
Recent JIP data also support a similar picture: more than 70% of the installations having 
stepout distances of 20 km or less. This indicates that the capability of the optical system 
aligns well with the current and future market needs. 
 
We have discussed the fiber ratio in subsea umbilicals for the new and existing installations 
with personal contacts from operators. It is estimated that all new subsea developments have 
fiber communication and the umbilicals are prepared to accommodate fiber connections. For 
the existing installations, it is also estimated that 40% of the umbilicals have fiber and about 
half of them are accessible. 
 
The interest in subsea developments and the use of fiber communication have been steadily 
increasing, laying the foundation for the technologies involving fiber-optic measurements. The 
authors believe that the new subsea multiphase flow measurement solution described in this 
work offers unique advantages when compared to the other solutions in the market. 
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6 NOTATION 

 
A  Flowmeter sensor pipe cross sectional area, [m2] 

gwo aaa ,,  Single-phase speed of sound of oil, water, and gas [m/s] 

DTS  Distributed Temperature Sensing 
E  Pipe modulus of elasticity, [Pa] 
GVF  Gas Volume Fraction, [-] 
HP/HT  High Pressure / High Temperature 
ICD  Inflow Control Device 
ICV  Inflow Control Valve 
JIP  Joint Industry Project 
MP  Multiphase 
NIR  Near-Infrared 
P/T  Pressure / Temperature 
PDMS  Permanent Downhole Monitoring System 
PVT  Pressure / Volume / Temperature 
Q  Volumetric flow rate, [m3/s], [m3/hr] 
r  Flowmeter sensor pipe radius, [inch] 
SoS  Speed of Sound, [m/s] 
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t  Flowmeter sensor pipe thickness, [inch] 
V  Velocity, [m/s] 
WAG  Water Alternating Gas 
WLR  Water-in-Liquid Ratio, [-] 
WLRss  Water-in-Liquid Ratio at the subsea level, [-] 
WLRin-situ Water-in-Liquid Ratio at the in-well optical flowmeter, [-] 

gwo ρρρ ,,  Single-phase density of oil, water, and gas [kg/m3] 
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1 INTRODUCTION 
 
The paper describes the challenges and uncertainties associate with the accurate flow 
measurement of gas, oil and water and the results of a trial test conducting using four 
multiphase flow meters in wet gas–condensate producers at a wide range of flowing 
conditions.  The measurement of these three phase is very critical for reservoir monitoring and 
production diagnostic and obtaining the accurate three-phase data poses a significant 
challenge for the majority of conventional multi-phase flow meters, because of the high-gas 
volume fraction (95% and above) nature of the wells. 
 
Multiphase flow meters technology has been successfully used around the world for over 10 
years in oil and gas fields with low cost comparing with three phases test separator.  This 
success encouraged the manufacturers to develop the current meters to satisfy and meet the 
production test requirements.  
 
At the end of 2010, Saudi Aramco conducted a pilot test to evaluate four wet gas MPFMs from 
various leading manufacturers.  The objective of this test was to confirm the accuracy and 
reliability of these meters for measuring gas, condensate and water flow rates in the wet gas 
stream.  A high pressure test separator was the reference measurement and the test was 
repeated at several selected gas wells.  After almost four months, the testing concluded that 
only a particular type of meter performed better than others and met the Saudi Aramco 
acceptance accuracy. 
 
This paper also describes the Saudi Aramco's experience of field testing the latest MPFM's in 
real production condition, field test methodology, equipment setup and result analysis.  
 
 
2 TECHNICAL SPECIFICATIONS AND PRINCIPLE OF OPERATI ON OF 

SELLECTED MPFM's  
 
Following Wet Gas MPFM's were selected for trial testing: 
 
• MSI: Internationally recognized high GOR meter.  Having track record of more than 300 

installations worldwide.  
  

• Roxar 2600  (Radioactive): Roxar is an approved oil well MPFM vendor in Saudi Aramco 
having almost 150 units already installed and operational in the company.  Roxar decided 
to try their wet gas model of the same meter.   

 
• Schlumberger Vx (Radioactive): Largest oil MPFM supplier to Saudi Aramco.  This 

meter has failed the previous trial test in 2006 and come back with improved version. 
 

• Weatherford: Weatherford offered non-nuclear technology for wet gas metering.  As a 
renounced service company the vendor already established in the KSA with appreciable 
technical and logistic strength.  
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2.1 MSI 
 
 

This meter uses a Gas/Liquid Cylindrical Cyclone, GLCC.  
The gas-liquid mixture enters GLCC through an inclined inlet 
pipe and a tangential nozzle, sized to deliver a preconditioned 
flow into the body of the separator. The momentum of the 
gas-liquid mixture, combined with the tangential inlet, 
generates a liquid vortex with sufficient g-forces for bulk gas 
and liquid separation to occur rapidly.  Finally, the gas exits 
through the top of the GLCC and the liquid exits through the 
bottom of the GLCC.  Three control modes are used for 
different applications based on the operation requirements.  
After the separation, gas and liquid flow rates can be 
metered with a gas meter and liquid meter; water-cut 
value can be either obtained from density correlation or 
direct measurement using water-cut meter; flow computer 
will provide the accumulative gas, oil and water production 
rate and send the data to your existing data acquisition 
systems. 
 
 
 

 
2.2 Roxar 2600  (Radioactive): 
 
Roxar Multiphase flow meter 2600 is the third generation meter built on the ZectorTM 
Technology platform that includes upgraded non-gamma algorithms, advanced signal 
processing, compact sensor geometry and impedance field electronics.  The Roxar MPFM 
2600 is an inline, non-intrusive meter that measures multiphase flow without separation. 
 

 
The new Zector technology covers three main components:  
 
1. Voxel-Based Signal Processing: 
Through its new Voxel-Based Signal Processing, the 
Zector technology defines the flow into separate volumes 
voxels or volumetric pixels.  Near wall measurements and 
cross volume measurements also provide a 
comprehensive mapping of flow dynamics.  
2. DP26 Electrode, Geometry Sensor: 
DP26 Electrode Geometry Sensor allows for 
measurements in separate sectors in addition to the full 
cross sectional area. 
3. Field Electronics System: 
A New Field Electronics System, based around an Analog 
Devices Blackfin Processor with low energy requirements, 
allows for capacitance and conductance measurements to 
be combined using the same set of electrodes.  Rather 
than switching between oil and water continuous mode in a 
matter of seconds, it now switches mode in milliseconds.  
 
 

 
 
 
 
 

 

Fig. 1 – MSI Meter 

Fig. 2 – Roxar Meter 
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2.3 Schlumberger Vx (Radioactive) 
 
 

Vx multiphase measurement technology combines an 
instrumented venturi with a dual-energy fraction meter. 
This combination measures the total mass flow rate and 
the fractions of gas, oil, and water, which in turn determine 
the oil, water, and gas flow rates.  Vx technology functions 
without the need for separation or an upstream mixing 
device, which minimizes the size and weight of the 
equipment. The technology has no moving parts and is 
essentially maintenance-free. The PhaseWatcher 
permanent multiphase flowmeter uses Vx technology to 
continuously measure flow rates in wells exhibiting one, 
two, or three-phase flow for production monitoring on land, 
platform, and subsea wells. 
 
 
 

 
 
 
2.4 Weatherford 
 
 

Alpha VS/R is based on an extended-throat Venturi (V), a 
Sonar (S) flow meter and an optional Red Eye (R) 
multiphase water-cut meter.  The sonar flow meter 
measures the convection of turbulent vortices using an 
array of dynamic strain sensors. Sonar has the unique 
ability to measure total flow rate accurately over an 
extremely wide range of Reynolds numbers (flow rate, 
fluid types) with a negligible over-reading in wet-gas flows.  
(Over-reading is the ratio of apparent flow rate to the 
actual flow rate).  The Venturi flow meter is based on the 
measurement of static pressure drop across a converging 
pipe section.  The combination of Sonar and Venturi in the 
Alpha VS flow meter yields total gas and liquid flow rates 
in real time. The optional Red Eye multiphase water-cut 
meter is a filter spectrometer that employs the principle of 
near-infrared absorption to measure the water content in a  

    liquid or multiphase stream.  The Red Eye multiphase 
meter reports water cut independent of flow regime, flow rates, water salinity and hydrate 
inhibitors.  The Sonar-Venturi flow meter comprises a Sonar sensor array located in the 
extended throat section of a Venturi-Nozzle. In essence, the total flow rate is derived from the 
bulk velocity measured by the Sonar device, while the liquid loading is resolved by the Venturi 
DP over-reading. In practice, the sonar device also has minor over-reading that needs to be 
accounted for in an iterative solution that converges on a total rate and liquid loading that 
matches the readings of both instruments. 
 
 
 
 
 
 
 
 
 

 

 

Fig. 3 – Schlumberger Vx 
Meter 

Fig.4 – Weatherford Meter 
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3 FIELD TRIAL TEST METHOLOGY  
 
The trial test was successfully conducted while the deliverability test program was developed 
for 5 Saudi Aramco gas wells.  The Wet Gas MPFMs test results were directly compared with 
the measurements from the conventional high pressure test separator results (2K psi 
separator), which was considered as the reference measurement for this project. 
 
Table below shows important information for the trial test: 
  

Table 1 – General Information for the Selected Well s 
 

 
Well No. 

CGR 
Water 

Injection 
required 

Choke Size Test Rate  
Test 

Duration (BC/MMSCFD) (  /64”) (MMSCFD) 
1 20-30 NO 22/36/40 7, 15 & 20 24/24/24 
2 30-50 NO 36/48/70 12, 20 & 30 24/24/24 
3 70-90 YES 26/38/38* 10, 22 & 20* 24/24/24* 
4 310-350 YES 34/48/34* 10, 20 & 10* 24/24/24* 
5 90-110 NO 44/70 20 & 40 24/24 

* Water injection was performed at this choke/ rate. 
 
 
4 TRIAL TEST PROCEDURE  
 
The well tests were performed according with the program established for normal deliverability 
tests, but also some tests were carried out by pumping some water into the system in two 
wells C and D to simulate the water production at one of the same choke sizes. 

The test procedure was as follow:  

1. The four wet gas MPFM’s were installed in a parallel arrangement downstream the choke 
manifold and upstream of the 2K Psi test separator, the reference equipment for 
comparing the tests results. 
 

 
 
 

Fig.5 – MPFM & 2 K Separator Layouts 
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2. The WG MPFM vendor personnel were on location while rigging up, pressure testing and 
during the trial test of their meters. 

3. The trial test was executed following the steps for the deliverability test as per the 
program.  

4. During each test, following data was recorded by the conventional well testing company at 
the test separator: Test separator pressure and temperature, gas, condensate and water 
rates,   

5. The identical test data was recorded continuously by every Wet Gas MPFM. 
6. The gas, condensate and water flow rates were generated at standard conditions. 
7. Water injection was pumped into the system to simulate higher liquid yield situation and 

also in order to monitor the meter performance while measuring higher water cuts. 
8. The required operating standards were followed during all operations. 
 
 
5 MPFM ACCEPTANCE CRITERIA    
 
In 85% of the total tests conducted, a meter should stay within the following allowable error 
band for each phase as compared to the test separator (reference measurement) in order to 
be considered acceptable for Saudi Aramco application. 
 

Table 2 – MPFM Acceptance Criteria 
 

Gas Rate 10% Relative 
Condensate Rate 15% Absolute 
Water Rate 20% Absolute 

 
 
6 TEST RESULTS 
 
The flow rates measurement of Gas, Oil/Condensate, and Water from each meter and test 
separator were collected and tabulated as follows: 
 
 

 Table 3 – MPFM Trial Test Results 
 

MPFM # % # % # % # % # % # % # % # % # % # % # % # % # % # %

A 6 43% 10 71% 11 79% 0 0% 8 57% 14 100% 14 100% 8 57% 4 29% 3 21% 14 100% 6 43% 0 0% 0 0%

B 1 7% 8 57% 13 93% 4 29% 10 71% 14 100% 11 79% 13 93% 6 43% 1 7% 10 71% 4 29% 0 0% 3 21%

C 1 7% 6 43% 12 86% 1 7% 8 57% 13 93% 7 50% 13 93% 8 57% 2 14% 13 93% 6 43% 1 7% 7 50%

D 2 15% 1 8% 7 54% 0 0% 1 8% 9 56% 3 23% 11 85% 12 92% 6 46% 13 100% 12 92% 4 31% 10 77%

10 18% 25 45% 43 78% 5 9% 27 49% 50 91% 35 64% 45 82% 30 55% 12 22% 50 91% 28 51% 5 9% 20 36%

CONDENSATE

NUMBER OF SUCCESSFUL TESTS

All FluidsWATER

GAS

WATER All Fluids

Abs w/Rel w/Abs w/Rel w/AbsRel

NUMBER OF FAILED TESTS 

SUMMARY TABLE

TOTAL LIQUIDTOTAL LIQUID CONDENSATE Rel AbsGAS

 
 
Cross plots were obtained to observe the meters performance when comparing their results 
with the test separator. 
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Fig.6 – Condensate Flow Rate at Standard Condition 

Fig.7 – Liquid Flow Rate at Standard Condition 
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Fig.8 – Water Flow Rate at Standard Condition 

Fig.9 – Water Cut 
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Fig.11 – Condensate gas ratio  

 
 

Fig.10 – Gas Flow Rate at Standard Condition  
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Fig.12 – Gas flow rate error 
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Fig.13 – Condensate flow rate error 
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   Fig.14 – Water absolute error 
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Fig.15 – Liquid flow rate error 
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For the final results, table below show the performance of the 4 meter in terms of gas, 
condensate and water measurements. 

 
Table 4 – Results  

 
 Gas  Rate Conden. Rate Water Rate Overall 

A   �   
B �     
C �   �   
D �  �  �  �  

 
 
In summary, plots and table indicated that only one mater (D) has met the minimum required 
acceptance criteria in measuring accurately the gas, condensate and water cut.  
 
 
7 RECOMMENDATION  
 
• Meter (D) should be brought in for an extended reliability test before it can be fully 

approved to be applied in Saudi Aramco gas fields.  

• The other meters should further upgrade their WGMPFM technologies to be able to meet 
Saudi Aramco acceptance criteria.  

• A new WGMPFM trial test campaign should be arranged shortly to retest the upgraded 
versions of A, B and C meters and to trial test other WGMPFMs.  
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Limits on Achieving Improved Performance from Gas 
Ultrasonic Meters and Possible Solutions  

 
Klaus Zanker, Letton Hall Group  

Tom Mooney, Emerson Process Management, Daniel Divi sion 
 
  

1 INTRODUCTION 
 
At the 2010 NSFMW, we presented a paper [Ref 1] covering the last 25 years of USM 
development. The paper chronicled the progression and adoption of gas custody transfer 
ultrasonic meters from the perspective of technology development, application experience, 
standards development and path configuration.  During session 6 of the same conference, a 
paper [Ref 2] was presented on a 32-path USM, which had a similar un-calibrated uncertainty 
(0.2 to 0.3%) as conventional multipath meter. Surprised by the fact that introducing 
significantly more paths did not improve the meter uncertainty, Klaus asked if 100-paths 
would help improve the un-calibrated uncertainty.  The surprising answer from the paper’s 
author was NO. This was surprising in the sense that more is ordinarily assumed to mean 
better. 
 
The 32-path meter has16 paths at z/R = 0.25 and 16 paths at z/R = 0.75, which presents a 
detailed velocity profile. With fully developed flow the profile was two perfectly concentric 
rings. With disturbed flow several points were thrown off the two perfectly concentric rings. 
This certainly detected the presence of a disturbance, but it was not at all obvious how to 
improve the uncertainty. Some point shifts were positive and some negative, so to a first order 
the integration technique gave a reasonably accurate average flow. It was neither easy to 
estimate the direction nor the magnitude of any error.  
 
This interaction at the 2010 workshop inspired the motivation for this present paper.  In 
particular it begged the question, what are the limitations on achieving improved performance 
from gas ultrasonic meters and what are the possible solutions to these limitations. 
 
 
2 SOME BASIC LIMITATIONS  
 
Limitations in accuracy can range from the practical reality of using this technology in 
industrial applications to the highly complex, multi-physics nature of the device and its 
interaction with flowing gas.  
 
The first and most obvious limitation relates to the high pressure, high flow, natural gas 
calibration facilities.  These have typical uncertainties of 0.2% to 0.3%, so it is difficult to 
achieve higher absolute accuracies. However, the repeatability of these calibration facilities is 
better, making it possible to detect smaller differences in meter response.  This fact alone 
serves to limit the meter uncertainty since the product cannot have a stated uncertainty that is 
better than the laboratory.  Moreover, what happens to this characterised uncertainty when 
the meter arrives at site?  Is it possible to truly quantity the change in uncertainty due to 
installation conditions? 
 
A more complex limitation comes from the fact that the fundamental physical interaction 
between the 3-D acoustic beam and the 3-D turbulent flow is extremely complex and not well 
understood.  The process of launching the acoustic beam from the transmitting transducer 
into the flow, the acoustic beam travelling through the turbulent flow and the generation of a 
signal in the receiving transducer are difficult to analyse. At present simple 1-D ray theory is 
the most predominant approach to predict meter behaviour.  We are not aware of any multi-
physic stools that are presently available to tackle these fundamental problems. 
 
 
  

fltough
Stamp
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3. OTHER LIMITATIONS 
 
The USM is not a bulk flow meter (like the orifice or turbine), where all the flow passes 
through the meter to generate a signal related to all the flow, but rather it is a sampling 
device. It samples along multiple path (line average) velocities, uses an integration technique 
to calculate the (area average) flow velocity and the meter area to calculate the flow.  
 
Most flow meters perform best when presented with fully developed turbulent flow: a time 
averaged velocity and turbulence profile that does not change with increasing pipe length. 
Disturbed flow (swirl, asymmetry, cross flow, etc) presents a non-steady measurand to the 
flow meter that gradually changes towards fully developed flow as it moves downstream. 
 
A turbine meter that measures just one angular velocity or an orifice plate that measures just 
one differential pressure cannot detect or compensate for disturbed flow.  The multipath USM 
produces much more information and diagnostics that can potentially detect and compensate 
for disturbed flow, because it is a sampling system.  This is a major advantage of a sampling 
system over a bulk meter, 
 
To investigate these ideas we will use a Power Law to describe the velocity profile and the 
Westinghouse [Ref 3] path numbers, locations and integration techniques. 
 
 
3.1 The Power Law Profile  
 
 

�
����			

= �	
	�
�/�

 (1)  

 
� = � − �  (2) 
 
 

The Flow Q = VAVG π R2 = � 2	�	�	�	��

�    (3) 

 
From this integration of the power law we can get 
 
����
����

=	 ��������������    (4) 

 
This allow us to show the profile as v / VAVG 
 
Fig 1 does so for n = 8, which corresponds to Reynolds number of about 106. 
 

v = the velocity at y, the distance from the pipe wall  
r = is the distance from the centre of the pipe 
R = the radius of the pipe 
VMAX = the velocity at centre of the pipe 
n = the Power  
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Fig 1. Point velocity profile in terms of v/ VAVG as a function of r/R 
 
Note that VAVG occurs at r/R = 0.75, which is the bases of a single point velocity measurement 
placed at the three-quarter radius, or R/4 from the wall [Ref 4]. Typically, VMAX is about = 1.20 
VAVG and to sample lower velocities one needs to get closer to the wall. 
 
The power law is an approximation with obvious limitations: 
 

• There is a discontinuity at the centreline; however there is no flow at the centreline 
(no area). 

• The flow at the wall is far more complex than the simple power law; there is a wall 
layer, core region and a matching zone between them. 

 
The power law is used because it is simple to integrate and differentiate analytically. 
 
We can look at the distribution of flow by showing the integral Q = � 2	�	�	�	��


�  in Fig 2. 
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Fig 2. Flow profile in terms of v*r  as a function of r/R 
 
The area under the curve is the volume flow rate and is the same as the rectangular area 
under VAVG. The maximum increment in volume flow is associated with r/R = 0.9, which is 
close to the wall. 
 
We can integrate this curve to show the cumulative volume flow in Fig 3. 
 

 
 

 Fig 3. Cumulative volume flow as a function of r/R 
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The 10% of the pipe radius closest to the centre (r/R from 0 to 0.1) accounts for 1.2% of the 
volume flow. The 10% of the pipe radius closest to the wall (r/R from 0.90 to 1.0) accounts for 
15.1% of the volume flow, while the 5% of the pipe radius closest to the wall (r/R from 0.95 to 
1.0) accounts for 7.2% of the volume flow.  Note that the area increases as r2, but the velocity 
decreases to zero at the wall (r/R = 1). 
 
We see from the power law that the wall zone contains much of the volume flow and the 
greatest velocity gradient.  This is important as it suggests that one of the paths (samples) 
should be taken close to the pipe wall to account for these effects.  By sampling closer to the 
wall will the integration technique yield a better result?  Challenges associated with doing that 
will be discussed later in the paper. 
 
 
3.2 The Westinghouse Integration Technique 
 
This is part of the general numerical integration process known as Gaussian-Quadrature.  It is 
based on the integration of polynomials and many schemes exist depending on the type of 
polynomial e.g. Legendre, Chebycheff, Jacobi, Labatto, etc.  They all use the values of the 
integrand at a few specific points to estimate the total integral. 
 
This is specifically useful for the ultrasonic meter, because it samples the velocity on a few 
chords and we wish to know the average velocity over the whole pipe area.  Westinghouse 
uses Chebycheff polynomials of the second type to decide path locations and weighting 
factors. 
 
Note that the different integration schemes give different answers for the same profile, with 
typically a ± 1% spread. Giving rise to a further need for flow calibration and the possible use 
of additional corrections. 
 
Westinghouse gives the location of the paths as z, the distance from the centre normal to the 
path as a proportion of the pipe radius R. It also gives a weighting factor W associated with z 
that is used in the numerical integration: 
 
 ! " 	 = 		∑  $%

1 	'$			  (5) 
 
n = number of paths, Vi = path velocity from 1 to n and Wi = path weight from 1 to n. 
Once n is chosen zi and Wi are fixed constants. 
 
Westinghouse values of z and W are given for n from 2 to 7 in Table 1. 
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Table 1.Westinghouse values of z and W 
 
Note that all paths are symmetrical about the centre, when n is odd, one path is on the centre 
and ΣW is always one. This is important for two reasons: 
 

1. If the flow is uniform: V1 = V2 …   = Vn = VAVG, then the integration gives the correct 
answer. 

2. We can interpret W as the fractional pipe area associated with the path velocity and 
the total area is 1 (Fig 4). 

 

 
 

Fig 4. Velocity-Area representation of Westinghouse integration for n = 4 
 

    Radial            Position Center      Radial            Position Sum W

z2 0.5000 -0.5000

W2 0.5000 0.5000 1.0000

z3 0.7071 0.0000 -0.7071

W3 0.2500 0.5000 0.2500 1.0000

z4 0.8090 0.3090 -0.3090 -0.8090

W4 0.1382 0.3618 0.3618 0.1382 1.0000

z5 0.8660 0.5000 0.0000 -0.5000 -0.8660

W5 0.0833 0.2500 0.3333 0.2500 0.0833 1.0000

z6 0.9010 0.6235 0.2225 -0.2225 -0.6235 -0.9010

W6 0.0538 0.1746 0.2716 0.2716 0.1746 0.0538 1.0000

z7 0.9239 0.7071 0.3827 0.0000 -0.3827 -0.7071 -0.9239

W7 0.0366 0.1250 0.2134 0.2500 0.2134 0.1250 0.0366 1.0000

0

0.1

0.2

0.3

0.4

0.5

0.6

0.7

0.8

0.9

1

-1 -0.9 -0.8 -0.7 -0.6 -0.5 -0.4 -0.3 -0.2 -0.1 0 0.1 0.2 0.3 0.4 0.5 0.6 0.7 0.8 0.9 1

4-Path Westinghouse

Chord location and Weighting area

0.1382 AREA

CHORD-B

0.3618 AREA

CHORD-A



30th International North Sea Flow Measurement Workshop 
23 – 26 October 2012 

 

7 

Chord-A at z/R = 0.809 covers 13.82% of the pipe area. Chord-B at z/R = 0.309 and covers 
36.18% of the pipe area. Together this is (13.82+36.18) 50% of the pipe area, cords C & D do 
the same for the other half. 
 
We can see that as the number of paths increase the outer path get closer to the pipe wall.  
 
To associate a path velocity with the location we can use the Power Law directly for the point 
velocity and a line integral for the path velocity (Fig 5). 
 

 
Fig 5. Point and Chord Velocities for Power Law n = 8 

 
We can now associate the outer path average line velocity V to the area average VAVG with 
the number of paths n (Table 2). 
 
 

 
 

Table 2. Outer path velocity with n 
 
Note that it is difficult to sample lower velocities. 
 
We can now see if increasing the number of paths improves the Westinghouse integration by 
using the n = 8 Power Law [Fig 6].  Here we will test the argument that sampling near the wall 
will yield a better integration result. 
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Fig 6. The Westinghouse integration improvement with number of paths 
 
The results shown in Fig 6 suggest that with more than four paths there is little improvement. 
The idea proposed earlier was that paths closer to the wall should improve the integration; 
however this has been shown not to be the case once the number of paths reaches four.  
However this simple theoretical line integral has ignored many practical problems that occur 
near the walls: 
 

• Steep velocity gradient 
• High sheer stresses 
• High turbulence 
• Acoustic refraction 
• Acoustic reflection  
• Disturbance from transducer port geometry 
• The Power Law approximation 

 
To mitigate some of the limitations of the power law, we answered the question using CFD. 
This yielded an almost identical result, see figure 7.  Here the situation was replicated by 
using a fully developed flow with Re = 1x106 and performing CFD integrations for 2 to 7 paths.  
The results were remarkably similar to the simple power law approach. 
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Fig 7. Simulated error versus number of Westinghouse paths using CFD 

 
 
We postulate that this problem with sensing what is close to the wall is a potential limit on the 
USM accuracy.  However our simple power law analysis plus a more rigorous CFD analysis 
showed this not to be the case. 
 
Note that for the Instromet meter bounce paths [Ref 5]: 

- Single bounce has z/ R = 0 
- Double bounce, inscribed triangle, has z/R = 0.500  
- Triple bounce, inscribed square, has z/R = 0.707  

The 32-path meter [Ref 1] has: 
- 16 paths at z/R = 0.25  
- 16 paths at z/R = 0.75 

 
Neither of these meters have paths close to the wall.  This is also why increasing the 32-path 
meter from 32 to 100 at the same locations would not help, as it would add no additional 
information about the velocity profile. 
 
 

• 3.3 Manufacturing tolerances  
 
We have assumed that the paths are perfectly placed at the correct locations and that the 
acoustic signal is a simple ray travelling from one transducer to the other. The real situation is 
more complex: 
 

- Mechanical tolerances on the body, ports, transducers and mounts 
- The acoustic signal is a three-dimensional wave 
- The physical and acoustic axis of the transducer might not be the same 
- The transducer port geometry is difficult to define  

 
This all leads to errors in the precise location and geometry of the acoustic paths. 
 
The ultrasonic meter measures transit times and calculates velocity by distance / time. Two 
distances are important; the distance between the transducers and the axial distance 
travelled in the flow. It is not easy to measure these distances directly, leading to potential 
errors. 
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Fundamentally length and time can be measured with great precision, but again these 
practical problems make calibration necessary. It is not always obvious if the calibration is 
correcting a time or length error. 
 
We can estimate errors associated with path location by using the information in Fig 5 to 
calculate the slopes of the curve at the path locations. Again we do this for a 4-path 
Westinghouse meter with the n = 8 power law profile. 
  

 
 
dV/dz is negative because as z increases towards the wall V decreases. We look at a change 
of dz = 0.01 or 1% of R, the pipe radius. The slope (dV/dz) and velocity change (dV) at z = 
0.809 is about five times that at z = 0.309, while with the weighting, the flow change is double. 
Treating the 4 paths as random, the probable flow error would be ±0.142%, which is not very 
large, but could be significant as a bias. 
 
 

4. POSSIBLE SOLUTIONS : 
 
The solutions are based on trying to mitigate the problems identified above 
 
 

4.1 Steep velocity gradient 
 
The nature of real viscous fluids (however small the viscosity) will always produce a steep 
velocity gradient close to the wall, which can affect the integration accuracy. A better 
fundamental understanding of fluid mechanics / boundary layer theory could help understand 
this process. 
 
 

4.2 High turbulence 
 
A contraction into the meter can make a more uniform profile and less turbulent flow [Ref 6]. 
However it will have a steeper velocity gradient at the wall, not be stable (since the flow has 
been pushed from equilibrium) and probably affect the integration.  A second consequence is 
that a more forced profile also reduces the sensitivity of the diagnostics. 
 
It is possible to reduce turbulence with a flow conditioner having many small holes, which 
reduce the scale and increase the frequency of the turbulence [Ref 7].  However it too is not 
stable and will tend towards fully developed flow.  It is also prone to blockage by trash, scale 
or hydrate. 
 
A better model of acoustic interaction with turbulence is needed to help understand the 
process [Ref 8]. 
 
 

4.3 Acoustic refraction 
 
Differences in temperature, density, speed of sound and velocity can all cause refraction. It 
will be different when the signal is propagated upstream or downstream. A better model of 
acoustic interaction with flow is needed to help understand the process. 
 
 

4.4 Acoustic reflection  
 

                  For dz = 0.01 = 1% of R
z (r/R) V (Vch/Vav) dV/dz dV % dV Wt % Flow n Cords n*U^2
0.309 1.0385 -0.1241 -0.0012 -0.1195 0.3618 -0.0432 2 0.0037
0.809 0.9000 -0.5905 -0.0059 -0.6561 0.1382 -0.0907 2 0.0164

Sum 0.0202
Sq Rt 0.1421
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4.5 Disturbance from transducer port 
 
Most meters place the transducers half in half out of the port to put the 
at the pipe wall. The protrusion produce
transducer recessed in the port (to al
 
 

4.6 Flow disturbances  
 
Use a flow conditioner to establish a fixed stable profile
isolating they may not be able to eliminate
caused by the flow conditioner 
conditioner is an obstruction 
would change the velocity profile and defeat the object.
 
 

4.7 Use a Reynolds N umber
 

It is a common misconception that 
equipment in field applications. 
developed smooth pipe flow. 
since the single factor that defines velocity profile is friction factor, which 
and pipe roughness. 
 
A potential alternative is to u
and that the relationship between the profile factor and error
 
 

4.8 Integration accuracy
 

In numerical analysis, a quadrature 
a function, usually stated as a
domain of integration. An n
Gauss, is a quadrature rule constructed to yield an exact result for
1 or less by a suitable choice of the point
integration for such a rule is conventionally taken as [

 

 

Gaussian quadrature will only produce accurate results if the function
approximated by a polynomial
profile is not well represented by a polynomial.

Our discussion of flow distribution in a circular pipe (Fig 3) shows that 
is in the outer half of the pipe, but the weight
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As a path gets closer to the wall the difference in transit time between a direct path and a 
reflected path from the wall become smaller. This does not affect the leading edge of the 
signal, but could cause interference if the rest of the signal is used to as part of the process to 

. 

Disturbance from transducer port  

place the transducers half in half out of the port to put the transducer 
at the pipe wall. The protrusion produces a flow disturbance. The British G
transducer recessed in the port (to allow pigging). 

 can reduce the integration accuracy [Ref 9] 

Use a flow conditioner to establish a fixed stable profile.  Although conditioner
they may not be able to eliminate all Re and disturbance effects. 

flow conditioner will be changing towards fully developed flow. 
is an obstruction that causes a pressure loss.  It can also catch debris, which 

would change the velocity profile and defeat the object. 

umber  correction on all of the indiv idual paths

is a common misconception that Reynolds number corrections are valid
uipment in field applications.  Reynolds number corrections are only valid for

smooth pipe flow.  The velocity profile depends on both Re and pipe roughness
the single factor that defines velocity profile is friction factor, which itself 

A potential alternative is to use a profile factor correction, however this assumes it is unique 
the relationship between the profile factor and error is known. 

Integration accuracy   

quadrature rule  is an approximation of the definite integral
, usually stated as a weighted sum of function values at specified points within the 

n-point Gaussian quadrature rule , named after
, is a quadrature rule constructed to yield an exact result for polynomials

1 or less by a suitable choice of the points xi and weights wi for i = 1,...,n. The domain of 
integration for such a rule is conventionally taken as [−1, 1], so the rule is stated as

 

Gaussian quadrature will only produce accurate results if the function
approximated by a polynomial function within the range [-1,1]. Perhaps a typical velocity 

well represented by a polynomial. 

flow distribution in a circular pipe (Fig 3) shows that most of
pipe, but the weighting is low there.  

 

 

between a direct path and a 
is does not affect the leading edge of the 

as part of the process to 

transducer centreline 
Gas USM has the 

Although conditioners claim to be 
 Any disturbance 
  Note that a flow 

It can also catch debris, which 

idual paths  

Reynolds number corrections are valid for industrial 
only valid for fully 

ity profile depends on both Re and pipe roughness 
itself depends on Re 

, however this assumes it is unique 

definite integral of 
of function values at specified points within the 

, named after Carl Friedrich 
polynomials of degree 2n − 

. The domain of 
−1, 1], so the rule is stated as 

Gaussian quadrature will only produce accurate results if the function f(x) is well 
Perhaps a typical velocity 

most of the flow (70%) 
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5. PROFILE FACTOR CORRECTIONS 
 
 
To examine how this correction might work we will look at two cases: an asymmetric profile 
and a symmetric profile. Again we will use the Power Law and the 4-path Westinghouse 
integration. 
 

5.1 Asymmetric Velocity Profile 
 

 
The asymmetry is producer by moving the cords of a 4-path meter off centre on a Power Law 
(n = 8) profile, with the results shown in (Fig 8). 
 

 
 

Fig 8. Asymmetric velocity profiles 
 
We can calculate the flow error by using the Westinghouse integration as the actual profile 
has not changed, just where it is sampled (Table 3). 
 

 
 

Table 3. Error due to asymmetry 
 
Where for the 4-path Westinghouse (BG crossed paths) meter  
 
Asym = Asymmetry = (Va + Vb) / (Vc + Vd)   (6)   
 
ProFct = Profile Factor = (Vb + Vc) / (Va + Vd);    (7) 
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Error Asym ProFct Cross
0.000% 1.0000 1.1538 1.0000
-0.017% 1.0131 1.1543 1.0081

-0.131% 1.0375 1.1579 1.0233

-0.570% 1.0817 1.1723 1.0520

Change -0.57% 8.17% 1.85% 5.20%
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Cross = Cross Flow = (Va + Vc) / (Vb + Vd)   (8) 
 
 
See the results in (Fig 9) 
 

 
 

Fig 9. Flow error with asymmetry 
 
The change in ProFct is negligible and it takes a change in Asym > 3% to give an error > 
0.1%. The integration technique is robust and can cope with modest profile disturbances. 
Asymmetry causes the velocity on one side of the centreline to increase and on the other side 
to decrease. As the velocity decreases the slope gets steeper and the magnitude decreases 
more than the increase on the other side. Thus the net effect is a reduction in flow and a 
negative error. The cross flow is an artefact of the way asymmetry was produced without 
changing the actual flow profile. 
 
This gives an insight into possible profile corrections.   
 
 

5.2 Symmetric Velocity Profile 
 
Symmetrical profiles are producer by changing the Power Law n values from 5 to 12 for the 4-
path Westinghouse meter, with the results shown in (Fig 9). 
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Fig 10. Symmetrical profiles for Power Law n values 
 

It is striking that all profiles pass through Vchd/Vavg = 1.00 at z/R = 0.500 
  
We can calculate the flow error by using the Westinghouse integration, the ProFct from 
equation (7) and show the result in (Fig 11) 
 

 
 

Fig 11. Flow error with profile factor 

0.8

0.85

0.9

0.95

1

1.05

1.1

-1 -0.8 -0.6 -0.4 -0.2 0 0.2 0.4 0.6 0.8 1

V
ch

d
 /

 V
a

v
g

z / R

Profile

5 6 7 8 9 10 12



30th International North Sea Flow Measurement Workshop 
23 – 26 October 2012 

 

15 

The change in ProFct is 30% and the error is only 0.05%, which is negligible. The integration 
technique is robust and can cope with this disturbance. A peaked velocity profile has the 
central velocity increased and the wall velocity decreased. As the wall velocity slope gets 
steeper the magnitude decreases more than the centre increases. Thus the net effect is a 
reduction in flow and a negative error. The cross flow and asymmetry are both one, so this is 
a more realistic disturbance. This profile factor change is equivalent to Reynolds numbers 
change from about 103 to 2*109. Thus this meter does not need a Re No correction, within the 
limits of the power law to represent the flow profile. 
 
 

6. ULTRASONIC DESIGN 
 
There is a large variation in meter design: 

- Number of paths 
- Location of paths 
- Direct or reflecting paths 
- Paths in one of more planes 
- Integration schemes 
- Corrections 
- Diagnostics 
- Transit time detection 
- Discarding bad data 
- Compensating for failed paths 
- Cast or fabricated bodies 
- Manufacturing tolerances 
- Transducer size and operating frequency 
- Electronics and software 

 
The design can aim at: high accuracy, high tolerance to flow disturbances, the production of 
useful diagnostic data and a self checking ability. The ideal would be to meet them all, but this 
may not be possible and probably explains the large variety of meter designs on the market. 
 
Two different approaches seem to have evolved: 
 

1. Install a flow conditioner to establish a good flow profile and use the diagnostics to 
confirm the good profile to validate the meter accuracy. 
 

2. Design the meter to detect disturbances and be immune to them to confirm the meter 
accuracy. 

 
The price for 1 is the cost of obstruction and pressure loss caused by the flow conditioner. 
The advantage of 2 would be the elimination of the flow conditioner, if it proves possible. 
 
 

7. CONCLUSIONS 
 
Ultrasonic meters are highly accurate volumetric measurement devices, however 
manufacturers and operators are continually looking for ways to further improve performance.  
In this paper. we have looked at several potential limitations for improved accuracy of 
ultrasonic meters including calibration accuracy, sampling system versus bulk flow meter, 
meter design, manufacturing tolerance, flow disturbances, integration schemes, flow 
conditioners, basic physical interaction of acoustic waves with turbulent flow, transducer port 
disturbances and correction factors. 
 
As an example, we have postulated that obtaining velocity information closer to the wall 
should help improve performance, but have subsequently shown using the power law and 
also CFD that this may not be the case.  One could almost equally well argue that it is better 
to stay away from the pipe wall, to avoid all the associated practical problems associated with 
flow and acoustic interactions.  
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In examining these many possible limitations to improving USM performance, from an 
accuracy perspective, it became clear to us that the vast majority of currently outstanding 
technical challenges are very subtle.  We were looking for a 0.3% improvement in meter 
uncertainty and it is clear there is no single contributor that can account for that level of 
improvement.  The fact, there will be multiple effects.  It is possible that we are looking to find 
nine 0.1% effects to account for a 0.3% (0.1% * √9) improvement in meter uncertainty,  
 
With these effects being so subtle and complex any corrections for them or design solutions 
to them will also be subtle.  This ‘subtleness’ may be such that the reality of an industrial 
setting, (the changing measurand and non steady nature of metering station) will swamp it.   
 
While we continue to study these subtle effects, it behoves us to continually focus on overall 
station design best practice to ensure the flow meter and associated equipment are given the 
best possible chance to deliver highly accurate measurement   
 
 
 
 
 
9 NOTATION 
 
 
USM Ultrasonic meter 
v point velocity at y 
y distance from pipe wall 
r distance from pipe centre 
R pipe radius 
n Power Law power 
Q flow rate 
VAVG average velocity = Q/πR2 

VMAX velocity at pipe centreVi path 
velocity 

Wi path weight 
i path a, b, c, d  
z path location 
dV/dz slope 
Σ Sum 
U uncetainty 
CFD computational fluid dynamics 
NMi Netherlands measurement 
institute 
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Different Requirements and Methods for Calibrating Gas and 
Liquid Ultrasonic Flow Custody Transfer Meters 

 
T. Kegel, CEESI 
T. Cousins CMSI 

 
 

  
1 INTRODUCTION 
 
There is one common purpose for "wet" calibrating Gas and liquid USMs, the fact that current 
measurements of the distance between and the angle of the transducers is not sufficient to 
allow for a prediction of the calibration factor within the required uncertainty limits. Both types 
of meter still require a base calibration to locate a basic meter factor. From this point on their 
philosophy and requirements diverge. 
 
Perhaps the over-riding feature is Reynolds number. For liquid meters, with the exception of 
very light oils, such as LNG etc, the Reynolds number is below 10

6
, but for gas measurement 

the range of Reynolds numbers is generally above 5x10
6
. In fluid mechanics, generally, low 

Reynolds number produces more variation and issues in performance than at higher 
Reynolds numbers. 
 
The paper concentrates on issues regarding the calibration of both types of meter, 
highlighting the operational factors that influence the differences. It also discusses the 
methods available for calibration, and the consequent traceability and uncertainty chain, 
which, in spite of the same basic principle, result in a different level of performance, 
uncertainty, attributed to the gas and liquid meters. Further, the paper discusses the 
differences in standards and detail of such concepts as repeatability between the two 
methods of calibration. 
 
 
2 BASE CALIBRATION REQUIREMENTS 

 
 
The present designs of USMs need calibration. The common reason for both Gas and Liquid 
meter calibration is the need to find the base meter factor. This is because the manufacture 
and measurement of the component parts of the meters are still not adequate to predict the 
MF to the required uncertainty  from physical measurement alone. Remembering that for 
liquids the end uncertainty for the meter is likely to be between 0.15 - 0.2%, and for a gas 
meter in the order of 0.3%, then the detail of the calibration method is all important. For 
example, in table 1 the effect of change in transducer path angle can be seen. For a liquid 
meter the effect is generally less than for gas meters. The effect of path angle on the measure 
flowrate from the base equation is given by: 
 

              
 

           
  ------------------------ [1] 

Where θ is the angle of transmission of the ultrasound. 
 
For a liquid meter the path angle is in the order of 45

o
 with a resulting variation in the order of 

0.06%/degree. A gas meter typically has a steeper angle, around 60
o
 giving  a  path angle 

variation in the  order of 2%/degree. The angle is a difficult measurement particularly on 
smaller meters, the logistics of the measurement method and the tolerances on transducer 
position create the variation in angle which needs compensation by wet calibration. 
Meter diameter, while easier to measure, is still an issue as it is a D

3
 effect, due to the base 

equation having the distance between the transducers as a function of the velocity 
calculation. The smaller the meter, the more difficult the physical measurement becomes. 
 

fltough
Stamp
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Table1 % Variation in Calibration Due to Angle Change 
 

 
A typical variation of the raw calibration of 20" diameter liquid meters is shown in figure 1. The 
spread of the data is 0.44%, and the standard deviation is 0.11%. This data was taken at a 
Reynolds number of 750,000. These meters were 4 path Gaussian meters using the Jacobian 
solution for the spacing. The theoretical meter factor before correction is 0.998, the mean of 
the meters came out to 0.9966. The difference is due to a combination of Reynolds number, 
measurement errors and effect of transducer ports, the flow in the ports and more particularly 
the difficulty in reproducing the edges of the ports. 
 

 
Figure 1a Variation In MF of the Raw Calibration of 20” Liquid Meter Factors (Courtesy 

of Cameron Caldon) 
 
The variation of 31, gas USMs calibrated at CEESI is shown in figure 1b. As can be seen the 
spread data is wider than for the 20” liquid meters. This is partly size difference, but also the 
ability to measure the meters accurately enough to get a consistent dry calibration value of 
MF. 
 
 

Tranmission Angle 1/sinCos

% 

Difference 

from base 

angle

Tranmission 

Angle 1/sinCos

% Difference 

from base 

angle

44.5 2.000305 -0.02 59.5 2.286708 0.98

44.6 2.000195 -0.01 59.6 2.291155 0.79

44.7 2.00011 -0.01 59.7 2.295648 0.60

44.8 2.000049 0.00 59.8 2.300186 0.40

44.9 2.000012 0.00 59.9 2.30477 0.20

45 2 0.00 60 2.309401 0.00

45.1 2.000012 0.00 60.1 2.314079 -0.20

45.2 2.000049 0.00 60.2 2.318804 -0.41

45.3 2.00011 -0.01 60.3 2.323576 -0.61

45.4 2.000195 -0.01 60.4 2.328397 -0.82

45.5 2.000305 -0.02 60.5 2.333267 -1.03

Gas MeterLiquid Meter

Meter Number 



30
th
 International North Sea Flow Measurement Workshop 

23 – 26 October 2012 
 

 

3 

 

 
Figure 1b Variation in Meter factor of 31 10” Gas Meters 

 
While the main common reason for calibration is the need to find the correct meter factor, 
there is a secondary reason. It is a very good final test for catching errors in assembly, and 
more particularly any last minute software errors. It should be remembered that these are now 
sophisticated machines with large complex software bases, often with continuous changes. A 
quality flow test will help ensure that there is a fall-back position to finally check that the meter 
is operating satisfactorily.  
 
A further issue that can be held in common is the calibration taking out the influence of 
installation. This is not a reason for proved liquid meters, but where they are unproven in the 
field then the issue is the same as for gas meters, what is the effect of installation? The 
standards are more specific for gas meters, because of the experience of not having provers 
to fall back on. But the question remains, how to calibrate the meter such that it will retain the 
calibration in the field? The issues with transfer of calibration are briefly discussed later.  
 
It is worth making the point at this stage, that both Gas and liquid meters work essentially on 
the same principle, they even in most cases have the same transducer spacing’s, but the 
generally accepted uncertainty of a gas meter is around twice the equivalent liquid meter. 
This not because of the issues of more difficult signal detection in gas meters, or the lower 
resolution of time due to lower frequencies, modern electronics and software reduce these 
considerations to minor issues, it is the calibration process. The major reason is the 
calibration uncertainty. This will be discussed in detail later but, essentially, the traceability 
chain for a liquid calibration is smaller than for gas, with the inevitable increase in the base 
calibration uncertainty. Essentially it is difficult to catch gas in a bucket and determine its 
volume or mass! 
 
3.0  DIFFERENCES IN CALIBRATION TECHNIGUES DUE TO METER 

PERFORMANCE. 
 
We have stated that the principle of the gas and liquid USMs are similar and certainly the 
basic theory of operation is the same, the transit time methodology is the same. The 
significant difference is in the fluid mechanics in the form of Reynolds number. This appears 
in several forms as an issue. In general, it can be stated for fluid mechanics, providing such 
effects as Mach number do not come into play, the stability of fluid mechanical processes 
becomes better as the Reynolds number increases. For example changes in pipe profile 
become less pronounced and separated flow becomes more stable. In the case of ultrasonic 
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flow meters, the calibration becomes more linear, largely because the fluid mechanical effects 
become more stable. 
 
3.1 Gas Meters 
 
For a gas meter the concept of calibration is simple, the meter is calibrated “as found”, figure 
2, any correction for the offset due to physical measurement errors is taken out, the meter is 
recalibrated in the “as left” condition. Generally, the meter linearity is within the specification 
when calibrated ‘as found”, but the meter may be linearized to give a performance that is well 
within the the specified range. It should be noted that the curve plotted as Reynolds number 
and velocity in figure 2 are essentially the same. The linearization of a gas ultrasonic 
flowmeter, therefore, generally uses flow velocity as the “base”, an easy and stable function to 
determine. 

 

 
 

Figure 2 “As Found” Calibration of an 8” Gas USM (Courtesy Cameron Caldon) 
 
 
3.2 Liquid Meters 
 
The factor effecting liquid ultrasonic flow meters is very different. With the exception of 
measurement of LNG and lighter oils, the Reynolds numbers can vary from below 10

6
 down 

to the laminar region, less than 10
3
, and also through the transition region. Throughout this 

range the meter calibration has several regimes, the effect depending on the meter design. 
 
Figure 3 shows the various flow regimes through which an oil ultrasonic flowmeter has to 
pass. From 10

6
 down to around 10

4
 the flow is essentially turbulent, somewhere below 10

4
, 

dependent upon pipe roughness, installation effects and the properties of the fluid, the flow 
becomes turbulent, and the fluid switches between laminar and turbulent, and finally at 
somewhere around 2x10

3
 the flow becomes generally laminar. Within the turbulent region 

USMs  may not be totally linear within the bounds of the requirements for the meter 
specification, but have stable calibrations, making it possible to characterise them to bring 
them into specification. The degree of characterisation is a function of the design, and will 
include such issues as transducer spacing, transducer size, port design and spacing and 
consistency of the machining of the ports. Figure 3 shows the typical curves for two solutions 
of the Gaussian quadrature spaced meters with 4 paths. While it would appear the obvious 
solution is the Legendre, pragmatism such as producing the meters, the Legendre spacing 
takes the transducers further out towards the walls, and the fact that the Jacobian spacing is 
more stable in the transition region will influence the choice of design. Other spacing’s and 
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numbers of paths will have different fundamental curves. They are generally characterised 
either by calculation of Reynolds number or by some form of determination of the profile 
change with Reynolds number, profile factor or flatness ratio, the ratio of the inner and outer 
paths. 
 

 
 

Figure 3 Typical Calibration of Liquid USMs. 
 
To characterise the meter clearly requires a good knowledge of the calibration curve over the 
operational flow range, and calibration now is a key function to determine the characteristics 
of the curve. A calibration over a limited range is only acceptable if the shape of the curve is 
exact and repeatable. It should be remembered that these meters are for uncertainties in the 
region of 0.2%, any misjudgement of the curve shape will lead to errors in the meter 
performance. Can meters that are being proved on site not have a calibration? Apart from the 
fact that the calibration is a good FAT, removing the effect of the curve on site using 
conventional turbine meter type linearization is likely to lead to errors as the curve is 
essentially Reynolds number based. 
 
The transition region represents further calibration problems as USMs with straight through 
bores become  less repeatable and linear. The amount of deviation depends on the design, 
but will always be an issue. It should be remembered that the start and finish of transition 
depends very much on installation factors, and so it would be expected that a calibration of a 
meter in this regime would not necessarily repeat on site. These comments do not appear to 
be true for reduced bore meters designed to condition the flow though the working section 
and reduce significantly the effects of transition flow.. 
 
In the laminar region stability returns and unless there are temperature gradient issues the 
primary purpose for calibration changes from determining the calibration curve, to 
demonstrating that the signals from the transducers will travel through to the receiver because 
of high viscosity effects. 
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4.0  CALIBRATION METHODS 
 
Both gas and liquid calibrations require a reference measurement for the calibration, it is 
through this reference that a traceability chain can be established back to the national 
standard. Generally, the traceability chain for liquid measurement is shorter than for gas. The 
calibration “effect” is probably the major source of diiference in uncertainty between liquid  
and Gas meter 
 

4.1.1 Gas Meter Calibration 
 
The calibration of large meters, above 2”,  uses master meters for the calibration method of 
the USM. For small meters it is possible to use more direct measurement, such as weighing 
the gas or determining the volume. This leads to longer traceability chains for large meter 
calibration and consequently higher uncertainties. 
 
The process used to calibrate large meters is called “Bootstrapping”. Bootstrapping is the 
process of utilizing small meters in parallel to calibrate a larger meter which would then be 
used with other larger meters to calibrate the final meter. The smallest meters in the chain 
can be calibrated against a direct mass or volume. Several are then used in parallel to give 
the full range of calibration of the next size of meter in the chain. 
 
One example of this is the CEESI 1” Critical Flow Venturis, CFVs, used to calibrate the 12” 
working turbine standards in the Iowa facility (called Gold Standards). These meters used to 
calibrate a total of 17 other 1” CFVs. A combination of the 4 Gold Standards, and 4 of the 
other meters, chosen from the 17, for a total of 8, are then used to calibrate each individual 
12” turbine meter standard. This process, in one form or another, is used in all the major gas 
calibration facilities. An example of the bootstrapping method is shown in Figure 4. Point 1 is 
the layout with 5 smaller meters, in point 2 flow passes through one small meter and one 
larger meter, point 3 the flow goes through two smaller meters and through the same large 
meter. This is continued until all of the small meters have been used to calibrate the large 
meter over its full range. The process would then be repeated for the next large meter. 
Finally, all the larger meters will be calibrated and can then be used in the same fashion to 
calibrate the meter under test.  
 

 
 

Figure 4 Bootstrapping Method 
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With regard to traceability we will consider the large CEESI calibration at IOWA, although to 
achieve the full traceability it will bring in the smaller facilities available at Nunn. The Iowa 
facility uses gas from a main trunk line passing through Garner. The gas is currently Trans-
Canada gas. Gas is diverted through the flow facility and back to the main line. The top flow 
and pressure are, to a large extent, controlled by the flow conditions in the pipe line, as is its 
capacity. This is the same with most other facilities around the world, Ruhrgas, Westerbork 
etc. The facility is shown in figure 5. 
 
 

 
 

Figure 5 CEESI Iowa Gas Calibration Facility 
 
The consequent traceability chain is shown in figure 6, starting at the top with NIST Mass 
standard, via the primary flow standard at Nunn, then to the CVFs, to the turbine meters and 
finally the meter under test. 
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Figure 6 Traceability Chain for CEESI Iowa Gas Calibration Facility 

 
It can be seen that the overall uncertainty attributable to the calibration is 0.24% 
 

4.1.2 Liquid Meter Calibration 
 
There are a number of methods of calibrating liquid meters, here we concentrate on the most 
common oil calibration method, the use of provers. The traceability chains are shorter, 
particularly the weighing system with a consequent reduction in uncertainty. Further the 
calibration methods are more direct rather than by building up uncertainty with the boot 
strapping. For weighbridge based calibration it should be noted that the traceability chain is 
even shorter and unless master meters are required, a lower uncertainty than for volumetric 
methods can be achieved. Figure 7 shows a typical oil calibration facility using two types of 
prover, a line prover and small volume prover. 
 

 
Figure 7 Oil Calibration Facility 

 
 

  

 

    -      

      

      

      

UNCERTAINTY 
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The traceability chain for the prover system is shown in figure 8. The end uncertainty is 
around a fifth of the gas facility. 

 
 

Figure 8 Traceability Chain of a Oil Calibration Facility 
 

4.3                   Summary of Uncertainties 
 
A summary of the potential uncertainties of both gas and liquid facilities for measurement of 
large meters is shown in table 2. 
 

 
 

Table 2 Summary of Typical Gas and Liquid Facility Uncertainties 
 
 
 
5.0                 CALIBRATION STANDARDS 
 
Another difference in the calibration of gas and liquid USMs, is the standards available to 
specify the method and requirements of calibration. The AGA 9 has some very clear 
standards which include performance standards and guidelines for calibration. On the liquid 
side OIML R117, has performance standards, although they are not specific to USMs, but 
does not give a good indication of calibration methods. API 5.8 gives no help with calibration, 
other than to point towards the API chapter on proving. 
 

5.1              Gas Standards and Calibration Requirements 
 
For Gas Calibration the most common standard is AGA9. It contains details on calibration and 
the expected performance.  
 
It starts off with the expected meter performance requirements, stating that calibration of the 
meter is recommended as per section 6.4, which is the calibration section. The meter must 
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meet minimum performance requirements before adjusting meter factor(s). The performance 
requirements are laid out in a graph, similar to figure 9. 

 
Figure 9 Representation of the Performance Requirements in AGA9 

 
There are two sets of performances quoted for large meter, 12” (nominal) meters and 
larger,and Small meters, less than 12” (nominal). 
Defining: 
qmax: maximum flow limit 
qt: transition flow limit (qt< 0.1qmax) 
qmin: minimum flow limit 
ql: indicated UUT flow 
The peak to peak limits are:  

1.0% for qt ≤ qi ≤ qmax(small meter, = 10”) 

0.7% for qt ≤ qi ≤ qmax(large meter, = 12”) 

1.4% for q min ≤ qi ≤ q t 
 
As can be seen there is a detailed performance defined and it is against this performance that 
a gas USM is calibrated. This includes repeatability’s, (spreads) and linearity.The standard 
also includes such items as calibration facility preparation, with such items as:  
 

 Inspect the meter for damage during transport. 
 Ensure meter configuration (components and electronics) match that specified by the 

user. 

 Identify any problems encountered with the meter (i.e., perform zero-flow test prior to 
flow-calibration). 

 Configure the calibration such that UM is calibrated using the output specified by the 
user. 

 
The calibration is further stated with the following requirements: 

 At least one verification point. 

 At least one sound speed check. 

 Data collection interval of 120 seconds. 

 Calibration adjustment factor must account for meter package dependent 
changes in meter performance. 
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 Calibration factor adjustment, “further investigation is recommended”: 
- exceeds 1.0% (large UM) or 1.3% (small UM) between q t 
- not absolute grounds for rejection of metering package. 

 
The standard also includes a section of what should be contained in the report, zero flow 
verification, piping installation, package configurations and methods available for meter factor 
adjustment. 
 
The calibration method is usually: 

• “As Found” calibration with7 Flows across the range 
• “As Left” calibration 2 points to check the corrections 
• All the data is available as part of the calibration certificate, including both the As 

Found and As Left data and diagnostic data to allow for finger printing at meter 
commissioning etc. 

The standard leaves very little to the discretion of the calibrator, meter producer or the user, if 
it is chosen as the basis of calibration.  
 

5.1 Liquid Calibration 
 
For Liquid Calibration the standards are less clear. The two major standards used around the 
world currently for liquid USMs, API  MPMS Chapter 5.8 and OIML R117, say little or nothing 
about calibration.  
 
A word search of OIML R117 failed to turn up the word calibration. The OIML standard does 
contain three issues that relate to the meter performance, an uncertainty, including the 
calibration laboratory, repeatability, normally taken as a spread of 0.12% in 3 runs, and flow 
ranges. Unlike AGA 3, there is no direct reference to any calibration procedures. 
 
API does not state any performance criteria for calibration, other than proving, no uncertainty 
or calibration. The standard used in this case for repeatability is an uncertainty of  the repeats 
should 0.027% or less. 
 
There appears to be no publication that mandates such issues as to what is an acceptable 
repeatability, how many points should be taken, whether there should be an As Found, and 
As Left calibration, how to define the ranges or whether there should be within the calibration 
some range related to the operational conditions. 
 
The normal practice is to try to get customer acceptance of the OIML repeatability condition, 
as it is much easier with USMs to get a calibration accepted. If using provers or small volume 
weigh tanks then achieving the API repeatability can be a sole destroying activity, as it can 
take a large number of runs. The range and number of points is usually 5 or 6 over the full 
range but may, at the users request, end up as 10 points, or have the points biased towards 
the main operational flows. It is usual practice to use Reynolds number as the base for the 
range of calibration. This may not necessarily be the same flowrates as the operational 
conditions. 
 
6.0 TRANSFER OF CALIBRATION TO THE FIELD 
 
The objective of this paper was not to discuss this in any detail, however, it is an important 
subject and worthy of some discussion. USMs like all other meters have some form of 
installation effect, such that the transfer of the calibration from the calibration facility to the 
field will have some effect depending on the design and installation conditions. 
 
For small liquid meters the installation effect is mitigated by the use of site proving, in this 
case the calibration is really a linearization, and the main effect is likely to be the fluid 
properties, and is the linearization method strong enough to allow sensible proving. For non-
proved liquid meters the issue of transfer of calibration is the same as for gas, with the added 
linearization proviso. The major issue is how to calibrate the meter such that there is a 
minimum effect of installation during the transfer. Gas meters, which have a greater history of 
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this issue than liquid resolve the situation by usually calibrating with the complete meter 
section, usually a specific upstream pipe that will be used in operation, and of adequate 
length to ensure the minimum errors due to installation. It is usual practice to include a flow 
conditioner as part of the package. The level of installed uncertainty, or confidence in the 
installed calibration, will be influenced by the method of transportation of the meter. If the 
meter is kept bolted in place with the pipework and flow conditioner, then there will be the 
greatest confidence in the end result. Removal of the pipework, even with location dowelling, 
will lessen the confidence. Using “mock” pipe work for the upstream meter run will further 
lessen the confidence in the meter performance on site. 
 
An extreme case of trying to replicate the site conditions is to carry out model tests of the site. 
This is usual practice in the US nuclear industry, where complex installation conditions, figure 
10 are used to give a bounding of the installed uncertainty likely to be achieved in practice. 
 
 

 
 

Figure 10, A Modelled Nuclear Installation 
 
 
7.0  EXTRAPOLATION 
 
While extrapolation of data is not a calibration, it does require calibration to be able to make 
the extrapolation. It does imply that an assumption is made about the shape of the calibration 
curve without any data, other than history to back it up. It deserves a complete paper on its 
own, but a few comments are made here about the process. 
 
There are times when the meter cannot be calibrated over the required Reynolds number 
range. 

 LNG meters, a high Reynolds number that cannot be duplicated at any world 
calibration facility. 

 Large meters cannot achieve the Reynolds number on calibration because few 
calibration facilities can reach the flowrates required. 

 Very high viscosity, calibration facilities have difficulty pumping highly viscous oil. 
 

In these cases the meter calibration will have to be carried out at flows as close to the 
operational range as possible and then the data extrapolated to the operational range. 
The assumption that has to be made is the extrapolated data follows the curve of the meter at 
the end of calibration. Often the assumption is that the meter is now completely linear, a 
feature of many Reynolds number based meters as they increase in Reynolds number. The 
problem comes if there is an unexpected discontinuity in the calibration. This, of course will 
never be known until tests can be carried out at the extrapolated flowrates or the meter shows 
differences to the expected performance by, for example, a mass balance of the system. If 
this method has to be used then it is imperative that the following is shown: 
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 The method of extrapolation in detail. 

 The data to back up the extrapolation. 

 And importantly an independent assessment of the extrapolation method and 
how strong it will be in the application. 

The uncertainty for extrapolated meters will always be greater than for a meter 
calibrated over the operational range. 
 
8.0  CONCLUSIONS 
 

• While the principles are the same the calibration methodology is quite different. 
• Much of the higher uncertainty of gas meters comes from the calibration methods. 
• The concept of bootstrapping is essential to large gas measurement making 

uncertainties larger than liquid calibration. 
• Linearization is more essential for liquid meter designs than gas, requiring: 

• More attention to the detail of calibration of liquid meters. 
• Calibration over a range that is representative of the operational conditions. 

• The standards for gas USMs are more applicable to calibration than those available 
for liquid. 

• A liquid USM calibration standard similar to the AGA9 format would be a useful 
addition to the world on metering. 

• Until calibration facilities for gas can improve significantly the uncertainty of Gas USM 
will always be inferior to liquid USMs. 
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1 INTRODUCTION 
 
Associated petroleum gas (abbreviation “APG”) is a form of natural gas associated with crude 
oil (petroleum), either dissolved in the oil or as a cap of free gas above the oil.  
 
The current situation shows that the biggest part of worldwide produced APG is flared. 
Considering the energy content, the APG can be the base for fuel products used in the power 
generating industry, processing industry or gas compressing and oil pumping stations. Due to 
variations of APG in composition and energy content, and due to contaminations with crude 
oil and other pollutions, the APG must be conditioned in gas processing plants prior to use. 
 
The interest of the global energy and environmental and business community in the issue of 
associated gas utilization has grown dramatically in recent years due to both environmental 
and financial considerations.  
 
The Russian company «Verkhnechonskneftegaz» (abbreviation “VCNG”) located in the 
territory of the Verkhnechonskoye oil, gas and condensate field, one of the largest oil fields in 
Irkutsk oblast, is one of main suppliers to the pipeline system “BCTO” (East Siberia – Pacific 
Ocean). VCNG estimated ultrasonic technology is best suited for metering of APG volume 
flow rate.  
 
Besides harsh climatic conditions of Siberian region special challenges for the flow metering 
came up during the first stage of plant operation: the oil treatment unit was not completed in 
time so the gas stream in the pipe was carrying higher contents of crude oil and pollutions. 
The special configuration of the ultrasonic flow meter with high acoustic power and adapted 
signal algorithm enabled a reliable function. Practical experiences for about 11 months 
showed that signal transmission was the most important task but could be handled by the 
ultrasonic flow meter, despite strongly contaminated transducers, without any loss of the 
measurement. 
 
Starting with a general view on energetic and environmental importance of APG worldwide 
and in the Russian market, this paper explains the special requirements for APG metering 
and is developing the field experience with ultrasonic flow meters in application conditions 
described above.          
 
 
  

fltough
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2 ASSOCIATED PETROLEUM GAS (APG) 
 
2.1 Worldwide energetic and environmental importanc e of APG 
 
Associated petroleum gas is a fossil combustible gas escaping from degasification during oil 
exploration processes. The gas is dissolved within the oil and is separated before the oil 
enters a pipeline. The separated APG is almost never a clean or dry natural gas suitable for 
use as energy source. It is an inhomogeneous mixture with varying levels of contamination 
and liquids (water, oil). Feeding APG into natural gas pipelines for long-distance 
transportation is not possible without performing a gas treatment before.  
The gas is typically a mixture of hydrocarbons from methane to hexane including C4-C6 
isomers. Furthermore non-hydrocarbons like CO2, N2, H2 and hydrogen sulphides can be part 
of the gas mixture. The composition of APG can vary strongly and depends on the geological 
bed and the condition of the oil reservoir. Content of hydrogen sulphides depends on 
progress of oil reservoir exploration. The molecular weight of APG is between 15 and 50 
kg/kmol; the content of a typical APG mixture is listed below [1]. 

 
Typical methane content of West Siberian APG as the region with highest APG production 
quantities is around 60%. Nevertheless methane concentrations up to 90% or more are 
possible for Russian APG.  
 
The following energetic assessment of APG, based on classification numbers for oil and gas 
industry in 2010, gives a view on the economic importance of the gas [2], [3]:  
 
• Global oil production 2010:    ~3.9 billion tons 
 
The quantity of APG per ton of oil can strongly vary between 25 and a few hundred cubic 
meters, depending on oil composition, degasification process and geological conditions. As 
an assumption, taking only a lower quantity of only ~70 m³ APG per ton of oil in consideration, 
the following theoretical picture arises:       
 
• Global APG production 2010:    ~273 billion m³ 
• Energy content of APG:    typ. ~40MJ/m³ s.c. 
• Energy content of global produced APG in 2010: ~10.92 * 109GJ = 3.03 * 109MWh    
 
Using an efficiency factor of about 20% for conversion of the gas energy into electric energy, 
an amount of ~600 million MWh electric power results. This represents an energy value which 
nearly equates to the total yearly consumption of electricity currently used in Germany!  
 
Flaring of APG basically is wasting of valuable energy resource. Based on satellite 
observations in recent years, the total global volume of associated gas flared is within 150-
170 billion cubic meters per year. This translates into an amount worth of approximately 30.6 
billion USD. This is equivalent to 30% of natural gas consumption by the European Union 
countries or equivalent to 25% of natural gas consumption by the United States [1].  
 
Current worldwide flaring of APG results in yearly emissions of about 400 million tons of 
greenhouse gas carbon dioxide into the atmosphere. This corresponds to approximately 1.2%  
of total global CO2 gas emission [4]. 
 
But, emissions of greenhouse gas associated with global warming, is only one factor. 
Associated gas flaring can be dangerous for health. The flaring generates compounds such 
as carbon, sulphur and nitrogen. If the APG combustion does not work efficiently, compounds 
such as methane, with a much higher potential of greenhouse gas effect than carbon dioxide, 
are directly emitted into the atmosphere.  
 

• Methane CH4  ~81%   
• Ethane C2H5  ~5% 
• Propane C3H8  ~6%  
• Butane C4H10  ~4% 

• Nitrogen N2   ~1% 
• Carbon dioxide CO2  ~0.15% 
• Others    balance 
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Monitoring and control of APG flaring, therefore, becomes of high importance. In most 
countries there are anti-flaring legislative rules in place that define legal flaring limits 
combined with stringent monitoring and reporting and escalating penalties [5].  
 
2.2 Associated Petroleum Gas in Russian Oil and Gas  Industry 
 
2.2.1 APG flaring and potential of APG utilization 
 
The Russian Federation is world’s largest gas producer. In 2006 the Russian gas production 
was approximately 600 billion cubic meters. In the same time the produced APG from 
Russian oil exploration was about 57.9 billion cubic meters which corresponds to 9.65% of 
total gas production. Nearly 43.8 billion cubic meters of the produced APG was utilized, 
approximately 14.1 billion cubic meters were flared [6]. 
 
If all Russian APG is burned, Russia’s APG flaring creates carbon dioxide emissions of 
between 30 and 100 million tons annually. When flares do not work effectively, producers 
may vent methane, a much more potent greenhouse gas than CO2 [6].  
However, APG flaring is also of economic importance for Russian Federation. According to 
the Russian Federation Ministry of Natural Resources the loss of economic value due to 
flaring of APG in 2007, was about 139.2 billion Rubles which corresponds to approximately 
4.15 billion USD, based on current exchange rates. Now, approximately 80% of Russia's 
burnt Associated Petroleum Gas can be used with high economic efficiency: this may provide 
billions of dollars in profits, and reduce carbon dioxide emissions significantly [19]. 
 
2.2.2 Legislation situation 
 
Considering the background of the Kyoto protocol on one hand, and the increasing gas 
production including APG flaring at the other hand, the Russian government authorities 
(Ministry of Natural Resources, Ministry of Industry and Energy) initiated decisive measures to 
stop associated gas flaring starting from summer 2007. 
 
Government Decree No. 7 dated January 8, 2009 “On Measures to Stimulate Reduction of 
Atmospheric Air Pollution with Associated Gas Flaring Products” stipulates more liberal 
conditions of transition to the system of associated gas flaring penalties for oil companies.  It 
was drafted by the Ministry of Natural Resources and agreed with the Ministry of Economic 
Development, Ministry of Finance, Ministry of Energy and Ministry of Public Health and Social 
Development. Decree No. 7 was scheduled to entry into force at January 1st 2011 but was 
later postponed for one year until January 1st 2012. The main topics of Decree No. 7 are: 
 
• A targeted APG utilization rate of 95%, starting from 2012 and subsequent years. 
• Reporting about APG flaring. 
• Payment of emission fee acc. to Government Decree No. 344, annex 1 of June 12, 2003 

for burning of Associated Petroleum Gas: 
 
- The calculation of payment for pollutant emissions is based on considering 

different substances in the gas and different burning with or without soot.  
- The amount of payment is depending on defined coefficients. There are different 

coefficients for Western Siberia (1.2) and Far North region (2.0) which are valid 
for emissions within the emission limits.  

- For exceeding the limit of 5% for combustion of Associated Petroleum Gas (5%) 
the payment calculation applies an additional factor of 4.5. In the absence of 
metering an additional factor of 6 is used.          

 
As a result, the amount of payments of oil companies for harmful emissions into the 
atmosphere in 2012 will increase by 50 times and will be 16.7 billion rubles [6], [7]. 
 
2.2.3 Production and measurement of APG 
 
Oil-gas separators are used to split the oil-water-gas mixture into single fractions and to 
remove sludge or sand. Most used types of separators are gravity type.  
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The separation process involves several separation stages. For best separation of volatile 
components the operation pressure is reduced step-by-step. The target is to achieve 
maximum liquid oil recovery, separation of water and stabilized gas fraction.  
The separated APG is going to flare or to a gas treatment facility. The treated APG is utilized 
direct at the oil field or selled as energy source. An APG flow rate measurement is required 
for all 3 channels.   
 

 
 
 
 
 
 

 
 

Fig. 1 - Monitoring points at exemplary oil exploration and treatment plant [11] 
 
Currently in Russia approximately 49% of all flares are equipped with metering devices [6].  
 
 
3 MEASUREMENT OF ASSOCIATED PETROLEUM GAS (APG) IN RUS SIAN 

FEDERATION 
 
3.1 Requirements of APG measurement in according to leg islations  
 
The APG measurement in Russian Federation covers some important challenges and 
requirements. Specification of a flow meter used in an APG application, has to be certified 
acc. to Russian standard GOST for overall specification. 
 
Standard GOST R 8.615-2005 - Measuring of quantity of taken from bowels oil and oil gas. 
General metrological and technical requirements [12]:  
 
• APG has to be measured at all gas pipelines which exist at each particular oil field, 

including flares lines.   
• Volume flow rates have to be measured and calculated to standard conditions of 20°C 

and 1atm. 
• Total uncertainty of measurement must be 5% or better. 
 
  

Monitoring point Location Monitored value 
FT1 (Flow transmitter) Flare stack Standard volume flow rate (m³/h) 
FT2 (Flow transmitter) Exit of treatment block Standard volume flow rate (m³/h) 
FT3 (Flow transmitter) Exit of treatment block Standard volume flow rate (m³/h) 
EC (Electricity counter) Feeders from Gas power plant Electricity (GW/h) 
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Standard GOST R 8.733-2011 - System for measuring of quantity and parameters of free oil 
gas. General metrological and technical requirements [13]: 
 
• Actual Russian standard which defines demands for measurements of oil and associated 

petroleum gas (APG).  
• APG must be measured at all gas pipelines which exist at each certain oil field including 

flares lines. 
• APG must be measured as volume flow rate in standard conditions at 20°C and 1atm. 
• APG measuring stations are divided in 4 different categories, depending on volume flow 

rate range: 
- Category I (high capacity) – volume flow rate > 105m³/h 
- Category II (high performance) – volume flow rate > 2x104 to 105m³/h 
- Category III (low capacity) – volume flow rate > 103 to 2x104m³/h 
- Category IV (minimum performance) – volume flow rate < 103m³/h. 

• The APG measuring stations are divided in 3 different classes depending on type of 
application: 

- Class А - APG measuring stations for custody transfer measurements (e.g. 
selling of APG after gas conditioning) 

- Class Б - APG measuring stations where APG is used for internal needs e.g. for 
field boiler 

- Class B - APG measuring stations at process measuring tasks and flares. 
• Uncertainty demands of APG measuring stations (APGMS), depending on their category 

and class: 
   

Table 1 - Uncertainty demands for APG measuring stations [13] 
 

Category of APG 
measuring station 

Maximum permissible uncertainty of standard volume flow rate  (%) 
class A  class Б class B  

I +/- 1.5 +/- 2.5 +/- 5.0 
II +/- 2.0 +/- 2.5 +/- 5.0 
III +/- 2.0 +/- 3.0 +/- 5.0 
IV +/- 2.5 +/- 4.0 +/- 5.0 

 
• There are different demands for the configuration of APG measuring stations, depending 

on their category and class (e.g. redundant configuration of APG measuring station for 
category I or II and class А). 

• Gas flow meters are divided based on measuring principle.  
• There are certain demands for flow computers:  

- Data logging functionality  
- Gas counter functionality + data saving in archives 
- Serial interface 
- Protection of information and parameters via CRC sum 
- Special demand to recalculation method for not fully prepared APG clearly 

mentioned that MR113-03 method has to be used. Recalculation method MR113-
03 is applicable only for wet and not finally prepared APG. If APG is dry and 
clean, methods for natural gas must be used.    

• Most preferred measuring principle is the ultrasonic principle. Thermal mass flow meters 
are only allowed to use at APG measuring stations with category III or IV. In general it 
means that it’s not allowed to use thermal mass gas flow meters at most APG measuring 
points anymore. 

• There is a certain demand to measuring points with not prepared (wet and dirty) APG – 
electrical heating of inlet and outlet pipes in order to prevent ice formation at internal pipe 
surface.  

 
3.2 View on recalculation algorithm MR113-03  
 
The Method MR113-03 was designed by “All Russian D.I. Mendeleev Research Institute for 
Metrology (VNIIM)” to calculate gas property values for compressibility factor, density, 
adiabatic index and dynamic viscosity. As mentioned previously, Russian legislations requires 
the utilization of this algorithm for calculation of normalised volumes in APG applications.   
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The algorithm contains some minor differences in comparison to other methods such as  
GERG2008 and AGA8. Due to the importance of Associated Petroleum Gas measurement 
there was a requirement to optimize the algorithm for use in this application especially. 
Therefore the algorithm considers all components of gas which are occurring in APG  
conditions and contains methane, ethane, propane, iso-butane, n-butane, n-pentane, N2, 
CO2, water, H2S, hexane, heptane, O2, iso-pentane. For use in typical dry natural gas mixture 
applications, and process conditions between 0.1 ≤ p ≤ 15MPa and 0 ≤ T ≤ 225°C, the 
uncertainty of density is given with 0.2%. The uncertainty of density increases to 0.4% when 
used in wet gas conditions. Additional information about expected uncertainty is described in 
[18]. Larger hydrocarbons like octane, nonane and decane will not be handled by using of 
MR113-03 method due to there are less present and they do not appear in natural sources. 
However it would be interesting to compare the result between AGA 8 and GERG 2008. The 
example which is shown below is based on a typical North Sea gas composition. It has been 
used because the gas mixture can be managed by all of the 3 methods.  
 
For all of the 3 methods the compressibility was calculated because of their importance in 
consideration of volume normalization. The uncertainty which can be expected due to the 
methods specification shall be in a range of 0.3%. Figure 2 shows the calculated 
compressibility for different pressures for all 3 methods.  
 

 
 

Fig. 2 - Comparing result of compressibility value 
 
To compare the methods, average compressibility was calculated at each given pressure. 
The diagram to the right shows the percentage deviation to the average value of each single 
compressibility value. The result shows a deviation between the methods smaller than +/- 
0.1%.  
The investigation of MR113-03 during the implementation has shown there is a respectable 
compliance between the 3 different methods.  
 
Before the installation and use of an ultrasonic flow meter, a certification process by the “All-
Russian Scientific Research Institute of Flowrate Measurement (VNIIR)” must been 
completed. The correct implementation of the algorithm and measurement behavior of the 
entire device must be validated in accordance to GOST GSSSD MR 113-03, GOST R 8.615-
2005 and GOST R 8.733-2011.  
 
3.3 Operational challenges for APG measurement 
 
Beyond the regulatory requirements, some special challenges, typical with an APG 
measurement, need to be considered. Process conditions and environmental conditions 
require an adaptability of the measurement device. 
Within the APG measurement, rapid changes in flow regimes are common. The meter has to 
measure gas flow velocities down to zero. Maximum gas velocity is typically ~60m/s but can 
be much higher depending on composition and degasification of oil. In addition, the flow 
measurement needs to operate with short response time for reliable gas flow monitoring and 
process control. Operating pressure down to near zero gauge is typical. Changing gas 
compositions have to be handled as well as a significant amount of corrosive components.  
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Also influences on signal strength, resulting from low pressure and components with high 
degree of attenuation like CO2, must be considered. 
 
Another main challenge is the contamination of the gas stream by liquids (water, oil) and 
pollutions (sand). A meter must be able to handle these conditions by either tolerating the 
harsh process conditions or indicating the problems by diagnostic means. 
 
From environmental point of view, there are exceptional hard climatic conditions in the 
Siberian area. Any metering system must fulfill hard demands due to ambient conditions with 
minimum temperature specification starting at -60°C as a standard requirement. 
 
A more process related question arises for the user – whether the metering system can still 
operate within the specification, and how he/she can trail and interrogate functionality of the 
equipment over the live time of the device. This rigorous demand require suitable diagnosis 
capabilities of the flow meter.  
 
For reporting purposes an APG flow meter needs to provide non-volatile data archives to 
create measurement reports according to defined intervals. 
 
3.4 Ultrasonic meter as lead technology to fulfill requirements and challenges of 

APG measurement 
 
In a variety of flow measurement applications, ultrasonic measurement has become the 
leading technology. High accuracy, combined with strong diagnostic capability, are 
appreciated in custody transfer market. The high reliability and robust behaviour against any 
pollution/contamination are the key benefits/features if ultrasonic meters are applied in 
process or APG applications. This chapter will demonstrate the most important ultrasonic 
capabilities to ensure the requirements of APG measurement.  
 
3.4.1 Measurement Uncertainty  
 
In general, there are different ultrasonic flare meter configurations to fulfill different uncertainty 
demands:  
 
• Devices installed in the field (hot tapping) without meter body or calibration 
• Devices with meter body and geometric measurement (“dry calibration”) 
• Devices with meter body and flow calibration. 
 
While hot tapped metering solutions offer the most flexibility in application, a sufficient but 
limited uncertainty value can be reached, even taken special measures into account, which 
guarantee adequate parameterization of the path length and the path angles. The system 
including the meter body ensures a better parameter measurement leading to a reduced 
uncertainty. The uncertainty can be further reduced with a lab calibration. 

 
The figure 3 at left shows the GUM 
Uncertainty Calculation (“Guide to the 
Expression of Uncertainty 
in Measurement”) for the measuring value 
“Normalized flowrate” of an ultrasonic flow 
meter. The calculation considers the given 
velocity points and the different types of 
meter configuration. It will be clear that 
the best uncertainty will be achieved  by 
use of a calibrated meter which includes a 
meter body certainly. 
 
 

 Fig. 3 - Uncertainty result for measurement value “Normalized flowrate” 
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With respect to the requirements, an ultrasonic flow meter can be used for APG 
measurements for classes A and B acc. to GOST standard (see 3.1), taking different 
installation types into account. 
 
A 2-path configuration can be used, if a reduced uncertainty at strongly disturbed flow profiles 
is required or unstable flow conditions close to zero flow occur. Multi-path configuration also 
offers path redundancy for increased measurement availability. 
 

Table 2 - Typical uncertainty specification of ultrasonic flow meter  
 

Path configuration  Installation  Measuring range [m/s]  Uncertainty [%] *)  
1-path hot tapping 0.3 … 120 ≤ 5 

device with meter body 
+ geometric 
measurement 

≤ 1.5 

device flow calibrated ≤ 0.5 
2-path hot tapping 0.3 … 120 ≤ 3.0 

device with meter body 
+ geometric 
measurement 

≤ 1.0 

device flow calibrated ≤ 0.5 
*) for fully developed flow profile 
 
3.4.2 Operational challenges 
 
A combination of sensor design and signal processing algorithms ensure the reliable 
operation.  
Modern ultrasonic transducer technology enables operation at atmospheric pressure 
conditions without limitations to any functional parameters. Combined with a time resolution 
down to +/-5ns of device in practical applications, the flow meter is suitable to provide a 
precise measurement at low flow conditions near zero flow.  
 
Changing gas compositions or corrosive process conditions can be served by optimized 
transducer design. Using ultrasonic transducers with large bandwidths and large amplitudes 
are operating in gas compositions starting at 2g/mol up to 120g/mol without a significant effect 
on signal performance. Nevertheless gas composition is always an optimization task 
considering ultrasonic beam lobe and signal transmission distance. High power transducers 
are able to ensure a high availability of measurement and can be used for cross-duct 
measurement also in very large pipe sizes up to 72inches, and for highly attenuating gases 
like high amounts of CO2 in the mixture. 

 
Modern ultrasonic flow meters are 
typically manufactured with 
hermetically sealed full-metal titanium 
transducers. For aggressive gas 
compositions special alloys like 
Hastelloy are used as transducer 
material.  
 

 
 
 

Fig. 4 - High power version of ultrasonic flow meter 
 
Ultrasonic flow meters have a low sensitivity to entrained liquids and to contaminations. 
Contaminations on the surface of ultrasonic sensors can be monitored by meter diagnostics 
using the parameter “Automatic Gain Control (AGC)”. Depending on the contamination rate of 
the ultrasonic sensor, the gain for signal transmission is automatically adjusted.  
If the sensors experience heavy contamination, the gain of the signal transmission will 
increase to overcome these effects. The resulting AGC level is an indicator to determine 
contamination of a specific sensor.   
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Once the gain value has reached a defined limit value, the meter control unit will indicate a 
maintenance request message. The meter will continuously operate and read accurately, and 
the maintenance request message will alert the operator that the sensors need cleaning. 
Low frequency transducer types can best compensate the effects of signal loss by 
contamination due to higher signal power reserve.  
 
 
 
 
 
 
 
 

 
Installation capabilities can also play an important role for hard accessible installations in 
Siberia with extreme weather conditions. Considering a digital communication between 
sensors and evaluation electronics the control unit can be placed up to 1,000m away from 
measurement point in a heated control room. Remote setup of the control unit provides 
additional flexibility and is a more easy solution for conflations of several metering systems 
into one control system at site.    
 
3.4.3 Meter field verification 
 
The performance of ultrasonic meters is verified by special test procedure at the factory. 
Nevertheless, a performance validation of the meter in the field can ensure a continuous audit 
trail of the system and document the operation within the specification limits. To realize such 
a validation, a field verification procedure is recommended.  
For regular field verification ultrasonic meter can be individually tested for proper zero and 
speed of sound calculation outside the pipeline within a special “Field Zero Flow Test Box”.   
The velocity of gas and the velocity of sound are determined at a flow rate of ~0m/s within this 
box. The special design of the field verification box reduces flow rate fluctuations and effects 
of temperature have been almost fully eliminated.  

 
Figure 7 below shows a typical result of a recorded velocity of gas in special “Flow Test Box” 
which is part of the factory standard quality control.  
 

Fig. 6 - Zero Flow Test Box for field use 

Fig. 5 - Ultrasonic transducers: high frequency type / low frequency type 
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Fig. 7 - Measured velocity of gas (VOG) inside the “Zero Flow Test Box” 
 
Measured speed of sound can be compared to theoretical values and used as a reference  
value. Unusual trends in speed of sound would give indications of thermal influences. 

 
 
In addition, based on the recorded measured velocity values, it is possible to check resolution 
and general measuring signal noise of the device. The test is successfully finalized if the 
recorded data is within the specified limits. Automatic documentation of all measurement and 
diagnostic values helps to build a continuous live time file and audit trail.   
For periodic testing while the sensors remain in-line in the pipe, an alternative testing method 
is possible. Using an integrated check cycle the meter functionality is automatically checked 
at zero point and span test value. 
 
Verification of recalculation method MR113-03 (see 3.2) is a further requirement for meter test 
in the field and is part of the developed verification procedure. Russian oil company VCNG 
also uses software "Расходомер ИСО" for the verification of correctness of the calculation of 
compressibility factor via MR113-03 method. 
  
While all these features are implemented into the meter during product development, the final 
test can be performed in practice only. That is, operational experiences must show, how the  
ultrasonic meter deals with the special requirements of an APG measurement in Siberia.  
 
 
4 APG MEASUREMENT AT COMPANY “JSC VERKHNECHONSKNEFT EGAZ (VCNG)” 
 
4.1 VCNG – Major oil exploration company at Verkhnechon skoye oil and gas field  
 
The Verkhnechonskoye oil and gas field is the largest oil field in Eastern Siberia region and is 
situated by the Chona River, 1.100 km to the north of Irkutsk in Eastern Siberia. It is a thinly 
populated and remote area, which creates a number of challenges, including: 
 
• Extremely low ambient temperatures down to -60°C. 
• Materials and equipment can only be supplied seasonally. 

Fig. 8 - Measured speed of sound (SOS) inside the “Zero Flow Test Box” 
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• Field workers are on a rotational timetable, and can only reach the field by helicopter from 
the nearby Ust-Kut airport. 

• Due to the lack of electricity the company had to build its own power plant operating on 
associated petroleum gas. This partially resolves the problem of associated petroleum 
gas (APG) utilization [9]. 

  
Fig. 9 - Verkhnechonskoye oil and gas field – remote located in eastern Siberia [9] 

 
The field was discovered in 1978 and remained unexplored for a long time due to the lack of 
infrastructure to transport oil to potential markets. Field development began with the 
construction of the Eastern Siberia – Pacific Ocean (ESPO) pipeline that passes through 80 
km of the field.  
 
The field development started in 2002. Pilot operation of the field was started in 2005 and first 
commercial oil produced at the Verkhnechonskoye field was delivered into the ESPO pipeline 
in October 2008.  
 
The field is operated by Open Joint Stock Company “JSC Verkhnechonskneftegaz (VCNG)”, 
a joint venture of TNK-BP (74%) and Rosneft (26%). It is TNK-BP’s first major project in the 
development of oil fields in Eastern Siberia.   
VCNG is one of the largest companies in the exploration of oil in the Irkutsk region. The main 
activity is exploration and production of oil in the Verkhnechonskoye field.  
 
The geological structure of the field is one of the most complicated, not only in Russia, but in 
the world. It is unique for its combination of geological and geophysical factors (hard rock, salt 
deposits, low reservoir temperature) as well as for the presence of gums and paraffin in the 
oil. Until the end of 2012 it is planned to drill 64 wells: 1 for exploration, 44 for production and 
19 for injection. Drilling operations are conducted according to the schedule - at the beginning 
of April 11 wells where already drilled [8], [9], [14], [15], [16], [17]. 
 
4.2 Production and use of APG  
 
The total proven reserves of Verkhnechonskoye field were estimated in 2007 with 409 million 
barrels of oil equivalent, and proved, possible and probable reserves amounted to 1.886 
billion barrels. Natural gas reserves are 95.5 billion cubic meters. In 2009 the field produced 
through 41 oil wells 1.181 million tons of oil, equal to 23,500 barrels per day. For 2012 an oil 
production of 6.83 million tons is planned. Peak production is expected at around 7.5 million 
tons [8], [9]. 
 
As earlier described, the quantity of APG is strongly depending on oil composition, degasifi-
cation of oil and geological conditions.  
 
For determination of produced APG only an  estimation is used: 
 
• Expected crude oil production in 2012 = 6.83 million tons. 
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• Expected APG production with typical gas factor of 95 cubic meters APG per ton of oil  
= 648.85 million cubic meters.   

 
Due to the remote location of the oil and gas field there is no potential demand for power in 
the near area around the field. The actual utilization level of associated gas will be 9% in 
2012, the level of associated gas should reach 95% by 2015. At this time most of the APG 
goes to the flare, and some of the gas is used for the energy center, boiler and process 
heating ovens.  
The company TNK-BP decided to apply gas injection technology to temporarily store 
associated petroleum gas underground. The cost of the project - five billion rubles, of which 
184 million have already spent. Furthermore there is an option for a gas supply to gas 
transport system of "Gazprom" on the basis of the Chayanda field in Yakutia [8], [9].  
 
4.3 APG measurement 
 
The VCNG company program for measurement of APG started in 2009 after the 
modernization of outdated measurement systems, and is still ongoing on within the expansion 
of infrastructure due to the increased volume of produced oil and APG and construction of 
new facilities. 
 
Since 2011 JSC Verkhnechonskneftegaz is using ultrasonic flow meters for APG flow rate 
At the moment VCNG is using two technologies of measurement of the APG amount: 
ultrasonic and vortex technology. Based on all field experiences the ultrasound technology is 
the preferred solution: 
 
1. For gases carrying higher liquid contents (droplets). 
2. For all measurements with harder operating conditions in general, e.g. mechanical 

impurities, heavy fractions of hydrocarbons, condensate in the gas. 
3. For operation in large gas pipeline diameters. 
4. For all measurements where the metering system may not cause flow resistance in the 

pipeline which is a general safety demand in Russian Federation for flaregas metering. 
 
The vortex technology allows the use in cleaned gas after gas treatment only (gas cleaned 
from mechanical impurities and dropping liquids). 
 
4.4 Installation and operation conditions  
 
The installed ultrasonic flow meter is used for flow rate measurements at oil/gas discharge on 
flare with following demands:  
 
• Measurement of APG under obligation of legal requirements (Government Decree No. 7). 
• Uncertainty acc. to standard GOST R 8.733-2011 [13] is 5% of measured value or better. 
• The measurement is base for calculation of emission fee for “Emission of harmful 

substances (pollutants) generated by the burning of APG in flares”. 
 

Table 3 – Operation conditions of APG measurement at JSC Verkhnechonskneftegaz 
 
Measuring components  Volume flow rate in standard conditions (m³/h s.c.)  

Mass flow rate (kg/h)  
Measured gas details  Methane CH4 (vol%) 78 

Ethane C2H6 (vol%) 13 

Propane C3H8 (vol%)   5 

Buthane C4H10 (vol%)   1 
others   3 

Operating conditions  Max. gas velocity (m/s) 120 
Max. volume flow rate (m³/h a.c.) 30,000 … 186,000 
Process pressure (MPa) 0.002 … 0.5 
Process temperature (°C) 0 … 50 
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Installation conditions  Pipe size DN820 
Wall thickness (mm) 12 
Pipe material LTCS-09G2S 
Place of mounting outside 
Distance between sensors and control unit (m) ~100 
Power supply 230 V AC 

Ambient conditions  Temperature (°C) -60 … +50 
Area classification ATEX Zone 2 

Special requirements  Volume flow rate normalized acc. to Russian standard 
MR113-03 

 

Gas counter incl. data archives   
Russian language for user interface (software + display)  
Harsh climatic conditions of Siberian region  

 
Installation of the ultrasonic flow meter was realized in an open area of the oil treatment. 
Special challenge was covered with ambient temperatures in winter times down to -58°C.  
 
 

 
 
4.5 Meter configuration  
 
An ultrasonic flow meter with retractable sender/receiver units was configured for the APG 
measurement. The field operator decided on a 2-path configuration for the following reasons: 
 
• Best metrological characteristics / more precise measurement for accurate monitoring of 

APG means mostly lower emission fee payment.  
• High reliability of measurement. If a one path fails the flow meter is able to continue the 

measurement with the second path (automatic path compensation function). 
 
Device specification:  
 
• FLOWSIC100 Flare, cross-duct measuring system, manufacturer SICK AG Germany 
• Sender/receiver unit FLSE100-EXRE, stainless steel high power transducer with 

retractable probe design 
• Explosion protection ATEX II 3 G Ex nA II T4 
• Gas pressure -0.5 … +16barg 
• Gas temperature -70 … +180°C 
• I/O: 1x analog output, 2x analog input, 5x relay outputs, interface Modbus RS485  
 
To minimize geometric uncertainties and misalignment, the installation of the sensor nozzles 
in a pipeline section was performed at the plant of "HMS Neftemash" in Tyumen city.  
The pipeline section with installed nozzles was delivered to Ust-Kut city (Irkutsk region) by 
motor vehicles and transported by helicopter to Verkhnechonskoye field. After welding the 

Fig. 10 - Oil/gas separation unit and installation point of ultrasonic flow meter 
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pipeline section in the main line, the installation of the ultrasonic flow sensors was completed. 
Installation of sensors with lubricators on the field was made as quickly as possible and did 
not require much effort. 
 

 
 

Fig. 11 - Ultrasonic sensor installation 
 

 
Fig. 12 - Installation drawing 

 
4.6 Operation experience  
 
The flow meter was commissioned at October, 6th 2011. After connecting the power supply 
the setup of the meter was completed via the user software.  
 
A specific challenge for the measurement came up immediately following the installation and 
commissioning of device, when a high content of liquid petroleum fractions was determined  
in the pipeline. Oil separators are usually designed on volumetric delivery of oil. At 
Verkhnechonskoye field the produced quantity of oil was much higher than expected. The first 
installed oil separator could not perform well, and as a result, the associated petroleum gas 
was carrying a much higher content of oil and other pollutions. Flooding of the lower sensor 
pair with liquid oil could not be excluded. 
 
In a standard setting of the device a temporary instability of the lower sensor pair was 
detected. In this case the internal “path compensation function” of device enabled continuous 
operation by using the second sensor pair only. The meter was periodically signaling a 
warning message. After further verification of meter performance, a stabilized measurement 
of the entire system could be achieved by optimizing the internal device parameters. 
 
 
A later check of the meter revealed additional information:  
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• A periodic process debugging due to ongoing expansion of infrastructure at site and due 
to huge temperature differences the flow sensors were covered by sediments in the form 
of heavy hydrocarbon fractions and ice.  

• Nevertheless, this condition did not affect the uninterrupted operation of the flow meter, 
and did allow continuous generation of flow volume data. 

• Contamination of the measuring device, in particularly the installed sensors where highly 
contaminated. 

• The separation unit was replaced by a larger unit, but still the quantity of oil was too much 
and the gas was highly polluted with oil.  
 

 
 

Fig. 13 - Ultrasonic sensor polluted with liquid oil after retraction from pipeline 
 
Against first expectations of the field operator the installed ultrasonic meter continued 
operation without loss of function. Inspection of the meter gave the following result: 
 
• Significant contamination of all 4 ultrasonic transducers, after retraction liquid oil was 

dripping down from sensors. 
• Increased number of error rate, but below the critical limit of the device. 
• Reduced measurement performance but within the limits for continuous operation, no 

failure of measurement.       
 
4.7 Evaluation of diagnostic parameters  
 
As mentioned in section 3.4 the ultrasonic technology provides extended diagnostic 
capabilities by monitoring specific parameters. The most important diagnostic values are the 
Automatic Gain Control (AGC) level, Signal-Noise-Ratio and the meter characteristic Error 
Rate.  
 
All diagnostic values can be monitored and evaluated continuously under ongoing operation 
of the flow meter. Monitoring of diagnostic values over defined time periods enables the user  
to detect changes of meter performance and possible drift of measured values. In general 
effects like: 
 
• Sensor contamination,  
• Disturbing noise, 
• Collection of depositions and sediments in pipeline at measurement point or before, 
• Sensor wear, 
• Sensor failures 
 
can be detected reliably before total failure of measurement device. Additionally detection of 
leakages and changes in gas composition can be detected. 
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At commissioning of APG flow meter at Verkhnechonskoye field the mentioned diagnosis 
values were read-out and recorded by using the device software. Saved values from start-up 
of the meter were used for comparisons with values taken at later points of the operation. This 
enabled value comparison and general evaluation of meter performance after a defined 
period. The following diagrams represents the recorded „Error Rates“ after commissioning of 
device and one year later.  

 
Fig. 14 – Meter Error Rate at commissioning 05/08/12 and at inspection 15/08/12 

 
The parameter „Error Rate“ complies with the percentage of signals which are not used for 
calculation of measured values due to exceeding of internal limit values. In addition to the 
mentioned parameters Signal-Noise-Ratio (SNR) and Automatic Gain Control (AGC), a 
defined number of further signal characters are checked for the calculation of parameter 
“Error Rate”: 
 
• Mean Square Error (evaluation of signal shape) 
• Plausibility of zero-crossing detection 
• Width of signal burst.  
 
The diagrams shown in the figure above are indicating an Error Rate in a range of 1 to 5%. In 
this condition appr. 95% of signals are appropriable for calculation of gas velocity and volume 
flow rate. Based on these diagnostic results, a measurement function without any functional 
limitations can be stated. 
For the evaluation of meter performance, the diagnostic value Automatic Gain Control (AGC) 
becomes of high importance. The diagrams in figure 15 below are showing values of appr. 
33dB. With a maximum possible AGC level of 75dB, a signal gain reserve of appr. 42dB 
results. Based on these values, the signal transmission of the meter can be stated as non-
critical. Figure 15 is furthermore showing, that sensor contaminations could not lead to 
noteworthy increase of AGC level between commissioning and inspection one year later. 

 
Fig. 15 – Meter AGC level at commissioning 05/08/2011 and at inspection 15/08/2012 

 
For the evaluation of ultrasonic signals usually a Signal-Noise-Ratio (SNR) is used. The 
signal algorithms of ultrasonic flow meters use the following equation (1) for calculation of 
Signal-Noise-Ratio (SNR): 
 

��� = 10 ∗ log	(
������������

�������������
)  (1) 
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Figure 16 below represents a comparison of SNR values taken at commissioning of device 
and at inspection one year later. In general, signals with a SNR of more than 6dB can be 
evaluated and used for calculation of signal transit time. The recorded SNR values at 
installation at Verkhnechonskoye field of appr. 32dB showed a good signal quality. 
Furthermore, it could be stated, that there was no significant change of signal quality in the 
first year of operation. 

 
Fig. 16 – Meter SNR level at commissioning 05/08/2011 and at inspection 15/08/2012 

 
For transit time measurement validation on ultrasonic meters, velocity of sound can be used. 
In general, velocity of sound is independent on velocity of gas. Therefore, it is possible to use 
the velocity of sound for diagnostic purposes under running pipe conditions. It has to be 
considered, that direct sun radiation can cause different temperature layers (thermal 
convection) in the pipeline.  A deviation of velocity of sound at one or both paths would be the 
result and could lead to wrong interpretations. 
Basically velocity of sound validation can be carried out in two different ways. If an analysis of 
current gas mixture is available, a theoretical velocity of sound can be calculated and 
compared to measured velocity of sound of the device. A second approach would be to 
compare the path velocity to each other. Due to the fact that all transducers are affected by 
the same gas, equal temperature and pressure, the velocity of sound values on the different 
ultrasonic chords should be close together.  
In figure 22 below the velocity of sound values from commissioning of device and after 1 year 
of operation are shown. It is visible, that velocity of sound values of path 1 and 2 differ approx. 
0.5% to each other. For explanation of this deviation the transducer mounting procedure has 
to be considered. During the installation the transducer nozzles would be welded on an 
existing pipe under field condition. In consideration of the possibilities during a field mounting 
procedure the measured deviation is covered by the expected uncertainty of the mounting 
procedure. However, the diagram also shows the same difference between the path’s values 
after 1 year installation. The constant deviation gives an indicator that there is no drift of any 
single transducer.   
 
As mentioned previously, the velocity of sound validation value is always to be considered in 

regards to process conditions. Due to 
different gas temperature and gas 
composition, the average value of 
velocity of sound from commissioning, 
and up to and including the following 
12 months, show a distinction between 
7m/s. Therefore, it can be estimated 
that the varying application conditions 
have no effects on the interpreted 
results. Figure 17 at left contains 
typical signals which were collected 
after 1 year installation. 

 
Fig. 17 – Comparison of VOS values commissioning 05/08/2011 and inspection 15/08/2012 
 
A well experienced expert is certainly able to evaluate the quality of signal shape and can 
give statement about meter performance.  
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As already demonstrated during the diagnostic  value analysis, there are no critical 
influences. The meter receives typical signals under field application conditions and no 
problems are currently to be expected.  
 

 

 
 

Fig. 18 – Signal quality for both measurement paths after one year of operation 
 
4.8 Ensuring measuring accuracy 
 
Due to technical and local reasons a comparison meter suitable to serve as reference meter 
for a 2-path measurement was not available at Verkhnechonskoye oil and gas field.   
 
The measurement accuracy was ensured by an initial testing the flow meter according the 
requirements of standard GOST R and in order to establish the type of the flow meter 
according to the procedure Rosstandard RF and the Federal Law of the Russian Federation 
"On ensuring the uniformity of measurements". 
Accuracy and uniformity of measurement at VCNG was ensured through verification 
according to procedure approved by the initial testing of the meter. During the verification on 
site the institute “All Russian D.I. Mendeleev Research Institute for Metrology (VNIIM)” was 
conducted to compare flow rates issued by the standard verification station with data of used 
flow meter.   

 
The positive result of verification at site was 
issued in a certificate, which confirms the 
metrological characteristics declared by 
manufacturer [21], [23].   

 
 
 
 
 
 
 

Fig. 19 – Metrological certificate / device passport of installed flow meter [23] 



30th International North Sea Flow Measurement Workshop 
23 – 26 October 2012 

 

19 

4.9 General assessment of meter function by custome r JSC 
VERKHNECHONSKNEFTEGAZ (VCNG) 

 
After 11 months of successful operation the meter performance is summarized by customer 
JSC VERKHNECHONSKNEFTEGAZ (VCNG), excerpt of quote Mr. Andrej Zubakin [21]:  
 
• The reliable measurement of APG in accordance with the requirements of TNK-BP and 

GOST 8.733 allows providing of fulfillment of the requirements of the Russian Federation 
Government as well as to provide correct geological, technical and organizational 
measures for the effective production of hydrocarbons in VCHNGKM. 

 
• The reliability of measurements is rather high, because the meter has never failed and did 

not issue a diagnostic error messages in the current climatic conditions and continuous 
operating mode during 11 months. The availability of measurements is satisfactory. 

 
• The performance of the flow meter allows measurement of associated gas in a huge 

range of gas flow rate (from 0 to 120 m/s). At the time of making the decision on the type 
and brand of the meter on this section of pipeline, the chosen meter type was the only 
meter certified in Russia able to perform this task. 

 
• The meter’s diagnostics abilities are quite extensive. Self diagnostic of the meter (which is 

officially checked and approved by VNIIR) is very good and looks like only way how to 
check the device in field conditions… That’s why we chose it and like your device… 

 
• Maintenance service and geology of VCNG are satisfied with the results of the APG  
 
 
5 CONCLUSION 
 
The following conclusions can be summarized: 
 

1. The measurement of Associated Petroleum Gas becomes an increased importance 
due to environmental and economic reasons.  

 
2. The measurement of Associated Petroleum Gas is one of the most challenging gas 

flow measurements. The application covers hard requirements on measuring systems 
mainly caused by: 

a. The gas conditions. 
b. The ambient conditions in regions like Siberia.   
c. The remote installation on oil fields in hard accessible regions.  

 
3. At present ultrasonic flow meters are providing best suitable technology for APG 

measurement. Nevertheless the measurement system has to be optimized 
considering the application requirements. 
 

4. Under consideration of the specific requirements a reliable metrological solution for   
APG measurement can be realized with ultrasonic technology.  
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1 INTRODUCTION 
 
Sampling product from flowing fluid in pipelines is essential in the petroleum industry to obtain 
information on the composition of the fluids.  The sample will allow measurement and quantification of 
the chemical composition of the fluids and the relative quantities of different fluids flowing through the 
pipeline. Traditionally, the primary reason for sampling in liquid hydrocarbon transportation has been to 
establish the relative quantities of water and sediment to ensure the quantity of hydrocarbon can be 
accounted for. In gas transportation traditionally the gas is sampled to determine the composition and 
hence derive the energy value of the gas. Sampling is crucial in all stages of hydrocarbon distribution 
from the extraction, and transportation of produced fluids through to the separation, refining and 
transportation of crude oils, liquid and gas products. Many sampling systems at crude oil unloading 
terminals and pipelines are water injection proven; most of these are on large pipelines (12" - 52") and 
on stabilised crudes at low pressure.  Proving a sampling system requires a stable baseline and the 
ability to inject 0.5 - 1% water, both of which present challenges to offshore environments.  Unlike flow 
meters, sampling systems off-shore are rarely proved regularly to assess if a representative sample is 
obtained and a reliance is placed on compliance with standards, good practice and experience.  
Industry is now becoming more aware of the issues involved and the large uncertainties potentially 
introduced by errors in sampling.  This is driven by a requirement to improve the accountancy of the 
products, and moves to measure characteristics of the hydrocarbons produced from more difficult fluid 
streams and locations.  It should be noted that many sampling systems are subject to systematic bias.  
 
Within the UK, a government project funded by the National Measurement Office (NMO) within the 
Engineering and Flow Programme has been researching pipeline sampling of complex flows.  This 
project has focused on water-in-oil sampling, oil-in-water sampling, LNG sampling, and the sampling 
of wet-gas and multiphase flows.  
  
This paper reviews the sampling of water-in-oil flows, sampling of wet-gases and sampling of 
multiphase flows. These three areas were identified as the most challenging areas for future 
development.  Sampling of LNG flows is currently being researched as part of a collaborative research 
programme with other European national metrology institutes within a European Metrology Research 
Programme (EMRP) [www.emrponline.eu]. 
 
When discussing sampling two main purposes have to be examined: 
 

1) Is sampling to be performed for chemical analysis of one or more of the components? or  
2) Is sampling to derive the relative quantities of each separate component of the fluid stream? 

 
The fluid stream may consist of a single-phase mixture of liquid (e.g. oil and water stream) or a gas 
with different components, or it may be a two-phase mixture of gas and liquid.  
 
A sampling system has to be considered as three separate functional parts: 
 

1) The sampler (and pipeline conditioning) which is used to extract a representative sample of 
the flowing fluid. 

2) The sample handling which involves transportation of the extracted sample without changing 
the composition of the sample. 

3) The analysis system which takes the transported sample and performs the required analysis 
procedures.  

 

fltough
Stamp
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2 WATER-IN-OIL SAMPLING  
 
Obtaining representative samples to accurately determine the quantity of water present in crude oil 
within a pipeline has always been identified as a challenge to industry due to inadequate mixing of the 
fluids before sampling.  Significant research was carried out some 30 years ago into the behaviour of 
water-oil mixtures in flowing fluids, much of this was performed in joint industry funded projects at 
NEL.  The results of this work culminated in the current ISO 3171 standards, which were published in 
1988.  Not surprisingly, although still retaining the best guidance available to industry, the limitations 
and inaccuracies of measurements based on the standard practices are becoming more evident 
particularly in production environments where water content is increasing and the fluids are becoming 
more complex.  
 
Sampling of crude oils in the North Sea has been identified as a major issue by the UK oil and gas 
regulator (DECC) due to the increasing production of water with the increasing age of North Sea 
fields.[1]  Condensate fields represent an even greater challenge for representative sampling due to 
the rapid separation of the water within the pipeline and the sampling systems. Issues can occur for 
sampling at the outlet of a primary or secondary stage separator as the flowline can be operating at 
low velocity and at close to RVP (Reid Vapour Pressure) breakout, and any additional back pressure is 
unacceptable to the process balance.  Increasingly, production fluids from multiple well platforms and 
fields, with different owners and tax regimes, are comingled for transportation. Defining the 
composition of the different inputs and water mixtures is vital for maintaining pipeline balance.  
Pipeline imbalances on shared pipeline systems have been correlated to platform shutdowns, which in 
turn have been noticed to produce large quantities of water being introduced into the pipeline system.  
Hence it has been suspected that the cause of the pipeline imbalance has been the lack of detection 
of the quantity of water entering the pipeline.  The cost of the imbalance is distributed to the fields on 
the basis of their production, which can be inequitable.  Newer fields which tend to be drier and have a 
higher production are therefore allocated with a higher share of the pipeline imbalance or loss even 
though the source may be from an older and ‘wetter’ field.   
 
The majority of pipeline networks have automatic sampling systems installed but in addition manual 
samples are obtained to provide a backup measurement and to obtain spot samples to assess fluid 
composition closer to real time. 

It is estimated that all water-in-oil sampling in production systems tend to underestimate the amount of 
water within the pipeline. 

Until recently the issues and importance of pipeline sampling has largely been neglected.  However, 
sampling has been receiving much greater attention in areas such as the North Sea in recent years.  
As fields have aged the production conditions have changed, the overall flowrates have declined, and 
water production and particulate content have increased. This combination makes obtaining a 
representative sample extremely challenging.  The fluids must be completely mixed to form a 
homogenous fluid with a uniform distribution of water across the pipeline to enable the extraction of a 
representative sample from a single probe inserted into the pipeline.  Sampling systems that were 
installed quite some time ago when flowrates were high and water content much lower then currently 
being experienced may now be inadequate to collect a representative sample. The lower velocities 
reduce mixing and additional fluid mixing elements, (e.g. static or jet-mixers) to homogenise the fluids 
before sampling are being required.  Also the velocities at sample probes are significantly lower which 
will require modifications to the extraction flowrates.    
 
Some operators have overcome this mixing problem by retrofitting jet-mixers into pipelines before 
sampling systems to ensure fluid homogeneity.  The cost of installing a small jet-mixer would be under 
£400k and doesn’t include the cost of the well down-time. This expensive modification has been 
employed by several North Sea operators to meet the mixing criteria specified in the standard ISO 
3171, which covers the requirements for the automatic pipeline sampling of petroleum liquids.   
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2.1 Sampling Standards 
 
There are four main standards that cover the sampling of liquid hydrocarbons in pipelines in use in the 
oil industry: 

• ISO standard - ISO 3171 “Petroleum liquids – automatic pipeline sampling” 
• American Petroleum Institute (API), MPMS Section 8.2 (API 8.2) 
• ASTM D4177 (this is a ballot to ASTM of API 8.2 and they are identical) 
• Energy Institute (formally Institute of Petroleum) IP 476 (formally PMM Part VI, Section 2) 

 
The ISO standard, ISO 3171, is generally regarded as the most stringent of the documents and if 
equipment complies with ISO 3171 it will mainly comply with the other standards.  One noted 
exception is that API 8.2 requires two sequential proving results to be within specification (the proving 
limits have been widened).  However, it used to be common that people would test as many times as it 
took until they got a result they liked and then called it ‘good’! 
 
Currently the American Petroleum Institute (API) is reviewing its standard on sampling and this should 
feed into a review of the ISO standard.  The API committee is hoping to get a new variant of the 
standard out to ballot by January 2013.  
 
Current standards for water-in-oil sampling have been deemed inadequate for today’s installations, in 
particular for the correct prediction of mixing and dispersion conditions at potential sampling points. 
The lack of adequate mixing is exacerbated by ageing fields with an increasing amount of water being 
produced and declining production rates. In the UK, the Department of Energy and Climate Change 
(DECC) has the view that it does not believe that a sampling system should stand or fall on its 
performance relative to the ISO 3171 standard alone.[1]  DECC support the uncertainties defined in 
the standards which should be proven physically. Problems can occur when using the ISO 3171 
calculations outside of their stated ranges.  
 
The calculation methodology for mixing in ISO 3171 uses the assumption that the water concentration 
is at all times below 5%, that the flow is in steady state, that the pipeline is essentially a long horizontal 
pipe (this contradicts the steady state at low velocities) with no transients and that viscosity and 
density are within reasonable ranges. Hence there are significant limitations on the range of 
applications for using the calculation.  
 
Many operators have expressed strong concerns over compliance with ISO 3171 alone providing 
accurate measurement particularly the criteria for determining adequate mixing.  One issue highlighted 
has been the failure to account for the mixing difference between vertical or horizontal pipe 
geometries.  ISO 3171 in Annex A (section A.2.2) clarifies that dispersion in vertical pipes can be 
determined from the droplet settling rate using the defined equation or from a graph, versus the crude 
oil flow velocity. It is acknowledged that some “very well designed” sampling systems are known to 
have failed to meet the criteria for adequate mixing as defined by the standard.  Ideally a designer 
should be able to justify or correlate the differences between their design and the standard.  
 
As experimentation into the behaviour of all possible mixtures, velocities, pipe sizes, mixing criteria 
and the derivation of standard criteria for design, Computational Fluid Dynamics (CFD) modelling 
which simulates pipeline systems and fluid mixing is increasingly being used to provide evidence of 
adequate mixing.  This is becoming an accepted method by the UK regulator to complement 
compliance with ISO 3171. 
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2.2 Sampling Procedure 
 
Two recent papers by a leading supplier of sampling equipment and systems have provided a general 
overview of recommended sampling procedures and field experience.[2, 3]  One of these papers 
summarised that sampling can be reduced to five main steps as follows: 
 
 

Ensure fluids are completely mixed/homogenise befor e sampling 
 
 

Extract a sample 
 
 

Ensure sampled fluid handled correctly 
 
 

Ensure fluid is analysed in accordance with good la boratory practice 
 
 

Ensure sampling system is adequate and proved 
 
 
Ensuring that the fluid within a pipeline is completely mixed or homogeneous is a crucial step to 
ensure collecting a representative sample. If the fluid is not homogeneous then any subsequent 
sampling and analysis will provide incorrect results.   
 
2.3    Water Dispersion 
 
Water can be present within the oil phase as free water, entrained water and/or dissolved water.   In 
general free water, which is completely separated from oil, will tend to stratify and flow along the 
bottom of a horizontal pipeline at low velocities due to the higher density compared with oil.  As the 
velocity increases, the shearing layer between the oil and water pickups water droplets and as the 
shear rate/energy dissipation increases the droplets sizes start to reduce and the distribution and 
dispersion into the oil phase both improve.  Entrained water is dispersed as small droplets through the 
oil phase and dissolved water-in-oil can be present in very small quantities typically around 0.01% to 
0.1%.  Water concentration might typically run at sub-percentage values but in upset process 
conditions there can be up to 70% water phase. 
 
To obtain a representative sample the fluid must be homogeneous in that all the free water must be 
sufficiently mixed with the oil to become entrained and dispersed as droplets that are evenly 
distributed across the pipe cross-section so that the concentration of water at any point in the pipeline 
is the same.  A concentration gradient will occur in horizontal pipes and will establish as a function of 
the oil and water density difference and the velocity within the pipe.  A ± 5% deviation from the mean 
concentration is considered to be homogeneous according to ISO 3171.  Figure 1 clearly illustrates the 
consequences of inadequate mixing; this shows five samples collected from various positions within a 
horizontal pipeline with varying water content. 
 

 
 
 
 
 
Figure 1:   Pipeline samples collected from 
different positions (bottom of pipe to top of 
pipe) within a poorly mixed horizontal 
pipeline. [2] 
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2.4 Isokinetic Sampling  
 
It has been known since the formulation of ISO 3171, that water droplets can preferentially be directed 
into or around a sampler inlet hence over or under estimating the water content. Larger sampling 
probe openings may minimise this issue. It has been generally accepted therefore that the sampler 
intake should be shaped to minimise this effect and that fluid should be withdrawn with the same 
velocity at the sampler intake as that of the fluid velocity at the sampler location. This condition is 
called isokinetic sampling.  When the probe inlet velocity is different from  the pipe velocity, water 
droplet flow behaviour is not well understood and is related to probe inlet diameter, density differences, 
droplet size and the velocities.  
 
It should be noted that if the fluid velocity in fast sampling loops falls below that of pipeline then water 
separation can occur in the off-take pipework, potentially resulting in non-representative sampling.  
Although iso-kinetic conditions should be established in the probe, the velocity should be increased in 
the sampling loop.   
 
It has been claimed that using large probe inlet areas can reduce the sensitivity to achieving precise 
isokinetic conditions.  Field tests have been performed using water injection tests that support this 
claim.[2]  Many systems now use much larger probe inlet diameters significantly larger than the 
recommended minimum value of 6 mm in ISO 3171.   
 
Initial tests recently performed by NEL have not been conclusive as to the importance of isokinetic 
conditions or to quantify the effect of super- and sub-isokinetic sampling conditions.  Hence, further 
research on isokinetic sampling is planned.  From previous published documents it is recommended 
to internally bevel the probe, if a 6 mm probe inlet size is used this requires 50-200% of the isokinetic 
value and if a 2-inch probe inlet size is used then this can work over a range of 10-300 % of the 
isokinetic value. 
 
2.5 Water Droplet Size 
 
The flow regime in the pipework (and hence the accuracy of the sampling method) depends heavily on 
the size of water droplets in the flow.  Water droplet size is determined by a number of factors including 
the water-oil interfacial tension and the degree of energy dissipation in the system.  In particular the 
former is influenced by subtle factors such as fluid chemistry.  Methods do exist that will predict water 
droplet size in oil flows, but these methods are generally validated against small-scale laboratory test 
data.  Consequently their accuracy in larger-scale pipeline flows is not known.  Different calculation 
methods can be used to estimate either the mean droplet size or the maximum droplet size.  In 
addition, the distribution of droplet sizes must be considered. 
 
If water carried in the oil is in the form of very small droplets then turbulence will keep these droplets 
suspended, the water concentration will be constant throughout the cross-section of the pipe and the 
sampled oil will have the same water concentration as the oil in the pipe.  If the water is in the form of 
larger droplets, then these droplets will tend to drop to the bottom of the pipe and form a stratified 
layer.  This layer may be partly or totally broken up, into droplets when the flow passes through 
pipeline fittings such as valves.  It should be noted that if the droplet settling velocity (dependent on 
viscosity, density and droplet size (this is affected by interfacial tension)) exceeds the pipeline velocity, 
for example in a vertical riser, then the pipe geometry will act as a slug generator creating a 
concentration of free water that will increase until it blocks the pipe and is swept through as a slug. 
 
The relationship between the droplet size and sample probe inlet size to the ability to perform 
"isokinetic" sampling is an interesting topic. It is fairly understandable that small droplets will not be as 
gravitationally or streamline effected as larger droplets. There is also a relationship to the droplet size 
and the probe opening size versus isokinetic sampling because there is a limitation as to how far, for 
example, a droplet on the centreline of a large opening would move away from that position. In reality 
very few sampling systems take a practical approach to isokinetic sampling.  For example, in-line 
inserted probes (for example with pitots) have some bluff body effects and resistive drag that could 
prevent a true isokinetic sample. Fast loop systems could be operated with a variable speed pump but 
this is generally not done for a variety of good reasons (for example, if the fast loop was pumped 
isokinetically, then at low flowrates the inlet pipework would promote water settling which is something 
necessary to avoid). 
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NEL has been testing and evaluating different commercial technologies available for determining the 
size of water droplets in oil flows. One of the devices will be selected for further trials in a Joint Industry 
Project on water-in-oil sampling.  
 
Figure 2 is a sampling probe developed for sampling research and Figure 3 shows the probe, along 
with a mixer to generate homogeneous flow and a droplet sizing equipment under evaluation in NEL’s 
multiphase flow facility.   

 
 
 

 
Figure 2: Sampling probe for water-in-oil 
research 
 

 
 

 
Figure 3: Photograph of the probe and mixer 
assembly in the NEL multiphase flow facility.  
The flow from the sampling probe is passed 
through the droplet sizing equipment shown in 
the bottom of the photograph.  

 
 

 
Figure 4: Photograph of the effect 
of the mixer used in the 
multiphase flow facility on oil-in-
water flows to visualise the 
dispersion of the oil phase. In this 
case an oil-in-water flow was used 
purely for visualisation as it was 
impossible using water-in-oil flows 
due to the dark colour of the oil 
phase.  
 
 
 

 
2.6  ISO 3171 Calculations to Determine Dispersion of Water 
 
ISO 3171 provides details within Annex A of a comprehensive calculation procedure to determine if 
the fluids are adequately mixed. This 16-page appendix entitled ‘Estimating water-in-oil dispersion’ 
provides a method for calculating whether adequate mixing occurs upstream of a sampling system to 
ensure an accurate measurement of the water concentration.  The method accounts for a range of 
effects such as droplet break-up in pipe fittings, interfacial tension effects and droplet settling.  It 
should be noted that the calculation procedure has known limits and issues may occur when applied 
outside the working range.  
 
The calculation method in ISO 3171 determines the water-in-oil dispersion by calculating a ratio value 
(C1/C2), where C1 is the water concentration at the top of a pipe and C2 is water concentration at the 
bottom of a pipe. For adequate mixing the value of C1/C2 should be between 0.9 and 1.0 indicating a 
uniform dispersion of water droplets.  Values below 0.9 indicate that the sampled oil is unlikely to 
contain a representative concentration of water.  Values below 0.4 indicate that water is likely to flow in 
a stratified layer along the pipe floor in any horizontal pipe section. 

Oil  

Water  

Mixer  

Flow 
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It should be noted that the equations contained in Annex A in ISO 3171 have been shown to be valid 
for a large number of field data. The range of the field data covered the following correlating 
parameters: 
 
Relative density  0.8927–0.8550 (27°–34° API) 
Pipe diameter  40 cm–130 cm (16 in.–52 in.)  
Viscosity  6–25 cSt at 40°C  
Flowing velocity  >0–3.7 m/s (>0–12 ft/s)  
Water concentration  <5 % 

 
 

It should be noted that many North Sea applications are often outside this range.  This could be the 
potential reason that there have been so many issues with compliance with ISO 3171. 

 
It has been commented on that the method can over-estimate the chances of droplet settling in 
vertical systems as it assumes that all pipework is horizontal.  Therefore it may predict inadequate 
mixing in a vertical system that may well be homogeneous.  It is suggested that in vertical pipelines the 
criteria used should be the basis of settling velocity versus the main pipe crude oil flow velocity instead 
of C1/C2 as C1/C2 is irrelevant for vertical pipes.  It is noted however that long lengths of vertical pipe 
don’t often exist beyond the riser from the seabed, in general piping geometries tend to be very 
contorted with short lengths on vertical pipes. 
 
In horizontal pipes stratification will occur due to the effect of gravity on fluids of different densities, 
while in vertical pipes dispersion is normally improved. In inclined pipes the effect of gravity on 
promoting stratification/dispersion depends on the angle. Clearly in a vertical pipe, vertical stratification 
will occur at low velocities, while at higher velocities this can provide a homogeneous fluid across the 
pipe but it may give rise to water slugging or even unpredictable mixtures and dispersions within the 
pipe.  A model has been developed by Flores [4] to determine the critical minimum angle to maintain 
homogeneous flow for inclined and vertical pipes.  This is explained in the Handbook of Water 
Fraction Metering.[5]  At high flow rates obtaining homogeneous flows are independent of the 
inclination angle if the angle is in the range of 45° to 90° from the horizontal.[5] 
 
The ISO standard provides a simple guide in Annex C on the suggested minimum flowrates to achieve 
an adequately dispersed fluid but it should be noted that this is only a rough guide and does not take 
into account the physical properties of the fluids, pipe size and water concentration. The full calculation 
procedure as outlined in Annex A should be performed.   
 
 
2.7  Mixing in a Vertical Flow Regime 
 
Although the ISO 3171 calculation assumes horizontal pipework upstream, in reality it is likely that 
some vertical pipework will be present upstream of a sampling system.  As stratified flow tends to break 
up into droplets in vertical sections (as illustrated in Figure 5) it is possible that vertical sections 
upstream of sampling systems could produce adequate mixing. 
 
Caution is advised here as even within vertical pipeline sections the flowrate may be insufficient to force 
water droplets up through the pipe and depending on the size of droplets, the droplets may sink and 
settle into a stratified layer in upstream sumps due to the higher density.  Slugs of water could be 
formed from vertical pipe sections causing more issues. 

 
Figure 5:   Illustration of a 
possible flow regime within 
horizontal and vertical pipe 
sections.  Note that the features 
shown may be larger or smaller 
than in reality, e.g. the stratified 
water layer could almost fill the 
lower horizontal section or it may 
be not exist in the pipework and 
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the flow regime could be effectively homogenous. 
Calculation methods, such as that developed by Flores [4] as outlined in [5] have been used to predict 
the critical velocity at which vertical oil-water mixtures flow in a “very fine dispersion of water and oil” 
regime (i.e. a homogenous mixture).  However, as with the ISO 3171 calculation, care must be taken in 
interpreting this prediction.  In particular, if the vertical section is not long enough it is likely that the 
stratified layer will not be fully homogenised.   
 
The minimum or critical oil velocity for maintaining a good degree of water dispersion can be 
calculated using equations from ISO 3171.  The critical liquid velocity to maintain a homogenous flow 
increases with the interfacial tension and pipe diameter and decreases with the oil density and 
viscosity.[5]  It is recommended to determine the homogeneity by any calculations using the worst 
case conditions expected, for example, the highest fluid interfacial tension, lowest oil viscosity, lowest 
oil density and lowest liquid velocity.   
 
For the mixing calculations the mixing element (e.g. a pump, turbine meter, straight pipe, valve etc.) 
with the highest energy is used to determine the dispersion of water.  Even if multiple mixing elements 
are within a pipeline the mixing effect or energies of these elements cannot be combined.  The 
element with the highest energy is used to determine the dispersion and select a suitable sampling 
position.   
 
Even if the flow conditions are within the turbulent region, i.e. a Reynolds number over 4000, this does 
not imply that the water will be evenly dispersed within the oil phase.  The calculations described in 
ISO 3171 should be performed to assess the degree of dispersion for a specific application.   
 
2.8 Representative Sampling  
 
Various assessments of mixing efficiency have been preformed to assess the ability of ISO 3171 to 
correctly predict the degree of mixing required for representative sampling. Recently Computational 
Fluid Dynamics (CFD) flow simulations have been used to assess whether the degree of flow mixing 
upstream of a sampling system is sufficient to ensure the water concentration at the sampler intake is 
representative of the water concentration in the pipeline.  In some cases the CFD results have 
contradicted calculations from ISO 3171. ISO 3171 calculations indicated poor mixing while the CFD 
modelling predicted that the fluids would be homogenous. The CFD model was supported by the 
results from analysis of the sampling data.  
 
Some pipeline installations in the North Sea have been known to fail the requirements in ISO 3171 
even though evidence or experience suggests the fluid is adequately mixed. These examples as are 
mostly drawn from vertical pipe sections.  There are also documented examples of “well designed” 
sampling systems indicating that the homogeneity requirements specified in ISO 3171 are not 
achieved by several orders of magnitude.[1]  Until recently ISO 3171 was used by the UK regulator to 
determine acceptance criteria for adequate mixing before sampling in North Sea installations.  Due to 
some discrepancies between the standard (ISO 3171) and field experience, CFD flow simulations 
have been deemed acceptable to assess if adequate mixing is achieved for sampling as this ought to 
take account of the specific characteristics of the upstream pipe installations, fluid properties and the 
sampling system.   
 
Some of these issues could result from the misapplication of the calculation procedures and use 
outside the allowable ranges; maybe a more suitable calculation method would help to resolve some 
of the issues.  
 
2.9 Computational Fluid Dynamics (CFD) Modelling of  Mixing  
 
The flow of oil and water through various pipework configurations can be simulated using a range of 
commercial CFD software packages.  There are a range of different models available to simulate 
multiphase flow and to predict the dispersion of water within the oil phase.   
 
However, most practical CFD methods suffer from a limitation in that a representative water droplet 
size must be defined in the model.  In certain applications this is not an issue. In others the choice of 
droplet size will determine the result of the simulation and hence this parameter is very important.   
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There is no well-established approach to setting the droplet size.  It can be done based on 
observations in field or laboratory–based trials or by using empirical or theoretical methods.  A 
combination of these approaches could be used.  Also sensitivity studies may be used to show a 
coherent behaviour in the sampling systems being modelled.  Whichever approach is used, there is 
little good experimental data to confirm that the droplet size defined in a CFD simulation is realistic.  If 
it is unclear how realistic the CFD predictions are, then the results of any study may be less valuable 
and reliable. 
 
In the future tomography systems may enable the validation of CFD models to successfully predict 
mixing, droplet size and dispersion.   
 
It is recommended that CFD modelling should be validated to provide confidence in the results as this 
could have a large financial impact on operators.  Future research to improve the understanding of 
mixing is essential to improve the calculation procedures in ISO 3171 and develop a more 
sophisticated method for assessing mixing.  It is also recommended to use different approaches to 
define the droplet size distribution for CFD analysis and assess the results.   
 
Figures 6 to 8 illustrate some results from using CFD to model and predict the water-in-oil dispersion.  
 

 
Figure 6: CFD modelling of 
tracking water droplets.  
Small injected water droplets 
are evenly dispersed 
throughout the pipe cross-
section.  Larger water 
droplets form concentration 
zones or stratified layers 
which are influenced by the 
pipe geometry.  
 
 
 
 
 
Figure 7:  Eulerian CFD 
simulation which models the 
water as clouds of droplets.  
The colour indicates the 
fraction of water droplets.  
The stratified inlet is not 
completely mixed by flowing 
through the pipe geometry.  
 
 
 
 

 
 
 
 
Figure 8:  Eulerian CFD 
simulation which models 
the water as clouds of 
droplets.  The colour 
indicates the fraction of 
water droplets.   
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Figure 8 shows that when the geometry is modelled as a stratified inlet with large droplets the flow is 
not completely mixed and shows a large deviation in water concentration across the pipe cross-section 
– it should be noted that any pipeline profile tests preformed from the top of the pipe to the bottom may 
not highlight this deviation as the water layer is forced to the side of the pipe. The stratified inlet 
modelled with small droplets shows almost complete mixing.  The homogenous inlet with small 
droplets shows that the pipeline geometry can affect the distribution of water and shows that the 
location of the sampling point downstream of a bend is important.  
 
As well as determining the droplet size for modelling, other parameters must be considered.  These 
include the boundary conditions such as: 
 

• Stratified or homogenous flow at the inlet 
• Water/oil slip at inlet 
• Assume isokinetic sampling 
• Worst case or realistic assumptions 

 
The general physics behind the model must also be considered, including the: 
 

• Droplet coalescence and breakup 
• Turbulence effects 
• Mesh effects 
• Stratification of fluids 

 
The interfacial tension between the water and oil can also have significant influence. It should be noted 
in these models that the droplet size does not change during the stimulation therefore no effect of 
coalescence has been modelled. CFD can be useful for evaluating the effect of changing flow 
conditions, other parameters and sensitivity studies.  
 
One of the concerns with using CFD is the lack of validation both for the results ensuring they match 
reality and for the methodology used. This is especially important if CFD has been used to provide 
evidence of adequate mixing for fiscal sampling.  
 
Even if CFD results look realistic, it has been observed from experience that even a minor change to 
an input parameter can make a significant change to the output results. CFD can certainly be used to 
assess the sensitivity of input parameters but cannot provide an absolute estimate of the result unless 
it is calibrated against suitable experimental data. An extensive data set to cover a wide range of 
pipeline sizes, oil types and flow ranges is necessary to calibrate or validate CFD for practical field 
applications.  
 
Table 1 shows one example of where CFD simulations fails to match (within expected tolerance) to 
real field data (profile data from Annex B in ISO 3171).  This highlights the issue with un-validated 
CFD simulations.   
 

Table 1 
Comparison of CFD Simulations with Real Field Data  

(Water concentration profile data from a crude oil terminal - Annex B in ISO 3171) [3] 
 

ISO 3171 - 

Page 52

CFD 

Simulation-1

ISO 3171 - 

Page 52

CFD 

Simulation-2

ISO 3171 - 

Page 52

CFD 

Simulation-3

ISO 3171 - 

Page 53

CFD 

Simulation-4

ISO 3171 - 

Page 53

CFD 

Simulation-5

Velocity ( m/s)

Water Injection %

Point A 3.6 2.9 4.6 4.654 5.3 6.2 3.4 3 5 4.73

Point-B 3.4 3.09 5 5.166 5.7 7.22 2.9 3.19 5.3 5.107

Point-C 3.8 3.1 5.4 5.17 6.1 7.24 3.4 3.2 5.4 5.11

Point-D 3.2 3.1 5.3 5.17 6.6 7.24 3 3.2 5.4 5.11

Point-E 3.8 3.09 5.9 5.169 6.7 7.24 3.4 3.19 5.5 5.109

Point-F 3.4 3.09 5.7 5.169 7 7.23 3.2 3.19 5.8 5.109

Point-G 3.8 3.09 5.9 5.169 6.8 7.23 3.6 3.19 5.6 5.109

Point-H 4.4 3.37 6.4 6.275 7.2 7.9 3.6 3.48 6.2 5.8

5.11

2.38

3.2

2.381.84

3.1

1.84

7.24

1.84

5.17
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Extensive CFD analysis has been performed on horizontal pipes to extend the CFD calculations 
beyond the stated limits of Annex A in ISO 3171 and to provide correlation to Annex A to assess 
deviations.  This has been performed for a range of different pipe sizes to enable an envelope to be 
developed to allow understanding as to where Annex A can be correlated or to identify where certain 
conditions provide results that are completely out of an acceptable tolerance.  This will allow enhanced 
understanding of the limitations of Annex A.  The CFD simulations are being validated against a large 
set of real field data.  Some examples of the CFD profiles over a range of conditions are shown in 
Appendix A. 
 
2.10 Proving of Sampling Systems 
 
The sampling system can be proved by testing the individual steps in the procedure, e.g. mixing, 
extraction device, sample receiver and lab analysis technique or by testing the entire sampling 
procedure with a water injection test.  In reality it is quite difficult to prove the individual steps such as 
validating the mixing efficiency and the uniform dispersion of the water. The laboratory analysis and 
handling procedures can be tested by providing a spiked or known water-content sample to the lab 
and evaluating the results.   
 
The only technique that has been recommended by industry experts to fully validate an entire 
sampling system is a water injection test.  This is the recommended way to prove a new sampling 
system or an existing system in which the fluid conditions have changed.   
 
The water injection test is described in ISO 3171 and API 8.2.  It should be noted that the acceptance 
criteria for water injection testing is more stringent in ISO 3171.  The method involves injecting a 
volume of water and confirming that the extracted sample obtained represents the total volume of 
water injected plus the baseline water.  The water injection method tests the whole sampling system 
and not just the mixing efficiency.  This includes the sample grab location, sample grab volume, flow 
proportionality and the integrity of the relief valve, tubing and receivers.[2]  Although water injection 
testing is recommended, in reality this is rarely done to prove a sampling system particularly off-shore.  
Only a few companies require that water injection is used to prove a sampling system and hence 
consideration is given to ensure the procedure can be performed, e.g. by ensuring a suitable location 
and equipment for the water injection.  Water injection tests have been successfully performed on 
some of the North Sea installations.   
 
It should be recognised that even using this test the results can be influenced by the position of the 
injection point and the design of the sampling system, for example, pipe configurations can cause the 
formation of slugs of the water passing the sampling point rather than forming a stable flow regime.  In 
this case the uncertainty of measurements will be increased and testing periods may need to be 
extended to obtain reasonable values.  A stable baseline water value is required which may be 
problematic to achieve in some installations.  The water injection test ideally should be performed at 
the worst case conditions of lowest expected flowrate, lowest density and viscosity.   
 
Performing water injection testing offshore may be challenging due to the environment and accessing 
the pipe to be able to inject water at a suitable position upstream of the sampler to establish a stable 
flow regime.  The injection of water itself should not promote mixing. The mixing should be a result of 
the configuration and components within the pipework upstream of the sampler.   
 
It has been observed that when proving a sampling system with ISO 3171 the uncertainty will tend to 
be a negative value which means that in general sampling systems will understate the actual water 
content even when under the best operating conditions.[2]  
 
Before committing the time and resources to performing a proving test on a sample system it may be 
beneficial to first assess other criteria and do some basic checks on the system.  For example, assess 
the quality of mixing from the mixing calculations, inquire if the fluid composition or flowrates have 
changed, review the sampler performance factors etc.  A proving test can demonstrate that the 
sampling system is operating well and complying with the appropriate standards.  
 
Independent auditing of sampling systems is recommended and any proving of a sampling system 
should be traceable to provide confidence in the testing and evaluation.  
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2.11 Recommendations  
 
If the fluid compositions and flowrates have changed (e.g. water cut, density and viscosity) since the 
installation was designed and validated then the system should be reassessed. These changes may 
well result in an understatement of the water content.  The mixing calculations outlined in ISO 3171 
should be checked and the system proved.  Proving by water injection is recommended. If the system 
fails the mixing calculations but evidence or experience suggest the fluid should be completely mixed, 
e.g. sampling from a vertical pipe section, then CFD could be used to provide some indication of the 
mixing performance observed.  If using CFD then attention should be paid to the limitations of CFD, 
lack of validation of the modelling and uncertainties introduced from estimating the droplet size and 
other assumptions used with the modelling. Ideally benchmark data should be used to validate the 
CFD methodology and results before extrapolating it to other conditions.  CFD can only predict if the 
fluid will be completely mixed, it will not predict if the entire sampling system is operating correctly and 
if the sampling results will be truly representative of the actual fluids in the pipeline.  
 
Sampler performance checks should always be carried out to assess the performance of the sample 
collection process.  There should be a log of the performance factors.   
 
The reliability of the system should be regularly checked to ensure the equipment is functioning and 
the sample volume is as expected.  If the sampling system is flow proportional then other 
considerations to check and confirm are the flow measurement signal and its accuracy, the volume 
and repeatability of each sample grab, volume in sample receiver compared to the number of grabs 
taken.  The sampling frequency should be assessed as the sampler may miss collecting samples 
when water slugs are present and underestimate the amount of water.  
 
The laboratory analysis and handling procedures can be tested by providing a spiked or known sample 
and evaluating the results.  Staff competence, training and an awareness of the importance of good 
sampling practice is critical as even small errors can lead to a large financial exposure.  
 
 
3 WET-GAS SAMPLING  
 
The sampling of wet-gas flows is extremely challenging to perform and obtain reliable results.  NEL 
carried out a review of wet gas sampling to obtain the opinions and experiences from industry in 2010 
[6].  This review identified some of the issues associated with the sampling of wet gas flows and was 
used as the basis to develop further research into wet gas sampling and to perform some testing [7]. 
Wet gas sampling can be divided into two types: 
 

1. Representative (which collects representative fractions of the gas and liquid stream). 
2. Non-representative (which extracts quantities of either the gas or the liquid stream for 

analysis of composition).  
 

The information required from the sample may dictate the type of sampling equipment required. 
 
Wet gas sampling may be performed for a variety of reasons including providing information to: 
 

• use wet gas correlations for single phase meters 
• use specific wet gas/multiphase meters 
• validate wet gas meters 
• determine composition of fluids 
• determine fluid properties 
• perform PVT (Pressure Volume Temperature) analysis on fluids 
• determine if liquid is present within a gas flow 
• determine if water is present in liquid for flow assurance supposes, e.g. hydrate     and 

corrosion control 
• well testing and performance monitoring  

For wet gas flows the liquid can be condensate and / or water.  The liquid can be distributed in a 
variety of ways depending on the flow regimes, for example, it can be flowing along the bottom of the 
pipe or distributed as liquid droplets entrained in the gas. Sampling is extremely challenging due to the 
variety of flow patterns and the uneven distribution of the liquid.   
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A key difficulty of achieving representative sampling is the problem of how to ensure an even 
distribution of the liquid phase within the gas stream. In mist flow this is not too problematic, but in 
annular flow some form of mixing device is generally required to strip the liquid from the walls of the 
pipe and disperse it within the gas phase. Sample probes must also be carefully designed (and 
positioned) to average out any remaining distribution variances within the flow. 
 
If a non-representative sample is adequate then the choice and selection of sampling system can be 
significantly easier. In some cases it may be suitable to sample the fluids after the test separator and 
recombine the fluids to the appropriate conditions of temperature and pressure although this may 
increase the uncertainty of the analysis of results. 
 
To avoid phase changes, the samples themselves should be maintained at the same pressure and 
temperature as the wet gas stream during off-take, accumulation and analysis.  If a representative 
sample was taken at the meter location but analysed at a different temperature and pressure this 
would cause the relative volumes to change.  
 
Although there are commercial wet gas sampling systems available, operators and contractors lack 
confidence in their ability to obtain and analyse a representative sample.  Operators have had variable 
and inconsistent results from using wet gas sampling systems. However, there may be no other viable 
options but to use available equipment offered by manufacturers.   
 
In general operators will have to assess: 
 

• the application of sampling 
• information required from sampling 
• cost 
• frequency of sampling 
• investment in the validation / testing of the sampling system (if any) 
• associated uncertainty in the measurements 
• risk of mis-measurement and the financial impact 

 
3.1 Industry View on Wet Gas Sampling 
 
Sampling technologies have been considered by many to be insufficiently developed to provide 
accurate sampling in the case of wet gases. In fact, for a long time, the sampling of wet gas has been 
actively avoided by the natural gas industry, particularly in the USA [8].  This is due to a belief that wet 
gas sampling technologies are incapable of obtaining a representative sample, based on information 
from the API Manual of Petroleum Measurement Standards, Chapter 14 [9].  In the USA it is common 
practise to physically separate the liquid and gas phases before or after a sample is drawn from a 
pipeline [9].  Single phase sampling technology is then applied.  Recently the US regulator 
commissioned a review of wet gas sampling [9].   
 
The UK is considerably more receptive to using wet gas sampling systems and there are some 
commercial systems installed in the UK. There has been a trend towards using wet gas meters without 
having to first separate the fluid streams as this is considered more cost effective; the same principle 
has been applied for representative sampling. Operators have invested resources in the field testing of 
wet gas sampling systems to assess their capability. This has been with mixed results and identified 
various issues.  More recently within the UK there has been some avoidance of sampling of wet gas 
flows due to the complexity of obtaining a representative sample and reliability of the results.  Some 
members of industry are of the opinion that it is impossible to collect a fully representative sample and 
there has been a shift to sampling the gas and liquid separately.  
 
Despite these challenges, there are some systems available that claim to produce accurate samples 
of a wet gas stream, even though few independent evaluations of their performance currently exist.  
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3.2  Standards / Guidelines 
  
Currently there is no standard procedure or guidelines for the sampling of wet gases.  Some operators 
are using information from the ISO Standard 10715 “Natural Gas – Sampling Guidelines”.  This covers 
sampling dry gases to obtain samples for gas composition analysis  and only briefly mentions two-
phase flows.  It states that the technology for natural gas sampling is not advanced enough to handle 
wet-gases with a reasonable accuracy and recommends avoiding the sampling of two-phase flows 
[10].  The standard highlights the following issues: 
 

• Changes in temperature or pressure, for example after a separator, may cause the gas to be 
very close to the dew point and further changes may result in condensation occurring.   

• Temperature changes between sampling in daytime and night-time have been noticed to 
affect the sample composition and hence calorific value, where cooler night time temperatures 
have resulted in heavier hydrocarbons condensing.  

 
The standard ISO 10715 recommends to sample at a minimum of 20 pipe diameters downstream of 
any flow disturbance (e.g. a valve).  This is beneficial for dry gas sampling to ensure minimum 
turbulence, as turbulence is thought to increase the entrainment of liquids and solid particles into the 
gas phase (generation of aerosols), and hence collect condensate [10]. However, for wet gas flows it 
may be beneficial to collect a sample directly after a flow disturbing element, such as a mixer that will 
produce well mixed fluids.  The flow may quickly stratify after any flow disturbance making any sample 
withdrawn unrepresentative.  ISO 10715 also recommends withdrawing a sample from the centre one-
third of the pipeline diameter.   
 
Some of these recommendations were investigated in the experimental test programme to assess 
their relevance to wet gas sampling.  
 
Overall industry would appreciate more extensive testing to be performed and some form of guidelines 
and recommendations to be produced.  A small amount of research has been performed by industry in 
the form of field trials, however due to the costs involved, including the disruption to operations, the 
field trials were only conducted for a short period of time.  
 
Within the UK, the DTI Guidance Notes for Petroleum Measurement are used as the guidelines on the 
sampling of the gas and condensate separately [11]. 
 
3.3           Predicting Wet Gas Flow Regimes 
 
Wet gases can flow in a variety of flow regimes or patterns.  The variety of flow regimes encountered 
in industry makes wet gas sampling a complex and difficult issue.  One wet gas sampling system may 
work reasonably well in a particular pipe system but could fail in another or if the flow conditions 
change. In addition, how do we know if a wet gas sampling system is collecting a representative 
sample? 
 
Knowledge of wet gas flow regimes can be beneficial in knowing where to take a sample from and 
intuition as to whether the sample is likely to be representative.  However, it is very difficult to predict 
the flow regime.  Characterisation of wet gas flows has been performed at various flow laboratories, 
including NEL, using Perspex pipes and various imaging systems.  These flow maps are only 
considered accurate for the exact flow conditions and pipe geometries used in the testing. If conditions 
change or the pipe set-up differs, it is likely the flow regimes may also change.  However, there is 
considerable uncertainty about how the flow regime changes.  The main flow map used throughout 
industry for predicting the flow regime of wet gas flows was devised by Shell.  
 
More recent research suggests that the flow regimes and boundaries between them can shift 
significantly depending on the fluid properties, for example, the surface tension of the liquid [12-15].  
 
The flow regime of a wet gas can depend on: 
 

• Flow composition (relative fractions of gas and liquid – perhaps even water and oil) 
• Liquid and gas velocities 
• Liquid and gas densities (pressure dependent) 
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• Viscosity 
• Surface tension 

 
Ideally, a homogeneous flow (e.g. a mist flow) would be available for obtaining a representative 
sample.  However, it is the opinion of some wet gas experts that a mist flow is never fully achieved and 
there will always be a film of the liquid on the pipe wall. Therefore it may be impossible to collect a 
‘true’ representative sample.   
 
Making a wet gas flow into a mist flow or more homogeneous flow before sampling has many 
advantages in obtaining a representative sample. Some providers of wet gas sampling systems use a 
mixing device before sampling. 
 
Some manufacturers have tested and successfully used particular pipe geometries to ensure the 
collection of a wet gas sample.  However, in this case the pipe geometries were specifically used for 
collecting the liquid fraction to analyse the liquid properties for a wet gas / multiphase meter which was 
sensitive to the fluid properties.  This was a subsea wet gas sampling system. 
 
3.4         Industry Requirements 
 
Some of the issues identified by industry are: 
 

• Compliance with standard ISO 10715:2001 
• Location of probe downstream of a flow disturbance  
• Orientation of probe, towards or away from flow 
• Type of sample cylinder to use 
• Selection of commercial wet gas sampling system for Normally Unmanned Installations (NUIs) 
• System design to limit heavier components condensing or preferential collection of sample. 

 
One of the main concerns of the industry is the possibility of heavier hydrocarbons condensing in the 
sample piping or preferentially being collected in the cylinder. Temperature and pressure changes in 
addition to the design and geometry of the sampling system will significantly influence the ability to 
collect a representative sample and biases may be introduced.  
 
3.5 Experimental Tests at NEL 
 
A series of tests were performed at NEL’s flow facilities to identify and highlight any problems that 
could potentially occur in industry. For these tests nitrogen was used as the gas and water as the 
liquid giving a good stable fluid mixture unaffected by potential phase changes, hence allowing 
investigation of the fundamental interactions.  
 
Issues investigated included: 
 

• Isokinetic sampling 
• Distance of sample probe from a mixing element 
• Design of sample probes – beveled or multi-hole probe (averaging pitot tube) 
• Location of sample probe within pipe, i.e. top, middle or bottom of pipe 
• Orientation of probe 

 
The samples were collected from locations downstream of a 4-inch static mixer.   The distance from 
the static mixer to the sample probe varied from 2, 10 to 34 inches.  A 4-inch Perspex section of pipe 
(approximately 1 m in length) was adapted to hold the probes and to visualise the flow.  
 
Wet gas samples were collected in a customised NEL-designed cyclone separator that was 
constructed from a vertically mounted 6-inch Perspex pipe, a 6-inch Perspex mixer/separator block, 
and various fittings. A picture of the cyclone separator can be seen in Figure 9. Wet gas samples 
flowed into the separator block which forced the fluids against the pipe wall.  The water spiralled down 
the 6-inch pipe to collect at the bottom, while the gas vented through a valve at the top of the separator 
unit.  
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  Figure 9:  Cyclone Separator 
 
 
 
 
 
 
 
 
 
 
 

3.6 Test Set-Up 
 
To evaluate the effects of sample probe location, orientation and probe type, representative samples 
were taken from positions across the pipe cross section and analysed in terms of the gas volume 
fraction and expected liquid content.  The probes were manufactured in such a way that they could be 
moved to adjust the sampling location within the pipe cross section.   Figure 10  shows photographs of 
the sample probe at 2 and 34 inches downstream of the mixer.  
 
 

 
 
Figure 10: Sampling probe located (a) 2 inches down stream of the mixer  (b) 34 inches 
downstream of the mixer 
 
The sample line was connected to the cyclone separator which enabled the separation of the liquid 
and gas phases for measurement. In the gas outlet line from the top of the cyclone separator, a micro-
motion Coriolis meter was installed. The flow through the meter was controlled by a valve.  This 
allowed the gas velocity to be monitored for isokinetic sampling. From the measurements recorded the 
sampled gas volume fraction could then be calculated.  Tests were performed at conditions with gas 
volume fraction (GVF) > 99.6%, 100% water cut, line pressure ~5 bar, water flowrate 0.5 l/s and gas 
flowrate > 138 l/s.  
 
3.7 Summary of Test Results 
 

• The experimental set-up evaluated various sampling parameters including: 
 

o Sample probe design  
o Velocity ratio (effect of isokinetic sampling) 
o Gas velocity 
o Probe location downstream of mixer 
o Probe entrance position in pipe (top, centre, bottom) 
o Orientation of probe entrance 

 
• Tests have demonstrated that it is extremely difficult to obtain a representative wet gas 

sample even using a mixing element.  Due to the liquid jets forming from the mixer this could 

Sampling probe 

(a)    (b)   
 Mixing device  Direction of flow  
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introduce bias in the sample collected depending on the location of the sample probe 
entrance.  

 
• The probe location and position can have a significant effect on the amount of liquid collected 

and calculated GVF values. After the mixer the flow quickly formed an annular flow before 
collapsing to a stratified flow regime.  Increasing the gas velocity, increased the distance 
downstream from the mixer before the flow became stratified.  

 
• The velocity ratio can have a significant effect on the amount of liquid collected and the 

calculated GVF value depending on the probe type.  Differences of over 50% in the collected 
liquid content from non-isokinetic sampling conditions were observed.  Isokinetic sampling 
requires precise knowledge of both the main test line conditions and the sample probe line 
process conditions. The velocity and pressure are two of the most important parameters and it 
is vital that the correct velocity ratios are calculated using ‘live’ conditions. 

 
• The orientation of probe entrance can affect the representivity of the samples and amount of 

liquid collected. There was an 82% reduction in the collection of the liquid sample when the 
entrance of the probe was facing away from the flow. 

 
• The gas velocity appears to have an effect on the amount of liquid collected when the probe is 

positioned directly after the mixer. In this case increasing gas velocity decreased the amount 
of liquid collected. It is acknowledged that this will very much depend on the mixer design 
which can form liquid jets or concentration zones and the position of the probe entrance.   

 
• From comparison of the test results for both the bevelled and the averaging pitot sample 

probes, it appears that probe type selection has no distinguishable difference on the sampling 
performance. There were similar deviations in GVF and amount of liquid collected for the two 
probe designs. 

 
3.8 Factors for Future Consideration in Wet Gas Sam pling 
 

• Changing conditions of the flowrate / velocity of the gas can change the flow regime and will 
affect the distribution and flowrate of the liquid.   

• The liquid distribution changes along the pipeline downstream of the mixer and quickly formed 
an annular-stratified flow regime. 

• Position, orientation and location of sampling probe 
• Probe design 

 
3.9 Modelling and Simulation of Wet Gas Sampling  
 
The use of Computational Fluid Dynamics (CFD) to predict wet gas flow regimes was assessed and 
validated with experimental data.  Different approaches were assessed to simulating wet gas sampling 
with mixed success.  
 
Figure 11 gives an indication of the flow behaviour seen in the Perspex pipe downstream of the mixer.  
Flow entering the mixer was clearly stratified. The mixer threw much of the liquid onto the walls, 
producing a wall film.  Gravity caused the wall film to drain, downwards from the walls into a stratified 
layer running along the bottom of the pipe downstream of the mixer.  The stratified layer grew 
downstream as more of the wall film drained into it.   For high gas flow rates most of the liquid stayed 
on the walls for the length of the 1 metre long Perspex section. At low gas rates the wall film fully 
collapsed into the stratified layer after a few pipe diameters.  
 
Two types of multiphase CFD models were tested; the Volume of Fluid (VOF) model represents liquid 
and gas as being separated in each cell; the Eulerian model represents clouds of droplets in a 
continuous gas phase.  Different issues were experienced with each model.  
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         Figure 11: 

Wall Film Flow Behaviour 
           
 
 
 
 
 
 
 
 
Figures 12 and 13 show the CFD results. In these figures red represents gas and blue represents 
regions of high liquid fraction and flow is from left to right.   
 
It was concluded that CFD does show the potential for modelling wet gas sampling systems provided 
the correct multiphase models are chosen.  However, to do this sufficiently well to be of use, further 
work is required to optimise various solution parameters including the mesh and droplet size.   

 
(a) VOF       (b)   Eulerian  

 

Figure 12: Predicted Gas Fraction on the Centre Pla ne in the Pipe 

 
a)  VOF                      (b)   Eulerian 
 

Figure 13:   Predicted Gas Fraction at the Walls of  the Pipe 

Static 
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3.10 Wet Gas Sampling Conclusions 

The results obtained have demonstrated that many factors can influence the ability to obtain a 
representative wet gas sample and have assisted in determining the magnitude of these parameters. 
The knowledge gained will enable a more comprehensive and detailed test programme to be carried 
out in the future.  
 
As the test matrix was limited in relation to what is expected in real field conditions, it would be 
advisable to simulate the actual conditions in a laboratory or perform field testing to evaluate the 
performance and reliability of a wet gas sampling system.  Hence, why modelling is considered 
important if it can reliably be used and reduce the need for experimental tests and field trials, although 
substantial further research is required in this area.  
 
Modelling of wet gas flows is achievable with CFD simulations but is considerably more complex than 
single-phase flows.  The ability to simulate fluid distributions in a pipe would be beneficial for improving 
the ability to collect a representative sample and assess the effect of changes in flow conditions to 
determine the most appropriate location for collecting a sample.  However, based on this study 
substantially more evaluation of CFD for wet gas flows is necessary to improve the confidence in the 
results.  
 
 
4 MULTIPHASE SAMPLING 
 
It has become increasingly common for the handling and management of complex multiphase fluids 
due to changes in field conditions, exploitation of new resources, and the drive to reduce capital and 
operational expenditure. New technologies, such as multiphase flow meters (MPFM), have, and are 
being, developed to meet this demand to handle and meter these fluids.  However, to achieve this 
accurately there is a corresponding demand for sampling techniques for multiphase flows to enable 
adequate information on the fluid components to be obtained.  
 
Multiphase sampling is similar to wet gas sampling as it can be performed to collect representative or 
non-representative fluid samples in terms of the phase fractions.  The information required from the 
sample may dictate the type of sampling equipment required.  
 
Many of the challenges with sampling multiphase fluids are similar as those defined for wet gas flows.  
Hence any considerations for wet gas sampling may be applied to multiphase sampling if appropriate.  
 
Multiphase fluids are more likely to contain higher molecular weight hydrocarbons than wet gases and 
hence wax formation within pipelines can be an issue.  For flow assurance purposes sampling and 
analysis of multiphase flows can provide information on the likelihood of wax formation and deposit as 
this can have a major effect on metering technology and efficient transportation of fluids.  Also waxes 
can cause blockages or restrictions in sampling equipment and result in a failure to collect samples.  
 
Information from sampling can be used to enable fine tuning of reservoir, well and production models 
for enhanced prediction of the system over the production life.[22]  
 
4.1 ‘Representative’ Sampling  
 
Industry is aware that it can be extremely difficult to obtain a truly representative sample of multiphase 
flows, if not impossible.  The fluids must be completely mixed to form a homogeneous fluid before 
obtaining a sample.  For collecting fluids samples to determine fluid properties as inputs to multiphase 
meters or for flow assurance assessments or to detect tracers then non-representative sampling may 
be adequate.   
 
The term ‘representative’ is often used to mean two very different types of sampling within the 
industry.  This is most notable in multiphase metering and sampling.  In water-in-oil sampling 
representative is generally accepted to mean that the sample is representative in terms of the relative 
fluid fractions or water-cut.  This assumes the chemical composition in the sample is also 
representative of the production fluid.  In multiphase terminology ‘representative’ is generally used by 
vendors in terms of the sample containing fluids that are the same chemical composition, hence same 
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physical properties as the production fluid and not representative in terms of the relative phase 
fractions of the production fluid, i.e. the sample can have a different water cut and different gas volume 
fraction (GVF) to the production fluid.  
 
Most multiphase sampling technologies collect a sample that is representative in terms of the 
chemical composition and not the phase fractions.  Some sampling designs preferentially collect liquid 
or gas and liquid enriched samples.  Recent published data have shown good results for determining 
the water liquid ratio from collected samples. 
 
4.2 Flow Assurance 
 
Flow assurance is one of the main drivers for multiphase sampling.  Downhole samples are usually 
collected during the exploration phase however, reservoir fluid compositions can change over the field 
lifetime and the downhole samples can be contaminated.  Early identification of flow assurance risks is 
hugely beneficial to allow mitigation.   
 
 
4.3 Reservoir Management   
 
Subsea multiphase sampling has been used to obtain information on the reservoir production by 
collecting hydrocarbon samples containing chemical tracers that have been injected into the reservoir.  
The samples collected can be used to determine which part of the reservoir is producing. In this 
application only collection of the hydrocarbon fluid is necessary.  Systems that have been developed 
for this application can be integrated into the subsea manifold and collect samples from separate wells 
feeding into the manifold without shutting in any of the other wells. Pumps and other components of 
the sampling system can be made retrievable.  
 
4.4 Multiphase Metering  
 
The majority of multiphase flow meters currently available use fluid property characteristics such as 
density, permittivity and radiation absorption, to determine the nature of the flow in terms of phase 
fraction.  For tie-backs and shared pipelines, the properties of the oil, water and gas will usually vary, 
and so it is important to ensure correct fluid property data is entered into the multiphase meter for 
each well stream.   
 
The main methods for determining oil, water, and gas phase fractions are: 
 

• Gamma-ray absorption methods  
• Bulk electrical property measurements, e.g. capacitance and/or conductivity 
• Microwave resonance or attenuation 

 
All these method are sensitive to the fluid properties, in particular the water salinity. Information on the 
fluid densities is also usually required for multiphase metering. For microwave measurement 
techniques the permittivity of the water phase often requires a calibration on the actual produced fluid, 
while the permittivity of hydrocarbons is fairly well characterised.  
 
The principle measurement techniques used in the multiphase meter may directly determine the type 
of sampling necessary.   
 
The salt content of the water can vary significantly between wells, with some water densities reaching 
over 1200 kg/m3.  Careful thought should be given to potential changes in the physical properties of 
the water in terms of their effect on meter calibration; this is especially important in multiple tie-back 
situations, or the manifolding of a number of subsea wells into one common flowmeter and riser.   
 
Sampling is usually essential to obtain information on the fluid properties to enable more accurate 
metering of multiphase fluids.  Information on the fluid properties is normally manually entered by the 
user. 
 
Fluid property information should ideally be updated regularly but this is seldom done in practice.  
There have been examples where the fluid properties entered into the meter were not changed after 
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the meter was tested in a laboratory with substitute fluids. Understandably the meter was providing 
inaccurate measurements when installed in real conditions and in one case was providing negative oil 
readings.  The operators had falsely blamed the mis-measurements on the meter performance rather 
than inaccurate fluid property information.   
 
Infrequent sampling could lead to large errors in flow metering if the fluid properties have changed and 
this is not updated in the flow calculations.  This could be a significant issue for allocation purposes. 
 
A system capable of providing representative samples from a wet gas or multiphase flow stream 
would be of significant benefit to the oil and gas industry; in particular by removing the need for 
traditional phase separators. It is likely that such a combination (i.e. of multiphase meter and 
multiphase sampler) would be attractive for many custody transfer and cost-reduction applications, 
such as the metering of multiple flow streams prior to their commingling and processing in common 
facilities.  In reality the challenge and uncertainty in obtaining a representative sample in terms of 
relative phase fraction and chemical composition may limit the technique for this application.  The 
“Holy Grail” of flow metering would be a technique that could perform in-situ validation of multiphase 
and wet-gas flowmeters.  
 
Currently multiphase sampling is regarded as one of the highest uncertainty contributions for 
multiphase metering. The overall uncertainty from a MPFM includes two main sources of errors of the 
metering technology itself and the fluid properties.  Meter manufacturers are constantly trying to 
reduce the metering uncertainty and lead the way for multiphase meters to be used for fiscal allocation 
which requires much lower uncertainties than for using a meter for monitoring production.  The next 
step would be for fiscal metering, which required even lower uncertainties.  The sensitivity of 
multiphase meters to fluid properties such as water salinity is an issue due to the cost and frequency 
with which sampling may need to be performed to provide information on the fluids.  Industry would 
prefer multiphase meters which are less reliant on fluid properties but are cheap and have a low 
measurement uncertainty.   
 
The outputs from MPFMs are usually converted to standard condition using a model based on PVT 
properties.  This adds an additional uncertainty to the results.  It has been recommended to use an 
Equation-of-State (EOS) model tuned to data from a PVT report to reduce the errors rather than a 
Black Oil model, which were developed for separator operating a much lower pressures and 
temperature.  An overview of the errors from different models is provided in [22]. 
 
4.5 Sample Analysis Techniques 
 
It is preferable to avoid distortion of the phase samples even after separation, since changes in 
temperature or pressure can lead to mass transfer between the phases e.g. the condensation of gas 
into liquid or the vaporisation of liquid into gas. 
 
Whether collecting a sample into a receiver, or extracting and analysing the flowstream continuously, a 
suitable sample analyser must be selected (or developed) in order to detect the fluid components of 
interest. The parameters to be measured will depend on the application and may include the liquid / 
gas ratio, liquid water-cut, hydrocarbon composition and water salinity. 
 
The sample should first be equilibrated at the flowline pressure and temperature in the laboratory.  The 
first stage in the analysis of any multiphase fluid is normally to separate the liquid from the gas. This 
can be achieved by conventional means, such as gravity separation or centrifuging.  However, the 
phases should be separated isothermally and isobarically.[18]  Techniques such as liquid absorption 
or adsorption have been used for the collection of liquids in wet gas applications due to the small 
amount of liquid present compared to gas.  
 
The composition, density and volume (or the mass) of the oil, water and gas should be measured at 
the sampling conditions. For wet gases the key challenge is how to deal with the very high gas 
fractions present in a wet gas mixture and analysis of the small amount of the liquid phase to obtain 
information such as water-cut or composition evaluation. 
 
The samples may also be used to conduct in-situ meter calibrations, e.g. for gamma energy 
attenuation to determine the phase fractions.  
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Inhibitor chemicals such as methanol may have been injected subsea for flow assurance mitigation 
(i.e. to prevent hydrate formation).  As some of these chemicals are soluble in oil or water they cannot 
be easily separated and may affect the analysis results of the fluids. 
 
For flow metering considerations, if the flow meter is subsea and a sample is collected at the surface 
then information on where the inhibitors were injected is useful, i.e. upstream or downstream of the 
flowmeter.  If upstream then the sample analysis results are appropriate to the meter.  If the injection 
was downstream of the meter then the results may not be appropriate and may affect the metering 
accuracy.  Additional chemicals such as defoamers can be injected into separators and may affect the 
fluid property measurements.[18]   Defoamers aid the quick separation of the oil and gas by 
minimising foaming.  If a sample is collected after separation then this sample will not be 
representative of the fluid passing through the meter. 
 
 
4.6         Thermodynamics Modelling of Multiphase Sampling Systems 
 
Research and modelling of the thermodynamics and fluid dynamics of multiphase and wet gas 
mixtures is advisable to assess how the mixture will affect the collection of a representative or non-
representative sample using a particular sampling system design.  
 

• Components in the sampling system could present constrictions and therefore generate 
pressure and temperature differences leading to possible changes in phase and associated 
sampling difficulties.  
 

• Changes in temperature during a sample collection will also occur due to heat transfer 
between the hot fluid and the pipe work which is at the temperature of the surrounding 
atmosphere.   
 

• The precipitation of waxes and the formation of hydrates could easily form obstructions 
within the sampling system and result in the failure to collect a sample.   
 

• Hydrates and waxes could form if a warm sample was flowing into a cold sample bottle. 
Hydrates and waxes could be expected to precipitate out of the fluid within the sample bottles 
unless the bottles are kept at a suitable temperature and pressure above the precipitation and 
formation point.  

 
• It is recommended that samples should be kept at the pipeline pressure and temperature 

changes should be limited.  
 
4.7 Additional Multiphase Sampling Considerations 
 
It is recommended that the sampling should be in a vertical section of the pipe preferably downstream 
of a component that could provide fluid mixing, e.g. a multiphase meter or valve. The design of 
sampling systems can take advantage of certain piping geometries or mixing elements to preferentially 
collect a sample enriched in one component, though there will always likely be a mixture.  Ideally a 
sample should be taken when the water-cut is stable but this is not always possible.  Several samples 
can be taken and the average of the values used. The difference in the highest and lowest fluid values 
from multiple samples should be lower than the uncertainty required for the evaluation.[16]  If the fluid 
properties change over time then the sampling frequency may need to increase to provide information 
for flow assurance assessments and for updating multiphase meter inputs.  
 
To obtain reliable fluid property data for flow assurance and multiphase meters it has been 
demonstrated that it is more important to ensure the temperature and pressure of the sample is stable 
rather than collect a representative sample.[16,22] This should ensure no mass transfer between the 
phases and no molecular change in the phases. 
  
The sampling system should be designed to minimise pressure and temperature changes from the 
pipeline to the sample container. Systems that used a differential pressure, for example across a 
choke value or flow meter, to drive a sample into the container will affect the representivity of the 
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sample.[22]  Fluids may need to be actively pumped  into the sample container to reduce this issue. 
Heating can be incorporated into the sampler design.  
 
Sampling should ideally be performed at the same location (or in very close proximity) for collecting a 
sampling of each multiphase component to ensure collection at the same conditions of temperature 
and pressure to ensure thermodynamic equilibrium.  
 
Initial well sampling fluids may contain contamination from drilling fluids and mud which could affect 
the accuracy of PVT data derived from these samples.[17]  Ideally new samples should be taken after 
the field start-up. 
 
4.8 Subsea Sampling 
 
Subsea sampling can offer many advantages including: 
 

• Eliminates sample contamination from other wells if using shared pipeline systems especially 
if shared flowlines are not sufficiently flushed through. 
 

• Eliminates need for well shut-ins for sampling of individual wells if several wells are 
commingled and sampled topside. 
 

• Eliminates problem of liquid holdup in long tiebacks for topside sampling. Sampling at the 
surface may be less representative as it may take some time for the liquid to be swept to the 
surface hence the fluid does not contain all the liquid components. 
 

• Eliminate issues with some organic components such as paraffins and asphaltenes that can 
deposit in the flowline and not be collected in topside samples. 
 

• Sampling at same conditions as subsea flowmeter otherwise if sampling topside the fluid 
properties may have to be estimated due to the different conditions. 
 

• Fluids collected are ‘representative’ of what passes through the meter  
o Addition of inhibitor chemicals after the flow meter may affect the samples if collected 

topside. 
 
Subsea sampling systems for wet gas and multiphase fluid streams have been successfully 
implemented (and some not so successful) and are in operation by several companies.  This is an 
area which is currently seeing major developments.  Subsea sampling is considered a very 
challenging task due to the environment and accessibility issues for retrieving samples and general 
maintenance. The requirement to sample subsea and the very high costs of retrieving samples has to 
be balanced against the consequences of not knowing the composition of the produced fluids. 
Currently, it is samples to predict well performance, flow assurance mitigation and information for 
multiphase flow meters that drives subsea sampling rather than the value of the product.  
 
It is essential that any subsea sampling system is robust and reliable to cope with the conditions and 
other complexities that accompany subsea engineering including the reliable collection of the sample 
and reinstallation of the sample equipment.  The system may be installed at a substantial depth below 
the surface where the pressure is high and consideration must be given to the corrosive effect of sea 
water.  In addition to these engineering challenges the sampling system may need to be equipped to 
collect fluid samples at high temperatures and pressures.  For example, systems may have to operate 
in conditions with temperatures up to 200 oC, pressures up to 15 000 psi and water depths down to 
3 000 m.[22] 
 
Subsea sampling systems are designed to be operated by a remote submersible vehicle (ROV) which 
can plug the sampler unit into the live crude pipe manifold on the ocean floor.  The sampler is 
expected to collect reservoir fluids at live reservoir conditions of temperature and pressure.  Once a 
sample has been captured, the sampler unit is isolated from the live pipeline and brought back to the 
surface for analysis. The difficulty of retrieving a representative sample from subsea conditions is 
exacerbated by the high temperature and pressures of the fluid as it emerges from the oil reservoir 
together with any associated produced water and gas.    
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Due to the complexities and costs of subsea sampling considerable resources are being invested by 
companies in the development of sampling system designs and testing to mitigate the risk of failure 
when installed subsea.  The supply of an ROV for just one day can greatly exceed £250k and the cost 
increases substantially for deep water retrieval of samples.  Hence operators want to be certain the 
sample is going to be useful.   
 
The RPSEA project in the US has completed some research into the design and testing of a subsea 
sampling system. Further work is currently being initiated to extend this programme of work.  NEL 
conducted fluid modelling to assess the design for flow assurance issues such as waxes and hydrates 
forming at the production conditions.  
 
For reservoir management, sampling of the multiphase fluids subsea can provide more accurate and 
representative results as the recombination of samples after separation can increase the uncertainties 
and may depend on the separator design, efficiency, sampling technique and flowrate 
measurement.[17]  Sampling close to the wellhead can be beneficial as the fluid will be closest to 
reservoir conditions and less affected by phase changes. 
 
It may actually be beneficial to sample gas-condensate systems subsea as the fluid may be a single 
phase liquid at reservoir conditions and hence easier to obtain a representative sample.  The fluid 
could change phase to a wet gas at topside conditions where it is more difficult to obtain a 
representative sample.   
 
Customised subsea sampling systems have been specifically developed and implemented in 
partnership with operating companies.  The most recent systems to be developed involve a flow-
through system to continuously flush the multiphase/wet gas fluids through the sample bottle.[19]  This 
ensures the collection of a sufficient amount of liquids for laboratory analysis, whilst limiting 
contamination from barrier fluids and ensure the sampling bottle is in thermal equilibrium with the 
flowline.   
 
Several recent papers by Shell have highlighted the issues of subsea sampling for multiphase flow 
metering and the effect of errors in the fluid properties.[18-20]   
 
Reference [22] highlights the benefits of subsea sampling for flow assurance, fluid property 
information and multiphase metering.  
 
On-line multiphase fluid sampling and analysis systems are being developed which aim to avoid the 
need to transport samples to the surface by remote operated vehicles for subsequent analysis at a 
laboratory.[21] 
 
Even with subsea sampling some components of the flow could be deposited in the wellbore or 
properties could change due to temperature and pressure changes, e.g. increased viscosity from 
cooling or emulsions forming. [22] 
 
4.9 Guidelines 
 
Currently there is no standard or guidelines or simple method for multiphase fluid sampling, most of 
the techniques used have been adapted from previous sampling technology, standards and 
experience.  Developers of multiphase (and wet-gas) sampling technology would appreciate some 
form of guidance on how to perform sampling.  Companies have spent extensive resources on design 
and testing the performance of sampling systems.  It has been noted that changes in fluid conditions 
(e.g. temperature, pressure, hydrocarbon compositions, water-cut, velocity etc) can affect the 
collection of a sample depending on the sampler design.  The changes in fluid conditions can change 
the multiphase flow regime which can make collecting a sample more challenging.  Some sampler 
designs are specified for particular pipe geometries and flow conditions and are redesign by trial-and-
error to accommodate changes.  Testing the equipment in the conditions in which the sampler will be 
used is essential but challenging due to the limited range of test conditions offered by available 
multiphase test facilities.  The prediction of multiphase flows is not always intuitive.  CFD modelling 
has been used with some success for simulating multiphase flows.  The formation of guidelines would 
be aided by companies willing to share their knowledge and experience.  However, due to the 
resources spent on the development of systems by companies they would probably be unwilling to 
share proprietary information.  The technology may need to mature and develop substantially first. 
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5 FUTURE RESEARCH 
 
Responding to concerns within the industry, NEL has launched a Joint Industry Project (JIP) to 
investigate some of the current issues that operators are facing with regard to water-in-oil sampling 
and to assess the standards. This will involve extensive experimental work using NEL’s multiphase 
flow facility and CFD modelling simulations.  The overall aim of the JIP is to improve water-in-oil 
sampling practice and provide information to augment existing standards.  Several major operators 
have already signed up for the project.  To summarise, the project aims to: 

• Collect information with examples showing discrepancy between practice and theoretical 
prediction by ISO 3171 

• Perform laboratory tests to evaluate mixing and dispersion under different flow conditions and 
pipeline configurations 

• Establish and validate CFD modelling for predicting mixing and dispersion conditions 
• Investigate effect of non-isokinetic sampling  
• Provide input for future review of ISO 3171 
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APPENDIX A 
Examples of CFD Simulations Preformed by Jiskoot on  Pipeline Profiles 

 

 
 
The figure above is taken from ISO 3171 - Annex B, Page 53, Figure 13b.  This is used as a reference 
for plotting different water concentration plots as shown in the graphs below. 
 
For the CFD simulations: 
Pipe diameter: 4-inch (0.1016 m) 
Pipe length: 60 diameters 
Water concentration: 2% (constant for all simulations shown) 
Flow velocity: 0.1 m/s to 8 m/s 
Oil density: 750 kg/m3 or 850 kg/m3 
Oil viscosity: 1 cS to 120 cS 
 
The graphs below show the percentage deviation of water concentration along the x-axis and profile 
position (m) on the y-axis.  12 points were assessed on the vertical axis-ordinate along the centerline 
at the outlet of the pipe (at 60 D).  The simulations were performed with an even cross sectional 
distribution of water at the pipe inlet.  
 

 

60 D 

Profiles taken from 
12 points along this 
centre line from the 
bottom  

4-inch (0.1 m) 

For illustration only – not drawn to scale 
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ABSTRACT  

Measurement of water percentage during gas well condensate water removal by coalescing 
filters is a key to prevent hydrates from forming in offshore pipelines. Although various methods 
of measurement have been investigated, the uncertainty of the water percentage measurement 
at ppm levels is large even with manual sampling. The challenge of measuring the water 
percentage of a flowing liquid condensate stream cannot be solved using prior technologies as 
they are either compromised by water slugs or the sensitivity to ppm levels exceeds even the 
temperature compensation required to achieve these levels of resolution.  
 
Sampling and Karl Fisher titration are typically used by site operators to verify ppm levels of 
water percentage. These techniques have been proven to have accuracy limitations between 
100 and 500 ppm levels of moisture in condensate making practical verification of the analyzer 
performance challenging.  This prevents assessment and control of dehydration facilities on 
offshore platforms where it has become mandatory to control the water level before sub-sea 
lines return to onshore facilities.  Discussion and lessons learned from testing on an offshore 
platform in Australia will be presented.  
 
A new method will be described which allows for reproducible real time measurements at the 
ppm level.  The application of this method on offshore facilities will be described along with the 
patented technology involved.  Discussion of real world issues in calibration and verification will 
be included.    
 
 
1 INTRODUCTION 
 
The Woodside Angel Gas and Condensate Project lie 115km off Western Australia, inshore 
from the North Rankin and Goodwyn fields. Angel's development consisted of drilling three 
subsea production wells, installing an unmanned processing platform and exporting the gas and 
condensate through a new pipeline and then to the existing trunkline.  The Angel development 
is a new offshore processing platform which is controlled and powered remotely from the 
existing North Rankin A platform located 50km away. Angel is designed as a Not Normally 
Manned facility, a Woodside first, including gas dehydration and condensate dewatering 
processing facilities. Angel’s contribution is about 800 mmscf/day of gas and 50,000 bpd of 
condensate.  
 
An online water-in-condensate (WIC) analysis is required to minimize the total water from 
entering the pipeline to effectively eliminate water based corrosion and hydrate formation.  
Previous methods of measurement have difficulty in handling water in liquid products at parts-
per-million (ppm) levels.  The issues include lack of sensitivity at this level, inability to handle a 
water slug and the complexity of some systems which are practically a laboratory in a box. 
Previous methods include: sampling with laboratory titration, turbidity, flashing to gas and 
measuring with chilled mirror or dew point analyzer.   This latest method uses existing activated 
aluminum oxide with the physics of measurement implemented using a microwave cross 
section measurement. Initial testing was done at the Goodwyn platform and then later at the 
Angel platform.  At both sites a manual sample was obtained through a by pass ½” tubing line 
and then processed in a laboratory using a CA-21 Mitsubishi Moisture Meter.  This paper will 
describe the new technology and test results. 
 

fltough
Stamp
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2 PPM LEVEL MEASUREMENT ISSUES  
 
Measuring ppm levels in liquid products has not been one with many choices in the past.  
This is mostly due to the unreliability of existing methods of measurement.  One of the most 
used is the capacitance sensor with a metal oxide of aluminum made into a dielectric 
sandwich between two electrodes.  This technique will be further discussed as the material 
and basic physics forms the basis for the new measurement.  Other methods such as 
membranes, acoustical wave devices and optical systems each have their issues with liquids.  
Cloud point or turbidity is also used but is complicated by contaminants and solubility versus 
temperature.   Turbidity is only applicable to free water in petroleum products.  The solubility 
of water in condensate is typically above 300 ppm.  
 
Other measurement methods include obtaining samples from an in-line sampler and using 
laboratory titration to obtain results.  The lab results are highly dependent upon methods and 
in many cases false readings were obtained from atmospheric moisture entry into the sample 
apparatus.  The laboratory sample at Woodside was 4 ml of liquid.  A 100 ppm volume of 
water represents 0.4 x10-6 liter of water in 4 ml.  As condensate flashes at atmospheric 
conditions and cools the surface of the connection to the process, atmospheric condensation 
can easily be deposited on the surfaces of the mating connections.   
 
2.1 Typical Capacitance ppm Sensor 
 
An aluminum metal substrate is formed, chemically etched and a very thin layer of aluminum 
oxide is created.  Then a very thin (porous) layer of deposited gold is formed on the top to 
form the second electrode with the aluminum base being the first electrode.  These two 
electrodes form a capacitor and the ambient moisture is adsorbed and de-adsorbed by the 
aluminum oxide.  Water is of high dielectric constant and therefore is seen as an increase in 
the capacitance or impedance.  These tend to offer poor long term stability as the thin film 
oxide continues to change with time and contamination.   Normally aluminum oxide moisture 
sensors must be re-calibrated regularly. [1] They are also easily damaged by high moisture 
levels as these are either trapped under the permeable deposit of gold or it further oxides the 
aluminum substrate.  In addition any electrically conductive contaminant will create errors in 
measurement.  Any mechanical distortion will also impact measurement.  A typical sensor 
structure is given in Figure 1. [2] 
 
 

 
 

Figure 1.  Typical Aluminum Oxide Dew Point System 
 
These systems work very well in a natural gas environment as the water percentage does not 
typically come in slugs or high moisture content.  Although some vendors claim to use these 
in liquid service, they will not last long.  There are other structures and methods using 
aluminum oxide which will not be covered in this paper as they do not pertain to ppm moisture 
in liquid measurement. 
 
2.2 The New Approach  
 
Aluminum oxide has unique properties that allow it to adsorb and de-adsorb moisture with 
respect to the ambient and this has made it effective in dew point sensors.  In order to 
overcome the issues of trapped moisture under the metallization and other technical issues a 

Aluminum Substrate 

Aluminum Oxide Layer 

Gold Metallization 
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new approach was taken.  The aluminum oxide is utilized as a bead structure and placed into 
a microwave system where the energy is transmitted throughout the cross sectional area.  
There is no metallization to capture the moisture and the sensitivity and response time are 
dependent upon bead size, flow rate and wavelength.   Figure 2 shows an outline of the basic 
system with the round particles being aluminum oxide beads with a sinusoid microwave signal 
applied across the bed.  
 

 
 

Figure 2.  Aluminum Oxide Microwave System 
 
2.3 The Physics Behind Aluminum Oxide  
 
Van der Waals forces are attractive or repulsive forces between molecules and partially 
explain the chemistry behind this measurement.  Aluminum oxide likes polar molecules such 
as water and methanol and will actually remove water from its association with hydrocarbons 
which is typically noted as “solution water.”  Therefore this measurement includes any free 
water plus solution water. 
 
The first patent on using Al2O3 for measurement was issued in 1963 to Clifford Stover [3].  It 
describes how to build and activate the substrate.  Although improvements to the structure 
have been made the basic device has not changed from that time.  Additional improvements 
to the reproducibility were made with a patent in 1984 [4] by using passivation and tempering 
of the resulting device.   
 
Adsorption is a phenomenon of surface attraction which allows the water to be retained or 
held inside.  If you spill a glass of water on your shirt the adsorbed water is held by the fibers.  
Absorption is the chemical integration of the water into a system.  Drink a glass of water and 
you are absorbing it.   Aluminum oxide adsorbs and de-adsorbs the water relative to the 
ambient moisture content so it is a continuing and reversible process.   
 
The system is constantly changing with the ambient moisture until the adsorption into and out 
of the Al2O3 is equal which is then at equilibrium.  Any change in the system pressure, 
temperature or concentration of the fluid molecules will alter the concentration equilibrium 
point.  It is a preferential process and the more adsorbable molecules such as water will 
displace and cause the system to de-adsorb other less desirable such as methanol.  It is a 
reversible process which is selective and most important a concentrating process.  It is the 
concentration of the water at ppm levels which provides for the ability to measure minute 
levels of moisture in the various systems using aluminum oxide.  In order to calibrate a 
system a continuous level of constant ppm levels must be maintained as the aluminum oxide 
is adsorbing a portion of it until equilibrium is reached.   This point will be further investigated 
in another section.  
 
The selection of Al2O3 provides a large active surface area with micro-pores, a non-toxic and 
insoluble substrate, a hard abrasion resistant material and in bead form is perfect for flowing 
condensate through.  F-1 is a highly porous form of Al2O3 that will adsorb and hold moisture 
without change in form or properties.  High resistance to shock and abrasion are important 
characteristics in this application as the beads are physically loaded with a piston and spring 
to maintain packing density.   Flow rates of 4-10 liters per minute are typical with a pressure 
drop of approximately 1 bar is normal.  The static adsorptive capacity of F-1 is 15 to 17% of 
its dry weight at a room humidity of 60%.   In this system it occupies approximately 86% of the 
volume in the measurement area using 1/16 inch (7 mesh) balls.   
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Microwave properties of Al2O3  are excellent as a substrate for building high frequency circuits 
because it has a zero temperature coefficient versus frequency, a moderate dielectric 
constant of 9 and low energy loss.  Condensate has a low loss and dielectric constant around 
2.3.  The accumulation of water in the pores of the Al2O3  allow a multiplying effect which 
provides typical sensitivities of 15 MHz per 200 ppm and this forms the basis of the 
measurement.   
 
3.0 Initial Testing in Propane and Iso-Butane 
 
Original product development took place because of one long term customer using the 
standard water analyzer in propane and Iso-butane service needed increased sensitivity.  A 
product pipeline was experiencing larger amounts of water over time but unable to identify 
when it came from during the day.  The experimental ppm analyzer was installed at a 
measurement skid and the results showed the problem existed during the late night hours 
almost every day.  The pipeline was independently owned and product was fed into the 
stream from another region.  Once the problem was identified the solution was found.  This 
analyzer remained in the line after this point for over two years with reproducible 
performance.  Nothing more could be said about uncertainty since there were no laboratory 
samples and the standard test method at site was to drain the strainer and look for a 
teaspoon of free water.  It was an engineering prototype which proved the concept.   Since 
the original problem was solved the customer decided to not purchase the system.   Onshore 
pipelines have proven to be very reluctant to purchase without a demanding necessity.  The 
good obtained from this test was the proof of concept and long term stability.  
 
4.0 Parallel Testing in Drying Beds  
 
During this same time frame a test with a major supplier of gas drying beds was implemented.  
The purpose of this test was to detect the breakthrough of the moisture front as natural gas 
was dehydrated in a molecular sieve vertical bed.  Instead of placing the beads inside the 
analyzer the microwave portion was slotted so that when the vessel is filled the analyzer will 
contain the beads.  Molecular sieve is a more aggressive type of dehydrating media that once 
it adsorbs the moisture it will not release it except at very high temperatures.  These systems 
must be taken off line and regenerated once the moisture front moves through the bed.  An 
analyzer system was placed one third from the top of the bed (dehydration has the gas rising 
vertically through the bed) to detect when the moisture front comes through to signal it is time 
for regeneration.  Another analyzer system was placed in the lower one third in order to detect 
when the reverse cycle (very hot gas for regeneration is moved through from the top of the 
bed) is complete and the molecular sieve is regenerated.  By knowing for certain where the 
moisture front is located with time energy can be saved and bed life can be greatly extended.   
Data was conclusive and very interesting.  The systems remained installed until the next 
change out of bed material 3 years later.  From a product perspective no one wanted to move 
into the future.  
 
5.0 Initial Condensate Trial Goodwyn Platform in Au stralia 
 
A temporary installation was done on the Goodwyn Platform with the sample tubing coming 
from the outlet of the coalescers then going to a sample station downstream of the analyzer.  
This sample station was configured as shown in Figure 3 with a photo in Figure 4.    
 
5.1 Sample Station Goodwyn and Angel Platforms 
 
There were several problems with this lab sample station as it was easily a water trap due to 
the low flow rate and vertical orientation with the sample point at the bottom.  The top portion 
was flushed at full flow (approximately 9 liters/minute) for one minute then the bottom portion 
was flushed with 2 liters/minute which was limited by a restrictor then the sample valves were 
closed.  This flow restrictor was removed after many samples showed no trend of decreasing 
water ppm which was seen with the analyzer.  Lab data began to trend properly after this 
point although the spread between samples pulled concurrently was large.   The sample trap 
was then removed using quick connects on both sides and then taken to the laboratory.  A 
needle assembly was attached and inserted into the Karl Fisher Titration system (Mettler) with 
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a cap on the opposite end.   The first valve was opened slowly to release the sample and then 
the second was opened after the bubbling was complete.   The assembly was then removed 
from the titrator and then dry nitrogen was blown through the assembly to remove any 
remaining moisture and sample.  One of the controls used during the trial was to ensure 
samples were taken by the same individual throughout the trial period.  
 

 Figure 3. Sample Station Layout Figure 4. Photo of Sample Station 
 

Figure 5.  Laboratory KF and Sample Apparatus 
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5.2  Sample Results – Goodwyn Trial 
 
Once the restriction was removed and the bottom portion flushed completely the laboratory 
samples versus analyzer data followed a downward trend.  Figure 6 shows 3 days of data 
from the analyzer with associated samples.  The green line is a second order best fit to the 
laboratory data.  Calibration for the analyzer was accomplished using the average of the 
beginning and end points and then re-calculating the entire data series.  A photograph of the 
temporary installation is shown in Figure 7. 
 

 
Figure 6. Goodwyn Test Data 

 
Conclusions after this trial were that there was some correlation between the data and the 
process. The analyzer was consistent and monotonic as expected from the process. A 
stronger conclusion was not possible due to limitations in the sampling and laboratory 
methods.   The analyzer was subsequently selected for installation on Angel Platform for 
further testing and review of operational performance.  
 

Figure 7. Goodwyn Platform Temporary Installation 
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5.3 Sensitivity to Water 
 
The change in frequency for this case was approximately 5 MHz for 100 ppm change in 
water.  The system was operating at 530 MHz as its fundamental frequency which was 
chosen due to the length of the coaxial active region containing the Al2O3.  With expected 
reproducibility of better than 100 KHz this provides for excellent sensitivity.   
 
5.4 Sensitivity to Density Changes in the Condensat e 
 
Density was measured during the various data with variations of 608 kg/m3 to 612 kg/m3 
without affecting the baseline ppm measurement.  The reason for this is the cross section 
area is approximately 88% aluminum oxide with a fixed dielectric constant of 9 with the 
condensate occupying the remainder of the volume with a dielectric constant of 2.2.   It has 
been shown in the past that the affect of a change of 1 kg/m3 in density changes the apparent 
water percentage 0.03% (300 ppm or 0.0003). [5] In this application the area of the dielectric 
that is exhibiting the density change (condensate) is 12%.  The aluminum oxide is 
concentrating the moisture by accumulating it in the 88% of the remaining area and its density 
does not change with temperature as it is a rigid crystalline structure.  An estimate of the 
concentrating factor can be obtained by knowledge of the sensitivity of a standard analyzer 
with full bore measurement (no beads).  It has a sensitivity to free water in oil with a change of 
2 MHz / 1% change in water versus 71 KHz / 1 ppmv (710,000,000 Hz / 1%) at the same 
frequency with the beads for the ppm analyzer.  The moisture concentration factor is therefore 
710,000,000 / 2,000,000 = 355 times.  Using these numbers a rough estimate of the effect 
could be determined by using these values in equation 1.  The result shows a small density 
effect. 
 

0.0003 / 1kg/m3 x 0.12 / 355 = 0.1 ppmv / 1kg/m3        (1) 
 
5.5 Sensitivity to Liquid Temperature  
 
The microwave properties of aluminum oxide are virtually zero as it is a crystalline structure.  
Since the condensate occupies a small portion of the volume the change of its microwave 
properties with temperature can be calculated from its apparent change of density.  Since this 
relationship has already been shown to be very small the overall affect of temperature is nil.  
The first testing at Goodwyn the temperature variation was 29 to 31 deg C and there was no 
correlation between temperature changes and the apparent parts-per-million of water.  
Additional discussion of this will be in a following section.   Temperature is measured by a 
RTD in the analyzer fluid section in case even lower ppm resolution is required in the future.  
 
5.5 Stability of Electronics Versus Temperature and  Aging  
 
Long term stability has been explored in the past and a conservative estimate of the minimum 
repeatable frequency at 500 MHz is +/- 50 kHz.  This is due to the clock resolution and 
counting methods used in the measurement electronics.   Ambient temperature compensation 
has been accomplished by heating of the microwave component area to 80 deg C at all times.  
This is higher than the maximum ambient temperature.  A sun shield is suggested to further 
reduce any ambient affects.  Some systems have been returned to the factory after 14 years 
in the field with drift of less than 200 kHz from when they were initially tested.  This aging 
number is difficult to quantify because the 50 ohm standard used to establish the base 
frequency has changed in vendor and style across the years.  Any changes in the style or 
electrical lengths between vendors would be seen as a frequency change.  The worst change 
seen without other circuit issues has been 500 kHz.  This could easily be attributed to 
operator, 50 ohm loads and methods.  
 
6.0  Installation and Long Term Data From Angel Pla tform  
 
The Goodwyn testing was successful enough to proceed with plans to install a system on the 
Angel Platform.  The analyzer was required to monitor and assure the process of dehydration 
was within set limits.  Without this monitoring at Angel it would be possible that undetected 
water or hydrates would enter the pipeline leading to corrosion and potential consequences to 
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the onshore plant downstream. The key issue from the analyzer perspective was how to 
calibrate the system at ppm levels of water in condensate.   Obtaining samples and finding a 
ppm span to establish the relationship was the only possible method at this time.  Initial efforts 
to calibrate the system were not fruitful as the sampling and laboratory issues needed to be 
better understood.   Laboratory testing showed the response was linear with moisture.  
 
6.1  Testing and Improvements to Prove System and E stablish Operational Confidence 
 
After initial trial and several tests on the platform a method to establish a zero baseline of 
moisture in the analyzer was developed.  Changes to the existing system were installed 
during follow up and verification testing at Angel Platform.  The addition of a simple section of 
2 inch pipe filled with molecular sieve beads forming a drying bed.  This bed when switched 
into the line before the analyzer would aggressively remove any water present in the 
condensate.  This piece of hardware would prove to be a highly important item both for 
establishing the zero moisture point and to verify that the analyzer was working properly at 
operator selected intervals.  The molecular sieve used was 4 angstrom material which is 
especially suited for water removal.  Unlike aluminum oxide, molecular sieve does not release 
the water to establish equilibrium but instead holds it within the crystalline structure until it is 
removed by heating to high temperatures to release the bound water.  Regeneration was not 
part of the plan in this application.  The molecular sieve will hold up to 10 times its weight in 
water which means replacement should not be often and will depend upon how many times 
the operator wishes to check the analyzer and how high the water is at those times.  It 
appears this bed should last several years of monthly checking.  The system was designed so 
the replacement of the molecular sieve is simple and fast enough to be carried out at site.  
 

 
Figure 8.  Angel Platform Installation 

 
Figure 8 shows the permanent installation at the Angel Platform.  The dryer was installed 
above and to the right of the analyzer panel along the structural column with the valves 
located nearby.  The ppmv analyzer is positioned horizontally and to the right of the 
electronics.  
 
During the verification of the system many sample issues were addressed by forcing different 
parts of the process to be turned on or off creating upsets in ppm water.  This showed without 
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question that it was very difficult to match analyzer ppm levels to laboratory results.  Lab 
results often showed spurious increases in values and it was felt that these were most likely 
due to atmospheric sources rather than true process changes.  The sample system was 4-5 
ml total and therefore it takes only a minute amount of introduced water to make it non 
representative of the actual process.  
 
6.2 Process Variations to Prove Results 
 
It quickly became obvious that validity of the lab results must be assessed against other 
process variables such as mass balances and operational experiences.  The tubing from the 
process was changed at the same time the dryer was added to allow more than one position 
within the process to feed the ppm analyzer.  The water in condensate concentration 
upstream of the coalescers should be greater than the concentrations downstream.   In 
addition the solubility of water in condensate increases with temperature and the ability to 
control fans in the process would also allow process variations which should be reflected in 
the ppm analyzer results. 
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Figure 9. Switch cooling fans OFF 

  
Figure 9 shows the results when first the two cooler fans were turned off and then a third was 
turned off.  As expected the ppm water increased at each event along with the increasing 
temperature. 

 
Figure 10.  Fans Back ON 

 
When the fans were turned back on the next day the moisture level decreased as expected.  
Figure 10 shows this data along with the change in temperature.  In both instances the 
response time was remarkably quick considering the system had to adsorb the moisture.  The 
only explanation for this is the bead size used in the bed was very small in order to have the 
largest surface area exposed to the liquid and the flow rate was sufficient.  
 
The molecular sieve played a large part in the final validation of the analyzer.  The most 
conclusive part of the testing was when the molecular sieve was switched into the line.  The 
ppm reading started to decrease almost instantaneously and within 50 minutes went to zero 
ppm water.  This can be seen in Figure 11.   
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Figure 11.  Molecular Sieve Zero Check 

 
Figure 12.  Switch Connections Upstream and Bypass PWCS System 

 
The next task to prove the analyzer from process variables was to switch from down stream 
to upstream fluids from the process to the analyzer.  Process line modifications on the sample 
tubing were in place to enable the analyzer to obtain fluids from both sides of the coalescers.  
The theory was that the upstream condensate stream should have a higher water 
concentration than the stream exiting the system.  Figure 12 shows the results.    
 
The final test was to partially bypass the Primary Water/Condensate Separator (PWCS) by 
opening the bypass valve to 35% open.  As seen in Figure 12 this increased the water seen 
at the analyzer to around 340 ppm.  The noise in the data is most likely free water moving 
through the system and all data points earlier being solution water.   
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6.3  Conclusions From Angel Platform Testing 
 
Initial calibration coefficients for the polynomial equation relating analyzer frequency to ppm 
moisture was generated using the molecular drying sieve for the zero ppm point.  A second 
point for the linear equation was obtained through process upsets and knowledge of vendor 
parameters for the coalescer systems with the laboratory results only used as a general 
comparison.  With these methods a reasonable calibration was obtained and proven with 
additional process variations.  The resulting correlation provided a sensitivity of 1 MHz = 14 
ppmv by volume of water (1ppmv = 71 kHz).  The focus of having this analyzer on line is to 
monitor the process and to determine if there are any upsets which would require personnel 
to address by their presence on the platform.   
 
6.4  Angel Analyzer Performance Since Initial Insta llation in 2009  
 
The system has been running continuously since the initial set up in 2009.  Figure 13 is an 
example of typical monitoring using the analyzer on Angel.  This time frame was selected as 
the platform was shut down for maintenance and then one well at a time was brought back 
online as part of a routine well testing program. The response of the analyzer can be seen 
reacting to the change in the condensate flow-rate and quality for each well being brought 
online before achieving stable trend. No changes in settings or materials have been 
necessary since the installation in 2009. 

 
Figure 13.  Angel Platform 2012 Maintenance Start Up 

 
KF laboratory checks are still being performed on roughly a 6 weekly basis during routine 
preventative maintenance campaigns mobilized to the Angel platform. To minimize the risk of 
sampling error and false readings a set of 6 pressurized samples are taken during each visit 
and transported to an onshore lab for analysis. The results are then compared to the analyzer 
output from the process historian, and provide a relative indication that the condensate 
stream is below the maximum water tolerance.  Keeping in mind the uncertainties in 
laboratory measurement discussed earlier, these spot checks are used as an additional 
indicator as part of the water management of the pipeline. Table 1 is an extract of analyzer 
and laboratory data for comparison for 2011. 
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Table 1. Angel Analyzer vs KF Lab testing 
 

 

 
With the exceptions of the samples taken 15/5/2011 and 22/3/2011 there has been a good 
agreement with the laboratory data given the KF lab results spread. This is most noticeable 
August 2011 and later, with the high condensate reading of 528 ppm which was considered 
as an outlier.  Laboratory results during March and May 2011 were consistently lower than the 
analyzer reading.  Both the lab and analyzer were within maximum water tolerance and 
therefore did not necessitate any further operator intervention. Operationally the overall 
responsiveness demonstrated by the analyzer to process changes was considered the 
primary control to water ingress of the pipeline.  The KF laboratory results which vary in the 
order of +/- 200ppm were considered acceptable after understanding the real laboratory 
uncertainty.  

 
7.0  Test and Field Operational Conclusions  
 
Initial field trials demonstrated the feasibility of this analyzer for use in condensate service.  
Various issues addressed during the trials assisted in obtaining a field calibration which 
proved to be reasonable although not easy to accomplish.  Long term the analyzer has 
remained stable and responsive over a 3 year period without any adjustments or attention.  
 
Sampling methods were found to contain many issues which could easily lead to very large 
errors.  Additions of multiple analyzer feed points to provide selectable process points for 
further comparison and verification was accomplished during a process shut down.  A 
molecular sieve bed was designed to allow selection into the stream ahead of the ppm 
analyzer to create a check and zero point.  Secondary calibration and verifications were 
carried out using process variable upsets which could be understood and defined.  Successful 
implementation offshore allowed unattended operation to monitor the moisture output to the 
subsea link therefore preventing potential hydrate formation and primarily potential corrosion 
problems from occurring.   
 
8.0  Factory Calibration Method Developed After Fie ld Trials 
 
Since calibration at the site is very difficult, methods to calibrate at the factory were explored.  
Since the zero point can be obtained at the field using the molecular sieve bed the most 
important factor is the slope.  Earlier experiments at the factory determined the slope is linear 
with frequency but establishing a flow loop where the ppm level is maintained constantly was 
not obvious.  The reason for the requirement to maintain the ppm level as a constant is due to 
the aluminum oxide taking up moisture until equilibrium is established.  Since it is adsorbing 
moisture from the flowing stream to establish a fixed point of solution moisture the stream 
must be replenished after the analyzer.  It is recognized that for a given solvent the maximum 
amount of water adsorbed is fixed at a specific temperature.  The problem is that chemical 
tables were not found for the specific solvents used and laboratory samples were proven to 
have a large uncertainty.   
 

Date/Time 
WIC 

Analyzer 
ppm 

Lab 
(average)  

ppm 

Lab min  
ppm 

Lab max  
ppm 

20/12/11 0800 128.2 130.5 93.0 168.0 

22/11/11 1000 157.9 110.5 101.0 120.0 

3/10/11 1015 169.3 181.0 140.0 222.0 

23/8/11 1320 170.1 323.5 119.0 528.0 

26/7/11 0740 217.9 166.0 90.0 242.0 

15/5/11 1620 262.0 160.0 142.0 178.0 

22/3/11 1500 337.0 76.5 35.0 118.0 

21/1/11 1440 338.6 261.0 143.0 379.0 
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A solution was found by establishing a volume of solvent which was recycled through a vessel 
with a bottom sloping section where water could be introduced as a pool where the solvent 
must bubble though the water and therefore replenish the water lost in the aluminum oxide.  
This was improved after realizing that establishing a large surface area of water droplets was 
important for the solvent to be thoroughly wetted as it passes through the water column.  
Since the equation was linear two points could establish the slope and intercept.  The un-
wetted solvent was first used in the loop and passed through the molecular sieve bed to 
establish the zero.  Then the sieve bed was switched out and the water added to the column 
and re-circulated until equilibrium was established which could be determined by observing 
the analyzer frequency.   
 
At this point the final requirement was to establish what the solution water was at equilibrium.  
As before samples were pulled of various volumes directly from the re-circulating solvent.  
Since the system was at atmospheric pressure pulling samples directly into the syringe was 
relatively easy.  The laboratory had two Karl Fisher titration systems running in parallel to 
assure the chemicals and apparatus were providing good analysis.  This second station was 
implemented after having used Karl Fisher titration for low fractional percentage water 
analysis and realizing there was no certain way to determine when the chemicals or system 
degraded. Analyzing the ppm sample data from the Karl Fisher demonstrated scattered 
results expected to be in the range from 180 to 220 ppmv.  After many attempts to improve 
the KF results a final value of 220 ppmv was selected for the given solvent at room 
temperature to use as the second point to obtain the slope.   
 
9.0 Summary and Conclusions 
 
A parts-per-million analyzer based on a bed of aluminum oxide beads with a microwave 
signal imposed across the bed has been developed with good field performance from the 
Angel Platform experience.  The various parameters which could affect the measurement 
have been defined with no compensation required although provision for the compensation 
was built into the electronics.   
 
Various field trials and investigations led to improvements and understanding of methods to 
calibrate the analyzer at the factory which were later implemented with success.  Verification 
of parameters that did not affect the measurement was accomplished through obtaining real 
data which demonstrated the expected lack of correlation.   
 
The system was improved and now is mounted on a stainless steel panel with a Coriolis flow 
meter providing measurement of flow and density, a drying bed with molecular sieve and 
associated valves to switch it in, and the ppmv analyzer with electronics.  A photograph of the 
final system with these additions is shown in Figure 14.  
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Figure 14.  PPMV Analyzer System 
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1 INTRODUCTION 
 
Multiphase flow is one of the most challenging problems in the area of flow metering. On one 
hand, the underlying physics is extremely complex, the understanding and modelling of which 
is a daunting task. On the other hand, accurate measurement of such complex and dynamic 
flow conditions non-invasively is undoubtedly complicated.  
 
There are two important factors that make multiphase flow particularly hard to characterize. 
One is the complex interaction between the different phases and components. The other is 
the dependence of this interaction on several aspects of the flow itself such as component 
flow rates, component densities and viscosities, temperature and pressure. Based on the 
characteristics of this interaction, the flow is categorized into what are referred to as flow 
regimes. In gas-liquid vertical flows, the flow regimes most commonly encountered are 
bubbly, slug, churn and annular. Early attempts at modelling the flow physics tended to lump 
all flow regimes into one, which while greatly simplifying the analysis, were inadequate in 
describing the intricacies of each regime [2]. Thus, generic models typically fall short in terms 
of accuracy and reliability. Yet another challenging aspect of modelling multiphase flow is its 
non-uniform and time varying nature. Research efforts tend to address this issue in one of two 
ways - make the model less complicated by assuming temporal or spatial uniformity or 
account for non-uniformities through correction terms determined empirically or analytically. 
 
Of particular interest are models that predict the component phase fractions from the 
ideal/reference flow rates for each component. The obvious consequence of such a prediction 
model is the increased ability to understand and interpret complex flow phenomena. However, 
the model outputs are equally critical for use in the area of flow metering to relate sensor 
measurements to flow parameters. For instance, flow models that can predict the slip in 
velocity between two phases can come in very handy when there is insufficient velocity 
information about individual phases. Over the years, several attempts have been made to 
develop analytical, empirical and semi-empirical models to predict the phase fraction of 
individual components in a multiphase flow. Given the crucial role of a flow model, it is 
imperative to understand and compare the performance of these models and to determine 
their suitability under different operating conditions, which in essence is the aim of this paper. 
 
Godbole et al [16] and Woldesemayat and Ghajar [17] have compiled a list of potential two-
phase flow models and analysed their performance against measurements collected across 
different loops, flow conditions and fluids. The two phase models studied predicted the 
component fractions and velocities and needed one or more of the following inputs 

1. Component mass/volume flow rates,  
2. Fluid properties including density and viscosity 
3. Pressure, temperature 
4. Regime 

 
From the point of view of drawing general conclusions about the suitability of different models 
for different conditions, these are the most comprehensive studies of this nature to the best of 
our knowledge. Typically, in order to quantify the performance of a model, its prediction is 
compared with sensors capable of measuring phase fraction such as gamma ray, quick 
closing valve, capacitance sensor etc. [16] and [17] for instance estimate model error using a 
consolidated database with measurements drawn from different experimental setups with 
different measurement techniques. The drawback of such a comparison is that the 
performance metric includes the unknown estimation error of the sensors themselves. This 

fltough
Stamp
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effect is exacerbated when different types of sensors are used for validation. While qualitative 
conclusions can be drawn from such a comparison, it is hard to quantify the performance of 
the models. Moreover, the extension of the two-phase phase prediction models to a liquid-
liquid-gas three phase flow has not been documented. The experimental database used by 
[16] and [17] only deal with liquid-gas two phase flows with water-air flows being the most 
common condition tested. For these reasons, finding the right model/correlation for a 
particular application or under specific operating conditions is a cumbersome exercise. 
 
This paper aims to address these deficiencies and hopes to answer the following questions: 
 

1. What kinds of correlations are applicable for three phase liquid-liquid-gas flows? 
What are their assumptions and under what conditions are they valid? 

2. Under varying operating conditions (liquid and gas flow rates), from among the 
available models, which ones are the most accurate in their predictions? 

3. What is the performance of the best of these models? Are there conditions under 
which even the best models fall short? 

4. Once, the best models have been selected, how can they help in further analysis? 
 
The rest of this paper is organized thus. Section 2 briefly explains the basic physics governing 
a multiphase flow and flow parameters of interest. Section 3 describes the different types of 
models for predicting phase fractions and their underlying assumptions, along with a list of 
potential models with proven accuracy. Section 4 introduces a method to evaluate model 
performance with experimental data. Section 5 describes the experimental setup and section 
6 tabulates the results and includes a detailed analysis of model performance under different 
operating conditions. Section 7 concludes this paper with a summary and suggestions for 
future work. It is pertinent to mention at this juncture that this work focuses only on liquid-
liquid-gas vertically upward flows.  
 
 
2 MULTIPHASE FLOW FUNDAMENTALS 
 
The two basic flow parameters needed to characterize a multiphase flow are component 
phase fraction and component velocity. Once these two parameters are known, the volume 
flow rates can be easily calculated using the following equations 
 Q� = αV�A          (1) Q� = (1 − α)V�A          (2) 
 
In essence, the three quantities α, V�, V� completely characterize the system. However, given 
the time and space varying nature of the quantities in question, it needs to be kept in mind 
that the equations 1 and 2 need to be integrated over time and space to recover actual flow 
rate information.  
 
The definition and interpretation of phase fraction or void fraction is varied, but we have 
adopted the most commonly used one which defines the phase fraction in terms of the cross 
sectional area occupied by each component of the flow. This measurement may be local i.e at 
a point in space at a particular time instant or an averaged measure over time and space. 
 
Equations 1 and 2 make it evident that the problem of flow rate estimation is rather 
straightforward once the three parameters are known, but what we are concerned with is the 
inverse of this problem. In other words, given the volume flow rates of the individual 
components, how can we predict the component phase fractions and velocities? 
Complications arise due to the fact that the multiple phases may not be traveling with the 
same velocity. Hence, several models are focused on defining the “slip” velocity between the 
different phases. Unfortunately, the physics of the flow dictates that the inter-relationship 
between the velocities is governed by several factors other than the volume flow rates 
including but not restricted to the component densities, viscosities, temperature, pressure and 
the flow structure information characterized by the “flow regime”.  
While, physical measurements related to densities, viscosities, temperature and pressure are 
usually readily available, information related to the flow regime is often inadequate.  
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2.1 Flow Regime 
 
In multiphase flows, the interaction between the phases and their relative distribution in time 
and space allows their classification into what are commonly referred to as flow regimes or 

flow patterns. Each flow regime is 
characterised by readily 
identifiable flow structures that 
are usually repetitive in nature. 
Flow structures encountered 
typically in multiphase flow are 
shown in figure 1.  
 
While the existence of a finite 
number of flow regimes is widely 
acknowledged, classification of 
the flow based on flow regime is 
not straightforward. Part of the 
problem is that regime 

identification is subjective and usually based on visual observation of the flow. Hence, regime 
information is ambiguous at best, with the ambiguity being especially pronounced at regime 
transition boundaries. This fact needs to be borne in mind when discussing flow correlations 
that have been defined for specific regimes. 
 
 
3 MULTIPHASE FLOW MODELLING  
 
There are several types of models that have been proposed for the prediction of component 
phase fraction and velocities. The following are some typical models encountered in literature: 
 

• Homogeneous models that assume homogeneously mixed distribution and no slip. 
• One dimensional models that account for the difference in velocity between the two 

phases. 
• Models developed for specific flow regimes based on the physics of that regime. 
• Empirical and semi-empirical models that are derived from experimental data. 

 
The performance of these models is closely related to the assumptions that went into deriving 
them. For example, certain one dimensional models are only valid when the gas density is 
much smaller than the liquid density. Moreover, some models, especially the ones with 
empirical terms may have been over tuned to the experimental condition under which the data 
was collected to validate the model.  
 
We will now offer a brief summary of existing correlations and the assumptions behind them. 
 
3.1 Homogeneous model [2] 
 
The homogeneous model assumes that all the components of the flow are travelling at the 
same velocity and that there is no slip. This provides a rather simplified framework for deriving 
the parameters of interest. For a gas-liquid two phase flow, the gas and liquid phases can be 
expressed as a function of the flow quality . 
 �� = ���� = �� ����         (3) 

  �� = ���(���) = �� (���)��(���)        (4) 

 
Equating the two velocities, an expression for the phase fraction can be obtained in terms of 
the flow quality . 
 

Figure 1 – Two phase flow regimes in vertical 
upwards flow 
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� = �
����  !"�"� #

         (5) 

 
3.2 Slip Model [2] 
 
The slip model provides an improvement over the homogeneous model by assuming a slip S 
between the two phases  
 $ = %�%�           (6) 

 
With this expression, equation 5 can be suitably modified to account for the slip factor S. 
 � = �

����  !"�"� #&
         (7) 

 
Various expressions have been proposed for modelling the slip between the phases. Here are 
a few of them. 
 
 
3.2.1 Momentum Flux Model [2] 
 
The momentum flux model derives an expression for the phase fraction by using the following 
expression for the momentum flux for a separated flow. 
 '()*+,-)	/0- = )� 1[�3%�� + (���)3%���� ]      (8) 

 
The resultant phase fraction maximizes the momentum flux and can be obtained by 
differentiating equation 8 by � and equating it to zero. This results in the following expression 
for the slip. 
 $ = 6����78.:          (9) 

 
3.2.2 Smith Model [13] 
 
Most correlations that predict the slip velocity in annular flows do not account for the liquid 
bubbles entrained in the gas. Smith’s semi-empirical model provides an expression with an 
explicit mention of the entrainment fraction ;.  
 

$ = ; + (1 − ;) <!"�"�#	�=6��  7
��=6��  7 >

8.:
       (10) 

 
Smith proposed an empirical value for the entrainment 0.4 and asserted that the model is 
valid for a wide range of flow rates and operating conditions. The final expression for the 
phase fraction is given by equation 11 
 � = �

��8.?@6��  7A.BC!"�"� #
A.DC        (11) 

 
 
 
3.2.2 Chisholm Correlation [15] 
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Chisholm proposed a modified correlation for the slip as given by equation 12. 
 $ = E1 −  61 − ����7F8.:        (12) 

 
 
3.2 Drift Flux Model [3] 
 
The drift flux model is perhaps the most commonly used flow correlation as is evident from 
the fact that ever since its inception in 1965, several researchers have contributed to its 
improvement and expansion by proposing suitable modifications. 
 
The derivation of this model begins with the assumption that the gas velocity has two 
components to it 

• Bulk velocity contributed by both liquid and gas superficial velocities. This is the 
velocity that each phase would have travelled with if the flow was homogeneous.  

• Drift velocity due to the property difference between liquid and gas 
 
A detailed description of the drift flux model is available in [3]. The final expression for the gas 
velocity is given by 
 �� = G8�H + I�J         (13) 
 
Where, �H is defined as  �H = ������           (14) 

 G8 is referred to as the distribution parameter which captures the non-uniform spatial profiles 
of velocity and phase fraction. In most drift flux models, either empirical or semi-empirical 
expressions have been derived for both the distribution parameter and the drift velocity.  
 
Thus an expression for the phase fraction can be derived as given by equation 15. 
 

� = K�LMA%N�OP� 			         (15) 

 
In order to predict the phase fraction, the two parameters G8, I�J need to be defined which 
forms the crux of the several different variations of the drift flux model, a few of which have 
been detailed in table 1. 
 
 

Table 1 – Drift flux Models 

 
Name Distribution parameter  Drift Velocity  

Bonnecaze et 

al [6] 

G8 = 1.2 I�J = 0.35UVW(1 − X�X� ) 
Dix [7] G8 = Y�Y� + Y� Z1 + [Y�Y�\

]^ 

_ = !X�X� #
8.�

 

I�J = 2.9 [VabX� − X�cX�1 \8.1: 

Gomez et al 

[8] 

G8 = 1.15 I�J = 1.53 [VabX� − X�cX�1 \8.1: (1 − �)8.:de+f 



30th International North Sea Flow Measurement Workshop 
23 – 26 October 2012 

 

6 

Greskovich & 

Cooper [9] 

G8 = 1.0 I�J = 0.671UVW(de+f)8.1ij 
Ishii [3] G8 = 1.2 − 0.2kX�X�  I�J = [4VabX� − X�cX�1 \8.1: 
Kokal & 

Stanislav [11] 

G8 = 1.0 I�J = 0.345 ZVW !1 − X�X� #^
8.:

 

Morooka et al 

[18] 

G8 = 1.08 I�J = 0.45 

Nicklin et al 

[19] 

G8 = 1.2 I�J = 0.35UVW 

Rouhani & 

Axelsson [14] 
G8 = 1 − 0.2(1 − ) [VWX�1)� 1 \8.1: 
G8 = 1 − 0.2(1 − ), n(o	�

< 0.25 

I�J = 1.18 [VabX� − X�cX�1 \8.1: 

 
 
3.3 Other Models 
 
Several other empirical and semi-empirical models have been proposed for estimating the 
phase fraction, the most promising of which are mentioned below 
 
3.3.1    Armand [4]-Massena [5] 
 

� = (0.833 + 0.167) [1 + 6���� 7 6����7\
��

      (16) 

 
3.3.2 Guzhov et al [10] 
 � = 0.81( �������)(1 − *�1.1√rs)       (17) 

/o = �������t           (18) 

 
3.3.3 Lockhart and Martinelli [12] 
 

� = u1 + 0.28 6���� 78.iv 6����78.ji !w�w�#
8.8?x��     (19) 

 
 
4 MODEL EVALUATION AND VALIDATION 
 
In the recent past, phase fraction correlations have garnered some interest, with several 
researchers attempting to quantify their performance using experimental data or data 
collected from databases. These studies compare the predicted phase fraction with a 
measured phase fraction obtained from a physical sensor. Typical sensor measurements 
used for comparison are capacitance based, gamma ray, quick closing valves etc. 
Experimentally determined phase fraction estimates have an inevitable measurement error 
associated with them. Hence, any comparison with a measured quantity is bound to be 
influenced by the uncertainty associated with the measurement system and measurement 
model.  
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Almost all of the phase fraction correlation comparisons stem from a need to understand and 
define the physics of the flow. While that is an important factor in multiphase flow analysis, the 
conclusions are not easily interpretable for a metering application. For example, it is hard to 
say what the effect of choosing a particular model will be on the accuracy of flow rate 
prediction. Though the drift flux and slip models have been proposed to define the component 
velocities, their validity for velocity prediction has not been verified in a comprehensive 
manner.  
 
For these reasons, there is a need for a more in-depth analysis of the validity of the said 
correlations not just from the point of view of the accuracy of the predicted phase fraction, but 
from a flow measurement perspective as well. Hence, the following validation procedure has 
been proposed.  
 
Differential pressure measurement is a very commonly used technique in multiphase flow 
estimation. Differential pressure measured across a venturi is proven to be an accurate 
indicator of the total mass flow rate of the contents of the pipe. The basic equation governing 
a venturi differential pressure system is given in equation 20. 
 )� = MyUz{��UX�(|} − X�Vℎ)       (20) 

 
Here, G� is computed through a correlation using the Lockhart-Martinelli parameter [21] X that 
accounts for the irreversible loss across a venturi as well as variations due to the presence of 
more than one phase. This is given by equation 21, where G��	is the discharge coefficient for 
single phase fluids. 
 

G� = G��/�1 + 18� + ��3        (21) 

 
In order to compute the mass flow rate, a measurement of the mixture density X� is needed. 
The mixture density can be estimated from the individual component densities if the phase 
fraction is available.  
 X� = �X� + (1 − �)X�         (22) 
 
Hence, in order to obtain an accurate estimate of the mass flow rate from the venturi 
differential pressure measurement, an accurate estimate of the mixture density is needed 
which in turn is dependent on the accuracy of the phase fraction.  
 
This measurement setup can then be used to evaluate all existing phase fraction correlations 
by comparing the reference total mass flow rate  with the mass flow rate estimated using the 
predicted phase fraction. The more accurate the phase fraction, the better the mass flow rate 
estimate. Additionally, the resultant mass flow rate error using the best prediction of the phase 
fraction is a strong indicator of the entitlement of the differential pressure measurement 
system.  
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5 EXPERIMENTAL SETUP 
 
The experimental data for implementing the above proposed method of validation was 
collected at the National Engineering Lab (NEL) at the Scottish Technology Park, East 

Kilbride, Glasgow, UK. 
The facility’s multiphase 
loop uses a 
combination of crude 
oil, water and nitrogen 
gas. The setup is 
shown in figure 2. The 
flow rates of all three 
components could be 
controlled as needed. 
The location marked as 
“Test meter” in the 
vertical section was 
used to obtain the 
measurements used in 
this analysis. The 
measurement system 

consisted of a differential pressure sensor across a venturi and an impedance sensor. The 
impedance sensor was used 
to measure the impedance 
of the contents of the pipe 
and in turn measure the 
phase fraction across the 
pipe cross section. 
Impedance sensors are 
widely used for component 
phase fractions in 
multiphase flows. The 
differential pressure and 
impedance sensors are 
placed at concurrent 
locations, which ensured 
that the differences in the 
flow conditions seen by the 
two sensors are minimized. 
These measurements, in 
conjunction with equations 
(20) and (21), were used to 

obtain an estimate of the mass-flow rate. 
 
A total of around 165 data points were collected over a period of 10 days under varying flow 

conditions covering the entire 
operating region of the NEL 
multiphase loop. The sample points 
are shown in figure 3a 
superimposed on a traditional two-
phase regime map. The flow regime 
map chosen, which was proposed 
by Hewitt-Roberts [20], accounts for 
variations in fluid properties and their 
effects on the flow regime. As is 
evident from figure 3a, the sample 
points cover most of the known flow 
regimes in vertical two/three phase 
flow. Figure 3b illustrates the fact 
that the flow conditions chosen were 

Figure 2 – Multiphase loop at NEL 
 

Figure 3a – Experimental Data from NEL’s multiphase loop 
superimposed with Hewitt-Roberts flow regime map [20]) 

Figure 3b – Experimental Data from NEL’s 
multiphase loop  
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sampled across the entire range of GVF and WLR (Water-Liquid Ratio). For every 
experiment, data was acquired only after allowing time for the flow to stabilize, with the 
duration of acquisition being 5 minutes. All measurements are averaged over the duration of 
acquisition to ensure that flow variations within that time did not adversely affect the analysis.  
 
 
6 RESULTS AND ANALYSIS 
 
In order to evaluate the performance of the different models, the accuracy of the mass flow 
rate estimated using the above mentioned method was chosen as the primary metric. The 
relative error in estimation was computed using the reference mass flow rate provided by 
NEL’s single phase meters. The single phase meter measurements were suitably transformed 
to equivalent flow rates at the meter conditions using appropriately positioned absolute 
pressure measurements. It is worth mentioning at this juncture that the single flow meters 
were documented to have an uncertainty <1.5% over the flow conditions considered. The 
loop variability is not accounted for in this measure, but it is assumed that the effect of 
variability is minimized when the data is averaged over the 5 min of acquisition time. Gas and 
liquid property measurements were also available from characterization experiments carried 
out on the experimental fluids at NEL. The error in the mass flow rate was estimated as 
 )� �ss = 100(1 − �� ����� ���)        (23) 

 
It needs to be pointed out that a relative error is used instead of absolute error since it is 
easier to analyse and relate to. While the error in itself is an important criterion, what is most 
commonly considered a performance metric is the “standard error” or the standard deviation 
of the error. The standard error provides bounds on the accuracy or uncertainty in estimation.  
 
Additionally, the predicted phase fraction was also compared with the measured phase 
fraction using electrical impedance sensors. The metric for comparison is the correlation 
coefficient between the measured and predicted phase fraction. This ensures that errors due 
to scale or offset in the fraction measurement do not interfere with the analysis.  The 
correlation coefficient is computed as per equation 24. The correlation coefficient is always 
within the range of [-1 1] with 1 corresponding to maximum positive correlation, -1 
corresponding to maximum negative correlation and 0 corresponding to no correlation at all. 
In essence, the higher the value of	���, the better is the agreement between the predicted 
and measured phase fractions.  
 ��� = �b����y�����y��������c(��������������������)�����y������       (24) 

 
A total of 13 phase fraction predictors were chosen among the ones listed in previous 
sections. These were chosen based on the results from previous studies and their 
applicability under the given test conditions. Below is a list of the models selected and the 
corresponding name used to refer to each model is shown in within brackets. 
 

1. Homogeneous model (Homogeneous) 
2. Momentum Flux Model (Momentum flux) 
3. Smith correlation (Smith) 
4. Chisholm’s correlation (Chisholm) 
5. Bonnecaze et al (Bonnecaze) 
6. Dix (Dix) 
7. Gomez et al (Gomez) 
8. Kokal-Stanislav (Kokal) 
9. Ishii (Ishii) 
10. Rouhani – Axelsson (Rouhani) 
11. Armand – Massena (Armand) 
12. Guzhov et al (Guzhov) 
13. Lockhart-Martinelli (Lockhart) 
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The conditions tested were segregated based on the Gas Volume Fraction (GVF) as well as 
the Water-Liquid Ratio (WLR) to scrutinize the prediction capability of the models more 
closely.  
 
 
6.1 GVF<20% 
 
At lower GVFs which mostly covered slug flows, the estimated mass flow rates were found to 
be the most accurate, irrespective of the source of phase fraction. This may be attributed in 

part to the relatively higher mass flow rates associated with lower GVFs conditions. It is 
interesting to note that all models that either assume no slip or simple relationships for the slip 
velocity such as the Homogeneous model, Smith and Chisholm’s correlation seem to perform 
the best. The comparison with the measured phase fraction does not give much scope for 
analysis, as the correlation seems to be uniformly low for this region. This may be due to the 
fact that for GVF<20%, the phase fractions are much lower in magnitude which in turn may 
result in an amplification of even small errors in the correlation coefficient. Figure 4b shows a 
plot of the quantity Rxy as defined by equation 24. The lower this term, the poorer is the 
prediction capability. Based on the mass flow rate estimation error, the most promising 
models are Homogeneous, Smith, Chisholm, Guzhov and Armand.  
 
  
 6.2 20%<GVF<40% 
 
When GVF<40%, the standard error of the mass flow rate seems to be on par for most of the 

Figure 5a – Mass flow rate error for 
20%<GVF<40% 

 

Figure 5b – Correlation with measured 
phase fraction for 20%<GVF<40% 

 

Figure 4a – Mass flow rate error for 
GVF<20% 

Figure 4b – Correlation with measured 
phase fraction for GVF<20% 
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models except the momentum flux and Lockhart correlations. But a quick look at the 
correlation coefficients in figure 5b, provides us with more discernibility for selecting the best 
models. Clearly, the drift flux model predictions based on Bonnecaze, Dix, Gomez, Kokal and 
Ishii have better correlation with the measured phase fraction. Also, the observation that the 
momentum flux and Lockhart models have the worst performance is corroborated by the 
correlation chart of figure 5b. Also, the homogeneous and slip models don’t have much 
correlation with the measurement under these conditions. The best correlated model is the 
one proposed by Dix. 
 
 
6.3 40%<GVF<60% 
 
The physics of the flow dictates that as the GVF increases, and the flow transitions from 
bubbly-slug regimes to regimes like churn, the slip between the phases becomes more 
significant. This is evident from figure 6a, where the correlations with the least estimation 

error are based on the drift flux model. The best prediction models for these conditions are 
the ones proposed by Dix, Gomez, Ishii and Rouhani. On the other hand, the correlation plot 
shown in figure 6b does not indicate a clear winner, but instead seems to affirm that all 
models, except the one by Lockhart have a high correlation with the measured phase fraction.  
 
 
6.4 60%<GVF<80% 
 
As the GVF increases and the flow conditions are more consistent with churn-turbulent 

 

Figure 7a – Mass flow rate error for 
60%<GVF<80% 

Figure 7b – Correlation with measured 
phase fraction for 60%<GVF<80% 

 

Figure 6a – Mass flow rate error for 
40%<GVF<60% 

 

Figure 6b – Correlation with measured 
phase fraction for 40%<GVF<60% 
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regimes, two effects are clearly visible from figures 7a and 7b. The predicted phase fraction is 
inadequate in estimating the mass flow rate accurately as is seen in the increased standard 
error in figure 7a. The other observation to be made is that there is very little correlation 
between the predicted and measured phase fraction as is indicated by the lower numbers 
seen in figure 7b. These two observations together point towards a systematic error in phase 
fraction prediction under these conditions. Nevertheless, for 60%<GVF<80%, the best 
prediction models are yet again based on the drift flux assumption – Bonnecaze, Ishii, 
Rouhani, Armand and Guzhov. Figure 7b does not provide much scope for differentiating 
between the different models in terms of performance, as the correlation is uniformly poor.  
 
 
6.5 80%<GVF<100% 
 
At the highest possible GVFs, the estimation error in the mass flow rate is clearly the poorest 
among all the points tested. This may partly be due to the uncertainty in the differential 
pressure measurement itself. But two models are clearly superior to others in terms of 

estimation error and those are the correlations by Dix and Lockhart. In fact, the Lockhart 
correlation provides the best estimation error of around 4%. Bolstering this observation is the 
fact that the correlation numbers in chart 7b, where the Lockhart phase fraction prediction has 
significantly better correlation with the measured phase fraction when compared with all other 
models.  
 
 
6.6 Effect of WLR 
 
An aspect that has largely been neglected in previously analysed data is the effect of changes 

in the WLR in three phase 
flows when applying two-
phase prediction models. 
The common practice in 
these situations is to treat the 
oil-water mixture as a single 
liquid, with the mixture 
properties calculated from 
component properties and 
the WLR using linear 
relationships. For example, 
the liquid density is given by 
equation 25. 
 
 

Figure 7a – Mass flow rate error for 
80%<GVF<100% 

Figure 7b – Correlation with measured 
phase fraction for 80%<GVF<100% 

Figure 8 – Mass flow rate error for different WLR 
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X� = ���X� + (1 −���)X�        (25) 
 
Once this assumption is made, all two-phase prediction models are deemed valid for three 
phase flows with appropriate corrections made to the liquid properties. But it is imperative to 
verify this assumption by analysing the performance of the models under varying WLR. Figure 
8 shows a comparison of mass flow rate prediction for predominantly oil or predominantly 
water flows. While the overall performance of most of the models is consistent in both 
regions, some models perform better in one versus the other. The two best overall models are 
the ones proposed by Dix and Lockhart with the lowest errors in oil dominated flows and 
water dominated flows respectively.  
 
 
7 CONCLUSIONS 
 
Using experimental data collected from differential pressure and impedance measurements, a 
thorough analysis was conducted to determine the suitability and prediction accuracy of 
several types of phase fraction models for vertical three-phase flows. While several models 
performed better than others across the entire operating envelope, some models were found 
to be more accurate than others in certain regimes. This study provides recommendations on 
the best models to use based on the flow conditions. Unlike previous such studies, the phase 
fraction prediction accuracy was analysed as a function of the GVF as well as the WLR. Table 
3 provides a summary with recommendations for the most effective models.  
 

Table 3 – Model Recommendation  

Operating condition  Recommended Models  

GVF<20% Homogeneous, Smith, Chisholm 

20%<GVF<40% Bonnecaze, Dix, Gomez, Kokal, Ishii 

40%<GVF<60% Dix, Gomez, Ishii, Rouhani 

60%<GVF<80% Bonnecaze, Ishii, Rouhani, Armand, Guzhov 

80%<GVF<100% Dix, Lockhart 

WLR<50% Dix, Lockhart, Rouhani, Armand, Gomez 

WLR>50% Lockhart, Dix, Gomez 

 
 
Figure 9 shows the supporting data that corroborates the information in Table 2. Figures 10a 
and 10b are the error contour maps for the two best overall models as a function of GVF and 
WLR.  
 
The idea of using two different metrics derived from two different types of measurement 
systems i.e differential pressure based and impedance based, was found to have several 
advantages. Not only did this make the entire analysis and subsequent conclusions more 
robust and trustworthy, the two measurements complemented each other in their ability to 
discriminate between models under different conditions. Hence, the results of this study can 
be considered repeatable under similar experimental conditions. 
 
For several of these correlations, a fully-developed flow is assumed in the model formulation. 
Such an assumption helps simplify the analysis, as the flow is more structured. In other 
words, the flow profiles and other flow parameters are easier to approximate for developed 
flows since they are no longer a function of stream-wise position. The experimental data used 
to perform this study was acquired at a large enough development length to ensure 
developed flow at the sensor locations. This in turn meant that all the correlations could be 
applied as is with little modification. For flows that are still developing, it is likely that the 
accuracies of the models may change based on their sensitivity to the assumption of 
developed flow profiles.  
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 The models recommended by this study can be used in several different ways. A 
straightforward application is to use the phase fraction prediction from the models to help 
calibrate or correct phase fraction measurements made by different sensors. The model 
predictions can also be used in conjunction with sensors that measure velocity to determine 
their entitlement. For example, the mass flow rate error determined in this study can serve as 
an entitlement for the differential pressure measurements. The best performing drift-flux and 
slip models can be used to determine velocities of one or more components that are difficult 
to measure in practice. These correlations can also serve as a starting point for developing 
empirical models or corrections for multiphase flow measurement to improve the 
measurement accuracy. For example, several of the already developed semi-empirical 
models contain coefficients that have already been determined empirically. These coefficients 

can be tweaked based on data acquired under specific operating conditions to further improve 
the accuracy of estimation.  
 
 
 

 
Figure 9 – Mass flow rate error as a function of GVF and model used 

 
Figure 10a – Mass flow rate error(%) map 

for Lockhart model 

 
Figure 10b – Mass flow rate error(%) map 

for Dix’s model 
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From this study, it is also evident that the prediction capability of all available models is rather 
inadequate under high GVF conditions especially in churn-turbulent flows. This may be due to 
the fact that under churn type of regimes, the complex physics of the flow is hard to capture 
through simple relationships involving only a few fluid properties. Moreover, the time and 
space varying nature of the flow is especially pronounced under such conditions, which 
makes it harder to approximate quantities such as average drift velocity and average 
distribution parameter. There is a need for further work in building models suitable for such 
complex regimes.  
 
 
6 NOTATION 
 � Gas phase fraction Y� Gas volume flow rate Y� Liquid volume flow rate ��	 Gas velocity �� Liquid velocity 
A Cross sectional area 
D Pipe diameter 
g Acceleration due to gravity X� Gas density X� Liquid density X� Mixture density X� Oil density X� Water density �� Gas viscosity �� Liquid viscosity a Surface tension  Flow quality )�  Mass flux G8 Distribution parameter I�J Drift velocity f Inclination angle ; Entrainment fraction G� Venturi discharge coefficient |} Differential pressure � Venturi diameter ratio 
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Using CFD to Understand Multiphase and Wet Gas 
Measurement 
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ABSTRACT 
 
Computational fluid dynamics (CFD) flow modelling has proved to be a useful tool in single-
phase flow metering. More recently, the increase in computer power has made multiphase 
models viable. However, there is a range of modelling approaches, which makes practical 
simulation of the behaviour of multiphase and wet gas flows in metering and/or sampling 
devices as much an art as a science. 
 
This paper introduces alternative modelling approaches to show what can be achieved using 
CFD modelling and to highlight the limitations of the technique. A series of case studies are 
presented in which CFD analysis has been used to study the following issues in multiphase 
and wet gas measurement or sampling: 
 

• Effects of heavy oil multiphase flow in a Venturi 
• Behaviour of multiphase swirl flow in a Venturi 
• Modelling of wet gas flows in Venturis, cone meters, and orifice plates 
• Effective sampling methods 

 
 
BACKGROUND 
 
CFD modelling is a computer simulation method that predicts fluid flow in complex two-
dimensional and three-dimensional domains. Modern CFD modelling started in the 1970s, 
with early work mostly taking place in the aerospace sector. In the 1990s, CFD modelling 
moved from being an academic curiosity to a widely used engineering design and analysis 
tool. Since then, the technique has been applied in a wide range of industries, including the 
process, automotive, medical, electronics, architectural, and oil and gas sectors.  
 
CFD modelling has now largely been accepted as having a place in single-phase flow 
metering. It has been used to assess meter installation errors [1], incorrect installation [2], 
fouling effects [3, 4], erosion [5], thermal effects [6], and flow conditioner designs [7]. The 
performance of flowmeters with moving parts can be simulated using fluid-structure 
interaction methods [8]. Two-phase and multiphase CFD modelling is a more challenging 
proposition. However, the ever increasing computer power has started to make the modelling 
of flow meters in wet gas and multiphase flow a practical proposition. 
 
The first part of this paper presents a basic overview of alternative modelling approaches. A 
series of case studies then illustrates how CFD modelling can be used to address particular 
problems, and the limitations of CFD modelling are also identified.  
 
 
MULTIPHASE CFD MODELLING TECHNIQUES 
 
A number of commercial and open-source CFD software packages are currently available. 
The more popular software that can model multiphase flow includes ANSYS Fluent, ANSYS 
CFX, Adapco STAR-CCM+, Flow3D, and OpenFOAM. These software packages typically 
comprise a pre-processor for geometry creation and problem setup; a solver, which calculates 
the solution; and a post-processor, which displays the calculation results. 
 
  

fltough
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Single-Phase Flow Model 
 
Figure 1 illustrates the CFD modelling technique for a 
simple nozzle in a pipe. The 
boundaries. The space occupied by the liquid is 
conditions, such as inlet flow velocity and outlet pressure, are defined and the fluid density 
and viscosity are set.  
 
This information is used by the solver
velocity in each cell. The results can then 
of flow vectors, streamlines, 
variables and graphs can also be extracted from the solution data. 
 

Figure 1. Illustration of setup and predictions for a 
 
 
Various alternative approac
There are numerous variations, but the main modelling methods are 
approximation, Lagrangian particle modelling, volume
modelling. 
 
Homogenous Flow Approximation
 
The simplest approach to multiphase CFD modelling is to treat the multiphase mixture as a 
homogeneous (i.e. well-mixed) 
density and viscosity are calculated using the gas 
 

mixture GVFρ =

mixture GVFµ =

 
Once fluid parameters have been defined
 
Lagrangian Particle Model 
 
Figure 2 illustrates Lagrangian particle modelling (also known as 
(DPM)). In this case, a carrier fluid is modelled as a 
phase is modelled as individual spherical particles that are tracked, step
nozzle as they are carried by the surrounding fluid. 
they can be representative of gas bubbl
 
Particles are affected by drag and buoyancy
They bounce off wall surfaces
each other or coalesce. Hence
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Figure 1 illustrates the CFD modelling technique for a single-phase liquid flow through a 
simple nozzle in a pipe. The first step in the calculation is to define the shape of the 
boundaries. The space occupied by the liquid is divided into a mesh of small cells. Boundary 
conditions, such as inlet flow velocity and outlet pressure, are defined and the fluid density 

This information is used by the solver, which calculates flow variables such as pressure and 
he results can then be viewed in the post-processor software in terms 

 and coloured contours of the computed variables. Point values of 
variables and graphs can also be extracted from the solution data.  

Illustration of setup and predictions for a single- phase CFD model of a nozzle

Various alternative approaches can be used to simulate the flow of multiphase mixtures. 
There are numerous variations, but the main modelling methods are homogeneous
approximation, Lagrangian particle modelling, volume-of-fluid modelling, and Eulerian 

w Approximation 

The simplest approach to multiphase CFD modelling is to treat the multiphase mixture as a 
mixed) single-phase fluid. For two-phase gas-liquid 
calculated using the gas volume fraction (GVF) thus:

liquidgas ).GVF1(.GVF ρρ −+
    

liquidgas ).GVF1(.GVF µµ −+ .    

Once fluid parameters have been defined, the model is run as a single-phase simulation.

Figure 2 illustrates Lagrangian particle modelling (also known as discrete particle modelling 
a carrier fluid is modelled as a single-phase CFD model. A second 

phase is modelled as individual spherical particles that are tracked, step-by-step, through the 
nozzle as they are carried by the surrounding fluid. By altering the density of the particles

representative of gas bubbles, liquid droplets, or solid particles such as sand. 

Particles are affected by drag and buoyancy. They can also impart drag on the carrier fluid. 
hey bounce off wall surfaces, but they have a fixed, user-defined size and do not bounce off 

coalesce. Hence, this model is only appropriate for low fractions of the second 

 

phase liquid flow through a 
the shape of the nozzle 

into a mesh of small cells. Boundary 
conditions, such as inlet flow velocity and outlet pressure, are defined and the fluid density 

which calculates flow variables such as pressure and 
processor software in terms 

and coloured contours of the computed variables. Point values of 

 
phase CFD model of a nozzle . 

the flow of multiphase mixtures. 
homogeneous flow 

fluid modelling, and Eulerian 

The simplest approach to multiphase CFD modelling is to treat the multiphase mixture as a 
liquid flow, the mixture 

volume fraction (GVF) thus: 

  (1)
 

  (2)
 

phase simulation. 

discrete particle modelling 
phase CFD model. A second 

step, through the 
By altering the density of the particles, 

or solid particles such as sand.  

. They can also impart drag on the carrier fluid. 
size and do not bounce off 

this model is only appropriate for low fractions of the second 
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phase and in applications where particle, drop
little.  
 
Figure 2 shows gas bubble tracks and liquid streamlines through the nozzle
trajectories are partly determined by drag from the liquid and partly by buoyancy effects 
cause the bubbles to rise to the top of the pipe.
 

Figure 2. Illustration of particle model representation of bubbly flow
 
 
Volume-of-Fluid Model 
 
Volume-of-fluid (VOF) modelling is typically used 
calculation of hull form in ship design
3. In VOF modelling, in addition to the normal 
in each cell is calculated. Each cell can contain either liquid or gas
the two phases at the interface. 
 
In Figure 3, the wave in the liquid level restricts the gas flow
streamlines in the top half of the nozzle throat.
 

Figure 3. Illustration of predictions for a 
 
 
Eulerian Model 
 
In the VOF model, each cell contains 
model can be viewed as modelling a cloud of droplets or bubbles in a carrying fluid
volume fraction varying continuously from 0 to 1 in each cell. 
and slip between phases is controlled by setting a fixed droplet or bubble size. 
 
Figure 4 shows a wet gas flow calculation in which liquid droplets impinge on the nozzle to 
form a film and a liquid-rich jet downstream. Slip between the phases causes 
difference in the liquid and gas streamlines.
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phase and in applications where particle, drop, or bubble size is well defined and changes 

Figure 2 shows gas bubble tracks and liquid streamlines through the nozzle
trajectories are partly determined by drag from the liquid and partly by buoyancy effects 

the bubbles to rise to the top of the pipe. 

particle model representation of bubbly flow . 

(VOF) modelling is typically used to model free-surface flows such as 
in ship design and calculation of stratified flows, as illustrated in Figure 

In VOF modelling, in addition to the normal single-phase flow parameters, the liquid fraction 
in each cell is calculated. Each cell can contain either liquid or gas, and slip occurs between 
the two phases at the interface.  

the wave in the liquid level restricts the gas flow, causing tightly packed 
mlines in the top half of the nozzle throat. 

Illustration of predictions for a stratified-flow VOF model. 

each cell contains one of the two possible phases. In contrast, the 
modelling a cloud of droplets or bubbles in a carrying fluid

volume fraction varying continuously from 0 to 1 in each cell. Each phase has its own velocity
and slip between phases is controlled by setting a fixed droplet or bubble size. 

4 shows a wet gas flow calculation in which liquid droplets impinge on the nozzle to 
rich jet downstream. Slip between the phases causes 

in the liquid and gas streamlines. 

 

or bubble size is well defined and changes 

Figure 2 shows gas bubble tracks and liquid streamlines through the nozzle. The bubble 
trajectories are partly determined by drag from the liquid and partly by buoyancy effects that 

 

surface flows such as 
stratified flows, as illustrated in Figure 

arameters, the liquid fraction 
and slip occurs between 

causing tightly packed 

 

In contrast, the Eulerian 
modelling a cloud of droplets or bubbles in a carrying fluid, with the 

Each phase has its own velocity, 
and slip between phases is controlled by setting a fixed droplet or bubble size.  

4 shows a wet gas flow calculation in which liquid droplets impinge on the nozzle to 
rich jet downstream. Slip between the phases causes a small 
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Figure 4. Illustration of predictions
 
In principle, VOF modelling can 
computational mesh is fine enough to resolve their edges. 
issue up to a point, provided 
However, the Eulerian model tends to blur or 
 
 
EXAMPLE 1—WATER-IN- OIL SAMPLING
 
CFD methods are currently being employed at 
study how sub-isokinetic and super
bends affect oil sampling systems. In the latter case, the conventional approach is to use 
empirical methods specified in ISO
sampler provide sufficient mixing to ensure that the sampled oil has a similar water cut to the 
oil in the main pipeline. However, the ISO
based on very limited laboratory test data and only applies
 
In the mid-1980s, British Petroleum 
refineries. CFD predictions have been compared against published data from these tests [1
to assess the practicality and viability of replaci
methodology with CFD methodology
across the diameter of a 48
valve, as shown in Figure 5. 
 
Based on past experience, it was believed that the water would be in the form of dispersed 
droplets, with the possibilities of a stratified stream of water running along the bottom of the 
pipe in some locations. Alternative CFD simulations using the Lagrangian and Euler
models were compared against the field data.
 
Both modelling methods required definition of a representative water droplet size. Various 
approaches exist, but there is no known robust and universal method for doing this. In this 
work, a range of different droplet sizes were tried. Figure 6 shows typical results. Very large 
droplets (> 5000 microns) cannot be lifted up into the 
droplets are mixed by the upstream bends but 
Figure 7 shows a reasonable agreement between field measurements and both CFD 
methods if the droplet size is set to 
 
This example flags a number of 
clear that the predictions are sensitive to the droplet size. However, fairly good results can be 
achieved if this value can be well estimated. 
reality, and accounting for this adds extra complication. Finally, it should be noted that the 
concentration measurement method 
measurements are often difficult
done with care.  
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Illustration of predictions  for a wet gas Eulerian model.   

VOF modelling can also model droplets and wall films, provided that the 
computational mesh is fine enough to resolve their edges. The Eulerian model addresses this 
issue up to a point, provided that an appropriate droplet or bubble size can be defined. 
However, the Eulerian model tends to blur or smear out sharp liquid/gas interfaces.

OIL SAMPLING  

CFD methods are currently being employed at the National Engineering Laboratory (
isokinetic and super-isokinetic sampling rates and upstream mixing from 

bends affect oil sampling systems. In the latter case, the conventional approach is to use 
empirical methods specified in ISO 3171 [9] to determine whether bends upst
sampler provide sufficient mixing to ensure that the sampled oil has a similar water cut to the 
oil in the main pipeline. However, the ISO-3171 method can be highly conservative
based on very limited laboratory test data and only applies to horizontal pipes. 

1980s, British Petroleum performed tests on a sampling system at one of their 
refineries. CFD predictions have been compared against published data from these tests [1
to assess the practicality and viability of replacing or supplementing the ISO

methodology. In the tests, water concentration profiles were
48-inch pipe downstream of a combination of a bend, tees

valve, as shown in Figure 5.  

it was believed that the water would be in the form of dispersed 
, with the possibilities of a stratified stream of water running along the bottom of the 

Alternative CFD simulations using the Lagrangian and Euler
models were compared against the field data. 

Both modelling methods required definition of a representative water droplet size. Various 
approaches exist, but there is no known robust and universal method for doing this. In this 

ent droplet sizes were tried. Figure 6 shows typical results. Very large 
droplets (> 5000 microns) cannot be lifted up into the 48-inch header. The 2000
droplets are mixed by the upstream bends but start to stratify before the sampling point. 

7 shows a reasonable agreement between field measurements and both CFD 
methods if the droplet size is set to 300-micron droplets. 

This example flags a number of issues common to many multiphase CFD applications. It is 
clear that the predictions are sensitive to the droplet size. However, fairly good results can be 
achieved if this value can be well estimated. Also, droplets may break up or coalesce in 

nting for this adds extra complication. Finally, it should be noted that the 
concentration measurement method used and its uncertainty are not known. Multiphase 
measurements are often difficult; hence, tuning a simulation to match test data should only be 

 

 

provided that the 
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iate droplet or bubble size can be defined. 
gas interfaces. 

the National Engineering Laboratory (NEL) to 
isokinetic sampling rates and upstream mixing from 

bends affect oil sampling systems. In the latter case, the conventional approach is to use 
] to determine whether bends upstream of the 

sampler provide sufficient mixing to ensure that the sampled oil has a similar water cut to the 
3171 method can be highly conservative; it is 

to horizontal pipes.  

performed tests on a sampling system at one of their 
refineries. CFD predictions have been compared against published data from these tests [10] 

ng or supplementing the ISO-3171 
s were measured 

pipe downstream of a combination of a bend, tees, and 

it was believed that the water would be in the form of dispersed 
, with the possibilities of a stratified stream of water running along the bottom of the 

Alternative CFD simulations using the Lagrangian and Eulerian 

Both modelling methods required definition of a representative water droplet size. Various 
approaches exist, but there is no known robust and universal method for doing this. In this 

ent droplet sizes were tried. Figure 6 shows typical results. Very large 
The 2000-micron 

stratify before the sampling point. 
7 shows a reasonable agreement between field measurements and both CFD 

common to many multiphase CFD applications. It is 
clear that the predictions are sensitive to the droplet size. However, fairly good results can be 

up or coalesce in 
nting for this adds extra complication. Finally, it should be noted that the 

and its uncertainty are not known. Multiphase 
tuning a simulation to match test data should only be 
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Figure 5. Geometry of pipework in sampler tests
 

Figure 6. Lagrangian particle t
rate sampler assessment simulations
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Geometry of pipework in sampler tests . 

Lagrangian particle t rajectories of different- sized water droplets in 
rate sampler assessment simulations .  

 

 

 
sized water droplets in low-flow-
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a) Low flow rate, 2.5% water cut, Lagrangian model 

 

 
b) Low flow rate, 2.5% water cut, Eulerian model 

 

 
c) High flow rate, 3.5% water cut, Eulerian model 

 
Figure 7. Comparison of CFD model predictions and f ield measurements of water 
concentration for different water droplet sizes, r/ R is vertical coordinate normalised by 
pipe radius. 
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EXAMPLE 2—THE EFFECT OF HEAVY OIL ON MULTIPHASE FLO W IN A VENTURI 
 
A cooperative project between Schlumberger and NEL (part-funded by the Technology 
Strategy Board (TSB) [11]) looked at the effects of heavy oil on the measurements of Venturis 
in liquid-gas flow [12]. In that project, a 4-inch Perspex™ Venturi was calibrated in a water-
nitrogen and oil-nitrogen flow in vertical and horizontal orientations. The oil viscosity ranged 
up to 300 cP. The CFD predictions were compared against test measurements and 
observations. CFD modelling was also used to gain a better understanding of the test results 
and to extrapolate test results to liquids with much higher viscosities. 
 
The liquid fraction in these tests varied from 100% to about 5%; hence, the Eulerian and VOF 
models were chosen for this work. A bubble size of 1 mm was set in the Eulerian model in the 
hope that this would allow sufficient separation of the liquid and gas whilst accounting for the 
expected entrainment of bubbles in the liquid.  
 
The test was set up such that, over most of the test matrix, the flow entering the meter was 
slugging. Hence, transient (time varying) simulations were required. Transient models require 
large computational resources. To mitigate this, a relatively low-resolution (coarse) mesh was 
used. It was found that the VOF and Eulerian models produced similar results. This was 
probably partly because the mesh resolution was insufficient to resolve sharp liquid/gas 
interfaces in the VOF model. Only Eulerian results are shown in this paper. 
 
Figure 8 shows a typical comparison of the Eulerian CFD model and test images for a vertical 
Venturi. The CFD model generally produced good predictions of the liquid distribution and 
correctly described the transition from churn to slug flow. Slug flow was mimicked by using 
prerecorded test data to vary the height of a liquid layer at the bottom of the pipe at the meter 
inlet. This was partially successful— time-averaged values were fairly well predicted (e.g. the 
discharge coefficient as shown in Figure 9). Instantaneous values were not as well predicted, 
probably because the definition of slug flow was too simplistic. In particular, the CFD model 
struggled to match the instantaneous behaviour of a gamma densitometer downstream of the 
Venturi, which was found to be sensitive to small changes in liquid distribution. 
 
In general, it has been found that CFD modelling is best at predicting time-averaged 
differential pressure measurements. Instantaneous point or line values, such as those taken 
by the diametric beam of a gamma densitometer, can be more difficult to predict.  
 
One of the advantages of CFD modelling is that many parameters can be simply changed or 
controlled in a manner that would be very difficult or expensive to achieve in the laboratory. 
Figure 10 shows the results of further simulations in which the liquid viscosity was increased 
significantly beyond that in the tests (10,000 cP). It can be seen that low-viscosity liquid tends 
to churn, whereas high-viscosity fluid sticks to the meter walls, causing an annular flow.  
 
In a second exercise, a simple square-wave slugging behaviour was defined at the meter inlet 
for water-gas and oil-gas flow. This simplified behaviour allowed a perfect like-for-like 
comparison of oil and water flow in a manner that could not be achieved experimentally 
(Figure 11). It was found that the ratio of the two-phase discharge coefficient to the liquid 
discharge coefficient is independent of the liquid viscosity (Figure 12). Hence, although some 
details of the CFD predictions varied from test results, they were found to be sufficiently 
accurate to demonstrate the basic physics of the phenomenon of interest and, hence, to 
derive a correction methodology.  
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Figure 8. Liquid distribution as seen in tests and CFD simulations (red = liquid, blue = 
gas). 
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a) Vertical Slug Flow 
 

b) Vertical Churn Flow  
 

Figure 8. Liquid distribution as seen in tests and CFD simulations (red = liquid, blue = 

 
 

 

 

 

Figure 8. Liquid distribution as seen in tests and CFD simulations (red = liquid, blue = 
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Figure 9. Discharge coefficient plotted against mix ture Reynolds number for Venturis 
in oil and oil-gas flow. SwRI 

                         1 cP   
Figure 10. CFD model predictions showing how increasing viscosity suppre sses 
churn flow (red = liquid, blue = gas).
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Figure 9. Discharge coefficient plotted against mix ture Reynolds number for Venturis 

SwRI – Southwest Research Institute 

   300 cP    
predictions showing how increasing viscosity suppre sses 

liquid, blue = gas).  
 

 

 

Figure 9. Discharge coefficient plotted against mix ture Reynolds number for Venturis 

 
10,000 cP 

predictions showing how increasing viscosity suppre sses 
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Figure 11. CFD predictions of discharge 

Figure 12. CFD predictions of normalised discharge coefficient.
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Figure 11. CFD predictions of discharge coefficient for oil and water (vertical flow).
 

Figure 12. CFD predictions of normalised discharge coefficient.  

 

 
coefficient for oil and water (vertical flow).  
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EXAMPLE 3—THE EFFECT OF
 
A second research project funded by 
experimental apparatus which used a 
Venturi.  
 
During testing with oil and water mixtures 
found that the discharge coefficient suddenly steppe
shown in the test results in Figure 13. 
than the water, a higher differential pressure and a lower discharge coefficient would be 
expected in oil for a standard Venturi. The reason the 
opposite behaviour was not fully understood.
 

Figure 13. Measured and predicted 
 
Initial CFD models represented the oil
the water/liquid ratio (WLR): 

mixture WLRρ =

WLRmixtureµ =

 
However, as shown in Figure 13, this model did 
 
A second approach used the
range of droplet sizes). 
 
A third approach assumed a 
the basis of the mean WLR
(Figure 14): 
 

mixture WLRρ =

mixture f=µ

Figure 14 shows that this approach predicted a step of roughly the correct magnitude at the 
inversion point. Further simulations demonstrated that swirl entering the Venturi depends on 
the fluid viscosity at the walls (Figure 15). High viscosity dissipates
reducing the differential pressure and
continuous flow, the viscosity and discharge coefficient are high. In water
water is centrifuged to the walls
resulting in a low discharge coeffi
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EFFECT OF SWIRL ON MULTIPHASE FLOW IN A VENTURI

research project funded by Schumberger, NEL, and TSB 
which used a swirl generator to condition multiphase 

uring testing with oil and water mixtures with a fixed total liquid volumetric flow rate, 
found that the discharge coefficient suddenly stepped down at the phase inversion point, as 
shown in the test results in Figure 13. Because the pure oil is about ten times more viscous 

a higher differential pressure and a lower discharge coefficient would be 
expected in oil for a standard Venturi. The reason the experimental apparatus
opposite behaviour was not fully understood. 

Measured and predicted discharge coefficient.  

Initial CFD models represented the oil-water mixture as a simple homogen
 

oilwater ).WLR1(.WLR ρρ −+
    
. ).WLR1(.WLR oilwater µµ −+
    

However, as shown in Figure 13, this model did not pick up the step at the inversion point.

A second approach used the Eulerian model. Again, this failed to pick up the step (over a 

A third approach assumed a homogeneous fluid density, but the fluid viscosity was varied 
WLR according to a model developed by Anne Corlette at NEL 

oilwater ).WLR1(.WLR ρρ −+
    

. )WLR(f
      

 
shows that this approach predicted a step of roughly the correct magnitude at the 

inversion point. Further simulations demonstrated that swirl entering the Venturi depends on 
ls (Figure 15). High viscosity dissipates swirl entering the Venturi, 

the differential pressure and, thus, increasing the discharge coefficient. In oil
the viscosity and discharge coefficient are high. In water-

water is centrifuged to the walls and forms a lubricating film. Swirl entering the Venturi is high
resulting in a low discharge coefficient. 

 

FLOW IN A VENTURI  

and TSB investigated an 
multiphase flow entering a 

with a fixed total liquid volumetric flow rate, it was 
inversion point, as 

the pure oil is about ten times more viscous 
a higher differential pressure and a lower discharge coefficient would be 

experimental apparatus displayed the 

 

homogeneous fluid, using 

  (3)
 

  (4)
 

not pick up the step at the inversion point. 

Eulerian model. Again, this failed to pick up the step (over a 

fluid density, but the fluid viscosity was varied on 
according to a model developed by Anne Corlette at NEL [13] 

  (5)
 

  (6)
 

shows that this approach predicted a step of roughly the correct magnitude at the 
inversion point. Further simulations demonstrated that swirl entering the Venturi depends on 

swirl entering the Venturi, 
scharge coefficient. In oil-

-continuous flow, 
a lubricating film. Swirl entering the Venturi is high, 
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Figure 14. Mixture viscosity predicted by the Corlette model

Figure 15. Streamlines showing swirl 
increases. 
 

Figure 16. Comparison of Eulerian water
 
Further work modelled liquid
well with the tests in oil-gas 
fractions (Figure 16). This was because thin wall films were not well 
computational mesh. This was confirmed when a finer mesh produced much better 
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Mixture viscosity predicted by the Corlette model . 

 

Streamlines showing swirl entering the Venturi reduces as the fluid viscosity 

Comparison of Eulerian water -gas simulations with test data.  

liquid-gas swirl flow through the Venturi. The CFD predictions 
 flow. In water-gas flow, agreement was good except at high gas 

fractions (Figure 16). This was because thin wall films were not well 
computational mesh. This was confirmed when a finer mesh produced much better 

 

 
as the fluid viscosity 

 
 

predictions agreed 
agreement was good except at high gas 

fractions (Figure 16). This was because thin wall films were not well resolved by the 
computational mesh. This was confirmed when a finer mesh produced much better 
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predictions. Interestingly, this was not an issue in oil-gas flow because the more viscous oil 
produced a thicker film that could be adequately represented by a coarse CFD mesh.  
 
This example illustrates how simple homogeneous models can give useful information on 
multiphase flows. It also shows that discrepancies between CFD and test data can give clues 
about the physical processes in the meter—a poor prediction is often as informative as a 
good prediction. 
 
 
EXAMPLE 4— WET GAS MODELLING 
 
Accurate CFD modelling of wet gas flow differential pressure meters is a challenging 
proposition. Meter over-reading depends on the fraction of liquid in droplet form and in the 
wall-film, and this depends on very small-scale droplet entrainment and film coalescence 
processes. Progress has been made in modelling wet gas flows using VOF-type approaches 
[15]. However, this requires a very fine mesh and significant computing power. An alternative 
approach is to use the Eulerian model with an approximate “effective” droplet size to mimic 
wet gas behaviour. The methodology is as follows: 
 
1. An Eulerian model of a differential pressure metering device is set up that assumes 

homogeneous mist flow at the device inlet (regardless of the true flow regime). 
 

2. For a set gas Froude number (Frg) and one Lockhart-Martinelli number (X), the droplet 
size is adjusted until the predicted over-reading matches test results at identical 
conditions.  

 
3. This effective droplet size is assumed to depend on the operating pressure and the gas 

Froude number only. Different differential-pressure flow-metering device designs 
operating at different Lockhart-Martinelli numbers use the same effective droplet size. 

 
Figure 17 illustrates the results of this type of analysis. For a beta-0.6 Venturi, the droplet size 
is adjusted at a Lockhart-Martinelli number, X = 0.3, and Frg = 1.5 until the over-reading 
matches test values. When X is reduced, but droplet size is kept constant, test and CFD 
results agree well. Similarly, droplet sizes set at X = 0.3 and Frg = 2.5 and 3.5 agree well with 
tests. Figure 18 shows that droplet sizes tuned for a beta-0.6 Venturi at X = 0.3 work well for a 
beta-0.75 cone meter. It has been shown that these values also work well for Venturis, orifice 
plates, and cones over a range of common betas.  
 
Note that the effective droplet size is a measure of fluid drag, not the droplet size that would 
occur in a physical test. It is probably reasonably realistic in mist flow. As would be expected, 
errors increase when the true flow regime is stratified. However, despite the fairly gross 
approximations in this model, it produces surprisingly accurate results in all regimes. This 
indicates that the flow regime is not a major factor in determining the over-reading of wet gas 
meters based on differential-pressure sensing devices. 
 
As an extension of this work, a Venturi has been modelled immediately downstream of a 
combination of a long straight pipe, a single bend, and a double out-of-plane bend. At 
Lockhart-Martinelli numbers of 0.3, flow maps indicate that the flow regime will be 
predominantly mist flow and, hence, the mist-flow CFD model should be fairly representative. 
Figure 19 shows that an upstream bend centrifuges liquid droplets to the wall and most of the 
liquid enters the Venturi as a wall-film. (Note, the contour scale in Figure 19 has been 
exaggerated to clearly show this effect.) This changes liquid drag in the Venturi throat and 
reduces the over-reading by about 5% at X = 0.3 (Figure 20). The effect of a double bend is 
even greater; however, the effect is not predicted at lower liquid fractions (X > 0.1).  
 
This effect has not been confirmed experimentally, and upstream installation effects have not 
been widely studied in wet gas flow. However, it would be interesting to know whether this 
finding is in line with test results. 
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Figure 17. Predicted and measured over-reading for a beta-0.6 Venturi at 30 bar. 

 

 
Figure 18. Predicted and measured over-reading for a beta-0.75 cone meter at 30 bar. 
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Figure 19. CFD predictions of liquid distribution i n a wet gas Venturi downstream of 
a straight pipe, a single bend, or a double bend.  

 
 

 
 
Figure 20. Predicted and measured over-reading for a Venturi downstream of a straight 
pipe, a single bend, and a double out-of-plane bend . 
 
 
CONCLUSIONS 
 
CFD modelling has been shown to be a useful tool in understanding the behaviour of 
flowmeters in single-phase flow. An increase in computational power has now made the use 
of simplified multiphase CFD models a viable proposition. This paper has shown that, if used 
carefully, these simple models provide revealing insight into multiphase flow behaviour that 
can improve metering systems.  
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CFD analysis is particularly useful for extrapolating experimental results to larger-scale, 
higher-flow-rate, or higher-pressure conditions that cannot be practically achieved in the 
laboratory. It is good for diagnosing confusing test results. Sometimes a discrepancy between 
simulations and tests can be more revealing than good agreement. 
 
Depending on the complexity and sensitivity of the problem, CFD predictions can be used in a 
quantitative manner (e.g. predicting measurement errors within a few percent) or in a 
qualitative manner (e.g. showing that one design of meter is less sensitive to problems than 
another). However, to do this with confidence, a good understanding of the specific 
application is required. 
 
In theory, CFD predictions of multiphase flow should be as accurate as predictions for single-
phase flow. In practice, some multiphase flows are heavily influenced by small-scale effects, 
such as droplet breakup in wet gas. Current computing power is still not sufficient to model 
these small-scale effects. The simplified multiphase models discussed in this paper rely on 
spatial- and time-averaging approaches using approximate values for unknown parameters to 
reduce computational requirements. These limitations and the fact that solution parameters 
(e.g. oil-water emulsion viscosity) are often not well defined will always reduce the accuracy 
of CFD predictions.  
 
However, provided that the limitations of the technique and the flow phenomena being 
modelled are well understood, CFD modelling can be very effectively used in a wide range of 
applications. 
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ABSTRACT 

The permittivity of oil is an important input parameter for multiphase flow meters, and it should therefore be 
known with high accuracy in order to ensure accurate flow rate measurements. This is especially important at low 
water fractions.  This paper presents a method for calculating the permittivity of crude oils and condensates 
directly from the petroleum composition (PVT-data). The permittivity at different temperatures and pressures can 
be predicted from the composition, and this makes it possible to determine the permittivity at the actual 
multiphase conditions.  The method is based on combining dielectric theory with multivariate statistical analysis. 
A data set consisting of 20 oils is characterized by gas chromatography (GC), density measurements, and 
permittivity measurements. This dataset is used to derive and validate the multivariate model.  The result 
presented show that the permittivity can be predicted within 4 % at standard conditions.  

1 INTRODUCTION 

The operating principle of a multiphase flow meter (MPFM) is shown in Figure 1. In a MPFM, the 
volumetric flow rates of the oil, gas and water phases are determined by measuring the phase 
fractions and phase velocities. This is done by combining measurements from several sensors with 
advanced flow models. Typically, different measurement techniques are combined in order to secure 
high accuracy in the derived parameters and robustness towards flow variations. The multiphase flow 
meters also rely on knowing some input parameters such as density, salinity and permittivity in order 
to calculate correct flow rates. Hence, the overall accuracy of the multiphase meter will depend on the 
accuracy of the individual sensors, the accuracy of the flow models, and the accuracy of the input 
parameters. The permittivity2 of the oil phase is one important input parameter to MPFM, and the aim 
of this paper is to present a method for calculating the oil’s permittivity directly from the petroleum 
composition (PVT-data). 
 

 
 

Figure 1 - Operation principle of a multi-phase flow meter [1]. Note that in typical configurations the component 
densities are not measured, but calculated from PVT-data.  

 
The fraction of a given phase within a mixture is typically found by measuring the response of the 
mixture. If a proper model of the mixture exists and the responses of the individual phases are known, 
the fractions of the phases can be calculated from the measured response. Consider for example a 
                                                      
1 Michelsen Centre for Industrial Measurement Science and Technology. 
2 In this work the term permittivity will be used to mean relative permittivity 
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two phase mixture of oil and water, where the fraction of water in the mixture can be calculated from 
the measured mixture permittivity if the permittivity of water and oil is known. A frequently used 
mixture model for water-in-oil emulsions is the Bruggeman-Hanai-Boyle model [2,3,4] (hereafter 
referred to as Bruggeman’s model). This model relates the water fraction (��) of water-in-oil emulsion 
to the efficient permittivity of the mixture (��) 
 

� �� − ���� − ���	
 �
���	
�� 


�
� = 1 − �� 

(1) 

 
Here �� is the permittivity of water (dispersed phase), ���	 is the permittivity of oil (continuous phase), 
and � is the volume fraction of the dispersed phase. The permittivity is a complex parameter, and the 
conductivity of water (��) is included by adding an imaginary term to the permittivity 
  

�� = ��� − �(���� + ��
���)	 

(2) 

 
where ���  is the dielectric constant, ���� is the dielectric loss, ��= 8.854 pF/m is the permittivity of 
vacuum and � is the angular frequency. Note that Bruggeman’s model is also applicable for oil-in-
water emulsions by interchanging the subscript for water and oil.   
 
Bruggeman’s model is derived for homogeneous emulsions with spherical droplets. To improve the 
robustness and accuracy, MPFM manufacturers use slightly modified expressions that are derived 
from many years of experience. Other models must be applied to calculate the water fraction from 
measured permittivity for other flow regimes.  
 
From equation (1) it is obvious that the accuracy of the estimated water fraction does not only depend 
on how representative the mixture model is, but also on how accurate the permittivities of oil and 
water are known.  This is illustrated in Figure 2, which shows how a small error in the relative 
permittivity of a crude oil affects the estimated water-fraction of a water-in-oil emulsion.  An error in 
crude oil permittivity of 0.15 was assumed (i.e. the error in water-fraction calculated when using 2.35 
instead of 2.2 as crude oil permittivity). The figure illustrates that the effect of an oil permittivity error 
has largest impact for low water fractions, and decreases as the water-fraction increases. For water-
fractions below 10%, the error is larger than 2 %abs, which is a significant fraction of the measured 
value.   

  
Figure 2 - Error in water-fraction (WLR water-liquid ratio) due to a small error (Δ�� = 0.15) in oil permittivity for a 

water-in-oil emulsion. 

 
In addition to oil permittivity, other typical input parameters to multiphase flow meters are phase 
densities and water conductivity. Temperature and pressure must also be measured so that the 
measured volumetric flow rates can be converted from meter conditions to standard conditions. The 
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required input parameters can be determined and provided to the MPFM flow computer in the 
following alternative ways:  

• Direct input of fixed values 
• Measurements provided by the MPFM itself 
• Estimation from PVT-data 

 
Typically, densities are calculated from PVT-data and water conductivity is either given as fixed input 
or measured by dedicated sensors in the MPFM. The permittivity of oil is usually set as a fixed value 
in the flow computer, or estimated from the oil density. To account for temperature and pressure 
dependency in the permittivity, experienced based corrections can be included. It is also possible to 
estimate the oil’s permittivity from direct measurements within the MPFM, but this requires that 
measurements are done on a known mixture. Thus, there will be a rather high uncertainty in the 
estimated value.  
 
The permittivity of crude oils varies from field to field, and may also change over the lifetime of a field. 
Further on, the permittivity changes with temperature and pressure. Ideally, oil samples should 
therefore be taken frequently and the sample’s permittivity should be measured as a function of 
temperature and pressure in order to characterize the oil. This is not possible in practice, and typically 
the only information available is composition data for the hydrocarbon fluid. Thus, the challenge is to 
estimate the permittivity of an oil from the PVT data. In this paper a method for calculating the oil’s 
permittivity directly from the petroleum composition (PVT-data) will be presented. The estimated 
permittivity can either be used as direct input data to the flow computer or used as redundant 
information to increase the robustness of the MPFM if the permittivity is estimated from direct MPFM 
measurements.  
 
The permittivity calculation method to be described in this paper is based on combining dielectric 
theory with multivariate statistical methods (chemometrics). A data set consisting of 20 oils is 
characterized by gas chromatography (GC), density measurements, and permittivity measurements. A 
subset of this dataset is used to build a partial least squares (PLS) regression model between the 
composition (GC and density) and a transformed permittivity variable. The remaining oils, which are 
not included in the multivariate model, are used to validate the model. The GC data are grouped to be 
in the same order as in typical PVT-reports, and the model is also verified by predicting the permittivity 
of an additional oil directly from a PVT-report. The main reason for using measured GC-data to derive 
the multivariate model instead of data from PVT-reports is that the GC data are considered to be more 
representative for the oil samples studied. The GC analysis is done on samples from the same 
sample-bottle as the permittivity and density measurements, whereas typical PVT-reports are from 
well test taken before production start and the oil composition may therefore have changed before the 
present samplers were taken. Any changes of the oil during sampling, handling and transportation will 
also be reflected in the GC analysis. It should also be mentioned that PVT reports were not available 
for many of the oils in the study.  

2 THEORY AND BACKGROUND 

2.1 Permittivity model 

A typical permittivity spectrum of a crude oil is shown in Figure 3. It is observed that the permittivity 
changes with frequency and drops from a low frequency (static) permittivity �� to a high-frequency 
permittivity ��. The multiphase flow meters from Roxar operate at frequencies below the typical 
dispersion region, and the relevant value for these meters is therefore the static permittivity.  
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Figure 3 - Typical permittivity spectrum of a crude oil 

 

The static permittivity sε  of a liquid is estimated by Debye’s equation [5] 
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[kg/mol] is the molar mass, α [Cm2/V] is the polarizability, NA [mol-1] is Avogadro’s number, 0ε  [F/m] is 

the permittivity of vacuum, k [J/K] is Boltzmann’s constant and µ is the permanent dipole moment 
[Cm].  In this work we will refer to K2 as the “polarity coefficient” as it is connected to the dipole 
moment and amount of polar molecules. Note that other and more accurate models for the static 
permittivity have been published (see e.g. [6].), but as the model will be combined with a multivariate 
prediction of K2 the Debye equation is considered to be well suited for the present study.  
 
At very high frequencies, the permanent dipoles do not contribute to the permittivity and equation (3) 
can be simplified to the Clausius-Mosotti equation  
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∞
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where �� is the high-frequency (optic) permittivity. 
 
From equation (4) it is seen that the high-frequency permittivity is directly related to the density. This is 
illustrated for liquid alkanes in Figure 4 (permittivity values from [7]).In section 4.2.it is shown that this 
bilinear relation is also applicable for crude oils.  
 
This illustrates that the high-frequency permittivity can be calculated from the density if the coefficient 
K1 is known. In this work K1 is estimated from the measured densities and high-frequency 
permittivities of the crude oils. This is discussed further in section 4.2. 
 

10
2

10
4

10
6

10
8

10
10

2.1

2.15

2.2

2.25

2.3

2.35

Frequency (Hz)

R
el

at
iv

e 
pe

rm
itt

iv
ity

εs

ε
∞



30th International North Sea Flow Measurement Workshop 
23rd – 26th October 2012 

 

5 
 

 
Figure 4 - Bilinear relation between high-frequency permittivity and density (g/cm3) for liquid alkanes. 

 
In order to calculate the static permittivity with equation (3), the polarity coefficient K2 must be known. 
K2 depends strongly on the dipole moments of the oils, and thus on the amount of polar molecules 
within the oil. For oils with low amount of polar components K2 will be small, and the static permittivity 
will be approximately equal to the high frequency permittivity. For polar oils with larger dipole moment, 
K2 will be larger and the static permittivity will be larger than the high frequency permittivity. As the oil 
molecular distribution is given by its composition, it should be possible to predict K2 from the 
composition. In the following section a multivariate model relating the oil composition and K2 will be 
described.   

2.2 Multivariate modelling 

The relation between an oil’s composition and its polarity coefficient K2 is complex, and there are 
several factors that affect this coefficient. Thus, it is not possible to derive an analytical model for this 
relation. It is, however, possible to extract hidden relations by using advanced statistical analysis such 
as principal component analysis (PCA) and partial least-squares (PLS) regression. These techniques 
are frequently used in chemistry to extract information from chemical structures by analyzing large 
data-sets (see e.g. [8,9]), and are referred to as chemometrics. In this work a statistical model relating 
the measured polarity coefficient K2 and the composition and density of 17 oils is established. The 
compositions are measured by gas chromatography, and the results grouped as in standard PVT-
reports.  The methodology will be described in some more detail in the following sections.  

2.2.1 Data pretreatment 

Data collected from an instrument is termed raw data, and in this work the raw data are the measured 
GC-data, densities and the polarity coefficient K2. Raw data can contain noise, baseline drift, 
scattering effects and other factors that may influence the significant information in the data set. 
Therefore it may be necessary to pretreat the raw data, in order to remove effects that do not 
represent chemical, physical, electrical or biological properties in the sample. In order to find the 
variation between the objects, the raw data needs to be centred. This can be done by calculating the 
average value for each variable, and then subtracting this from each of the original variables. By doing 
this, the origin of the coordinate system is placed at the centre of gravity in the data set. The centring 
of the data can be expressed as  
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where X is the data matrix, i column in matrix, j row in matrix, N is the total number of objects. The 
columns represent variables in the system, whereas the rows are different samples (objects). 
 
When injecting samples onto the GC column, it is not certain that the amount of sample is exactly the 
same in every injection. In order to eliminate any effects from this, the quantified amounts have been 
normalized to constant sum. This is done by dividing the selected variables of each object with the 
sum of the objects to obtain the relative distribution of the variables in each object. This procedure is 
normal for GC [10,11]. The datasets have been centred and normalized to constant sum. In addition, 
the polarity coefficients have been transformed logarithmically in order to reduce gaps between high 
and low value. 

2.2.2 Partial Least Squares (PLS) Modelling 

Multivariate data analysis has been performed using the SIRIUS™ programme package, version 7.0 
[12]. Partial Least Squares (PLS) [13] calibration models have been built based on GC data (grouped 
as PVT data) and density data in order to investigate the possibility of predicting K2 and subsequently 
calculating the static permittivity of a crude oil sample.  
 
A PLS model starts with a decomposition of the input data into Principal Components (PCs), also 
called Latent Variables (LVs). In a PLS model the covariance between the predictors and the 
responses are the focus of the decomposition. The LVs are orthogonal linear combinations of the 
original variables with the additional property of minimising the residual covariance in a data table in a 
least-squares sense. The two first LVs define the window in multivariate space with maximum 
covariance between the independent data matrix (the analytical data) and the dependent data (the 
predicted properties). The regression modelling is then performed on the LVs.  
 
A general model of PLS can be expressed by the following equations: 
 

ETPX T +=  
(6) 

 

FUQY T +=  
(7) 

 
where X is an n·m matrix of predictors (i.e. pre-treated GC-data and density), Y is an n·p matrix of 
responses (i.e. pretreated polarity coefficient); T and U are n·l and m matrices that are, respectively, 
projections of X (the X score, component or factor matrix) and projections of Y (the Y scores); P and Q 
are, respectively, m·l and p·l orthogonal loading matrices; E and F are the error terms. The 
decompositions of X and Y are made so as to maximize the covariance of T and U. 
 
The model is based on 17 of the 20 oils in the dataset. 3 oils have been omitted from the model in 
order to use them as validation objects. It is important to balance the number of validation objects 
against the total number of samples, as the model might be less robust if too many oils are omitted. 
The predictive quality of the models can be examined by testing the apparently unknown objects 
against the models. The validation objects have been chosen in order to span the entire range in 
which the model is valid, meaning the range from the object with the highest value to the object with 
the lowest value. As such, one validation objects has high value for K2, one validation object has low 
value for K2 and one validation object has a medium value for K2. This is done in order to validate the 
predictive quality of the model, given unknown samples with high, low and medium value of the 
modelled variable.  
 
When building a PLS model, the response Y (i.e. the polarity coefficient K2) can be expressed as a 
function of the variables X (composition and density) as  
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Y = B0 + B1*X1 + B2*X2 + B3*X3 +...BN*XN (8) 

 
where N is the total amount of variables in the model, B0 is the starting point, B1, B2,…, BN are 
regression coefficients, and X1, X2,…,XN are the variables. 
 
By evaluating the regression coefficients for a given model, it can be detected which variables have 
the most significant effect on the model, be it positive or negative effect, and hence see which 
variables are most important for the variation in the model. Nevertheless, the effect of the total amount 
of coefficients usually is more important than the effect of one single coefficient.  
 
In the modelling stage, the goal was to find the model that gave as low deviation as possible for the 
validation objects. The number of Latent Variables (LV’s) giving the lowest deviations is then chosen, 
but bearing in mind that if too many LV’s are chosen, there is a possibility that noise is modelled as 
well as the significant signal, causing the model to give poor predictions for unknown samples. Also, if 
too few LV’s are chosen, there is a possibility that some of the significant information remains 
unmodeled and gets categorized as noise, also causing the model to give poor predictions for 
unknown samples. 

3 EXPERIMENTAL 

The experimental results presented are based on measurements on 20 oils from various fields around 
the world, but with a majority of oils from the North Sea. The dataset consists of 4 condensates, which 
are light crude oils with a clear yellow to brown colour, while the rest of the oils are black and opaque 
crude oil.  
 
All oils have prior to all measurements been placed in an oven at 60°C for 4 hours, in order to dissolve 
waxes that may have precipitated during storage. They have also been shaken and turned upside 
down multiple times, in order to homogenize the oils thoroughly. 
 
The following measurements were made: 

• Whole oil gas chromatography  
• Density 
• Complex permittivity spectrum 

 
Whole oil gas chromatography (GC): The oils have been analysed on a ThermoFinnigan Trace GC 
equipped with a Flame Ionization Detector (FID). The stationary phase is a HP-PONA 
dimethylpolysiloxane column (50 m × 0.20 mm × 0.5 µm) from Agilent technologies. The mobile phase 
is helium. The temperature programme is as follows; 30ºC for 15 min, 1.5 ºC/min 60 C, 4 ºC/min 320 
ºC, 320 C for 35 min. The injector temperature is 300 ºC while the FID is kept at 350 ºC. 1 µL of warm, 
homogenized crude oil is introduced manually into the GC system through a syringe, using split 
injection. The assignment of chromatographic peaks and quality assessment are based on the 
Norwegian Standard Oil (NSO-1) [14], in which the compounds have been identified in a GC-
MS(Mass Spectroscopy), and by manual inspection the compounds in the chromatograms have been 
identified and quantified for all the oils, assuming a constant response factor. The quantified values for 
two gas chromatograms for each oil are averaged, giving the quantified values used in the modelling.  
 
Density: The density of the oils has been measured at 20 °C using an Anton Paar K.G. DMA 60 
densitometer with DMA 602 measuring cell. Air and distilled water is first measured for calibration, 
then the oil. 5 measurements for each oil have been averaged, and the resulting value is used in the 
modelling. 
 
Permittivity: The dielectric spectra were measured at 20°C using a measurement system for complex 
permittivity measurements developed by Christian Michelsen Research [15]. The permittivities are 
obtained by curvefitting measured data to the Cole-Cole-function [16] as described in [15]. 
 
Dataset for the multivariate analysis: The densities of the crude oils are used directly as a variable in 
the dataset. A total of 82 compounds have been quantified from the GC analysis, all of them 



30th International North Sea Flow Measurement Workshop 
23rd – 26th October 2012 

 

8 
 

compounds containing only carbon and hydrogen. These 82 compounds have been grouped together 
in the same order as most Pressure Volume Temperature (PVT) reports are given. This grouping is as 
follows; i-C5, n-C5, C6s, C7s,…, C29s, giving a total of 26 different groupings or variables. As the 
sensitivity of the WOGC instrument was low, the instrument was not able to detect hydrocarbons with 
carbon number higher than 31-32. Because of this, we were not able to apply a C30+ group as the 
C30+ group would only contain two or three hydrocarbons, while PVT reports normally consists of a 
lot more, typically up to C36+ but also C60+ and even higher. The C30+ group in our dataset would 
therefore not be comparable to the C30+ group in PVT reports, and is omitted from the dataset. 

4 RESULTS AND DISCUSSION 

4.1 Permittivity, density and GC measurements 

Figure 5 shows the permittivity spectra of the 20 oils measured in this work. The static permittivity 
ranges from about 2.0 for the lightest condensate to about 2.7 for the most polar crude oil, whereas 
the high-frequency permittivity ranges from approximately 2.0 to 2.35.   The shift from static 
permittivity �� at low frequencies to the high-frequency permittivity �� at high frequencies is clearly 
observed. Figure 6 shows the permittivity of a sub-set of the oils, and illustrates the difference 
between condensates and crude oils with different amount of polar molecules. It is observed that the 
condensate has a smaller permittivity shift with frequency than the more polar crude oils.  Figure 7 
shows the normalized GC measurements of the same three oils, and the different distributions 
between the molecular structures between the oils are clearly observed. The condensate has a higher 
relative concentration of molecules with low carbon number, whereas the more polar crude oils have a 
higher relative concentration of molecules with high carbon number. 

 

Figure 5 - Permittivity of 20 oils as a function of frequency measured at 20 °C.  

 
Figure 5 and Figure 6 also illustrate that the shift from low frequencies to high frequencies differ 
between the oils, and that the static permittivity therefore cannot be extracted directly from the density 
(which is related to the high frequency permittivity). At frequencies in the MHz-range (the dispersion 
region) the permittivity will change rapid with frequency and have a value somewhere between �� and 
��. The dispersion frequency region does, however, differ between the oils, and will also change with 
temperature. Thus, this makes it difficult to predict the permittivity in the MHz and low GHz range.  
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Figure 6 - Permittivity of three oils illustrating the 
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of three oils illustrating the difference between condensates and crude oils with diff
amount of polar molecules. 

Normalised GC measurements of three oils shown in Figure 
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Figure 8 - Bilinear relation between permittivity and density for crude oils. The dotted line illustrates a 2% 

uncertainty in measured permittivity. 

 

4.2 Density and high frequency permittivity.  

In Figure 4 it was shown that liquid alkanes follows the bilinear relation between density and 
permittivity given by equation (4), and  Figure 8 illustrates that this is also the case for crude oils. The 
measured data correspond well with the relation given in equation (4), and most of the data are within 
the experimental uncertainty in ��estimated to 2% (shown as dotted lines). Thus it is possible to 
extract the coefficient K1 from the measured data by linear regression.  

4.3 Multivariate model 

The multivariate model described in section 2.2 calculates the polarity coefficient K2 from the 
hydrocarbon composition and density. Figure 9 shows the predicted values of K2 for the 17 oils used 
to establish the model together with the three validation oils. The coefficient of determination R2 is 
0.895. The model, which consists of 5 LV's, explains 96.24% of the independent variance and 87.30% 
of the dependent variance in the dataset. The validation objects have an average deviation of 1.25 
and a maximum deviation of 1.77 with K2 values ranging from 0.75 to 17.98. Thus, the predictive 
quality of the multivariate model is not excellent, but as will be shown it is of sufficient quality to give 
good estimates of the static permittivity.  
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Figure 9 - Predicted polarity coefficient K2 versus K2 calculated from measurements. The blue circles represent 

model objects and the red circles are validation objects. 

 

4.4 Predicted static permittivity 

In previous section it was shown that the polarity coefficient K2 can be calculated from the oil 
composition and density with reasonable accuracy. The next step is to verify that the static permittivity 
can be calculated using the permittivity model (equation (3)). Figure 10 shows the predicted static 
permittivities versus the measured static permittivities for the 17 model oils and the 3 validation oils.  
The relative and absolute error in the predicted permittivities are shown in Figure 11 and Figure 12 
respectively, and it is observed that the validation oils are predicted within 0.035 (1.5 %). By also 
considering the model objects, it is seen that the largest error is about 0.09 (4 %). Thus, this shows 
that the static permittivity can be predicted with good accuracy. 
 
A thorough uncertainty analysis of the measurement systems has not been conducted, but it is 
reasonable to assume that a significant part of the prediction error can be explained by uncertainty in 
the measurements. Some factors that affect the uncertainty are the handling of the oil samples used 
for GC, density and permittivity measurements, uncertainty due to calibration and cleaning of test 
cells, and measurement equipment uncertainty. 
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Figure 10 - Predicted static permittivity versus measured static permittivity. The permittivity is predicted using 

equation (3). The blue circles represent model objects and the red circles are validation objects. 

 

 
Figure 11 - Relative error in predicted static permittivity versus measured static permittivity. The permittivity is 

predicted using equation (3). The blue circles represent model objects and the red circles are validation objects. 
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Figure 12 - Absolute error in predicted static permittivity versus measured static permittivity. The permittivity is 
predicted using equation (3). The blue circles represent model objects and the red circles are validation objects. 

4.5 Temperature and pressure dependency 

From equation (3) it is observed that changes in temperature and pressure will affect the permittivity 
directly and through a change in density. In addition, the composition will also change with 
temperature and pressure and may therefore affect the coefficients K1 and K2.  K1 is a function of the 
average molar mass and the polarizability, and it is reasonable to assume that K1 is independent of 
temperature and pressure [17] as the average molar mass of an oil does not change much with 
temperature or pressure even if light molecules vaporize or condense.   
 
The polarity coefficient K2 depends on the average dipole moment, which is dominated by heavier 
molecules. These heavy molecules are present in liquid phase at most temperature and pressure 
conditions while the lighter molecules vaporize or condense with temperature and pressure changes. 
Thus, both K1 and K2 can be considered to be independent of temperature and pressure.  Note that 
even though the effect that temperature and pressure changes will have on K2 will be low, the effects 
can be taken into account by calculating K2 from the composition at the actual line conditions. 
 
Given that K1 is independent of temperature and pressure and that the temperature and pressure 
dependency of K2 can be calculated from the liquid composition, the permittivity model in equation (3) 
can be used to calculate the permittivity of oils also at other operating conditions. To check this, the 
permittivities of two oils were estimated from composition data and densities at elevated temperatures 
using the multivariate model. The predicted values were then compared with measured permittivities 
at the test temperatures. Due to limitation in the experimental set-up for measuring permittivity, the 
upper temperature was limited to 60°C. The oil composition did not change significantly over this 
limited temperature range and there was only a minor change in density. The predicted changes of 
the test oils were estimated to approximately 0.02, and a similar change was also observed in the 
measured permittivities. It should however be noted that this change is in the same order of 
magnitude as the uncertainty in the measured permittivities at elevated temperatures, and additional 
measurements should therefore be conducted to further verify the findings.  
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4.6 Prediction from PVT-data   

As an example of usage of the prediction model, PVT data for various pressure and temperature 
conditions were computed using Emerson Tempest PVTx [18]. The resulting liquid phase 
compositions and densities were put into the model, K2 was calculated, and the static permittivities 
given in Table 1 were derived. In this table the predicted permittivities using K2 calculated at standard 
conditions are also shown. Thus, it is assumed that the composition at elevated temperatures and 
pressures are the same as at standard conditions. This is obviously not the case, but it is seen that 
the effect on the predicted permittivity is low. The difference in predicted permittivities between the two 
methods are within 0.02 (i.e. about 2%), indicating that a good estimate of the permittivity change with 
temperature and pressure can be provided using equation (3) with K2 calculated at standard 
conditions (i.e. neglect the change in liquid composition with temperature and pressure).  
 

Table 1 Predicted permittivity at different temperature and pressure conditions 

P 
(bara) 

T 
(°C) 

�� predicted �� predicted 
(constant K2 ) 

��� 
predicted 

1 15 2.23 2.23 0.00 
1 65 2.19 2.21 -0.02 

25 30 2.15 2.15 0.00 
25 100 2.10 2.11 -0.01 
100 30 2.07 2.08 -0.01 
100 100 2.02 2.04 -0.01 

 

4.7 Permittivity calculator tool 

The method described in this paper has been implemented as a software tool. Input parameters to the 
tool are the composition and densities calculated using a PVT package [18] and temperature. The tool 
applies equation (3) and the PLS regression model to calculate the static permittivity.  
 

5 CONCLUSION 

In this paper a method for calculating the relative permittivity of crude oils and condensates from PVT-
data has been presented. The method is based on combining dielectric theory with partial least 
squares (PLS) regression. The multivariate model was derived from gas chromography, density and 
permittivity measurements of 17 oils, and the model was verified by comparing predicted and 
measured permittivities for 3 additional oils. The permittivities of the validation oils were estimated 
within 1.5 %, and the model oils are all within 4 %. The presented method is also applicable for 
estimating the permittivity change of oils with temperature and pressure if accurate PVT data is 
available.  
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1 INTRODUCTION 
 
In much of the world one of the major criteria for operators and Weights and Measures 
organisations is to determine the performance of a meter during operation in some form of 
“type testing” of the meters. In most cases the standards used are those produced by OIML, 
R117 for liquids and R137 for gases. There are now available other test protocols, for 
example API 22.2, although these are not necessarily type testing, but could be used for a 
basis of a type test.  The paper concentrates on the flow measurement aspect of type testing, 
rather than the auxiliary, functions such as vibration and thermal effects on the components. 
 
The paper discusses the requirements for type testing proposed in OIML B3 “OIML Certificate 
System for Measuring Instruments”, showing how much is left to the discretion of the test 
authority. For example there is no clear designation for the number of samples and the 
spread across size that is required for a good “type test”.  
The paper further discusses the relevance of the standards to USMs, particularly as the OIML 
standards are general standards and relate to the performance of different types of meter. 
There is no real discussion of installation requirements, and, for  liquids, no real testing for 
proving, still a major no detailed criteria for custody transfer meters. 
 
A possible impediment to many valid organisations from providing services of certifying 
meters to OIML standards, is the concept that they have to be authorized by the local Weights 
and Measures, and that only one organization per category is allowed in a single country. The 
basic requirement, only allowing one certifying authority for each criterion, goes against the 
competitive laws and philosophy in many countries.  
The API attempt to introduce a performance based standard API chapter 22, currently mainly 
aimed at differential pressure meters, is discussed and the paper gives an update on the 
progress 
. 
Finally the paper lists the recommendations that should be added to the type testing 
methodologies to make them more practical and useful as criteria for judging the performance 
of a USM. 

 
 
2 DO WE NEED TYPE TESTING? 
 
Type testing and standards should have a complimentary function. Both are there to help the 
user understand the requirements and performance for a particular device, and to guide 
designers and manufacturers as the appropriate methods to achieve the ends set out by the 
standard. With flow measurement the need for appropriate standards and type testing is more 
relevant than for many other devices because of the lack of good theoretical background, 
requiring that the knowledge of meter performance be determined more by experience than 
for other devices, such as thermometers and pressure measuring instruments. The range of 
variables that effect a given flow meter design, whether it be a USM, Coriolis, turbine, positive 
displacement or orifice meter is large, and generally only available  through  experimental 
data, the most economically expensive data available. The consequence is that it takes many 
years to collect and interpret the data in a way that is useable for non-experts. 
Necessarily most standards can only give a set of criteria that should be met by a design, or 
meter type, it is then left to the designer/manufacturer to provide evidence that their meter 
conforms to that standard. This can be a chaotic experience, as the presentation of this data 
can be in many forms, and often heavily influenced by a sales approach, which at best 
presents the data in the best possible light. A controlled “type testing” is one way in which 
there can be a standardised presentation of data from all manufactures, hopefully showing 
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the similarities and distinctions between the products in a clear light. From the manufacturers 
point of view it should be an opportunity to clearly show that their meters meet the standard. 
 
This paper is concerned with the performance of individual meters. It should be noted that for 
some countries, the expression "type approval" can be reserved for complete measuring 
systems. If the system is to be type approved, then there will be a need to type test all of the 
individual constituent parts, but also it may be necessary to test the complete system, 
because there may be times when the end result of a system is not equal to the sum of the 
individual component parts. 
 
 
 
3 STANDARDS FOR TYPE TESTING 
 
From the forgoing discussion it should be clear that to achieve satisfactory type testing it 
needs to be related to a standard. It should also be clear that the standard has to have some 
quantitative values to define the meter performance. If there are no values to achieve then the 
only value of type testing is based on qualitative values, leading to defining performance by 
superlatives, such as superb linearity, and excellent repeatability, when we require numbers, 
for example 0.2% uncertainty across a 10:1 flow range to be able to compare the meters. 
Type testing can therefore only be sensibly carried out when used in conjunction with 
performance based standards. Therein, lies the problem, what standards are appropriate, 
and how far do they go in producing specifications that are useful.  
 
3.1 Liquids 
 
API has, until recently, consistently fought against detailed performance standards for meters. 
As a consequence the standard for liquid flow meters is really only a very general standard 
that tells very little about the expected performance of an Ultrasonic flow meter. Also there is 
minimum  discussion about the effects of installation, and how testing should be carried out to 
determine the performance of a USM under different installation conditions. The API 
philosophy has been to provide enough to be able to allow company buyers to be able to 
require conformance to that standard as part of the buying protocol. It is then a contractual 
issue to work out the numbers. This is seen in many requests to quote, “does the meter 
conform to API Chapter 5.8?”. The fact that it means nothing, and has no real value is often 
not a major issue within the bureaucratic parts of a business. The exception to this is the very 
detailed performance criteria for proving, to which API 5.8 does point the reader. It does not 
help in those instances, becoming more common, where proving is not part of the operation, 
neither does it help in defining the general performance. 
 
OIML R117, a standard for measuring liquids other than water, does help with the concept of 
type testing in that it gives overall guide lines for uncertainty for different levels of 
measurement. It is classed as a standard for legal metrology, implying that it is in effect a 
government weights and measures standard. It does include range considerations and 
repeatability within the standard. Throughout the world of USMs, it could be said that it rules 
as the basis for Type testing. The majority of manufacturers of liquid USMs have used this as 
a basis for demonstrating the performance of their meters, and yet it is a very loose standard 
in many terms to use. It says nothing about calibration methods, a word search of the 
standard failed to show that the word “calibration” appeared even once in the standard. It 
does go into some detail about the “verification” of conversion equipment, but discusses 
nothing about the method of flow calibration. With regard to installation the comment is “If the 
accuracy of the meter is affected by disturbances in the upstream or downstream pipeline, the 
meter shall be provided with a sufficient number of straight pipe lengths, with or without flow 
straightening devices, as specified by the manufacturer, so that the indications of the installed 
measuring system including the meter meet the requirements of 2.4 to 2.6 with respect to the 
maximum permissible errors and according to the accuracy class of the measuring system” 
Sections 2.4 to 2.6 refer to the meter conditions for operation. 
 
 
For OIML type testing the required tests should include: 
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• Accuracy tests (including repeatability and flow disturbances tests, if applicable), 
• Influence factor tests, and 
• Electronic disturbance and mechanical tests. 
 
The standard is also not clear as to the method of determining which meters need to be 
calibrated within the range of sizes, so for example if the range is 4” to 30”, how many meters 
need to be calibrated to be representative of the range. What method should be used to 
determine the sizes, or should it be every size? Further, how many meters of each size is 
truly representative of the meter performance? A classic example of this is with Positive 
Displacement meters. With one particular design they find that out of the batches of meters 
produced, one or two meters have a performance that far exceeds the majority. These are 
sold at a premium price as “super” meters with an uncertainty at least half of the standard 
meter uncertainty. If these meters were chosen for the type testing then the performance 
attributed to the standard meters would be false. In fact special effort is often put into ensuring 
that the meters are as good as they can be for the type testing. The problem is to find a 
balance between an economically viable number of meters and tests, they are very expensive 
to conduct and time consuming. They can be seen as “nice little earners” for flow facilities and 
Weights and Measures organizations, but the point is that the object of type testing is to 
determine, on behalf of users, commercial and fiscal, the quality of meters produced by 
different manufacturers and whether they are “fit for purpose” in their application. 
 
To summarise OIML R117 is specifically a legal metrology document aimed at type testing 
meters generally for fluids other than water. It suffers from the point of view of liquid USMs 
from not being specific to those meters, and therefore has some eccentricities that are not 
appropriate, and also misses some features that are particular to USMs. There is no part of 
the standard that relates to the operation of USMs, or meters with provers, which on custody 
transfer pipeline measurement is probably a major requirement for small and medium meter 
sizes. 
 
ISO 12242:2012 specifies requirements and recommendations for ultrasonic liquid 
flowmeters, which utilize the transit time of ultrasonic signals to measure the flow of single-
phase homogenous liquids in closed conduits. It also specifies performance, calibration and 
output characteristics of ultrasonic meters for liquid flow measurement and deals with 
installation conditions. It covers installation with and without a dedicated proving (calibration) 
system. It covers both in-line and clamp-on transducers (used in configurations in which the 
beam is non-refracted and in those in which it is refracted). Included are both meters 
incorporating meter bodies and meters with field-mounted transducers.  
 
The standard does not put in any values for performance to give targets but goes into great 
detail with regard to performance testing. There are a number of sections that are applicable 
to higher uncertainty measurement, but the relevant sections include: 
 

 Tests need to be carried out on at least two sizes of meter that differ in size by 2:1. 

 Repeatability and reproducibility. 
o It describes the number of flows to be calibrated. 
o Repeatability, using three flows and 10 points. It does not specify the 

required repeatability, instead it requires the value to be reported.. 
o Reproducibility. 

 Fluid-mechanical installation conditions. 
o A baseline measurement (including a flow conditioner) 
o Tests with a number of specified installations (Single and double bends etc.) 
o Conducted at two Reynolds numbers 
o Conducted at a number of distances downstream of the disturbance) 

 Path failure simulation and exchange of components. 
 
To summarize, the standard does advocate performance type testing, but does not have any 
targets to be achieved. It also is putting forward the concept of installation testing, unlike most 
other standards. The choice of only two sizes and not commenting on the number of meters 
in each size does not cover type testing satisfactorily. 
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3.2  Gas  
 
The standards for gas USMs are generally more performance based than for liquids. This is 
probably because of the lack of on-site calibration/ proving, available in the gas industry. It 
has been essential that gas meters have some form of reference calibration. The standard 
that is currently the most used for basic performance evaluation for a meter is the AGA 9 
standard. OIML R137 is very similar in concept and layout to the liquid equivalent R117, in 
that it is defined as a legal metrology standard and advocates and describes type testing. ISO 
17089 -2010 is a very detailed standard on gas USMs, with its avowed basis as AGA9. The 
standard is currently too modern to be widely used. 
 
 
AGA 9 has two sets of performances quoted for large meter, 12” (nominal) meters and larger, 
and small meters, less than 12” (nominal). 
The performance is summarized in figure 1. 
 

 
Figure 1 AGA 9 Meter Performance 

 
Defining: 
qmax: maximum flow limit 
qt: transition flow limit (qt< 0.1qmax) 
qmin: minimum flow limit 
ql: indicated UUT flow 
The peak to peak limits are:  

1.0% for qt ≤ qi ≤ qmax(small meter, = 10”) 

0.7% for qt ≤ qi ≤ qmax(large meter, = 12”) 

1.4% for q min ≤ qi ≤ q t 
 
As can be seen there is a detailed performance defined and it is against this performance that 
a gas USM is calibrated. This includes repeatability’s, (spreads) and linearity.The standard 
also includes such items as calibration facility preparation and the requirements for 
calibration.  
In addition to the specific flow calibration criteria they have a few general requirements for 
repeatability, resolution, velocity sampling interval, zero-flow reading, speed of sound 
deviation and maximum SOS path spread. In Appendix B AGA 9 lists all the OIML R 6 and D 
11 electronics design testing which is to be performed on one meter.  
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To summarise the standard is a very practical guide for the performance of gas USMs, but 
does not advocate or describe performance type testing. The data is however sufficient to use 
as the basis of type testing. 
 
OIML R137 is a legal metrology based standard, aimed totally at achieving type testing. Like 
its liquid counterpart it is a general flow meter standard and does not concentrate on the 
performance of USM s. 
 
Like R117, the liquid standard, R 137 specifies a number of different accuracy classes for 
different applications. The errors given in R137 given in a table, shown below in table 1.  
 

 
Table 1 Accuracy Classes from OIML R117 

 
They annex the use of OIML R 6 and D 11 for electronics design testing which is to be 
performed on one meter.  
 
Perhaps the biggest difference with regard to performance compared to AGA 9 is the addition 
of a proposed set of tests to determine the performance changes due to installation 
conditions. It will be noted also that these are very stringent in their requirements requiring 
changes of less than 0.165% for all the disturbance tests for the 0.5 Accuracy Class. 
Compared to the AGA 9 standard OIML R 137-1 can be used to present an “approval” in the 
form of a third party certified OIML test report, in the same way that has been normal practice 
with OIML R 117-1 for liquid meters. 
 
To summarize OIML R137 is specifically a legal metrology document aimed at type testing 
meters generally for Gas. It suffers from the point of view for gas USMs of not being specific 
to those meters, and therefore has some eccentricities that are not appropriate, and also 
misses some features that are particular to USMs. There is no part of the standard that 
relates to the operation of USMs, or to the number of meters to be calibrated as 
representative of the range. 
 
ISO 17089- 2010 is the newest of the standards for gas meters and is specific to USMs and in 
part I is directly concerned with the performance of custody transfer and allocation meters. It 
specifies requirements and recommendations for ultrasonic gas flow meters (USMs), which 
utilize the transit time of acoustic signals to measure the flow of single phase homogenous 
gases in closed conduits. The standard specifies construction, performance, calibration and 
output characteristics of ultrasonic meters for gas flow measurement and deals with 
installation conditions. It is very detailed in its description of the operation of USMs. The 
performance details are divided into two classes, Custody transfer, class 1, with an 
uncertainty of +/- 0.7% over a specified range and allocation meters, class 2, with an 
uncertainty of +/- 1.5% over a specified range. The performance of a class is described in a 
similar way to AGA 9, with similar linearity, and repeatability conditions. It does call up the use 
of type testing, described in section 6.4, “Type testing includes extensive tests in order to 
verify the compliance to all requirements of this part of ISO 17089. A USM having a type 
approval shall be tested as in 6.1, 6.2 and 6.3. Type testing shall be conducted by recognized 
bodies or independent certified laboratories”. 
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To summarize, the standard is new and it remains to be seen if it will become practically 
accepted along with the other standards or even supersede them, either on a world basis or 
locally. 
 
3.3  API MPMS Chapter 22  
 
Chapter 22 is now underway; it is an attempt by API to move towards a more performance 
based set of standards. One of the principles of 22 is that it helps define the performance of 
devices that don’t have performance based standards. The main idea is that you will be able 
to develop a station uncertainty by combining the performance of each component of the 
station.  If the component already has a standard (AGA9, or 3 for example), there is no need 
to include it in API 22. 
 

 It represents a series of testing protocols: 

 22.1 – General guidelines for developing protocols 

 22.2 – Differential Producing Flow Meters 

 22.3 – Flare Gas Meters 

 22.4 – Pressure, Differential Pressure, and Temperature Measurement 
Devices 

 22.5 – Flow Computers 

 22.6 – Gas Chromatographs 
While at present it does not include USMs the principle is to produce performance based 
testing protocols. 
It will contain the following: 

 Section 6 Parameter Variations Affecting Device Performance: 

 List of items that influence the device, i.e. – ambient temperature for a 
transducer 

 Each item listed in Section 6 must then be addressed in Section 7 

 Section 7 Mandatory Tests: 

 Test Conditions 

 Test Installation 

 Test Results 

 Baseline (Ideal Condition) Testing 

 Non-Ideal Condition Testing 

 Special Testing 

 Testing Documentation 

 Testing Procedure 

 Section 8 Test Facility Requirements: 

 Audit Process 

 Lab/Facility Qualification, i.e. – Test orifice to RHG equation 

 Section 9 Uncertainty Analysis & Calculation: 

 Types of Uncertainty 

 Test Facility Uncertainty 

 Device Uncertainty 

 Significance Determination 

 How to Calculate Uncertainty 

 Presentation of Uncertainty 

 Section 10 Test Reports: 

 Summary 

 Description of Device Tested 

 Identification of Device (Model/Serial Number) 

 Parameters Affecting Device Performance 

 Description of Test Facility 

 Tests Performed 

 Test Results 

 Uncertainty Analysis 

 Discussion of Test Results 

 Conclusions 
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As can be seen this is a very different standard to those previously produced, and is aimed at 
a performance type standard. It stops short at present of advocating type testing. 
 
 
4 APPLICABLE TYPE TEST APPROVAL ORGANISATIONS 
 
The current standards clearly are divided into two camps with regard to the qualifications of 
the test facility allowed to carry out type testing. The OIML standards for both gas and liquid 
are termed legal metrology standards. The conditions for the testing and qualifying terms are 
detailed in OIML B3, and clearly are aimed at the facilities being either national weights and 
measures organizations, or an approved surrogate. The ISO standards, on the other hand, 
are more relaxed, and typically state such words as, “Type testing shall be conducted by 
recognized bodies or independent certified laboratories”. 
 
4.1 OIML B3 Requirements for a Type Approval Organization. 
 
OIML B3, is a detailed report on the production and methodology of carrying out OIML type 
testing and producing the test reports and certificate of conformity for the product.  
The OIML Certificate System for Measuring Instruments can be summarized as a system for 
issuing, registering and using OIML Certificates of Conformity for types of measuring 
instruments, based on the requirements of Recommendations of the International 
organization of Legal Metrology (OIML). The objective is to produce type or pattern approvals 
for instruments. 
 
It defines Type or pattern evaluation as, “The Systematic examination and testing of the 
performance of one or more specimens of an identified type (pattern) of measuring instrument 
against documented requirements, the results of which are contained in an evaluation report, 
in order to determine whether the type may be approved”.  
 
 
The authority permitted to issue a type test certificate, is defined as, Certifying body or person 
in an OIML Member State, and designated by its CIML (Member the International Committee 
of Legal Metrology) that issues OIML Certificates of Conformity according to the rules of the 
OIML Certificate System for Measuring Instruments. The issuing Authority that issues OIML 
Certificates may or may not be the same organization as the national body that issues 
national type approval certificates and whose responsibilities are governed by national 
regulations. In other words it can be a surrogate organization, appointed by the national body. 
It should be noted, however, in a given Member State, there may be one or several Issuing 
authorities; however, for each category of measuring instrument, there shall be only one 
Issuing Authority.  The problem with this is that in states where there is more than one 
organization capable of performing the tests for a given category, only one can be authorized 
to carry out the work. This can be seen as both a restraint of trade, and restricts competition. 
Those companies that use the OIML certification for their products particularly for liquid 
USMs, will know that the process is very expensive, and currently non-competitive. 
 
5 WHAT IS REQUIRED FOR GOOD TYPE TESTING 
 
The issue with the current type testing methods is, are they the giving the end user, the main 
person requiring this data a good indication of how good is the meter performance? The liquid 
type testing is mainly around OIML R117. It certainly allows the comparison of the best 
meters that the suppliers can produce, but whether these are truly representative of the 
production meters is not truly clear. On the gas side OIML R137 has been used, particularly 
for its section on installation conditions. The problem as will be shown with these type test 
standards is their general nature. They do not make clear the type test requirements that are 
a function of the meter design. This leaves wide latitude for the type test authority to interpret 
the method of type testing. It is not clear that the ISO standards have yet been used as a 
basis for type testing on either liquid or gas. They at least have a concentration on the meter 
type.  
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What features are needed for a good basis of comparison of meter performance: 
 

 Batch Sampling or Sample size: At present it is usual to review the calibration 
characteristics of a single meter of a given size. At worst this can lead to the use of 
“super” meters being presented for testing, at best it does not give a clear picture of 
how representative this meter is of the general population of meters of this design. 
There should be some safeguard, possibly by requiring the data for a number of 
meters of the same size and design to be calibrated and the performance checked, 
possibly picked at random, if this is physically possible. Determining sample size is a 
very important issue because samples that are too large may waste time, resources 
and money, while samples that are too small may lead to inaccurate results. In many 
cases, we can easily determine the minimum sample size needed to estimate a 
process parameter, such as the population mean. It may be sufficient to do this for 
one size only, as being representative of the rest of the meters in the range. It would 
also allow the producer to choose a size range that is likely to have the largest 
number of meters available. NIST state the problem as follows: 

o There must be a statement about what is expected of the sample. It must 
determine what is being estimated, how precise is that estimate required to 
be, and what is the value of that estimate. This should easily be derived from 
the goals of the standard.  

o An equation that connects the desired precision of the estimate with the 
sample size must be derived. This is a probability statement, and would be 
heavily influence the USM performance. There is a good chance that there 
will be a difference between Gas and Liquid meters. For example the effect 
of path angle on the meter calibration, and performance is almost an order of 
magnitude greater for gas compared to liquid meters. 

o This equation may contain unknown properties of the population such as the 
mean or variance. This is where prior information can help. In many respects 
this is related to data provided by manufacturers on reproducibility of there 
meters build and performance.  

o The final sample size should be scrutinized for practicality. If it is 
unacceptable, the only way to reduce it is to accept less precision in the 
sample estimate.  
 

 Meter Sizes: Currently there is no clear indication as to the number of meters and 
sizes required for testing, when there is a range of sizes for meters. Typically both 
gas and liquid USMs cover a size range from 4” to 30”. If every size had to be tested, 
in the most common sizes this would lead to testing a minimum of 10 meters. While 
this would be good business for the calibration and type test facilities, the cost 
burden would be excessive, particularly for the large size meter calibration on liquid. 
There needs to be some agreed method of determining the number of sizes that are 
representative of meter design. Perhaps there should be the smallest, the largest 
and one in between? Often the larger meters are only built rarely, is it feasible to 
allow a meter, say 20” diameter to represent the 30”. There needs to be some 
consensus as to the methodology to determine the meters required to represent the 
range. At present it is by negotiation. 

 Design Variations: With both gas and liquid USMs, there design variations, 
particularly with transducer frequency and design (Size). This leads to the question, 
at what point should type testing review these variations and should they be tested 
as part of the type test procedure. There are differences in performance with 
transducer changes on both gas and liquid. Higher frequency transducers used avoid 
the effects of valve noise may change the bottom range of the meter. Lower 
frequency transducers on liquid, used to improve performance on higher viscosity 
products, are often larger, with larger ports. They can affect the performance of the 
meter. There needs to be at the very least some reference to these changes within 
the type test regime to make it valid. 

 Software: There is within the standards some attempt to control the software, but 
this is very difficult in practice. USMs are under continuous development, and 
software “bugs”, by the very nature of the complexity of the designs, are being found 
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and fixed. This means that very soon after type tests there are likely to be differences 
between the type test software, and that being used in current meters. To require 
retesting with these changes would impose an intolerable burden on the 
manufacturer, and slow down progress of meter development. Perhaps the solution 
is to take a leaf out of the book of aeronautical and nuclear standards and institute a 
requirement for internal control of software that would be part of an audit during type 
testing. There may be a need for some limitation on the level of software change at 
which a retest needs to be carried out. 

 Calibration: The definition of the performance of gas meters is well defined 
particularly in AGA9 and ISO 17089, it would be useful for OIML 137 to recognize 
these standards and use them as they both relate directly to USMs, and recognize 
the eccentricities of the meter type. Liquid meters, however, do not have well defined 
performance standards. ISO 12242, talks about performance testing, but unlike the 
gas standards does not go into any detail on the performance requirements. For 
performance the only standard available is OIML R117. This has a blanket statement 
of uncertainty, for whichever level is required, a repeatability statement that ends up 
with the best repeatability being defined as a spread of 0.12% in 3 runs, which 
equates to an uncertainty of around 0.16% for the repeatability, which is well outside 
of the general requirements for custody transfer measurement of hydrocarbons. API 
require for proving the uncertainty to be 0.027%, which is difficult for direct proving of 
USMs, but is probably a more acceptable practical number. There needs to be some 
equivalent, in terms of performance definition, to the gas standards for liquids so that 
the playing field is kept the same for all. At present there is continual argument over 
the limits and performance between manufacturers, and a degree of acrimony 
relating to certificates of performance being issued to different users. A liquid 
performance guide should also include such issues as performance through 
transition and into laminar flow. It should possibly have a specification relating to 
temperature gradients in laminar flow as an installation issue.  

 Proving: This has no issue in gas metering, but is a major issue in liquid metering. 
Any performance standards should have a reference to proving of liquid USMs. It is 
an area of great debate between suppliers and users, and would do well to have a 
set of performance requirements to enable a direct comparison of meter designs. 

 Installation: Installation is a necessary issue relating to type testing of USMs, 
particularly in non-proved systems. Unlike an orifice plate where the fluid mechanical 
design is specified by the standard, USMs are of a variety of configurations and 
designs, and therefore do not react the same way with different installations. On the 
gas side OIML R137 and ISO 17089 have tests for performance with installation, 
AGA 9 does not. On the liquid side, the only standard that has a performance guide 
for installations is ISO 12242. 

 Environment, Electrical and Mechanical Performance: This subject is not the 
remit of this paper, but it is adequately covered in the OIML documents. 

 Type Test Approval Organizations and Calibration Facilities: Currently this is 
being carried out almost exclusively by MNIs or by surrogate organizations, to OIML 
legal metrology standards. The problem with this is that it stops organizations of 
good standing from being able to perform the type testing, and certainly the rule that 
only one organization can type test in one category in an individual country stops any 
competition. This is the opposite to, for example the ISO 17025 methodology for 
approving calibration facilities, which has provision for several accreditation bodies 
within countries by using ILAC (International Laboratory Accreditation Cooperation) 
to determine the suitability of the organization. The ISO standards are now showing 
performance data and advocating the use of type testing, but leave the statement of 
who can perform the task as very open to interpretation with such statements as:  
“Type testing shall be conducted by recognized bodies or independent certified 
laboratories”. 
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6 CONCLUSIONS 
 

 Because of the complex nature of flow metering, there is a need to have some 
reference for meter users to compare the performance independently of different 
makes of USM. 

 Type testing is one way in which this can be carried out effectively. 

 The current specifications for performance are very variable in quality and detail. 

 Currently OMIL has the most detailed methodology for type testing, but still misses 
some vital aspects, such as meter samples by size and manufactured numbers. 

 OIML is also proscriptive on who can carry out the type test service, leaving little 
room for competition, in spite of there being large numbers of potentially qualified 
organizations not under the OIML umbrella.  

 The ISO standards and AGA 3 offer some hope of a wider use of type testing, but the 
standards are still not good at covering all the bases required to define the 
performance and methodology. 

 API 22 is at last, within the API organization, an attempt to produce a set of standards 
that will have a comprehensive test and performance base, and then be used to put 
together a system.  
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1 INTRODUCTION 
 
Multiphase metering is an exciting solution to the growing production measurement issues in 
the Petroleum Industry today. Oil and gas production operations is occurring in more remote 
locations and deeper water depths (e.g. BP’s PSVM Block-31, offshore Angola is located in 
water depth of approximately 2000m; also the Great White, Silvertip and Tobago 
developments in the Gulf of Mexico are in water depths ranging from 2360 to 2940m, [1]), and 
with increasing tieback distances, calling traditional measurement employing three phase 
separator well testing into question. Moreover, new oil and gas developments commingled 
with existing infrastructures leads to various royalty payment requirements and further 
complicate the allocation process. These issues, coupled with widening operating envelope 
and improve measurement quality, is driving the development of multiphase meters to realize 
their full potential for reservoir monitoring, flow assurance calculations, production 
optimization, and reservoir engineering analysis [2], in addition to their traditional areas of 
application such as well surveillance or monitoring, well testing, production allocation metering 
and fiscal or custody transfer measurements. 
 
Multiphase meters today are vital to oil companies’ field development and production plans. 
This is because over the past decade multiphase measurement technology has undergone a 
significant transformation such that the number of multiphase flow meters (MPFMs) installed 
globally has continued to increase [3]. Industry analysts predict that there will be 1,000 
additional subsea multiphase meters deployed by 2015 [4]. A number of factors are 
responsible for this rapid uptake of multiphase measurement technology. These are improved 
meter performances, decreases in meter costs, more compact meters enabling deployment of 
mobile systems, increases in oil prices, a wider assortment of operators [5] and the 
development of compact subsea meters.  
 
Clamp-on gamma-densitometry is a suitable technique to facilitate non-intrusive multiphase 
flow metering as it does not require breaking into the pipeline for installation, thus eliminating 
the cost of production deferment [6]. Consequently, it is suitable for different line sizes, and 
can be retrofitted on land and offshore wells. The use of gamma-densitometry in multiphase 
flow analysis has been documented by a number of researchers. Gamma-densitometry, in 
conjunction with neural networks for multiphase flow measurement has been reported where 
the densitometer forms part of a sensor array. In addition, some researchers have used 
multiple gamma-densitometer units and neural networks to determine void fraction and flow 
regime [7]. In fact, several commercial MPFMs use gamma-densitometry techniques a part of 
their measurement systems [8]. This paper presents the exploitation of a single gamma-
densitometer unit to determine both phase fractions and velocities to yield the individual phase 
flow rate of horizontal and vertically upward multiphase flows. 
 
 
2 GAMMA DENSITOMETRY 
 
A gamma densitometer comprises two principal components; namely a gamma ray source 
and a detector unit. Mounted diametrically opposite each other on a pipe section as 
schematically illustrated in Figure 1, it employs collimator structures to ensure the production 
of a narrow gamma beam [9]. Gamma densitometry is based on the fact that gamma rays are 
attenuated as they pass through matter due to interaction of their photons with the matter. The 
extent of this attenuation experience by the gamma rays depends on the energy of the gamma 
rays and the density of the absorbing matter. 
 
 

fltough
Stamp



30th International North Sea Flow Measurement Workshop 
23 – 26 October 2012 

 

2 

Assuming the presence of a vacuum 
within the pipe, (Io) will be the intensity of 
transmitted mono-energetic photons 
which strike the detector. This 
measurement corresponds to the number 
of photons transmitted from the source 
across the air outside of the pipe and 
through the pipe wall. If the pipe is filled 
with an absorbing matter, the intensity 
measured for a given photon energy 
follows the Beer-Lambert’s exponential 
decay law: 
 

 D
oeII γ−=                                (1) 

 
The number of transmitted photons 
detected (I) after passing through a length 
(D) of absorbing material will depend on 

the linear attenuation coefficient (γ) of the absorbing material. The linear attenuation 
coefficient of a material will increase with material density with an approximately linear 
dependence for a single energy gamma beam, [10]. For three phase flow systems, the beam 
will attenuated by the oil, water and gas present in the flowline. Detailed treatment of gamma 
radiation and its detection is given by Prepost [11]. 
 
 
3 ARTIFICIAL NEURAL NETWORKS 
 
Artificial Neural Network is an information processing concept that mimics the decision-
making ability of the brain. Neural networks can also be viewed as massively parallel 
computing systems consisting of an extremely large number of simple processors with many 
interconnections (neurones) working in unison that can be configured for a specific 
application, such as pattern recognition or data classification, through a learning process.  
 
Unlike conventional computing techniques that use a cognitive approach to problem solving, 
neural networks do not have to be programmed. Instead, a neural network system will learn to 
classify inputs through a training process (that might be supervised, unsupervised or 
reinforcement learning) in which the network is presented with a series of inputs and target 
outputs [7]. Based on this training data, the neural network will generate a mapping function 
between the inputs and outputs. Subsequent input data will then be processed using this 
relationship derived during the training process to produce corresponding output. Thus one 
can say that neural networks learn from experience. The main characteristics of neural 
networks are that they have the ability to learn complex nonlinear input-output relationships, 
use sequential training procedures, and adapt themselves to the data [12]. 
 
Numerous neural network models have been developed by researchers worldwide with each 
model having a different network structure, learning algorithm, performance capability and 
field of application, but all of these models stem from the original work of McCulloch and Pitts 
[13]. The most commonly used family of neural networks for pattern classification tasks are 
the feed-forward network (e.g. multi-layer perceptron). A detailed description of the different 
neural network models can be found in [14]. However, the feedforward multi-layer perceptron 
network implemented in this study will be examined here. 
 
3.1 Feedforward Multi-layer Perceptron Model 
 
Multi-layer perceptrons (MLP) are feed-forward neural networks with one or more layers of 
neurons between the input and output layers. They have been used as the basis of the 
majority of practical application of neural networks. As shown in Figure 2, the flow of 
information in the network begins with the input layer, proceeds through the hidden layers and 
ends at the output layer.  
 

 
Fig. 1 - Gamma Densitometer (Arubi and 

Yeung, 2010) 
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Each input (p) is connected 
to all nodes in the first hidden 
layer. If there are more than 
one hidden layers, all outputs 
from the preceding layer are 
input to each node in the 
successive layer. For all 
nodes, the inputs are first 
multiplied by their respective 
weights (w), and then 
summed (s) up with 
subsequent addition of a bias 
(b). The resulting value is 
used as the input to an 
activation function (f). The 
first hidden layer output (y1,h) 
from each processing nodes 

in the first hidden layer, with I inputs parameters, can be expressed by: 
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Treating the system as a two-layer system (n = 2), the outputs (yo,j) can be expressed by: 
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Defining the network architecture is a key stage in neural network analysis. For applications 
where the number of input and output neurons is fixed, the difficulty in defining the network 
architecture is reduced to the selection of the type(s) of activation function, the number of 
hidden layers and the number of neurons to be employed in the model. According to [15], a 
two-layer perceptron with sigmoid non-linearity can approximate any function with arbitrary 
accuracy. There are no rules for the selection of the number of hidden nodes but, the rule of 
thumb is that, the more complex the function one is attempting to model, the greater the 
number of hidden nodes required. Deciding on the number of hidden nodes is quite tricky 
because if too many nodes are used the network will memorise the training data thereby 
displaying poor generalisation, on the other hand, too few hidden nodes will result in a system 
with insufficient parameters to model the underlying function and severe underfitting will be 
experienced [16]. 
 
Multi-layer networks use a variety of learning techniques, popular amongst them is the back-
propagation algorithm. Here, the output values are compared with the correct answer to 
compute the value of some predefined error-function. By various techniques, the error is then 
fed back through the network. Using this information, the algorithm adjusts the weights of 
each connection in order to reduce the value of the error function by some small amount. After 
repeating this process for a sufficiently large number of training cycles, the network will usually 
converge to some state where the error of the calculations is small. In this case, one would 
say that the network has learned a certain target function [17]. 
 
 
4 EXPERIMENTAL WORK 
 
The multiphase test facility at Cranfield University is used for flow assurance, multiphase 
metering and control systems research. It is a fully automated high pressure test facility 
designed to supply a controlled and measured amount of oil, water and air mixture from the 
flow metering area into the test area and finally into the phase separation area where the oil, 
water and air are separated. After separation in a horizontal three-phase gravity separator, the 

 

Fig. 2 - Architecture of a Multi-layer Perceptron 
(Blaney and Yeung, 2007) 
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oil and water are cleaned in their respective coalescers before returning to their storage tanks 
while the air is exhausted into the atmosphere [18]. Figure 3 shows the schematic of the 
multiphase test facility. The test area consists of a 101.6mm and 50.8mm diameter flow loops. 
The 101.6mm loop is a 55m long, 2° downward inclined pipeline joined to a catenary shaped 
riser with a vertical height of 10.5m. The 50.8mm loop is a 40m long horizontal pipeline, 
connected to a 10.5m height vertical riser. 
 

 
 
Fig. 3 - Cranfield University Multiphase Loop showing 101.6mm Catenary Riser and 50.8mm 

Vertical Riser (Cao and Yeung, 2009)  
 
4.1 Experimental Apparatus 
 
The multiphase test facility at Cranfield University is designed to process continuous flow of 
air, oil and water. The facility has a maximum operating pressure of 25 barg and the test fluids 
comprise air, tap water (doped with biocide) and BP-7269 lubricating oil (ρ = 815 kg/m3 and µ 
= 0.004 Pa.s at 20ºC). The flow loop can deliver up to 140 m3/h of oil and water; and 4250 
m3/h of free air at 7 barg and is equipped with a state-of-the-art DeltaV process control and 
management system. 
 
Two gamma densitometer units supplied by Neftemer Ltd consist of lead-filled source 
housing, a detector unit, and a data processing box. These units were vertically installed at the 
top of the 101.6mm and 50.8mm loop and horizontally at the riser base of the 50.8mm loop. 
The gamma densitometer contains a 6.6×109Bq caesium-137 source. The detector unit which 
contains NaI crystals, provides two separate gamma counts readings corresponding to the 
high-energy direct photons (hard signal) and the low-energy scattered radiation (soft signal) 
from the Cs-137 radioisotope. Average counts measurements for both energy levels is pass to 
a local PC via a data processing unit for storage and offline analysis. These raw data files can 
be exported into any signal analysis software (e.g. MATLAB) for further processing. 
 
4.2 Experimental Procedure 
 
A comprehensive experimental campaign comprising of air-liquid two and air-liquid-liquid three 
phase flows was undertaken. The two phase tests consisted of 260 experimental data points 
with water superficial velocities from 0.12 to 0.85 m/s and gas superficial velocities from 0.15 
to 3.09 m/s while a total of 372 test runs were conducted for the three phase flows covering a 
range that is typical of operating conditions in the oil and gas industry. Figure 4 shows the 
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vertical flow regime map generated from probability mass function plots of the gamma 
densitometer data. 
 

For each test point, the 
flow conditions are set 
and monitored using the 
Delta V plant automation 
system. Gamma counts 
recording, initiated when 
steady-state conditions 
were attained, was 
undertaken for a period 
of 30 minutes for each 
measurement point on 
the test matrix. Statistical 
features were extracted 
from the time varying 
gamma hard and soft 
counts signals and used 
as input parameters for 
the neural network 
model. Features were 
also extracted from a 
third synthesized 
‘combined’ signal that is 
a fusion of the hard and 
soft counts. From 

literature survey, it was found that an effective feature vector permutation will be obtained 
through the combination of features from each of the information domains. Table 1 lists the 
features selected for examination. 
 
Neural network output sensitivity-based feature saliency measure was used as the feature 
selection technique to select representative features in this study. Reference output target 
values; namely the gas and liquid superficial velocities (Vsg and Vsl respectively) and the liquid 
phase water cut (WC), were obtained from the test facility’s DeltaV system. The zero-mean 
and unit variance normalisation (ZMUV) was the pre-processing routines used. ZMUV 
normalises the data set to ensure that each vector is scaled so that its mean is zero and its 
variance is 1, thus, reducing the dimensionality of the input vector. 
 

Table 1 - Statistical Features Selected For Examination  
 

 Information Domain 
Feature Symbol Amplitude LPC LSF ACF 
Mean Value AV �    
Standard Deviation SD �    
Coefficient of Skewness CS �    
Coefficient of Kurtosis CK �    
Signal Total Energy ET �    
Linear Prediction Coefficient 1 LPC1  �   
Linear Prediction Coefficient 2 LPC2  �   
Linear Prediction Coefficient 3 LPC3  �   
Linear Prediction Coefficient 4 LPC4  �   
Linear Prediction Coefficient 5 LPC5  �   
Linear Prediction Error ER  �   
Line Spectral Frequency 1 LSF1   �  
Line Spectral Frequency 2 LSF2   �  
Line Spectral Frequency 3 LSF3   �  
Line Spectral Frequency 4 LSF4   �  
Line Spectral Frequency 5 LSF5   �  
ACF Coefficient at Minimum ACF1    � 

0 2 4 6 8 10 12 14 16 18 20

0.5

1

1.5

2

2.5

3

3.5

4

4.5

5

Vsg, m/s

V
sl

, 
m

/s
Air/Oil/Water Tests

Churn

Bubble

Slug

Fig. 4 - 50.8mm Flow Loop Vertical Regime 
Map for Three Phase Tests  



30th International North Sea Flow Measurement Workshop 
23 – 26 October 2012 

 

6 

ACF Lag Minimum ACF2    � 
ACF Coefficient at Maximum ACF3    � 
ACF Lag Maximum ACF4    � 

 
4.3 MLP Model 
 
A feedforward multilayer perceptron (MLP) model was developed with the superficial gas 
velocity (Vsg), superficial liquid velocity (Vsl) and water cut (WC) as the output nodes as 
illustrated in Figure 5. The 260 experimental data of the air-water two phase flow (in the 
50.8mm rig) and the 744 data points of the air-oil-water three phase flow (in the 101.6mm rig) 
were divided into training and test sets with two-third used for training the network and one-
third for testing purposes. 
 
Prior to running the neural network simulation, the network architecture was determined by 
specifying the number of hidden layers and the number of neurons in each layer. Recent work 
has revealed that optimal performance can only be achieved if architecture is chosen 
according to the peculiarity of the problem. After several trials, the final architecture was 
defined as [n – 12 – 2] for the air-water two phase flow data and [n – 14 – 3] for the air-oil-
water three phase flow data. Where n – is the number of input feature vectors (variable); 12 
and 14 – are the number of neurons in the hidden layer (fixed); 2 and 3 – are the number of 
output neurons, i.e., one each for the target (fixed). 

 
Batch training approach, 
whereby the all the training 
data is fed into the network 
and the weights of the 
network updated only when 
the entire batch of the data 
has been processed, was 
utilised in this study. 
Bayesian regularisation 
with the use of Levenberg-
Marquardt (LM) algorithm 
was employed in training 
the network and adjusting 
its weights repeatedly until 
the network architecture 
had optimised generalised 

properties. After training, the neural network model was assessed to evaluate its repeatability 
capabilities. 
 
In order to get a quantitative comparison of the neural network performance, an error criterion, 
calculated as a relative error over the measurable flow range of each phase was established 
as given by Equation 4. The target accuracy for this work was set at ±5% for the air-water two 
phase flow data and ±10% for the air-oil-water three phase flow data for each of their target 
output. 
 

                                             100
minmax

×
−
−

=
YY

YY
E am

r                                           (4) 

 
Where (Ym) is measured variable, (Ya) is the actual or reference measurement and (Ymax – 
Ymin) is the measurable range. This performance classification method has been widely used 
by several researchers [18]. 
 
 
5 RESULTS 
 
Flow rate measurement results from the air-water two phase flow (101.6mm flow loop) 
obtained for both the gas and liquid superficial velocities with the gamma densitometer hard, 
soft and hard-soft combined signals are presented in Table 2. At a measurement error band of 

 
Fig. 5 - The MLP Neural Network Model Concept 
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±10%, 100% of the data points were predicted correctly for both the gas and liquid superficial 
velocities for all the input features. 
 
For the hard signal, and at an error band of ±5%, 91% of the test data points were correctly 
predicted for the gas superficial velocities and 80% for the liquid superficial velocities. 
Prediction results for the soft gamma signal outperforms those of the hard signals at the ±5% 
error band as 95% of the test data points were correctly predicted for both the gas and liquid 
superficial velocities, see Figure 6. 
 
Combining features from both soft and hard gamma signal yielded results similar to those 
obtained with the soft gamma signals only. That is 95% of the test data points were predicted 
to within ±5% target value for the gas and liquid superficial velocities. 
 

Table 2 - FMLP Model Predictions for the 101.6mm Data 
 

Input Features (Er ≤±10%) (Er ≤±5%) 
Vsg Vsl Vsg Vsl 

Hard Gamma 100% 100% 91% 80% 
Soft Gamma 100% 100% 95% 95% 
Hard-Soft Combined 100% 100% 95% 95% 

 
Flow rate and water cut measurement results from the air-oil-water three phase flow (50.8mm 
flow loop) obtained with the gamma densitometer hard, soft and hard-soft combined signals in 
are presented in Table 3. It contains a summary of the flow rates and water cut prediction 
performance. In general, the results from the gamma densitometer mounted in the horizontal 
orientation are much better than those gotten from one the mounted vertically. Also it was 
observed that combining the hard and soft signals did not necessarily improve the prediction 
performance of the network. 
 

Table 3 - FMLP Model Predictions for the 50.8mm Data 
 

Input Features Horizontal Gamma Data Er 
(±10%) 

Vertical Gamma Data Er 
(±10%) 

Vsg Vsl WC Vsg Vsl WC 
Hard Gamma 95% 80% 42% 90% 67% 43% 
Soft Gamma 95% 73% 41% 91% 70% 42% 
Hard-Soft 
Combined 

95% 76% 42% 92% 68% 40% 

 
The MLP neural network model exhibited good gas classification suggesting that the extracted 
features yielded good correlation with the multiphase flow gas and liquid phase properties 
across the measurement range studied and discrepancies in the correlations between flow 
regimes could be sufficiently modelled by a single neural network model. However, with the 
current feature set, it is not possible to obtain satisfactory liquid phase water cut parameter 
predictions using only a single MLP neural network for the three phase flow data. 
 
There is strong tendency for vertical multiphase flow to contain asymmetries and higher phase 
slip. These asymmetries alter the flow pattern as ‘seen’ by the gamma densitometer and thus 
the statistical features extracted there from. The implication of this is that the performance of a 
pattern recognition model based on the features extracted from a horizontally mounted 
densitometer will differ from that mounted vertically. This study has shown that the horizontally 
mounted gamma densitometer produces better prediction results than those from the vertical. 
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Previous studies in 
pattern recognition 
techniques for horizontal 
multiphase flows were 
based on the 
assumption/assertion 
that horizontal flows has 
more features than 
vertical flows (e.g. in 
terms of flow regime, 
there are  stratified, wavy 
stratified, bubbly, plug, 
slug, annular and mist 
flow for horizontal flows 
compared with bubbly, 
slug, churn, annular and 
mist for vertical flows), 
thus there is a better 
chance of using feature 

extractions to determine flow rates employing neural network approach, thereby achieving 
better prediction results than vertical flows. This is the first time this assumption/assertion is 
been demonstrated. 
 
 
6 CONCLUSION 
 
The exploitation of a single gamma-densitometer with pattern recognition approaches to 
measure individual phase flow rates in multiphase flow was investigated. The aim is to 
establish the suitability of gamma-based techniques as a compact and cost effective solutions 
of on-line continuous multiphase flow measurement for well testing, production monitoring, 
production optimisation, process control and automation purposes. Specific conclusion drawn 
from this study are: 

1. Signal analysis of the densitometer data in the time and frequency domain gave a 
good indication of the gas and liquid phase distribution in the flow and discriminatory 
correlations between statistical features of the gamma counts data and key 
multiphase flow parameters were revealed. It was shown that, for the two phase flow 
data, individual phase flow measurements to within ±5% are possible with an 
appropriate network set up. 

2. It was further established that, with the current feature set from the three phase flow 
data, satisfactory liquid phase water cut parameter predictions using only a single 
MLP network, was not possible.  

3. Furthermore, the result from this study shows that the horizontally mounted gamma 
densitometer produces better prediction results than those from the vertical. 

4. We opined that, given the results presented here and with further research and 
development work, the use of gamma-densitometry, in conjugation with a pattern 
recognition model, could offer an economical, non-intrusive and robust measurement 
solution to meet the requirements of the Petroleum Industry. 
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The Impact of Mis-measurement on UK Oil Production 
 

Douglas Griffin, Department of Energy & Climate Cha nge, Aberdeen 
Norman Glen, NEL, East Kilbride 

 
 
1 INTRODUCTION 
 
Density measurement is a key element of both mass and volume flow rate measurement in 
the oil industry and as such is fundamental to the commercial operation of facilities.  The most 
widely implemented approach for mass flow measurement is to use a volumetric flow meter 
and a densitometer.  All flow meters require periodic calibration; traceability within the UK is 
provided through the National Flow Measurement Standards Facilities at NEL, supported by 
the UK National Measurement Office UK under the Engineering and Flow Measurement 
Programme.  All commercial densitometers also require periodic calibration and DECC 
identified a need for research into practical methods for in-situ calibration of densitometers, as 
well as a greater understanding of the effects on densitometer performance of variations in 
product density, pressure and temperature. 
 
This is particularly important as more and High Temperature High Pressure (HTHP) fields 
come on stream, since more densitometers will be operating at temperatures and pressures 
significantly higher than those currently used as the reference conditions for calibration.  In 
addition, as fields mature, quantities of produced water generally increase, resulting in higher 
process operating temperatures and the increased chance of slugs of water being carried 
through to the metering station. 
 
NEL, custodians of a Primary Standard Facility for liquid density measurement, led a Joint 
Industry Project (JIP) aimed at providing the oil and gas industry with confidence in 
densitometer performance, by developing a calibration procedure which links traceably to 
National Standards [1].  Fourteen operators, a densitometer manufacturer, a densitometer 
calibration laboratory and DECC joined the project. 
 
The key task of the JIP was the detailed characterisation of densitometers in well-controlled 
conditions, making use of accurately-characterised transfer standard fluids that covered the 
density and viscosity ranges which are encountered across the full temperature and pressure 
range of operation of UK offshore oil facilities.  As a result of the project, DECC has issued 
revised guidance on calibration of densitometers for fiscal application in the UK sector of the 
North Sea. 
 
 
2 BACKGROUND 
 
As noted above, the most widely implemented approach for mass flow measurement is to use 
a volumetric flow meter and a densitometer.  In this case, the uncertainty in mass flow 
measurement is dependent equally on the uncertainty in volumetric flow meter measurement 
and in densitometer measurement.  The calculation of volume flow rate however also requires 
a knowledge of the density since it is necessary to reduce the measurements of volume 
throughput to standard conditions.  It can therefore be seen that density measurement, 
volumetric and mass flow measurement are of equal importance. 
 
DECC requires that all critical elements of fiscal measurement systems are traceable to 
national standards.  In considering calibration frequencies, the cost of re-calibration is 
balanced against the financial exposure.  Calibration should take place at the anticipated 
operating conditions unless it can be shown that additional measurement uncertainty is not 
thereby introduced. 
 
All commercial densitometers, for use on gases or liquids, operate on an oscillatory principle 
and as such are not independent of other fluid properties.  However, the theory of such 
methods is not rigorously established and even with careful design it is not possible to 
uncouple fully the effects of density from the other physical properties of the calibration fluids. 

fltough
Stamp
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To maximise the accuracy attainable with such densitometers, it is necessary to calibrate 
them against reference fluids with similar physical characteristics (such as speed of sound 
and viscosity). 
 
Conventionally, the calibration of most industrial densitometers is undertaken using fluids 
whose physical characteristics are significantly different to the actual working or operational 
fluids.  Furthermore, the range of pressures and temperatures at which the instruments were 
normally calibrated was limited to near ambient conditions but many densitometers, 
particularly those used in offshore applications, operate under relatively high conditions of 
pressure and temperature.  This can be a significant source of error in density measurement.  
Ideally, calibration should be undertaken at metering pressures and temperatures using fluids 
whose volumetric properties are known accurately across the full temperature and pressure 
range required for the calibration. 
 
It has been accepted industry practice to quote a calibration at only a single reference 
temperature (generally 20 °C) and apply correction factors to account for the influence of 
temperature and pressure on both the calculated density and its uncertainty.  However, recent 
work has raised a number of issues with regard to the whole calibration process, in particular 
when a densitometer is operated at temperatures and pressures different from the reference 
conditions.  This has significant implications for fields operating in common transportation 
systems, where the mass allocations are based on densitometer readings. 
 
 
3 OSCILLATORY DENSITOMETER THEORY 
 
All commercial liquid density transducers operate on the same general principle.  The 
manufacturers generally model the instruments as a simple spring mass oscillator system 
comprising the vibrating test section and the fluid contained in it, totally disregarding 
hydrodynamic effects.  As the liquid density changes it in turn changes the total vibrating 
mass, which is then detected by a change in the resonant frequency.  For a simple system, 
the resonant frequency f is given by: 

 
M

K
f

π2

1=  (1) 

where K is the stiffness and M is the mass of the element (M1) plus the mass of the fluid (M2). 
 
If K, M and Vf (the volume of fluid in the test section) are constant then Equation 1 can be 
written in terms of density ρ as 

 
2
2

0
f

K
K +=ρ  , (2) 

where fVMK 10 −=  and fVKK 2
2 4π= , or, in terms of oscillation period τ , 

 2
20 τρ KK +=  . (3) 

In recognition that Equation 1 is only a first approximation to the actual behaviour of an 
oscillating tube filled with liquid [2], Equation 3 is normally modified by the inclusion of a linear 
term K1, giving an empirical expression of the form 

 2
210 ττρ KKK ++=  . (4) 

 
At any given temperature t and pressure p the three constants in Equation 4 can be 
determined by calibrating the device with three fluids of known density.  To ensure the highest 
accuracy this should be undertaken across the full operational temperature and pressure 
range, thus requiring knowledge of the density of each calibration fluid at the corresponding 
conditions.  Accepted practice however has been to calibrate at one reference temperature t0 
(normally 20 °C) at atmospheric pressure to determine the coefficients at those conditions and 
then apply correction terms to account for the effects of operation at other temperatures and 
elevated pressure.  The correction terms are of the form 



30th International North Sea Flow Measurement Workshop 
23 – 26 October 2012 

 

3 

 

 ( ){ } ( )0190180 1 ttKttKt −+−+= ρρ  (5) 

where ρ0 is the density at the reference calibration temperature t0 and 

 ( ) ( ){ } ( ) ( ){ }2
021021

2
020020, 1 ppKppKppKppK BABAtpt −+−+−+−+= ρρ  (6) 

where the reference pressure p0 is 1 bar absolute.  The coefficients in Equations 4, 5 and 6 
are determined for each instrument and these temperature and pressure coefficients are 
provided for use by the operator. 
 
Initial determination of K0, K1 and K2 requires the use of three fluids of accurately known 
density.  K18 and K19 are then determined at atmospheric pressure using one of these fluids 
and the pressure correction coefficients (K20A, K20B, K21A and K21B) are determined at t0.  
Current industrial calibration practice within the UK is to re-calibrate a densitometer annually 
but this is normally only undertaken at 20 °C and 1 bar absolute.  Expanding Equation 6 by 
incorporating Equations 4 and 5 indicates that the coefficients are all cross-coupled and hence 
all calibrations should ideally be undertaken at the actual operating conditions of the device. 
 
Taken in conjunction with a review carried out by the UK regulator for petroleum measurement 
and allocation in 2004 [3] which found a small but systematic ‘offset error’ when a 
densitometer is operated at a temperature different from the reference temperature, this 
raises a number of issues with regard to the whole calibration process and the calculation 
methodology.  NEL has been aware for many years of the influence of other fluid properties 
(primarily viscosity and speed of sound) on the operation of oscillatory densitometers and 
sponsored work to investigate these effects [4, 5].  Accurate characterisation, and calibration, 
of oscillatory densitometers therefore requires knowledge of the effects of temperature and 
pressure on a number of fluid properties across the full operational range of the device. 
 
 
4 TECHNICAL APPROACH 
 
As part of previous Flow Programmes, the UK Department of Trade and Industry funded the 
establishment of density standard facilities at NEL [6].  These consist of two primary standard 
densitometers, one each for liquids and gases.  In addition, a facility for the calibration of liquid 
densitometers (insertion and in-line devices) was also developed, based on the use of transfer 
standard fluids. 
 
To be considered for use as true transfer standard fluids, fluids must either be single 
components or stable mixtures of known composition.  Such fluids have the advantage that 
once their PVT behaviour has been established (using the NEL Primary Standard 
Densitometer) they can then be used in any other (transfer) facility without further 
characterisation, thus providing much closer traceability to primary standards. 
 
As noted in Section 3, there is a coupling between fluid density and viscosity in an oscillatory 
densitometer and hence the chosen fluids must cover the density and viscosity ranges which 
are encountered across the full temperature and pressure range of operation of UK offshore 
oil facilities. 
 
4.1 The NEL Primary Standard Liquid Densitometer 
 
The NEL Primary Standard Liquid Densitometer is a hydrostatic balance densitometer used in 
conjunction with a magnetic suspension coupling [6-10].  Over the full operational range of the 
facility the total uncertainty in density is 0.015% at a 95% confidence level.  However, over the 
limited temperature range investigated here (20 ≤ t ≤ 100 °C, 0.1 ≤ p ≤ 30 MPa, 
650 ≤ ρ ≤ 930 kg m-3) the total uncertainty of measurement is within 0.010 % (at k=2). 
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4.1.1 Principle of Operation 
 
Figure 1 shows the basic design of the magnetic suspension balance and the controlling 
principle of the magnetic suspension coupling.  The coupling consists of an electromagnet and 
a permanent magnet.  The electromagnet is attached to the under-pan weighing hook of a 
commercially available microbalance.  Inside the coupling housing the permanent magnet is 
connected to the sample load by means of a coupling and decoupling mechanism.  The 
coupling mechanism allows the weight of the permanent magnet to be tared out.  The 
electronically controlled magnetic suspension coupling transmits the load through the wall of 
the pressure vessel to the microbalance at ambient conditions. 
 
Control is effected by an electronic unit with position feedback obtained from the sensor coil 
and core.  Using this technique the measuring or buoyancy force on the permanent magnet 
and its attachments, including the sample, are transmitted without contact and with negligible 
error through the walls of the test chamber to the microbalance. 
 
The electronic control unit contains two separate PID controllers: the first, to raise and lower 
the permanent magnet and its attachments in a controlled way between its rest position and 
either the 'measuring' or 'tare' position; and the second, a fast response system, to effect 
stable position control at the required 'measuring' or 'tare' position.  For density measurements 
the sample is replaced by a sinker immersed in the fluid under test, as shown in Figure 2.  
Compensating weights ensure that the balance is always operating near to its zero point, thus 
reducing linearity errors. 
 

 
 

Fig. 1 - Magnetic suspension balance Fig. 2 - Magnetic-suspension coupling 
 
In the 'measuring' condition, as indicated in Figure 2, the sinker is directly coupled to the 
permanent magnet and buoyancy forces act on all of the freely suspended components.  In 
the 'tare' position, which is a few millimetres below the 'measuring' position, only the 
permanent magnet, the position sensor and part of the load decoupling device are freely 
suspended.  Here the small carrier to which the sinker is attached is seated on an internal 
support.  In this so-called 'zero-position' the balance can be tared and calibrated at all times 
even during a sequence of measurements.  The difference in balance readings between the 
'tare' and 'measuring' positions determines the buoyancy forces acting on the sinker and its 
carrier.  The volume of the latter is less than 0.4 % of that of the sinker. 
 
The NEL Primary Standard Liquid Densitometer utilises a single sinker: a solid cylinder of 
fused quartz with a volume of some 26 cm3.  Only a single sinker need be used with liquid 
systems since the buoyancy forces are considerable, of the order of 25 to 45 % of the weight 
of the sinker, and the uncertainties in force measurement are negligibly small.  Fluid density is 
calculated from 



30th International North Sea Flow Measurement Workshop 
23 – 26 October 2012 

 

5 

 

 ( )ptV

mm

S

SS

,

*−=ρ  (7) 

where Sm  is the true (vacuum) mass of the sinker, *
Sm  is its apparent mass (weighed in a 

fluid-filled test cell) and ( )ptVS ,  is the temperature and pressure-dependent volume of the 
sinker. 
 
At each temperature and pressure a minimum of ten determinations of the apparent mass of 
the sinker are recorded and the mean value used in Equation 7.  Figures 3 and 4 show 
examples of the stability of weighing the sinker at various conditions for measurements 
undertaken in 1999 and 2007 respectively, illustrating that the magnetic suspension coupling 
and weighing system is capable of determining the weight of the sinker in the fluid to within a 
few parts per million. 
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Fig. 3 - Example of weighing stability, toluene sample, 1999 
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Fig. 4  Example of weighing stability, toluene sample, 2007 
 
The major uncertainty associated with this method of measurement arises from the 
determination of the volume of the sinker and its dilation with temperature and pressure.  The 
volume of the latter is established by careful weighing of the fused quartz sinker and its 
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associated stainless steel suspension in both air and pure water at near ambient conditions 
using a purpose-built apparatus.  Using this apparatus the volume of the fused quartz cylinder 
has been established to within 30 ppm and the vacuum, or true, mass of the sinker has been 
established to within 3 ppm. 
 
The volumes of the principal components of the densitometer are subject to dilation with both 
temperature and pressure; appropriate corrections are applied.  The maximum total 
uncertainty in the dilation of the fused silica sinker due to the combined effects of temperature 
and pressure is estimated to be within 60 ppm over the operational range of the densitometer.  
The maximum contribution to the uncertainty in the calculation of liquid density arising from 
the dilation of the suspension cage and hook of the densitometer is around 1 ppm. 
 
4.1.2 Supporting Systems 
 
The densitometer is hung from a horizontally levelled platform mounted on robust aluminium 
alloy structures, as shown in Figure 5.  The microbalance is mounted on the platform and the 
upper part of the suspension couplings is enclosed in a transparent housing.  This can be fed 
from a dry-air source with a dew-point of -80 °C to prevent condensation of atmospheric 
moisture on the upper connecting rods and electromagnets when the densitometer is used at 
sub-ambient temperatures. 
 

The magnetic-suspension couplings, the housing 
and the densitometer are contained in an oil-
filled bath positioned beneath the platform.  The 
bath consist of two Dewar vessels mounted 
concentrically and has provision, in the annular 
space between each Dewar, for both heating 
and cooling.  Good circulation of the bath fluid is 
provided by magnetically-driven screw impellers 
mounted in the base of the outer Dewar vessels.  
The control temperature of the bath is monitored 
by a 25 Ω standard platinum-resistance 
thermometer positioned some distance above 
the screw-impeller.  The thermometer is 
monitored through a data acquisition system and 
the power inputs to the heating/cooling circuits 
are adjusted using PID control software.  The 
bath temperature is measured using four 25 Ω 
standard platinum-resistance thermometers 
attached around the periphery of the pressure 
vessel. 
 
The temperature stability of the bath is within 
±1 mK over the entire operating range and the 
absolute temperature can be set to within a few 
millikelvins of the desired conditions.  The total 
uncertainty in the temperature of the fluid in the 
densitometer is estimated to be 4 mK (at k=2). 
 
The densitometer is provided with a sample 
loading system that enables test fluids to be 
introduced to the densitometer in a controlled 

manner.  The pressure vessel and connecting pipework can be purged with nitrogen or 
methane, before being evacuated to very low pressure (~15-20 Torr).  This ensures that the 
system is then completely filled by the test fluid, with no vapour space. 
 
A gas-operated pressure balance of the highest metrology class is used to provide reference 
gauge pressures accurate to within some 5 parts in 105.  Atmospheric pressure is measured 
by means of a calibrated digital barometer accurate to within 30 Pa.  The pressure of the fluid 
under test in the densitometer is obtained with reference to the pressure of nitrogen in the 
gas-operated balance through a differential pressure indicator (DPI).  The uncertainty in the 

 

Fig. 5 - NEL Primary Standard 
Liquid Densitometer 
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measurement of differential pressure is within 100 Pa.  The absolute pressure of the fluid 
under test in the densitometer is obtained from the atmospheric pressure, gas-operated 
pressure balance and DPI readings, corrected for temperature effects and pressure heads in 
the connecting lines as necessary.  The uncertainty in the calculated total pressure of the fluid 
in the densitometer is assessed as less than 0.03 % (at k=2). 
 
4.1.3 Primary Standard Liquid Densitometer Performance 
 
For each fluid studied in the NEL Primary Standard Liquid Densitometer, data from the 
measurements are fitted to an equation of the form 

 ( ) ( ) ( )inim

i
pt ia πθρ ∑

=

=
13

1
, 1000   (8) 

where  θ  is the reduced temperature, θ = t / 100 for t in degrees Celsius on ITS90, 
 π is the reduced pressure, π = p / 30 for p in MPa, 
 a(i) are coefficients and 
 m(i) and n(i) are exponents. 
 
This form of equation is capable to fitting the experimental data to within ±10 parts per million.  
As the total uncertainty in the measured values of density is assessed as 0.01 % at a 95 % 
confidence level, values calculated from Equation 8 will have an uncertainty not exceeding 
0.012 % across the temperature range from 0 to 100 °C at pressures up to 30 MPa. 
 
As part of an international inter-comparison exercise carried out in 1999 [11], the NEL Primary 
Standard Liquid Densitometer was used to measure the density of a sample of ultra-pure 
toluene.  One of the fluids chosen as a transfer standard for the JIP was toluene, allowing a 
comparison with the previous data and other literature data for toluene [10].  Figure 6 
compares the NEL experimental data with values at corresponding pressures and 
temperatures calculated from an equation obtained by PTB (Physikalisch-Technische 
Bundesanstalt, Germany) from measurements undertaken using a similar magnetic 
suspension densitometer system. 
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Fig. 6 - Comparison of PTB and NEL toluene density measurements 
 
Across the full temperature and pressure range (20 to 100 °C and from atmospheric pressure 
up to 30 MPa) the two data sets have an average difference of 0.005% with all the data lying 
within ±0.0075 % of the mean.  PTB assessed the overall uncertainty of their experimental 
data as ±0.0075 % (at k=2) and the uncertainty of values calculated from their fitting equation 
as ±0.009 %.  The overall uncertainty of the NEL experimental data from the 2007/2008 
measurements has been assessed as ±0.009 % (at k =2) and so the two sets of data agree to 



30th International North Sea Flow Measurement Workshop 
23 – 26 October 2012 

 

8 

well within their combined uncertainty, confirming the performance of the NEL Primary 
Standard Liquid Densitometer. 
 
4.2 NEL Industrial Densitometer Calibration Facilit y 
 
The NEL Industrial Densitometer Calibration Facility consists of an air thermostat in which an 
in-line or insertion type densitometer can be mounted.  In conjunction with a pressurising 
system, this enables the temperature and pressure of the fluid in the densitometer to be set 
and maintained at any set-point across the range from 10 to 110 °C at pressures between 0.1 
and 20 MPa and the period output signal from the densitometer to be measured. 
 
From the measured temperature and pressure of the fluid in the densitometer the true density 
of the fluid at those conditions can be calculated from an equation of state for the fluid, derived 
from data obtained from measurements made on the fluid in the NEL Primary Standard Liquid 
Densitometer.  The fluid density can then be compared with the value determined by the 
industrial densitometer. 
 
4.2.1 Principle of Operation 
 
In-line densitometers are mounted vertically within the air thermostat, as shown in Figure 7.  
To minimise torque-loading and mis-alignment effects, the densitometer is only clamped 
rigidly at the bottom flange and supported loosely at its mid-point and top.  The fluid within the 
densitometer is circulated slowly, to ensure that it is at a uniform temperature throughout. 
 

Temperature control is provided by an 
insulated enclosure plus heating and cooling 
circuits.  A series of coils in the base of the 
enclosure are connected to an external 
circulation bath capable of maintaining the 
temperature of the coils between -80 and 
20 °C.  This provides a constant background 
temperature against which the heating circuit 
operates.  The control temperature of the 
enclosure is monitored by a 25 Ω standard 
platinum-resistance thermometer positioned 
close to the mid-point of the enclosure.  The 
thermometer is monitored by a control 
computer and the power inputs to the 
heating/cooling circuits are adjusted using 
PID control software. 
 
The temperature of the air thermostat is 
stable to 5 mK over its operating range and 
the absolute temperature can be set to within 
a few millikelvins of the desired conditions.  
The temperature of the fluid within the 
industrial densitometer is measured by two 
25 Ω standard platinum-resistance 
thermometers in the manifolds at the top and 
bottom of the fluid circulation loop.  The total 
uncertainty in the temperature of the test 
fluid in the densitometer is assessed as 
5 mK (at k=2). 
 

The facility is provided with a sample loading and pressurising system that enables the 
densitometer under test to be filled with a transfer standard fluid and the pressure of that fluid 
to be set and maintained at pressures between 0.1 and 20 MPa.  An external pressurising 
circuit generates and controls the pressure of the fluid in the densitometer under test.  A 
computer-controlled pump supplies hydraulic fluid to a piston-in-cylinder interface to the 
transfer standard fluid.  The feedback signal for the control system is provided by a 

 

Fig. 7 - NEL Industrial Densitometer 
Calibration Facility 
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Quartzdyne pressure transducer on the transfer standard fluid side of the piston-in-cylinder 
interface. 
 
During the tests undertaken as part of the JIP, the pressure of the transfer standard fluid in 
the densitometer under test was obtained with reference to the pressure of nitrogen in a gas-
operated balance through a Yokogawa differential pressure transducer.  The transducer was 
calibrated across a range of differential pressures from -5000 to 5000 Pa at static pressures 
from 2.5 to 15 MPa and a function derived to calculate differential pressure from the output 
voltage.  The uncertainty in the measurement of differential pressure was within 50 Pa.  The 
absolute pressure of the transfer standard fluid in the densitometer was obtained from the 
atmospheric pressure, gas-operated pressure balance and Yokogawa differential pressure 
transducer, corrected for temperature effects and pressure heads in the connecting lines as 
necessary.  The uncertainty in the calculated total pressure was assessed as 0.03 % (at k=2). 
 
Over the full operational range of the facility the total uncertainty in density of the transfer 
standard fluid (arising from uncertainties in its temperature, pressure and calculated value 
from the equation of state) is 0.02 % at a 95 % confidence level. 
 
4.3 Transfer Standard Fluids 
 
To be considered for use as true transfer standard fluids, fluids must either be single 
components or stable mixtures of known composition.  Such fluids have the advantage that 
once their PVT behaviour has been established (using the NEL Primary Standard Liquid 
Densitometer) they can then be used in any other (transfer) facility without further 
characterisation, thus providing much closer traceability to primary standards.  As part of the 
JIP initiation a survey was carried out to establish typical operating conditions of 
densitometers in North Sea applications.  The data from the survey, summarised in Table 1, 
formed the basis of the test matrices for the densitometers and was also used to identify 
transfer standard fluids. 
 

Table 1 - Densitometer Operating Conditions 

Parameter Full range Most common range 

Temperature /  C 8 - 105 20 - 80 

Pressure / bar 5 - 140 5 - 50 

Density / kg m-3 530 - 1180 700 - 850 

Viscosity / mPa s 0.3 - 40 2 - 8 
 
Whilst it would be ideal to cover the full operational range, in practice it would be very difficult 
to find suitable fluids.  By agreement with the JIP sponsors, it was therefore decided to 
concentrate on the most common range, allowing, in principle, the use of four fluids. 
 
Whilst there is still a degree of debate within academic circles about the relative merits of pure 
fluids or mixtures of accurately known composition as transfer standard fluids, for industrial 
calibration applications, pure fluids offer several advantages.  All four of the selected transfer 
standard fluids are single components, thus ensuring that, within the limits of their stated 
purity, their composition will not change as a function of temperature, pressure or time, as 
could be the case for mixtures of hydrocarbons or other fluids.  Furthermore, the four selected 
transfer standard fluids are all readily available in sufficient purity from normal laboratory 
chemical suppliers, thus requiring no further preparation (and hence eliminating potential 
contamination issues). 
 
In addition to providing coverage of the key parameters, the fluids must be readily available in 
sufficiently high purity at reasonable cost.  Iso-octane (2,2,4-trimethylpentane), toluene, and 
di-(2-ethylhexyl) sebacate meet these criteria, covering the low density / low viscosity, high 
density / low viscosity and high density / high viscosity conditions respectively.  However, to a 
first approximation, fluid density and viscosity are correlated, making it difficult to find a low 
density / high viscosity fluid.  Several potential low density / high viscosity fluids were identified 
but were discarded, either because they were too expensive or were unavailable in sufficient 
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purity.  Iso-butanol (2-methyl propan-1-ol) was eventually selected as the fourth fluid; whilst 
neither particularly low density nor high viscosity, it does fall within the most common range 
and is readily available in high purity. 
 
The fluids used in this work were obtained from Sigma-Aldrich; their key parameters are 
summarised in Table 2.  All the fluids were used as received, with no additional purification or 
processing. 
 

Table 2 - Transfer Standard Fluids 

Fluid Density at 20 °C  
kg m -3 

Viscosity at 20 °C  
mPas 

Toluene 866.6 0.586 

Iso-octane (2,2,4-trimethyl pentane) 692.9 0.502 

Di (2-ethylhexyl) sebacate 915.6 21.3 

Iso-butanol (2-methyl propan-1-ol) 801.8 4.03 
 
 
5 INDUSTRIAL DENSITOMETER CHARACTERISATION 
 
The survey of operating conditions for densitometers in North Sea applications also 
determined the most commonly used types.  By far the most common was the Solartron 
Mobrey 7835 (now branded Micro Motion) from Emerson Process Management.  The JIP 
sponsors therefore decided to characterise two of these instruments; one new device straight 
from the manufacturer (SN 354583) and one device which had been in service in a North Sea 
application (SN 355118). 
 
5.1 Results 
 
Both densitometers were installed in turn in the NEL Industrial Densitometer Calibration 
Facility.  The period output signal from the densitometer was connected in accordance with 
the manufacturer’s instructions to a traceably calibrated high resolution timer. 
 
For each of the four transfer standard fluids a test matrix covering the temperature range from 
20 to 100 °C at pressures up to 100 bar was used.  At each nominal temperature and 
pressure the exact temperature, pressure and period output were recorded.  The data were 
then processed by using the appropriate densitometer coefficients to convert the period to a 
density and this value compared to the value calculated at the corresponding conditions from 
the appropriate reference equation for the transfer standard fluid samples measured in the 
NEL Primary Standard Liquid Densitometer between 2007 and 2008. 
 
Both densitometers were initially supplied with single-range pressure coefficients but three-
range coefficients were supplied by Emerson Process Management in July 2007 for the new 
unit (SN 354583).  In addition, as part of their contribution to the project, they also carried out 
a full re-calibration of the used unit (SN 355118) and provided both single- and three-range 
pressure coefficients, to allow full comparison of the two units. 
 
Figure 8 shows the percentage differences between the densities calculated using the 
measured densitometer periods plus coefficients for the new densitometer (SN 354583) and 
values calculated from the reference equation for toluene at 20 and 100 °C. 
 
At 20 °C it is clear that the change from the single- to three-range pressure coefficients 
significantly reduces the difference between the densitometer-determined value and the 
reference value for the fluid density for this particular densitometer.  However, at 100 °C there 
is still a clear, and significant, pressure-dependent difference between the values. 
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Fig. 8 - Deviations for Toluene for Densitometer SN 354583 
 
 

-0.10

0.00

0.10

0.20

0.30

0.40

0.50

0.60

0.70

0 20 40 60 80 100 120

10
0(

ρρ ρρ-
ρρ ρρ r

ef
)/

ρρ ρρ r
ef

/ %

Pressure / bar

20°C
1-range - old
1-range - new
3-range
100°C
1-range - old
1-range - new
3-range

 

Fig. 9  Deviations for Toluene for Densitometer SN 355118 
 
Figure 9 shows the corresponding deviations for the used densitometer (SN 355118).  Once 
again, at 20 °C it is clear that the change from the single- to three-range pressure coefficients 
significantly reduces the difference between the densitometer-determined value and the 
reference value for the fluid density for this particular densitometer but at 100 °C the 
deviations are even more significant. 
 
Similar patterns were obtained with the other three transfer standard fluids in each 
densitometer but there were significant differences between the fluids in a densitometer. 
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6 DISCUSSION 
 
Whilst the forms of Equations 4 to 6 are superficially simple, substitution of Equation 4 in 
Equation 5 for ρ0 and then substitution of the expanded expression in Equation 6 leads to an 
expression with seventeen coefficients and complex cross-terms in τ, (t-t0), (p-p0) and powers 
thereof.  Due to the cross-coupling between the temperature and pressure coefficients, and 
depending on the fitting method used, small systematic errors in the fluid densities used to 
calculate the temperature corrections coefficients could lead to the effects shown in Figures 8 
to 10. 
 
In view of the previous practice of determining the temperature coefficients (K18 and K19) for 
each densitometer only at atmospheric pressure and the pressure coefficients (K20A, K20B, K21A 
and K21B) only at the reference temperature (20 °C), it is not surprising that significant errors 
can occur. 
 
On the basis of the deviations observed for the two densitometers characterised as part of this 
project plus data from densitometers calibrated by NEL directly for individual customers, it is 
possible to indicate the likely financial exposure to operators using densitometers calibrated 
with the previous procedures.  A conservative estimate of the average error is of the order of 
0.15 %.  This will translate directly into an allocation error in a pipeline system.  For a field with 
a production of 5,000 barrels per day, 0.15 % error in allocation due to a 0.15 % error in fluid 
density measurement will lead to an annual error of 2,738 barrels.  Taking an average price of 
$120 per barrel, this leads to a potential exposure of ~£212,000 per annum.  It should be 
noted that this error could be positive or negative for an individual densitometer, but it should 
be noted that the financial exposure far exceeds the typical calibration costs. 
 
In addition there are taxation implications.  In 2011 government revenue from the UK’s oil and 
gas resources was £11bn.  However, the fiscal regime is not uniform across North Sea assets 
- some pre-1993 fields continue to pay Petroleum Revenue Tax (PRT).  Allocation between 
PRT- and non-PRT-paying fields in shared pipelines depends, as noted above, on 
measurement of density. 
 
On the basis of the work undertaken in the JIP, a number of recommendations were made, 
the most important of which was that densitometers should be calibrated at their anticipated 
operating conditions, i.e. simultaneously at temperature and pressure, using one or more 
transfer fluids, the density of which has been determined across the required temperature and 
pressure range with an uncertainty not exceeding 0.01 %, directly traceable to national 
standards. 
 
On 1st March 2010, DECC issued a statement that, based on the JIP findings: 
 

“It is therefore proposed that from July 2011, densitometers used in fiscal 
applications should be calibrated following the procedures set out the JIP report.” 

 
and the recommendations have been incorporated in the current version of the Guidance 
Notes [12]. 
 
Emerson Process Management (as the maker of the most common type of densitometer used 
in the North Sea) has invested in a new calibration facility which will be capable of calibrating 
densitometers at elevated temperatures and pressures simultaneously.  However, this facility 
is taking longer to come on-stream than originally anticipated, so NEL has modified its 
Industrial Densitometer Calibration Facility and is currently calibrating densitometers to the 
new procedure. 
 
 



30th International North Sea Flow Measurement Workshop 
23 – 26 October 2012 

 

13 

7 CONCLUSIONS 
 
Accurate measurement of density is critical for the oil industry since oil flow in pipelines is 
largely measured by volume and conversions involving density are necessary for accurate 
financial reporting, fair trade and taxation.  The discovery of an error in densitometer 
measurements led to a loss of confidence in the systems used to allocate production in 
shared transportation systems. 
 
Building on the huge wealth of knowledge on instrumentation and physical properties of fluids 
plus a unique facility specifically for the accurate measurement of the density of fluids at high 
pressure and temperature, NEL provided the impetus for an industry solution.  As a result, the 
UK oil industry and the regulator have regained confidence in the measurement of oil density 
and hence in oil production. 
 
It is unlikely that a solution could have been found in a timely and cost-effective manner 
without the existence of the NMS facility at NEL.  DECC was aware of the existence of the 
facility when the initial problem was identified and with the support of the NMS, through NEL, 
was therefore able to recommend the JIP as the best approach. 
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9 NOTATION 
 
a(i) Coefficient of density fit  
m(i) Exponent of density fit  
n(i) Exponent of density fit  
f Oscillation frequency s-1 
K Spring constant kg s-2 
K0 Densitometer constant kg m-3 
K1  Densitometer constant kg m-3 s-1 
K2  Densitometer constant kg m-3 s-2 
K18  Densitometer constant K-1 
K19  Densitometer constant kg m-3 K-1 
K20A  Densitometer constant bar-1 
K20B  Densitometer constant bar-2 
K21A  Densitometer constant kg m-3 bar-1 
K21B Densitometer constant kg m-3 bar-2 
M Mass of fluid + tube kg 

Sm  True (vacuum) mass of sinker kg 
*
Sm  Apparent mass of sinker kg 

p Pressure bar 
t Temperature  °C 
VS Volume of sinker m3 
 
Greek symbols 
θ Reduced temperature - 
π Reduced pressure - 
ρ Fluid density kg m-3 
τ  Oscillation period s 
 
Subscripts 
0 Reference conditions 
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